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Abstract: An accurate understanding of formation and gas properties is crucial to the efficient
development of shale gas resources. As one kind of unconventional energy, shale gas shows
significant differences from conventional energy ones in terms of gas accumulation processes,
pore structure characteristics, gas storage forms, physical parameters, and reservoir production
modes. Traditional experimental techniques could not satisfy the need to capture the microscopic
characteristics of pores and throats in shale plays. In this review, the uniqueness of shale gas
reservoirs is elaborated from the perspective of: (1) geological and pore structural characteristics,
(2) adsorption/desorption laws, and (3) differences in properties between the adsorbed gas and free gas.
As to the first aspect, the mineral composition and organic geochemical characteristics of shale samples
from the Longmaxi Formation, Sichuan Basin, China were measured and analyzed based on the
experimental results. Principles of different methods to test pore size distribution in shale formations
are introduced, after which the results of pore size distribution of samples from the Longmaxi
shale are given. Based on the geological understanding of shale formations, three different types of
shale gas and respective modeling methods are reviewed. Afterwards, the conventional adsorption
models, Gibbs excess adsorption behaviors, and supercritical adsorption characteristics, as well
as their applicability to engineering problems, are introduced. Finally, six methods of calculating
virtual saturated vapor pressure, seven methods of giving adsorbed gas density, and 12 methods of
calculating gas viscosity in different pressure and temperature conditions are collected and compared,
with the recommended methods given after a comparison.

Keywords: shale gas reservoir; geology; Gibbs excess adsorption; supercritical adsorption;
gas viscosity

1. Introduction

Shale gas has received great attention from governments all over the world, especially after the
successful shale gas revolution in North America. As a type of clean energy with abundant reserves,
shale gas is believed to be one of the most promising replacements for conventional energy in the
future. According to the Energy Information Administration (EIA) (2016), shale gas production is
expected to drive world natural gas production growth in the coming decades and will account for
approximately 30% of world natural gas production by 2040 (Figure 1a). The United States and China
are predicted to be the two largest shale gas producers in the world by the end of the forecast period,
with shale gas production making up 70% and 40%, respectively, of each country’s total natural gas
production (Figure 1b).
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(a) (b) 

  
(c) (d) 

Figure 1. Current and predicted situations of shale gas resources in different countries or regions
(from EIA). (a) Natural gas production by type. (b) Shale gas production in different countries.
(c) Natural gas consumption in different regions. (d) Natural gas supply by type in China.

Taking China as an example, due to the relatively high economic growth and increasing attention
to environmental protection, natural gas consumption is expected to increase from 19 Bcf/d in 2015 to
57 Bcf/d in 2040 (Figure 1c), accounting for a quarter of all global natural gas consumption growth
between 2015 and 2040 (EIA, 2017). Driven by the development of shale gas resources, China’s domestic
natural gas supply will grow from 13 Bcf/d in 2016 to 39 Bcf/d by 2040, with shale gas production
increasing from 0.7 Bcf/d in 2016 to 10 Bcf/d by 2030 and 19 Bcf/d by 2040. As we can see from Figure 1d,
shale gas is expected to increase the fastest and will account for more than 30% of the total natural gas
supply in China by 2040.

As one of the unconventional energy resources, shale gas reservoirs have uniqueness and
complexity in terms of the gas storage type, transporting mechanism, and reservoir development
mode, which makes the commercial production of shale plays a very challenging task for petroleum
engineers. The United States, Canada, and China are the only three countries that produced commercial
volumes of natural gas from shale formations by 2015. Although horizontal well drilling and hydraulic
fracturing have been applied to produce shale gas in Australia and Russia, no commercial gas volumes
were obtained from low-permeability shale formations. Currently, the commercial development of
shale gas resources in North America and China mainly benefits from advanced engineering technology.
The theoretical understanding of shale gas storage capacity, gas transporting mechanism in nanopores
or micropores, and pore structure characterization is still not clear, being far behind engineering
practice [1].

In this review, our attention will mainly be paid to three aspects: (1) petrological, organic
geochemical characteristics and micropore structures of shale formations; (2) different types of
adsorption models as well as their principles and application range, including Gibbs excess sorption,
supercritical adsorption phenomenon, and adsorption/absorption models; (3) different methods of
calculating gas physical properties, such as virtual saturated vapor pressure, adsorbed gas density,
free gas density, free gas viscosity, etc. Different models on each subject will be compared and evaluated
based on their physical meaning, reliability, accuracy, and applicability, which are significant for
accurate numerical simulation and enhancing hydrocarbon recovery in shale gas reservoirs.

2



Energies 2020, 13, 5427

2. An Overview of Pore Structures and Gas Types in Shale Formations

The complex micropore structure of shale plays is determined by its special accumulation processes.
An overall and deep understanding of pore structures and gas storage types is key to proper reservoir
assessment and precise numerical simulation.

The pore structure of shale formations can be detected by the observation description
method and the physical test method [2,3]. The observation description method adopts radiation
techniques, mainly referring to the means of optical microscopy, scanning electron microscopy
(SEM), scanning transmission electron microscopy (STEM), transmission electron microscopy (TEM),
nuclear magnetic resonance (NMR), and small angle X-ray scattering (SAXS) to directly describe pore
geometrical shapes, connectivity, and pore filling of shale formations [4,5]. The physical test method
mainly refers to fluid penetration experiments, which utilize tests of fluid mass, volume, and pressure
to obtain the pore sizes volumes indirectly, including mercury injection capillary pressure (MICP),
helium (He) porosity, liquid N2 adsorption, low-temperature CO2 adsorption, etc. [6–9]. The resolution
of the different methods is shown in Figure 2.

Figure 2. The resolution of different methods to characterize micropore structures [2–4].

In this section, we summarize the petrological and organic-geochemical characteristics of shale
gas reservoirs in Sichuan basin in China compared to the shale gas development in North America.
The chosen samples are marine shale of the Lower Silurian Longmaxi Formation. The porosity and
permeability of the main shale gas reservoirs in North America and China are collected and tested,
respectively, based on which the storage space types and pore size distributions are analyzed. Finally,
different kinds of shale gas as well as their modeling methods are identified and compared.

2.1. Petrological and Geochemical Characteristics

In this part, our previous work related to shale gas reservoir characterization and assessment
is introduced. Samples of the Longmaxi Formation in south Sichuan basin are collected as
experimental objects.

The highly mature Longmaxi marine shale is one of the most important candidates for the
commercial development of shale gas resources in China [10]. The total organic carbon (TOC)
content ranges from 0.4% to 18.4%, with the organic matter (OM) mainly composed of type I and
II1 kerogen [10,11]. Its vitrinite reflectance (R0) values range from 1.8% to 4.2% [11]. The Longmaxi
Shale is found to be porous and permeable [11,12], with porosity ranging from 1.2% to 10.8% and
permeability ranging from 0.25 μD to 1.737 mD. Other geological and petrophysical characteristics of
the Longmaxi Shale Formation can be found in previous publications [13,14].
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2.1.1. Mineral Composition

The rock mechanics, adsorption capacity, and well productivity of shale gas reservoirs are directly
determined by the relative content of different minerals due to the property differences among the
minerals. Taking 18 samples from X1 well, eight samples from X2 well, and 60 samples from X3 well,
we tested the mineral compositions using an X’Pert Pro type X-ray scattering diffractometer produced
by PANalytical B.V. (Almelo, The Netherlands) and following the Chinese Oil and Gas Industry
Standard SY/T 5163 1995 and SY/T 5983 94. The laboratory temperature is 24 ◦C and the humidity
is 30%. The test results are shown in Figure 3. As shown, the main mineral compositions of the
Longmaxi Formation are quartz (11–70%, average 31.06%) and clay minerals (7–64%, average 33.87%).
Comparing the results with those in the Mississippian Barnett Shale of the Fort Worth Basin in North
America [15,16], the content of brittle minerals (such as quartz, feldspar, and calcite) in the Longmaxi
Formation is relatively lower, while the content of clay minerals is higher (Figure 4).
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Figure 3. Relative content of minerals of samples from the Longmaxi Formation in the south Sichuan Basin.
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Figure 4. Comparison of mineral content between shale samples from the Longmaxi Formation and
the Barnett Shale [15,16].

With less clay mineral and more brittle minerals, natural or induced fractures more easily develop
under external forces. On the contrary, the higher clay mineral content has a negative effect on volume
stimulation, since most of the energy is absorbed by shale formations. Under such circumstances,
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plane fractures are more likely to be generated, rather than tree-like or reticular structural fractures.
Generally, the brittle minerals need to be higher than 40% and the clay minerals need to be less than
30% for a potential shale gas reservoir to be commercially developed [16,17].

The content of different minerals also exhibits different trends in terms of formation depth,
as shown in Figure 5. For the formation depth increasing from 2120 m to 2250 m, the content of calcite
decreases from 12% to 5%, and the content of brittle minerals increases from 28% to 60%. The content
of clay minerals increases from 44% to 48% for the formation depth, increasing from 2120 m to 2205 m,
while it decreases rapidly from 48% to 8% for formation depth increasing from 2205 m to 2250 m.
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Figure 5. The relationship between mineral mass content and depth.

The TOC content is determined by a CS230 carbon/sulfur analyzer (LECO, St. Joseph, USA) with
samples crushed into powder less than 100-mesh. The powder is pyrolyzed up to 600 ◦C and the
inorganic carbon is removed by hydrochloric acid. The relationship between quartz and TOC content
can help to explain the origin of quartz, i.e., detrital or biogenic.

There is no linear relationship between detrital quartz and TOC content, while a positive correlation
can be found for biogenic quartz and TOC. As shown in Figure 6, the correlation coefficients between
quartz and TOC content in X1, X2, and X3 wells are larger than 0.53, indicating that the quartz in the
targeted formation is biogenic.
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Figure 6. The relationship between quartz and TOC contents in Longmaxi Formation.
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2.1.2. Organic Geochemical Characteristics of Shale

The organic matter richness, thermal maturity, and kerogen types are three key parameters for the
accurate assessment of hydrocarbon-forming conditions. The organic matter richness not only affects
the hydrocarbon generating strength, but also the development of organic pores and the adsorbed gas
content. The lower limit value of the TOC content for economic exploitation of shale gas reservoirs is
approximately at 2.5–3 wt % [18]. However, with the development of technology, this value could
become even lower.

Measuring 122 samples of TOC content, we find that the TOC content ranges from 0.43% to 8.39%,
with an average value of 2.20% in Longmaxi Formation of Sichuan Basin. The samples with a TOC
content less than 2.00% account for 57.38%, while 42.62% of samples have a TOC content larger than
2.00%. This reflects the fact that TOC is abundant in Longmaxi Formation, which is advantageous for
shale gas generation and storage. However, comparing with shale gas reservoirs in North America,
the TOC content in Sichuan Basin is smaller. The TOC content of Antrim shale and New Albany shale
is between 1% and 25%, while it is between 0.45% and 4.5% in the Barnett Shale and Lewis Shale [19].

Analyzing the TOC content data of three wells in the Longmaxi Formation longitudinally, we find
a positive relationship between TOC content and depth, as shown in Figure 7. The TOC content at the
bottom of the formation is much larger than that at the top. The TOC content increases with depth at
2.3–10.0% per 100 m in the targeted formation.

The kerogen types can be classified into sapropelic type (type I), mixed -type (type II), and humic
type (type III) [20]. All three types of kerogen can generate natural gas. For type I and II1 kerogen,
oil is generated first and then cracked into gas. The type III kerogen is not advantageous for oil
generation and gas is formed directly from organic matter [17]. The abundance of organic matter
is the material basis for hydrocarbon generation, while the type of organic matter determines the
hydrocarbon generating potential and hydrocarbon characteristics.

The thermal evaluation extent of organic matter can be characterized by thermal maturity,
reflected by the vitrinite reflectance Ro, which is the basis of assessing the hydrocarbon generating
potential of source rocks (Table 1). The organic matter maturity range of 1.1% < Ro < 3.5% is
advantageous for the generation of shale gas [3,21]. Single well production in more mature shale
formations is larger than in less mature ones, because more gas is generated by kerogen or the thermal
cracking of crude oil in more mature areas. The average thermal maturity of the targeted Barnett
Shale is Ro = 1.7%, with the maximum value larger than 2.0% [22]. Oil and gas are generated from
the kerogen with initial Ro < 1.1% in the Barnett Shale, but gas is produced within the formation in
the Newark East and surrounding areas at higher thermal maturity, i.e., Ro > 1.1% [23]. The effect of
organic matter maturity Ro on shale gas reservoirs is very complicated and needs further study.

Table 1. Characterization of thermal evaluation of organic matter [24].

Maturity of OM Maturity Class Hydrocarbon Generating Stage

Ro < 0.5% Immaturity Biochemical gas-genous stage
0.5% < Ro < 1.3% Maturity Thermal catalytic oil and gas genous stage
1.3% < Ro < 2.0% High maturity Thermal cracking condensate gas-genous stage

Ro > 2.0% Overmaturity Deep high temperature gas-geneous stage

The Ro of the Longmaxi Shale Formation in the Sichuan Basin ranges from 2.4 wt % to 4.0 wt %,
mainly in the stage of high maturity and overmaturity.
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Figure 7. The frequency distribution histogram of TOC content as well as its relationship with depth in
the Longmaxi Formation.

2.2. Porosity and Permeability Characterization

Porosity and permeability are the two most important parameters to characterize gas storage and
seepage capacities in shale gas reservoirs. Compared to conventional reservoirs, shale gas reservoirs are
ultra-tight formations with extremely low porosity and permeability. Corresponding formation physical
properties of main shale gas reservoirs in North America are attributed in Table 2 [3,15,18,19,25,26].
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Table 2. Statistical physical properties of the main shale gas reservoirs in North America [3,15,18,19,25,26].

Properties Woodford Marcellus Fayetteville Haynesville Barnett Antrim New Albany Lewis Ohio

Permeability, mD - - - - 0.01 <0.1 <0.1 <0.1 <0.1
Total porosity, % 3-9 10 2-8 8-9 4-5 9 10-14 3-5.5 4.7

Logging porosity, % 3-6.5 5.5-7.5 4-12 8-10 6.5-8.5 - - - -
Gas porosity, % - - - 6-7.5 2.5 4 5 1-3.5 2

Water porosity, % - - - - 1.9 4 4-8 1-2 2.5-3
Water-filled porosity, % 10 12-35 15-35 15-20 25 - - - -

As the earliest country to commercially develop shale gas resources, the USA has formulated a
standard system to evaluate the physical properties of shale formations. The Gas Research Institute
(GRI) of America proposed a test method for shale cores to determine both the total porosity and
the gas-bearing porosity of the shale matrix. Generally, the porosity range of shale formations is
between 2% and 15%. From the statistical data in Table 2, we can see that the total porosity of shale
formation in North America is between 2% and 14%, and the average value is between 4.22% and 6.51%.
Following the procedure of GRI, the statistical results of measured gas-filled porosity is between 1% and
7.5%, and water-filled porosity is between 1% and 8% in the Longmaxi Formation. The permeability of
measured samples in the Longmaxi Formation is less than 0.1 mD, and the average pore-throat radius
is smaller than 0.002 μm.

2.3. Pore Structure Division

Pore structures in shale formations can roughly be divided into two types: matrix pores and
fractures (Table 3). Matrix pores are the main storage space of shale gas, directly determining the
reserve of a shale gas reservoirs. The development of fractures as well as the connectivity of pores
determines the gas-transporting and -producing capabilities [27].

Loucks et al. [28] studied the pore structures of Barnett Shale and concluded that micropores
(d ≥ 0.75 μm) and nanopores (d < 0.75 μm) are the two main pore types. Meanwhile, nanopores were
divided into organic pores, intergranular pores, intragranular pores, and mixed pores. Slatt and
O’Brien [29] analyzed pore types in the Barnett and Woodford Shale and the main pore types were
intergranular pores of clay minerals, micropores in organic matter, pores in fecal spherulites, pores in
bioclastic, and intergranular micropores. According to pore sizes, Loucks et al. [30] divided mudrock
pores into: picopores (r < 1 nm), nanopores (1 nm < r < 1 μm), micropores (1 μm < r < 62.5 μm),
mesopores (62.5 μm < r < 4 mm), and macropores (4 mm < r < 256 mm).

Table 3. Classification of storage space in shale formation.

Major Classes Subgroups Types

Fractures Fractures

Tectonic extensional fractures (Figure 8a) [31]
Tectonic shear fractures (Figure 8b) [31]
Interlayer bedding fractures (Figure 8c)
Rock convergent fractures (Figure 8d)
Abnormal pressure fractures (Figure 8e)

Matrix pores Inorganic matrix pores

Intergranular pores

Intergranular pores among grains (Figure 8f)
Clay interslice pores (Figure 8g)
Intercrystalline pores (Figure 8h)
Marginal pores (Figure 8i)

Intragranular pores
Dissolved pores (Figure 8j)
Cleavage crack (Figure 8k)
Biological pores (Figure 8l)

Organic pores

Based on previous studies [16,28–31], we came up with a new classification method of gas
storage space in shale formations in this paper by comprehensively utilizing core observation,
thin-section analysis, SEM analysis, and emission scanning electron microscopy after argon ion
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polishing technologies. The main storage and seepage space in shale formations can be classified
into fractures and matrix pores (Table 3). According to the origin mode, matrix pores are further
divided into inorganic pores and organic pores, among which inorganic pores include intergranular
pores and intragranular pores. Fractures can be classified into tectonic extensional fractures,
tectonic shear fractures, interlayer bedding fractures, rock convergent fractures, and abnormal pressure
fractures (Table 3).

Figure 8. Different types of pores or fractures in the Longmaxi Shale Formation. (a) Tectonic extensional
fractures. (b) Tectonic shear fractures. (c) Interlayer bedding fractures. (d) Rock convergent fractures.
(e) Abnormal pressure fracture. (f) Intergranular pores. (g) Clay interslice pores. (h) Intercrystalline pores
of pyrite. (i) Marginal pores. (j) Dissolved pores of pyrite. (k) Cleavage crack of clay minerals.
(l) Biogenetic pores.
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2.4. Pore Size Distribution and Influential Factors

Gas storage and seepage mechanisms vary significantly due to the difference of pore sizes.
Clear knowledge of pore size distribution (PSD) in shale formations is essential for shale gas exploitation
and development. MICP, gas adsorption, and NMR are three commonly used methods to determine
PSD. In this section, the principles and results of different methods will be introduced and analyzed,
based on the measurements of samples from the Longmaxi Formation in Sichuan Basin, China.

2.4.1. Test Methods and Principles

N2 Adsorption Measurement

The Brunauer-Emmett-Teller (BET) adsorption model [32] is adopted to determine the specific
surface of shale samples when 0.05 < p/ps < 0.35. The pressure is too small to achieve multilayer
adsorption when p/ps < 0.05, and capillary condensation may happen when p/ps > 0.40. Some studies
(e.g., [33]) pointed out that capillary condensation could not happen in shale gas reservoirs, since the
common shale gas reservoir temperature is much higher than the critical temperature of shale gas
(mainly methane). The two-parameter BET equation can be expressed as follows [32]:

p/ps

V(1− p/ps)
=

1
Vmb

+
b− 1
Vmb

p
ps

, (1)

where V is the adsorbed gas volume, mL; Vm is the saturated adsorption volume of monolayer, mL;
p is pressure, Pa; ps is saturated vapor pressure, Pa; and b is a dimensionless constant related to the
adsorption capacity.

After measuring the adsorbed gas amount G, a linear relationship between p/[V(ps − p)] and p/ps

(0.05 < p/ps < 0.35) can be found. According to the slope and intercept of the straight line, the saturated
adsorption amount Vm can be calculated, by which the specific surface of samples can be obtained:

Sg =
VmAmNA
22400W

× 10−18, (2)

where NA is the Avogadro constant; Am is the cross-section area of N2 (0.162 nm2); W is the weight of
the samples, g; and Sg is the specific surface of samples, m2/g.

The Barrett-Joyner-Halenda (BJH) equation [34] is used to calculate PSD when p/ps > 0.40:

r = −2γVm/[RT ln(p/ps)] + 0.354[−5/ ln(p/ps)]
1/3, (3)

where γ is the surface tension, N/m; R is the mole heat capacity, J/(mol·K); T is the environmental
temperature, K; and r is the pore radius, m.

Mercury Injection Capillary Pressure

A mercury intrusion porosimeter is widely adopted to determine PSD in conventional sandstone
reservoirs, where the pressure of mercury and pore radius r satisfy the Washburn equation [35]:

r =
2σ cos ξ

p
, (4)

where ξ is the contact angle between mercury and shale surface; σ is surface tension of mercury,
10−3 N/m; and p is the injection pressure, Pa.

The smallest pore radius that can be tested is determined by the highest pressure that mercury
porosimetry can hold. In our study, a PoreMaster 60 mercury porosimeter is employed and its
measurement range of pore size lies between 3.6 nm and 950 μm, but values near the lower limit can
hardly be detected. This is because it is difficult to inject mercury into micro/nanopores due to the

10



Energies 2020, 13, 5427

high capillary pressure. Meanwhile, high pressure may create artificial crack and stress sensitivity,
which reduces the credibility of the measurement. Therefore, MICP is mainly used to analyze mesopores
and macropores in shale samples.

Nuclear Magnetic Resonance (NMR)

The relaxation characteristic of a hydrogen nucleus under an external magnetic field is used to
obtain the PSD by the NMR method, which causes no harm to the shale samples. The speed of relaxation
is characterized by the longitudinal relaxation time T1 and transverse relaxation time T2. The relaxation
characteristics of fluid in different-sized pores are different, based on which PSD can be calculated.
The transverse relaxation time T2 is composed of bulk phase relaxation T2B, surface relaxation T2S,
and diffusion relaxation T2D, which is expressed as follows:

1
T2

=
1

T2B
+

1
T2D

+
1

T2S
. (5)

The diffusion relaxation speed can be ignored compared to the surface relaxation speed in a
uniform magnetic field, and the reciprocal of diffusion relaxation time T2D is almost 0. Meanwhile,
the bulk phase relaxation time T2B is much bigger than the surface relaxation time T2S. Therefore,
1/T2D and 1/T2B in Equation (5) can be ignored, and we have

1
T2
≈ 1

T2S
= ρ2

Fs

r
. (6)

Letting C = Fs · ρ2, we obtain the relationship between relaxation time T2 and pore radius r via

r = CT2. (7)

Note that the transformation coefficient C in Equation (7) is an empirical parameter varying from
one area to another, which can be determined by experiments [36]. In order to obtain the value of C,
the T2 spectrum need to be measured for specific shale samples first, and a N2 adsorption test needs
to be conducted on exactly the same samples (or samples from the same formation) afterwards [36].
Since core plugs are used in NMR and crushed rock samples are needed for the N2 adsorption test,
it is essential to perform the NMR test prior to N2 adsorption. Comparing the two PSD results,
the transformation coefficient C can be fitted. Accurate determination of C is a key part of determining
the PSD of shale samples by NMR.

2.4.2. Pore Size Distribution

N2 Adsorption Results

According to the principle of N2 adsorption on measuring PSD, the measurable pore-throat size
range is on the magnitude of nanometers, mainly micropores (<2 nm) and mesopores (2–50 nm).
N2 adsorption results (Figure 9) show that PSD displays a high single peak at the pore size range of
2 to 5 nm, implying that nanopores ranging from 2 nm to 5 nm are very developed in shale formations,
which is advantageous for the storage of adsorbed gas. Meanwhile, we see that pores larger than
10 nm are not very developed. In a PSD frequency histogram (Figure 10), mesopores account for the
largest percentage of all pores, followed by micropores and macropores. Micropores and mesopores
accounted for more than 90% of the total pore volume.
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Figure 9. PSD of samples from Longmaxi formation based on low-temperature N2 adsorption.
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Figure 10. PSD histogram of samples from the Longmaxi Formation in Sichuan Basin based on
N2 adsorption.

Mercury Intrusion Results

Two peaks can be found on the MICP measurement results of PSD, as shown in Figure 11. The left
peak is relatively small and smooth, corresponding to macropores of 10 nm to 1000 nm in organic
matter and clay minerals. The right peak is very high, corresponding to a pore size of 40–200 μm.
The highly developed lamellation in shale formations generates micro fractures, which may happen
during sample preparation or mercury injection tests. Therefore, there is a high probability that the
right peak corresponds to artificial fractures. Considering the fact that large pores (>5 μm) correspond
to mercury injection pressure less than 0.14 MPa, these artificial fractures are more likely to be induced
during sample preparation. Figure 12 shows that macropores account for the largest percentage
(73.17%), followed by mesopores (26.83%). Due to the limitations of the instrument, no micropores are
detected by MICP. Whether the tested macropores are primitive or induced needs to be determined by
combining with other techniques, such as NMR.
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Figure 11. PSD of samples from the Longmaxi Formation based on mercury intrusion.

0

20

40

60

80

100

<2 2—50 50-100 100-1000 1000

P
er

ce
nt

ag
e,

 %

Pore diameter, nm

X1-14 X2-8

X3-17 X3-18

Figure 12. PSD histogram of samples from the Longmaxi Formation in Sichuan Basin based on
mercury intrusion.

Nuclear Magnetic Resonance Results

Two or three peaks can be found on PSD, measured by NMR (Figure 13). The left peak,
corresponding to pores smaller than 10 nm, has the largest percentage, while the other two peaks
correspond to larger pore sizes of 800 nm and 7000 nm, respectively. The NMR results indicate
that small pores are very developed in shale formations, while large pores account for a small but
non-negligible percentage (Figure 14). Generally, the left two peaks correspond to micro-, meso-,
and macro-pores in matrix, while the third peak corresponds to micro fractures. The PSD histogram
measured by the NMR is similar to that of N2 adsorption in terms of the small pore size range,
while large pores could not be detected by N2 adsorption, but by NMR.
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Figure 13. PSD of samples from the Longmaxi Formation based on NMR.
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Figure 14. PSD histogram of samples from the Longmaxi Formation in the Sichuan Basin based on NMR.

2.4.3. Comprehensive Analysis of Pore Size Distribution

N2 adsorption, MICP, and NMR can all measure PSD and reflect the heterogeneity of shale samples,
with different test ranges. The lowest limit of N2 adsorption is 0.35 nm, while the MICP test range is
3.6 nm–950 μm, and the NMR test range is 1 nm–5 mm. Comparing the results from the three methods,
we find that the N2 adsorption results mainly reflect the micropore and mesopore size distribution,
while the NMR results reflect all pore size range and MICP results mainly test the development of
macropores and micro fractures. Although the N2 adsorption and NMR results display similar PSD
trends of small pore size ranges, the peak of N2 adsorption results (3–4 nm) is slightly smaller than
that of NMR (4–5 nm). This is because samples are saturated by plant oil in the NMR test, and they
struggle to enter micropores due to their large diameter compared to nitrogen molecules. Therefore,
the micropore size determined by NMR is larger than that measured by N2 adsorption. The nitrogen
molecule is much smaller, so it enters micropores more easily than oil molecules. Therefore, the N2

adsorption results are closer to the real data compared to NMR results.
N2 adsorption can measure micropores and mesopores accurately, while MICP mainly tests

macropores. Consequently, combining the two methods can better characterize PSD in shale formations.
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Figures 15 and 16 show the PSD of the Longmaxi shale samples, tested comprehensively by N2

adsorption and MICP, where pores smaller than 50 nm are measured by N2 adsorption and pores
larger than 50 nm are measured by MICP. Pore volume in the Longmaxi Shale Formation is mainly
mesopores and macropores (including artificial fractures).

Figure 15. PSD of samples from the Longmaxi Formation based on N2 adsorption and MICP.
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Figure 16. PSD histogram of samples from the Longmaxi Formation in the Sichuan Basin based on N2

adsorption and MICP.

2.5. Gas Composition and Origin

Milkov et al. [37] studied gas composition and origins based on around 2600 shale gas samples
from 76 geological formations in 38 sedimentary basins located in eleven countries. It is found that
methane is the predominated hydrocarbon component, with more than 80% in volume concentration,
followed by ethane with around 6% in volume concentration, and propane with around 2% in volume
concentration. Nitrogen and carbon dioxide are two main non-hydrocarbon components in shale gas
samples, with average volume concentration around 6% and 2%, respectively. For most shale plays in
the USA, China and Argentina, it is found that the most productive and commercially successful shale
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plays have pure thermogenic origin. This is very different from the study of Curtis [19], where it is
found that shale gas has predominantly microbial origin.

2.6. Shale Gas Occurrence Types

The types of natural gas in shale formations are determined by diverse formation physics and pore
characteristics. In accordance with the classification of pore structures in shale formations (Section 2.3),
free gas, adsorbed gas, and dissolved gas are three possible gas occurrence states underground [38,39].
Generally, free gas is stored not only in fractures, but also in pore systems, including organic pores
and inorganic pores. Adsorbed gas is mostly stored on the surface of organic matter in equilibrium
state with free gas. Dissolved gas is usually stored in liquid hydrocarbons, formation water, but most
importantly in solid kerogen. Organic kerogen serves as the source rock and generates shale gas
continuously [40].

The percentage of different gas types varies from one reservoir to another, since it is significantly
influenced by pressure, temperature, organic matter types, organic matter content, organic matter
maturity, the development of micro fractures, and liquid hydrocarbon content. The different gas types
and gas flow mechanisms in organic shale nanopores can be seen in Figure 17.

Figure 17. The storage form and flow mechanism of shale gas in organic nanopores [38,41].

2.6.1. Free Gas Characterization

Free gas is stored in organic or inorganic pores, micro fractures, and hydraulic fractures. The content
of free gas is determined by adsorbed gas and dissolved gas. Only when the total gas amount is larger
than the sum of adsorbed and dissolved gas amount does a free gas state exist. Under high-pressure
or high-temperature reservoir conditions, gas behaviors do not satisfy the ideal gas equation of state
(EOS), so the real gas EOS needs to be adopted to describe its behaviors [42,43].

Semi-Empirical Formula

EOS is one of the most important models to calculate the thermodynamic properties of real
gas. More than 150 types of EOS have been proposed to describe the pressure-volume-temperature
relationships of real gas, but none is able to include all properties of any gas in the engineering
application range [44]. Typical and widely applied EOS, as well as their pros and cons, are displayed
in Table 4.

Empirical Formula

According to the corresponding state principle, gas deviation factor Z could be introduced to
describe real gas behaviors:

pV = ZnRT, (8)

where p is the pressure, Pa; V is the gas volume, m3; Z is the gas deviation factor, dimensionless; n is
the molar mass, kg/mol; R is the universal gas constant, J/(mol K); and T is temperature, K.
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In Equation (8), gas deviation factor Z could be obtained by experiments, referring to Z-plate [44],
or calculating from an empirical formula [27]. The Z-plate and empirical formula were mainly obtained
by assuming Zc as a constant in the range of 0.23–0.29. That is to say, gas deviation factor Z is a function
of the reduced pressure pr and reduced temperature Tr. Therefore, we also name the Z-plate as the
two-parameter generalized compressibility chart. The critical gas deviation factor Zc of most materials
varies in the range of 0.23–0.29. Therefore, a more precise expression of Z is expected to be obtained by
regarding Z as a function of pr, Tr, and another parameter (Zc or acentric factor ω)—a three-parameter
relationship [44].

Table 4. Typical EOS of describing real gas behaviors [44].

Types Zc Pros Cons

vdW 0.375 Simple; basis of other EOS Low accuracy; seldom practical
for application

RK 0.333 Practical; accurate to calculate gas
phase volume

Failed to calculate liquid
volume accurately

SRK 0.333 Calculate gas and liquid phase
equilibrium; widely used

The error is large when calculating
liquid volume

PR 0.307 Higher accuracy than SRK to
calculate liquid volume

Zc is slightly bigger than the
practical value

Virial Able to describe viscosity, sound
velocity, and heat capacity of gases

Failed to calculate liquid volume;
inaccurate at high pressure

Note: ae and be are energy and volume parameters, respectively, and their expressions vary in different EOS; Zc is
the critical gas deviation factor.

2.6.2. Adsorbed Gas

Adsorbed gas is mainly stored on the surface of matrix particles, kerogen, and clay minerals,
and can account for 20–85% of total gas reserves [19,45–47]. Gas adsorption on shale matrix particles
belongs to physical adsorption [48]. Although adsorbed gas contributes to the total gas production,
its exact contribution is not clear. Compared to the contribution of adsorbed gas in total gas production,
the percentage of adsorbed gas in original gas in place (OGIP) is much clearer. Recent studies have
found that adsorbed gas accounts for 50–80% of OGIP when the pressure is lower than 13.79 MPa,
while it accounts for 30–50% when the pressure is higher than 13.79 MPa [49,50].

Organic nanopores of 5–750 nm, are significantly developed in shale gas reservoirs when the
maturity of organic matter is larger than 0.6% [28,30]. Due to the small pore radius, organic matter
has a large surface area. For example, the specific surface area can be up to 300 m2/g in nanoporous
kerogen [51]. The enormous surface area provides favorable places for gas adsorption. The gas
adsorption capacity is mainly affected by pore structures, mineral compositions, metamorphism degree,
gas components, pressure, temperature, water vapor content, etc. Since adsorbed gas is mainly stored
in organic matter, the TOC content significantly affects the adsorbed gas content in shale gas reservoirs.
As we can see from Figure 18, there is a positive relationship between the adsorbed gas content and TOC
content in different shale gas reservoirs. This is because large TOC content means more organic matter
in the shale matrix, which can provide sufficient space for gas storage due to its large surface area.

Taking the Barnett Shale as an example, as shown in Figure 18, we can distinguish different
gas types from the relationship between adsorbed gas and the total gas amount in shale matrix.
Adsorbed gas and free gas in the organic matrix increase as the TOC content increases, while the
amount of free gas in the inorganic matrix is not affected by the TOC content. In shale gas plays,
adsorbed gas is a non-ignorable component in shale gas reserve calculation [27,39,53–55], and gas
ad-/desorption is important in the study of gas flow behaviors [56–59]. If we analyze the case further,
we could ask how much adsorbed gas could be produced during shale gas production, and how
significantly gas ad-/desorption affects gas transient flow behaviors in shale gas reservoirs.

17



Energies 2020, 13, 5427

Figure 18. Adsorbed gas in different shales and its relationship with TOC content (revised from [50,52]).

The gas transporting process of CH4 and He in organic shale samples was compared by an
experimental study at 3.4 MPa and 308 K [60], where CH4 serves as the adsorptive gas and He is
non-adoptive. The production dynamics of CH4 and He can be seen in Figure 19a. Assuming the free
gas amount of CH4 and He is equal in shale samples, the adsorbed volume of CH4 can be obtained by
the difference between the total CH4 production volume and the total He production volume, which are
2.60 cm3/g and 1.33 cm3/g respectively. Therefore, the produced volume of free gas for unit mass
shale particles under standard conditions is 1.33 cm3/g, while the adsorbed gas amount is 1.27 cm3/g.
Similarly, simulation results from dynamic adsorption diffusion model show that the production of free
gas dominates at an early production period (before point A) and drops very fast, while adsorbed gas
dominates the later production after point A for a relatively long time. Experimental study and model
simulation signified that both free gas and adsorbed gas played an important role in gas production.

The above research is conducted at low pressure (3.4 MPa) and temperature (308 K) compared to
practical shale gas reservoir conditions. Gas desorption pressure in shale is usually below 12 MPa,
which is close to the abandonment pressure of shale gas reservoirs. Meanwhile, the formation pressure
is mainly depleted in a small area near the wellbore, i.e., the average pressure of shale formation is
much higher than the abandon pressure. Consequently, gas desorption may only occur in a small area
near the wellbore or hydraulic fractures, meaning a limited amount of adsorbed gas is produced during
the life cycle of the shale gas reservoir. The significance of adsorbed gas, as well as the corresponding
seepage mechanisms, need further investigation.

Assuming adsorbed gas volume is a function of pressure, Tang et al. [61] obtained the absolute
adsorbed gas amount from excess adsorption and studied the adsorbed gas proportion to total gas
at different shale depths (Figure 20). The conventional absolute adsorption refers to results obtained
by fitting low and intermediate pressure sorption data using the Langmuir model of Equation (10),
while the new absolute adsorption refers to a dual-site Langmuir model considering the adsorbed
layer variation and excess adsorption. The conventional model severely underestimates the absolute
adsorption amount when the pressure is higher than 6 MPa, as shown in Figure 20a. The percentage of
adsorbed gas to total gas in place (GIP) is a function of shale formation depth, where it increases fast in
shallow areas and slows down after 2000 m, as shown in Figure 20b. The adsorbed gas accounts for
approximately 40–80% at different depths of formation. Meanwhile, the excess adsorption amount
needs to be corrected to the absolute adsorption amount when considering the adsorbed gas percentage
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in GIP. Otherwise, it will massively underestimate the adsorbed gas amount and overestimate the free
gas amount.
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Figure 19. Experimental data (a) and mathematical simulation results (b) for gas transport process at
3.4 MPa and 308 K [60].

2.6.3. Dissolved Gas

After the equilibrium between adsorption and desorption is found, shale gas could dissolve into
the liquid hydrocarbon or formation water during the hydrocarbon accumulation process. Meanwhile,
organic kerogen continuously generates shale gas and contains a certain amount of gas molecules [62].
The gas in liquid hydrocarbon, formation water, and kerogen is called the dissolved gas, which has been
overlooked, but may play a significant role in shale gas reservoir development [40,59]. Gap-filling and
hydration are the two main storage mechanism of dissolved gas, and can be described theoretically by
Henry’s law [63]:

Cb =
p

Kc
, (9)

where Cb is the mole concentration of dissolved gas, mol/m3 and Kc is the Henry constant, m3 Pa/mol.
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Since it is hard to differentiate dissolved gas from adsorbed gas, both gas types are usually
attributed to one type, namely adsorbed gas. Moreover, adsorbed gas and dissolved gas can be
transformed to the other under proper circumstances. Therefore, it can be roughly seen as one type in
some cases [48,64].
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Figure 20. Adsorption amount versus pressure (a) and adsorbed gas percentage versus shale formation
depth (b) in different models [61].

3. Gas Adsorption and Desorption

Shale gas can be stored on pore surfaces of organic matter and clays by gas adsorption.
Organic matter in the shale matrix is a key parameter that influences gas adsorption characteristics in
shale gas reservoirs. On the one hand, a large amount of nanopores are developed in organic shales,
which provide enormous surface area for the gas to be adsorbed on. On the other hand, the adsorption
potential is significant in organic nanopores compared to in inorganic nanopores or large organic pores.
The adsorption-desorption law in organic shale nanopores is a key scientific problem in the practice of

20



Energies 2020, 13, 5427

shale gas development, affecting the accuracy of evaluating shale adsorption capacity, studying the
seepage flow behaviors, and developing transient seepage mathematical models [65].

3.1. Different Sorption Types and Models

Methane is the main component of shale gas underground, with a critical pressure of 4.59 MPa
and a critical temperature of 190.53 K. Therefore, shale gas is in a supercritical state under in situ
formation conditions (3000–6000 m, with high pressure up to 60 MPa) [66]. The study of supercritical
gas sorption is essential for an accurate understanding of adsorption and desorption mechanisms
in shale gas reservoirs. Gas sorption mechanisms are quite confusing, and no unified conclusions
have been reached. Monolayer adsorption, multilayer adsorption, and micropore filling are three
common assumptions in shale gas sorption research. Based on these assumptions, the Langmuir
model, BET model, the Dubinin–Radushkevich (D-R) model, and the Dubinin-Astakhov (D-A) model
have been established to fit the sorption data, and have obtained good results. However, good fitting
results do not guarantee the validity of the assumption in the adsorption models. For example, even if
the Langmuir model fits the experimental data very well, we cannot say that gas adsorption belongs to
monolayer adsorption.

3.1.1. Monolayer Adsorption Type

Monolayer adsorption means that gas molecules adsorb on the pore surface in one layer, so the
thickness of adsorbed gas equals the molecular diameter. Due to the huge surface area in a shale
matrix, a considerable amount of adsorbed gas exists in shale gas reservoirs. Assuming 80% gas
saturation in shale samples, the adsorbed gas ratio can be 22.65% of the total gas amount according to
the Ono-Kondo lattice model established by Zhou et al. [67].

(1) Langmuir model [68]: The Langmuir model was established by monolayer adsorption assumption.
Due to its simplicity and accurate fitting to the experimental data, it is widely used to describe
monolayer gas adsorption, which can be written as:

Ga = Gm
bp

1 + bp
, (10)

where Ga is the absolute adsorbed gas amount; Gm is the maximum adsorbed capacity, p is
the pressure, and b is the Langmuir sorption constant, which can be obtained by fitting the
experimental or field test data.

(2) Freundlich model [69]: With pressure decreasing, the Langmuir equation of Equation (10)
approaches the Henry’s law of Equation (9). Therefore, the Henry’s law can describe low-pressure
sorption behaviors, since any sorption isotherm satisfies the linear relationship between adsorption
amount and pressure at low pressure. To broaden the application range of the Henry’s law
into high-pressure areas, an exponential empirical formulation, namely the Freundlich model,
was used:

Ga = k f p1/n f , (11)

where kf is related to the adsorption interaction and adsorption amount; nf is a constant usually
between 2 and 3, reflecting the intensity of adsorption. The values of both kf and nf depend on
the type of adsorbent and adsorbate as well as the temperature.

With temperature increasing, constant nf approaches to unity and the Freundlich model of
Equation (11) becomes the Henry model of Equation (9). The Freundlich model can properly describe
monolayer adsorption, especially for low-concentration gases and in the meso pressure range. However,
there is no explicit physical meaning of the constants kf and nf, and it cannot explain the mechanisms
of adsorption.
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(3) Langmuir-Freundlich model: To modify the assumption of uniform adsorption sites in the
Langmuir model, the Freundlich equation and the Langmuir equation were coupled to form a
new adsorption model, namely the Langmuir-Freundlich model, which is:

Ga = Gm
bpl

1 + bpl
, (12)

where l reflects the heterogeneity of adsorbents, l ≤ 1. The smaller the value of l, the stronger the
heterogeneity of the adsorbent. If an adsorbent possesses an ideal surface, l tends to be 1 and the
Langmuir-Freundlich equation is equivalent to the Langmuir equation.

(4) Toth model [69]: To improve the fitting capacity of the Langmuir model, the Toth model
was proposed:

Ga = Gm
bp

[1 + (bp)t]
1/t

, (13)

where t is a constant related to the adsorbent properties.

Note that the Toth model of Equation (13) solves two problems: (1) the Freundlich model of
Equation (11) and the DR model of Equation (16) do not satisfy Henry’s law at low pressure; and (2) no
maximum adsorption amount appears in the Freundlich model of Equation (11) with increasing
pressure. Bae et al. [69] found that the Toth equation fitted the experimental data better than the
extended three-parameter and Langmuir equation, and yielded realistic values of pore volumes of coal
samples and adsorbed gas density.

3.1.2. Multilayer Sorption Type

(1) Two-parameter BET model [32]: Multilayer adsorption can be modeled by the BET sorption
theory, which assumes that gas molecules can adsorb on a solid surface by infinite layers and no
interaction exists between contiguous layers. In other words, any monolayer obeys the Langmuir
adsorption theory in the BET model, which can be expressed as follows:

Ga

Gm
=

Cb(p/ps)

(1− p/ps)[1 + (C− 1)(p/ps)]
, (14)

where Gm is the maximum monolayer adsorption amount, ps is the saturated vapor pressure,
and Cb is the dimensionless constant controlling the time of multilayer adsorption.

In applying Equation (14), its equivalent expression needs to be adopted, which is Equation (1).
A plot of (p/ps)/[Ga(1 − p/ps)] versus p/ps is employed to figure out whether the adsorption follows the
BET theory. If the plot satisfies the linear relationship in the range of 0.005 < p/ps < 0.35, we can use the
scope and intercept of the straight line to obtain the values of Gm and C.

(2) Three-parameter BET model [44,69]: The above two-parameter BET model of Equation (14)
assumes infinite layers of adsorption. If the adsorption layers are finite, the three-parameter BET
model can be employed:

Ga

Gm
=

Cb(p/ps)

(1− p/ps)

[1− (n + 1)(p/ps)
nb + nb(p/ps)

nb+1]

[1 + (Cb − 1)(p/ps) −Cb(p/ps)
nb+1]

. (15)

If nb = 1, Equation (15) simplifies into the Langmuir model of Equation (10); if n→∞, Equation (15)
transforms into the two-parameter BET model of Equation (14). Note that the three-parameter BET
model of Equation (15) is applicable to describe adsorption behaviors for p/ps in the range of 0.35–0.60.

Note that, although in theory the multilayer adsorption assumption may produce a wider
application scope with the BET model than the Langmuir model, it may not be suitable to adopt the
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BET theory in a shale gas adsorption study, since sorption behaviors in shale gas reservoirs belong
to supercritical adsorption and the saturated vapor pressure ps of shale gas (mainly methane) does
not exist in practice. Besides, as reported, the BET model may have a poorer performance than the
Langmuir model at fitting absolute sorption data, as reported by [70].

3.1.3. Micropore Volume Filling

Dubinin–Radushkevich and Dubinin-Astakhov Models

Gas molecule behavior in nanopores is significantly different from that in mesopores or macropores,
since there is a superposition of adsorption potential from both pore sides. Consequently, the adsorption
force of micropore walls on gas molecules is much greater than in mesopores or macropores, leading to
large adsorption. Dubinin named the gas adsorption in these small-scale pores micropore volume
filling [71]. Compared to the Langmuir adsorption theory, micropore volume filling is more helpful
for understanding the gas adsorption mechanism and gas true storage forms, and for evaluating gas
adsorption properties. Meanwhile, it has been reported that the D-A model provides a better fit to
sorption data of coal than the Langmuir model [72].

The condensed adsorbate looks like microemulsion droplets when adsorption occurs in micropores,
which is greatly affected by interfaces. Based on the Polanyi adsorption potential theory [73], the D-R
model and D-A model are commonly used in shale gas adsorption studies, and can be expressed
as follows:

W = W0 exp
{
−D[ln(ps/p)]m

}
, (16)

where W is the pore volume filled with gas molecules at relative pressure p/ps; W0 is the total volume of
micropores; D is a parameter related to the adsorbate-adsorbent system; and m is a parameter ranging
from 2 to 6, reflecting the heterogeneity of potential energy on adsorbent surfaces. If m constantly equals
2, Equation (16) is the D-R model. If m is a random parameter between 2 and 6, then Equation (16) is
the D-A model.

In applying Equation (16), W is equivalent to the absolute adsorbed gas amount Ga, and W0 is
equivalent to the maximum adsorbed gas amount Gm, Equation (16) can be re-expressed as follows:

Ga = Gm exp
{
−D[ln(ps/p)]m

}
. (17)

Compared to the D-R model, the D-A model performs better fitting with experimental data,
according to the study of Wang et al. [70]. This is because the chosen range of structure heterogeneity
parameter m in the D-A model is broader than that in the D-R model, which is related to pore size
distribution in shale formations. The chosen parameter m in the D-A model brings the micropore
structure information into adsorption prediction and modeling, while it has a constant value of 2 in the
D-R model, without considering the structural heterogeneity in shale samples.

Calculation of Virtual Saturated Vapor Pressure

Note that the above D-R and D-A models were not initially proposed for supercritical adsorption,
but for subcritical sorption. Therefore, the concept of saturated vapor pressure in the D-R and
D-A model was replaced by virtual saturated vapor pressure or supercritical adsorption limited
pressure [72]. Generally, the virtual saturated vapor pressure can be calculated by the following
empirical formulations or approaches:

(1) The first is the Dubinin method [71,74,75]:

ps = pc(
T
Tc

)
2
, (18)

where pc is the critical pressure and Tc is the critical temperature.
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(2) The second is the Reid method [72]:

ps = pc exp[
Tb
Tc
× ln pc

1− Tb
Tc

× (1− Tc

T
)], (19)

where Tb is the boiling point of gas at atmospheric pressure.
(3) The third is the Antoine method [74]:

ps = 0.1× exp(BA − CA
DA + T

). (20)

Equation (20) is a three-parameter vapor pressure equation, where the extrapolation technique and
saturated vapor pressure data under subcritical conditions are needed. For methane, three parameters
can be obtained: BA = 8.784, CA = 933.51, and DA = −5.37, respectively [74]. Then, saturated vapor
pressure could be calculated by Equation (20).

(4) The fourth is the Astakhov method [72], the calculation results of which fit the experimental data
well in the interval of ps from 0.1 MPa up to critical pressure pc [71]. Meanwhile, it should be noted
that this method gives satisfactory results for temperatures exceeding the critical temperature by
50–100 K.

ps = exp(
cA
T

+ dA), (21)

where parameters cA and dA are determined by the gas critical point (Tc, pc) and boiling point
(Tb, 101,325 Pa). For methane, cA = −1032.693 and dA = 6.945.

(5) The Amankwah method [76] is an improved calculation method for the Dubinin method,
which involves a parameter kA to account for interactions in an adsorbate-adsorbent system:

ps = pc(
T
Tc

)
kA

, (22)

where kA is a parameter accounting for interactions in the adsorbate-adsorbent systems.
(6) The linearization of isotherm adsorption data is another processing method [77] to extend the

D-R and D-A models into supercritical area. By transforming isotherms from Gex versus p
space to ln[lnGex] − 1 versus lnp space, where Gex is the excess adsorption amount, a bunch of
fitting straight lines could be obtained; they converge to a single point B, as shown in Figure 21.
This merge point B is defined as the limiting state of the adsorbate, corresponding to the extreme
condition of the adsorption potential field, where no more adsorptive molecules can enter the
adsorbent micropores [77]. Therefore, the limiting pressure and limiting adsorption amount of
the merge point correspond to the saturated vapor pressure and the saturated adsorption amount
in the D-R and D-A models, respectively.

In order to compare these six different methods, the experimental data in Zhang’s study for
organic-rich Woodford shale [78] are collected for analysis at temperatures of 308.53 K, 323.53 K,
and 338.53 K, respectively, as shown in Figure 22a. The linearization processing method of adsorption
data in Zhou’s study is adopted, which transforms the sorption data into three straight lines and
defines a limiting state at the intersection point A in Figure 22b. The other five methods are also
employed to calculate the virtual saturated vapor pressure for the same shale sample and sorption
data. The calculated results are shown in Figure 23, which exhibits great differences to the results
from different methods. The results from Antoine and Astakhov have obviously larger values than the
others, while the linearization processing results, which are independent of temperature, have much
smaller values than the others. Dubinin and Reid’s results are basically the same, with slightly lower
values than in the Amankwah results. Dubinin’s method only considers the properties of the individual
adsorbates, while the Amankwah method also takes adsorbent properties into consideration. Moreover,
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the value of parameter k is obtained by nonlinear fitting for isotherm sorption data, which is more
practical than the constant value in the Dubinin method. As a result, the Amankwah method is
recommended to calculate virtual saturated vapor pressure.
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Note that the linearization processing method was proposed to tackle sorption problems in the
ranges of 77–298 K and 0–7 MPa [77]. The pressure and temperatures in shale gas reservoirs are
generally beyond this range, so this method is not recommended in shale gas sorption studies.

3.2. Sorption Study in Supercritical Area

3.2.1. Gibbs Excess Adsorption

For high-pressure and -temperature sorption, Gibbs excess adsorption is adopted to describe its
unique behaviors [79]. Generally, adsorbed gas and bulk gas both exist for an adsorbate-adsorbent
system, where adsorbed gas is distributed on the pore surface as a layer and bulk gas is far from the
surface. Bulk phase gas is also distributed in the adsorption layer, which is irrelevant to gas-solid
molecular interactions and can be ignored at low pressure. However, it needs to be considered in shale
gas sorption research, since the in situ pressure is high in shale gas reservoirs (>30 MPa) [65]. Therefore,
the excess adsorption amount corresponds to the part that is larger than the bulk phase density in the
adsorption layer. The difference between the absolute adsorption and the excess adsorption can be
seen in Figure 25, where the absolute adsorption (Figure 25e) consists of excess adsorption (Figure 25c)
and bulk phase gas in the adsorbed layer (Figure 25d). The relationship can be expressed as follows:

Gex = Ga − ρgvad, (23)

where Gex is the Gibbs excess adsorption amount, Ga is the absolute adsorption amount, and vad is the
adsorbed gas volume, as can be seen in Figure 25.

The measured adsorption amount in high-pressure sorption experiments is the Gibbs excess
adsorption amount Gex in Equation (23). The relationship has another explanation: namely, the adsorbed
gas is under the effect of bulk phase gas buoyancy. Thus, the measured adsorbed gas weight equals
the difference between absolute adsorbed gas weight and the buoyancy it received in bulk-phase gas.

For adsorbed gas, the following relationship exists:

vad =
Ga

ρad
, (24)

where ρad is the adsorbed gas density.
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Then, incorporating Equations (23) and (24), we can obtain:

Gex = Ga(1−
ρg

ρad
). (25)

Associating Equation (25) with the calculation methods for bulk and adsorbed gas density in
Sections 3.4.1 and 3.4.2, the simulation results of absolute adsorption amount Ga can be transformed into
measured excess adsorption amounts Gex. In low-pressure sorption studies, the bulk gas density ρg is
much lower than the adsorbed gas density ρad, and the excess adsorption amount Gex is approximately
the same as the absolute adsorption amount Ga. However, gas density ρg becomes comparable
to adsorbed gas density ρad with pressure increasing, as to be introduced in Section 3.4.2. Thus,
the difference between the absolute adsorption amount Ga and the excess adsorption amount Gex

cannot be ignored and there is a maximum on the plot of measured adsorption amount versus pressure
or bulk phase gas density, as can be seen from Figure 24a. The location of the maximum depends on the
interaction between adsorbate and adsorbent, as well as the thermodynamic state of the adsorptive [80].
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Figure 25. Scheme of absolute adsorption amount and excess adsorption amount.

3.2.2. Supercritical Adsorption Models

The introduction of the virtual saturated vapor pressure in Section 3.1.3 extends the micropore
filling models from subcritical area into supercritical range. However, Sakurovs et al. [81] noted
that this method cannot easily accommodate adsorption at conditions where both the pressure and
temperature are above the critical values. Since the adsorbed gas density is greater than the free gas
density in supercritical conditions, another method, which replaced the saturated vapor pressure ps

by adsorbed phase gas density ρad, and gas pressure p by gas density ρg, was proposed to extend the
volume-filling models to a wider pressure and temperature application range [72]. Based on this idea
and associating Equation (17) with Equation (25), we obtain:

Gex = Gm(1− ρg/ρad) exp
{
−D[ln(ρad/ρg)]

m
}
. (26)

Similarly, other models in Section 3.1 can also be transformed into this form, i.e., replacing
gas pressure p and saturated vapor pressure ps with gas density ρg and adsorbed gas density ρad,
respectively, and employing (1 − ρg/ρad) to correct for the true adsorbed gas amount. For example, the
Langmuir equation can be transformed into the following form:

Gex = Gm(1−
ρg

ρad
)

brρg

1 + brρg
, (27)

where br is a constant similar to the Langmuir constant, which has the relationship ρL = 1/br.
Langmuir density ρL refers to the gas density at which the adsorption amount is half of the maximum.

The transformation of other models occurs in the same way. A previous study [82] pointed out
that gas density is the most meaningful variable in high-pressure sorption areas, so it is recommended
that they be used in high-pressure studies instead of pressure.

3.3. Adsorption/Absorption Models

Reucroft [83] reported that CO2 dissolved in coal and caused it to swell in addition to being
adsorbed on the coal surface. When studying gas sorption behaviors on polymers, Sato et al. [84]
found that gas can not only adsorb on a solid surface, but also can be absorbed into the interior of
solid material. Larsen [85] proposed a similar two-component sorption on coal samples. Adsorbed gas
and dissolved gas exist on the kerogen surface and in the kerogen interior, respectively, which restrict
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and connect with each other in shale gas reservoirs [38,41]. To model the two types of sorption
(adsorption and absorption), different methods were proposed in previous studies.

The first category is the hybrid type, namely the superposition of gas adsorption law and gas
absorption law. Gas adsorption can be described by the abovementioned adsorption models, such as
the monolayer adsorption models or the micropore filling models, while gas absorption is described by
Henry’s law. Meanwhile, supercritical sorption characteristics need to be considered in high-pressure
and high-temperature sorption studies. Here, we take the Langmuir adsorption and D-A models as
examples to introduce a hybrid method, and other adsorption models, such as the Freundlich, Toth,
and D-R models, can be handled by the same procedure.

(1) Langmuir/Henry combination: In this model, gas adsorption is modeled by the Langmuir
equation, and gas absorption is described by a term proportional to pressure, following Henry’s
law. Here, the subcritical adsorption and absorption are described in terms of pressure, as in
Equation (28), while supercritical adsorption and absorption are in terms of gas density [81] as
in Equation (29):

Ga = Gm
bp

1 + bp
+ kp, (28)

Gex = Gm(1−
ρg

ρad
)

brρg

1 + brρg
+ kρg. (29)

(2) Volume filling/Henry combination: Gas adsorption is described by the D-R or D-A model, and gas
absorption is described by Henry’s law. For subcritical adsorption and absorption, this can be
described in terms of pressure:

Ga = Gm exp
{
−D[ln(ps/p)]m

}
+ kp. (30)

For supercritical adsorption and absorption description in terms of gas density [81], this is:

Gex = Gm(1− ρg/ρad) exp
{
−D[ln(ρad/ρg)]

m
}
+ kρg. (31)

If gas pressure is adopted in a supercritical adsorption model [86], then the virtual saturated
vapor pressure concept introduced in Section 3.1.3 needs to be employed, i.e.:

Gex = Gm(1− ρg/ρad) exp
{
−D[ln(ps/p)]m

}
+ kp. (32)

(3) Swelling contribution: Dissolved gas usually swells the solid materials after absorption [83,85].
If the swelling contribution was equal to the condensed gas volume in adsorbents,
Equations (28)–(32) need to be modified, because the swelling occupies space that would otherwise
be taken up by gases [81]. The term (1 − ρg/ρad) needs to be multiplied by the absorption term.
Taking the supercritical volume filling/Henry combination as an example, the model considering
swelling contribution can be expressed as follows:

Gex = Gm(1− ρg/ρad) exp
{
−D[ln(ρad/ρg)]

m
}
+ kρg(1− ρg/ρad), (33)

Gex = Gm(1− ρg/ρad) exp
{
−D[ln(ps/p)]m

}
+ kp(1− ρg/ρad). (34)

Sakurovs et al. [81] compared the calculation results from the Langmuir model of Equation (27),
the D-R model of Equation (26), the Langmuir/Henry combination model of Equation (29), and the
D-R/Henry combination model of Equation (31) using CO2 and CH4 adsorption data, as shown
in Figure 24a,b. The fitting effects of the Langmuir and the D-R models are both poor, while the
Langmuir/Henry or D-R/Henry combination model has a much better effect. This means that
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the added term (kp) in adsorption models improves the fitting effect and reduces the calculated
surface sorption capacity. The improvement of this term is greater in the D-R model than in the
Langmuir model, since the D-R/Henry combination fits the measured sorption data better than
the Langmuir/Henry combination. This suggest that the gas sorption mechanism in coal is more
likely the volume filling, rather than monolayer coverage.

(4) Bi-Langmuir adsorption model: Assuming absorption and swelling are related, Pini et al. [82]
applied the Bi-Langmuir model [87] to describe the combination of adsorption and absorption,
where linear superposition is adopted for each Langmuir adsorption term, i.e.:

Ga = Gad
m

badρg

1 + badρg
+ Gab

m
babρg

1 + babρg
, (35)

where the first term on the right side of the equation is the adsorption term, and the second term
is the absorption term.

Assuming the Langmuir equilibrium constants for adsorption and absorption are equal [82], i.e.,
bad = bab, the excess adsorption amount can be expressed as follows:

Ga = Gt
bρg

1 + bρg
− ρgvad, (36)

where Gt is the sum of maximum adsorption amount and maximum absorption amount.
This Bi-Langmuir model was also compared to the experimental data and the D-R/Henry

combination model, as shown in Figure 26. Both models fitted the excess sorption data well, but the
fitted curve for absolute sorption data from the D-R/Henry combination model is much higher than the
experimental data, while the Bi-Langmuir model fitted the absolute sorption data excellently. This is
caused by the neglect of the swelling effect and the assumption of unlimited sorption capacity in the
D-R/Henry combination model. Therefore, it should be seen as an empirical approach to describe excess
sorption isotherms, and cannot be used for gas storage capacity estimation. Contrarily, the Bi-Langmuir
model has a solid physical basis from experimental observations of a saturation-limited equilibrium
between the gas phase and the condensed phase [82]. From this point, the Bi-Langmuir model is more
suitable for adsorption and absorption modeling of shale gas.

3.4. Physical Properties Calculation of Shale Gas

3.4.1. Bulk Gas Properties

Gas Density

(1) Calculated by EOS: Generally, the bulk phase gas density can be calculated by the real gas EOS,
as mentioned in Section 2.6.1. After calculation, we can also obtain the relationship between
gas density and pressure by the nonlinear fitting technique, which expresses density in terms
of pressure:

ρg = c0 + c1p + c2p2 + c3p3 + · · · , (37)

where c0, c1, c2, and c3 are fitting parameters.

As we can see from Figure 27a, free gas density decreases with increasing temperature when
0.1 MPa< p< 30 MPa and increases with increasing pressure when 273.13 K< T < 373.13 K. Compared to
temperature, the influence of pressure on free gas density is more obvious. Since the change in pressure
is more marked than that of temperature during shale gas reservoir development, more attention
needs to be paid to the change in free gas density with pressure. The influence of temperature on
free gas density is the most severe at a pressure of around 15 MPa, while it is weaker at lower or
higher temperatures.
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(2) Measured by experiments: Bulk phase gas density can also by measured by experiments.
Since analytical modeling is the main method introduced in this article, experimental measurement
apparatus and procedures are not introduced.
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Gas Viscosity

Accurate determination of natural gas viscosity plays a key role in its management as it is one of
the most important parameters in calculations. It is a pressure- and temperature-dependent parameter
that can be calculated by different empirical methods. In this section, different calculation formulations
are compared. First, we will introduce some density-based models, where the calculation accuracy of
viscosity is based on the prediction of gas density. We note that the following formula in the original
work may use different units, and we have transformed all parameters into the SI unit for convenience,
i.e., viscosity in Pa s, density in kg/m3, molar mass in kg/mol, and temperature in K. With different
units, the coefficients in the equation have different values.

(1) Lee method [88,89]

Lee et al. reported a viscosity calculation formula of light hydrocarbons based on accurate density
data of pure or mixed gas components. Using a linear molecular weight mixing rule, gases’ viscosity is
expressed as a function of the molecular weight and the gas density, which is:

μ = K exp
[
X
(
0.001ρg

)Y
]
× 10−7, (38)

where:

K =
(7.77 + 6.3M)(1.8T)1.5

122.4 + 12900M + 1.8T
, (39)

X = 2.57 +
1914.5
1.8T

+ 9.5M, (40)

Y = 1.11 + 0.04X, (41)

where μ is the viscosity, Pa s; M is the molar mass, mol/kg; T is the temperature, K; and K, X, and Y are
intermediate parameters.

The results of Equation (38) provided satisfactory fitting capability to the data on methane, ethane,
propane, and n-butane simultaneously, with a standard deviation of 1.89% [88,89]. The coefficients in
Equations (39)–(41) were determined from the experimental data for pressures ranging from 0.69 MPa
to 55.16 MPa and temperatures ranging from 310.93 K to 444.26 K.

(2) Improved Lee method [90,91]

If experimental data on gas density are not available, it can be predicted by an empirical method.
In this situation, the coefficients of K, X, Y can be obtained as follows:

K =
(9.379 + 16.07M)(1.8T)1.5

209.2 + 19260M + 1.8T
, (42)

X = 3.448 +
986.4
1.8T

+ 10.09M, (43)

Y = 2.447− 0.2224X. (44)

The calculated viscosity of this method agrees with parts of the published viscosity data within
2% at low pressure and within 4% at high pressure when the specific gravity of the gas is smaller than
1.0. The method is less accurate for gases of higher specific gravities, usually giving lower estimates
by up to 20% for retrograde gases with specific gravities over 1.5. Different from the original study,
we take SI units here in Equations (43)–(45), i.e., μ in Pa·s, ρg in kg/m3, M in kg/mol and T in K.

(3) Londono method [92]

32



Energies 2020, 13, 5427

Londono et al. determined the coefficients of K, X, and Y in Equation (38) by applying
pure-component and light natural gas mixture data to improve the accuracy of the model, with:

K =
(16.7175 + 41.9188M)(1.8T)1.40256

212.209 + 18134.9M + 1.8T
, (45)

X = 2.12574 +
2063.71

1.8T
+ 11.926M, (46)

Y = 1.09809 + 0.0392851X. (47)

Another polynomial gas viscosity model was proposed in the study of Londono et al. [92] based
on nonlinear regression techniques, which can be expressed as:

μg = μ1atm + 10−3 f (ρ), (48)

f (ρ) =
al + bl(0.001ρ) + cl(0.001ρ)2 + dl(0.001ρ)3

el + fl(0.001ρ) + gl(0.001ρ)2 + hl(0.001ρ)3 , (49)

al = al0 + al1(1.8T) + al2(1.8T)2, (50)

bl = bl0 + bl1(1.8T) + bl2(1.8T)2, (51)

cl = cl0 + cl1(1.8T) + cl2(1.8T)2, (52)

dl = dl0 + dl1(1.8T) + dl2(1.8T)2, (53)

el = el0 + el1(1.8T) + el2(1.8T)2, (54)

fl = fl0 + fl1(1.8T) + fl2(1.8T)2, (55)

gl = gl0 + gl1(1.8T) + gl2(1.8T)2, (56)

hl = hl0 + hl1(1.8T) + hl2(1.8T)2. (57)

The values of the parameters in Equations (50)–(57) are given in Table 5.

Table 5. The values of coefficients in Equations (50)–(57) for viscosity calculation.

Coefficients i = 0 i = 1 i = 2

ali 0.953363 −1.07384 0.00131729
bli −0.971028 11.2077 0.09013
cli 1.01803 4.98986 0.302737
dli −0.990531 4.17585 −0.63662
eli 1 −3.19646 3.90961
fli −1.00364 −0.181633 −7.79089
gli 0.99808 −1.62108 0.000634836
hli −1.00103 0.676875 4.62481

(4) Sutton method [93]

Sutton correlated the effect of intermolecular forces as a function of apparent molar weight,
pseudocritical pressure, and pseudocritical temperature and used the following coefficients:

K =
1
ξL

[
0.807T0.618

pr − 0.357 exp
(
−0.449Tpr

)
+ 0.34 exp

(
−4.058Tpr

)
+ 0.018

]
, (58)

ξL = 0.949

⎡⎢⎢⎢⎢⎢⎢⎢⎣ 1.8Tpc

(1000M)3
(
ppc/6894.8

)4

⎤⎥⎥⎥⎥⎥⎥⎥⎦
1/6

, (59)
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X = 3.47 +
1588
1.8T

+ 9M, (60)

Y = 1.66378− 0.04679X. (61)

(5) Heidaryan and Jarrahian (H-J) method [94].

The coefficients were determined empirically through multiple regression analyses by Heidaryan
and Jarrahian, as follows:

K = H1 + H2
1.8T

ln(1.8T)
+

H3

(1000M)1.5
+

H4

(1000M)2 + H5 exp(−1000M), (62)

X = H6 + H7 ln(1000M)
√

1000M + H8 ln(1000M) +
H9

1.8T
, (63)

Y = H10 + H11
1000M

ln(1000M)
+ H12 ln(1000M) +

H13

1.8T
. (64)

where the coefficients of H1 to H13 are shown in Table 6.

Table 6. The coefficients of H1–H13 in Equations (62)–(64).

Coefficient Tuned Coefficient

H1 −336.6309996192
H2 1.432588837697
H3 113,908.9211105
H4 −380,054.8489939
H5 384,369,898.3053
H6 4.098692867002
H7 −0.003307304447043
H8 −0.004252150356903
H9 718.2941490688
H10 1.658818877773
H11 −0.00580479565535
H12 −0.001129165058823
H13 −204.6192651917

(6) Abooali-Khamehchi (A-K) method [95]

Abooali and Khamehchi developed a natural gas viscosity calculation method covering 1938 data
points with the following expression:

μ = 10−3

⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩
0.007393 + 0.2738481408

(
0.001ρg

Tpr

)2
+ 0.594577152

[
(0.001ρg)

2
ppr

0.0624ρg+ppr

]
−1.5620581417× 10−3

(
0.001ρg

)3(
1000M + 0.0624ρg

)
+ 9.59× 10−5

(
1000MT2

pr

)
⎫⎪⎪⎪⎪⎬⎪⎪⎪⎪⎭. (65)

The above density-based models provide reliable ways to calculate natural gas viscosity [96].
However, the accuracy of the gas density calculation in the models depends on the prediction
of gas deviation factor Z at elevated pressure and temperature [97]. To overcome this problem,
correlations based on the corresponding states theory were also established.
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(7) Heidaryan-Moghadasi-Salarabadi (H-M-S) method [98]

Based on the falling body viscometer experiment, a correlation for methane gas viscosity was
presented for temperatures up to 400 K and pressures up to 140 MPa, with an average absolute percent
relative error of 0.794:

μ = 10−3 × Ah1 + Ah2pr + Ah3p2
r + Ah4p3

r + Ah5Tr + Ah6T2
r

1 + Ah7pr + Ah8Tr + Ah9T2
r + Ah10T3

r
, (66)

where the coefficients Ah1–Ah10 have values of Ah1 = −2.25711259 × 10−2, Ah2 = −1.31338399 × 10−4,
Ah3 = 3.44353097 × 10−6, Ah4 = −4.69476607 × 10−8, Ah5 = 2.2303086 × 10−2, Ah6 = −5.56421194 × 10−3,
Ah7 = 2.90880717 × 10−5, Ah8 = −1.90511457, Ah9 = 1.14082882, and Ah10 = −0.225890087. Note that the
method is proposed according to the experimental data of methane. Therefore, this equation is strictly
proposed for pure methane. That is also why the reduced pressure and reduced temperature, rather than
the pseudoreduced pressure and pseudoreduced temperature, are employed in Equation (66).

(8) Sanjari et al. method [99]

Sanjari et al. presented a rapid method to calculate natural gas viscosity with high accuracy
compared with other empirical methods:

μ = 10−7
−0.141645+0.018076ppr+0.00214p2

pr−0.004192 ln ppr−0.000386 ln2 ppr+
0.187138

Tpr +0.569211 ln2 Tpr

1+0.000387p2
pr− 2.857176

Tpr + 2.925776
T2

pr
− 1.062425

T3
pr

. (67)

(9) Heidaryan-Esmaeilzadeh-Moghadasi (H-E-M) method [96]

In this method, gas viscosity is expressed as follows:

μ = μ1atm exp
[

1+Ae1Tpr+Ae2ppr+Ae3(2T2
pr−1)+Ae4(2p2

pr−1)
Ae5Tpr+Ae6ppr+Ae7(2T2

pr−1)+Ae8(2p2
pr−1)+Ae9(4T3

pr−3Tpr)+Ae10(4p3
pr−3ppr)

]
, (68)

where the values of coefficients Ae1–Ae10 can be seen in Table 7.

Table 7. Values of coefficients in Equation (68).

Coefficient For ppr ≤ 3 For ppr > 3

Ae1 −0.574429785927299 −1.61486373676777
Ae2 −0.161401455390735 0.393317983084269
Ae3 0.111211457326131 0.273470537671412
Ae4 0.0300553354088043 0.00142823962661707
Ae5 5.56157730361211 −0.779279490434404
Ae6 −4.08580223632285 0.142553527534496
Ae7 −1.08843921447191 0.581332491577921
Ae8 0.694563966721831 0.00329912709369652
Ae9 0.13871744921249 0.0243974777653492
Ae10 −0.0420997501646278 −0.0000632194669476397

(10) Jarrahian and Heidaryan Method [97]

A generalized correlation method was proposed based on 3231 data points of 29 multicomponent
mixtures at wide ranges of pressure (0.1–137.8 MPa), temperature (241–473 K), and specific gravity
(0.573–1.337) by Jarrahian and Heidaryan [97], which can be expressed as follows:

μ = μ1atm

⎡⎢⎢⎢⎢⎢⎣1 + J1

T5
pr

⎛⎜⎜⎜⎜⎜⎝ p4
pr

T20
pr + p4

pr

⎞⎟⎟⎟⎟⎟⎠+ J2

(
ppr

Tpr

)2

+ J3

(
ppr

Tpr

)⎤⎥⎥⎥⎥⎥⎦, (69)
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where μ1atm is the gas viscosity at 0.1 MPa; ppr and Tpr are pseudoreduced pressure and pseudoreduced
temperature; and J1, J2, and J3 are fitting parameters with the values J1 = 7.86338004624174,
J2 = −9.00157084101445 × 10−6, and J3 = 0.278138950019508.

(11) Izadmehr method [100]

Two models were developed for pure natural gas and impure natural gas viscosity calculation
based on genetic programming techniques, covering 6484 data points and suitable for temperatures
ranging from 109.6 K to 600 K, pressures ranging from 0.01 MPa to 199.95 MPa, and gas specific gravity
ranging from 0.553 to 1.5741.

For the prediction of sour or sweet natural gases, the following formula can be employed:

μ = 10−3 ×
⎛⎜⎜⎜⎜⎝aiz + biz × ppr +

ciz
Tpr

+ diz × p2
pr +

eiz

T2
pr

+ fiz ×
ppr

Tpr

⎞⎟⎟⎟⎟⎠. (70)

To improve the precision of pure natural gas viscosity prediction, the viscosity is calculated
as follows:

μ = 10−3 ×
(
aiz × Tpr + biz × ppr + ciz × √

ppr + diz × T2
pr + eiz ×

ppr

Tpr
+ fiz

)
. (71)

where the coefficients of aiz to f iz are shown in Table 8.

Table 8. Values of coefficients in Equations (70) and (71).

Coefficient Sour/Sweet Natural Gas Equation (70) Sweet Natural Gas Equation (71)

aiz 0.033359716350877 0.0085050748654501
biz −0.00303297726852698 −0.00104065426590739
ciz −0.0514170415427857 −0.00217777225933512
diz 0.0000187555872613017 −0.000510724061609292
eiz 0.0233088265671431 0.00595154429253907
f iz 0.00880957960915389 −0.000548942531453252

(12) Low-pressure gas viscosity calculation

As can be seen, gas viscosity at low-pressure conditions, namely 1 atmospheric pressure, is required
in some models. Dempsey used graphical correlations and gave the following expression [96]:

μ1atm = 10−3

⎡⎢⎢⎢⎢⎢⎢⎢⎢⎣
1.11231913× 10−2 + 1.67726604× 10−5T + 2.11360496× 10−9T2

−1.0948505× 10−4M− 6.40316395× 10−8MT − 8.99374533× 10−11MT2

+4.57735189× 10−7M2 + 2.1290339× 10−7M2T + 3.97732249× 10−13M2T2

⎤⎥⎥⎥⎥⎥⎥⎥⎥⎦. (72)

Standing improved the procedure of Dempsey for atmospheric viscosity calculation; the result is
known as the Dempsey-Standing method [96]:

μ1atm = 10−3
[(

1.709× 10−5 − 2.062× 10−6γg
)
(1.8T − 459.67) + 8.188× 10−3 − 6.15× 10−3lgγg

]
. (73)

A correlation method for this calculation was proposed by Londono et al. [92] as follows:

μ1atm = 10−3 exp

⎡⎢⎢⎢⎢⎢⎢⎣−6.39821− 0.6045922 ln
(
γg

)
+ 0.749768 ln(1.8T) + 0.1261051 ln

(
γg

)
ln(1.8T)

1 + 0.069718 ln
(
γg

)
− 0.1013889 ln(1.8T) − 0.0215294 ln

(
γg

)
ln(1.8T)

⎤⎥⎥⎥⎥⎥⎥⎦. (74)

Meanwhile, the coefficient K in the Sutton method above is also equivalent to the low-pressure
gas viscosity, the value of which is 104 cp in the original work [93].
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Figure 28a shows the relationship between gas viscosity at low pressure (p= 0.1 MPa). The Dempsey
method [96] leads to much higher values than the other three models, while the Londono method [92]
values are slightly higher than those from the Standing method [96] and Sutton method [93].
The Standing method [96] and Sutton method [93] produce basically the same viscosity results.
Figure 28b displays gas viscosity variance with temperature at different pressures. For pressure lower
than 14 MPa, the gas viscosity increases as temperature increases, which is the opposite situation to
that of liquids. With temperature increasing, the gas characteristics become more similar to those of
liquids, and gas viscosity decreases as temperature increases.
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Figure 28. Gas viscosity variance with temperature at different pressure conditions. (a) Gas viscosity
calculated from different methods at atmospheric pressure. (b) Gas viscosity calculated from the
Standing method at different pressures.

In Figure 29, the gas viscosity from different models is compared with the experimental data for
pressures ranging from 0.1 MPa to 3.3 MPa at a temperature of 293.15 K. The experimental data were
chosen from the study of Hurly et al. [101]. As we can see, the calculation results vary: some match
the experimental data well, while others deviate from the experimental data significantly, such as
the H-J [94] and H-E-M methods [96]. To quantitatively evaluate the different models, the relative
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deviation and average absolute relative deviation (AARD), in terms of the experimental data, are
given in Figures 30 and 31, respectively. Figure 30 illustrates that the H-J [94] and H-E-M methods [94]
have poor performance for gas viscosity prediction for pressures ranging from 0.1 MPa to 3.3 MPa,
while the Izadmehr method [100] performs badly for both sour and sweet gas viscosity prediction
when the pressure is smaller than 1.4 MPa. This is because this method is obtained based on the
regression of different kinds of gases, while the experimental data are for the gas viscosity of pure
methane. Although the H-J method [97] predicts gas viscosity accurately when p < 1 MPa, its deviation
from the experimental data becomes more and more obvious as pressure increases. The Lee method,
Improved Lee method, Londono method, Sutton method, A-K method, Sanjari method, and Izadmehr
sweet gas method can predict gas viscosity for 0.1 MPa < p < 3.3 MPa with a relative deviation smaller
than 0.3%. Among these methods, the Izadmehr sweet gas, Sanjari, A-K, and Sutton methods perform
the best, with AARD equaling to 0.57%, 0.68%, 0.88%, and 0.95%, respectively, as shown in Figure 31.
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Figure 29. Model comparison for gas viscosity calculations as well as compared with experimental
data at 293.15 K.
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Figure 31. The AARD of different models for gas viscosity calculation at 293.15 K.

Gas viscosity calculation results at different temperatures (273.13 K, 293.13 K, 313.13 K, and 333.13 K)
for 0.1 MPa < p < 73 MPa are compared in Figure 32. The results of the H-M-S method vary significantly
as the temperature changes. The discrepancies between the different models become more prominent
as pressure increases. However, the discrepancies become less obvious as temperature increases.
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Figure 32. cont.
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(b) T = 293.13 K 

(c) T = 323.13 K 

(d) T = 353.13 K 
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Figure 32. Comparison of gas viscosity results from different models at different temperature conditions.
(a) 273.13 K. (b) 293.13 K. (c) 323.13 K. (d) 353.13 K.
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3.4.2. Adsorbed Gas Density

Empirical Formula

(1) Dubinin method: Adsorbed gas density cannot be directly measured by experiments as the free
gas density. As a result, many empirical formulations were proposed to approximately calculate
its value. A temperature-independent formula was proposed by Dubinin [75,102] to approximate
adsorbed gas density as follows:

ρad =
M
b

, (75)

where b is the van der Waals covolume, representing the volume occupied by a single gas molecule.
(2) Gas density at critical point (pc, Tc): The second way to calculate adsorbed phase gas density is

from the critical pressure and critical temperature [72,103]:

ρad =
8Mpc

RTc
. (76)

Note that the above two methods are equivalent for calculating adsorbed gas density, which can
be linked by the van der Waals equation:

(p +
a

V2 )(V − b) = RT, (77)

where V is the molar volume of real gas; a and b are van der Waals constants, where a is related to
intermolecular forces and b reflects the effects of the molecular volume of a real gas. According to
an experimental study, the first and second derivative of the pressure of pure gases towards molar
volume at the critical point (Tc, pc) equal 0, i.e.:

(
∂p
∂V

)
Tc

= 0, (78)

(
∂2p
∂V2 )Tc

= 0. (79)

Combining Equations (77)–(79), the values of the constants a and b are solved as follows:

a =
27R2T2

c
64pc

, (80)

b =
RTc

8pc
. (81)

Substituting Equation (81) into Equation (75), Equation (76) could be obtained. Therefore, the methods
of Equations (75) and (76) for calculating adsorbed gas density are the same.

(3) Ozawa method: Assuming adsorbed phase gas in a sort of superheated liquid state, Ozawa [75]
calculated the density of adsorbed gas by the following equation [75]:

ρad = ρb exp[−0.0025(T − Tb)], (82)

where ρad is the adsorbed gas density, ρb is the liquid density at normal boiling point, T is the
temperature, and Tb is the normal boiling point.

Although ρb and Tb of gases are functions of pressure, their values are assigned at the atmosphere
pressure, when the pressure dependences of these quantities are negligibly small in the pressure range
of the study. If the effects of pressure on ρb and Tb values cannot be neglected, they as well as the
coefficient −0.0025 should be assigned other values.
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According to the relationship between absolute adsorption and excess adsorption, the isotherm
linearization method can also be used to obtain adsorbed phase gas density. Since it is not recommended
to calculate the virtual saturated vapor pressure, using this method to obtain adsorbed gas density will
not be introduced here. One of the conclusions from this paper [77] is that the value of adsorbed gas
density is between the critical density (162.66 kg/m3, at 4.59 MPa and 190.53 K) and normal boiling
density of liquid phase (422.36 kg/m3, at 0.101 MPa and 111.67 K), which can be confirmed from
the calculation results of different models, as can be seen in Figure 33a. Note that the data of the
Ono-Kondo method and ZGR EOS are collected from a previous study of Sudibandriyo et al. [104].
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The adsorbed gas density is independent of temperature in all methods except the Ozawa
model [75] of Equation (82), which assumed adsorbed gas as a superheated liquid. It seems that the
Ozawa model is more suitable to predict adsorbed gas density since superheated liquid can expand with
increasing temperature. However, the excess adsorption, which is calculated by Equation (25), may have
a negative value, as can be inferred from Figure 33b. This is not physically right. As we mentioned,
ρb and Tb of gases are functions of pressure for superheated liquid. These pressure-dependent
characteristics are ignored in the original work [75], which cannot be neglected in a sorption study of
shale gas reservoirs. Therefore, corresponding research needs to be done on this subject to develop a
more practical model for shale gas sorption study.

Experimental Method

The experimental surface sorption amount can be a starting point for the calculation of absolute
adsorption and adsorbed gas density. From Equations (24) and (25), we can obtain another expression
of excess sorption:

Gex = (ρad − ρg)vad. (83)

For high-pressure adsorption, bulk gas is more compressible than adsorbed gas and the excess
sorption isotherm is mainly influenced by bulk gas EOS, where the adsorbed gas volume can be seen
as a constant with increasing pressure. From this standpoint, the line segment after the inflection point
on plot of excess sorption amount versus bulk gas density can be used for calculating the volume
and density of adsorbed gas, as we can see from Figure 34. The density and volume of adsorbed gas
after the maximum sorption amount can be speculated by the slope and intercept of line, according to
Equation (83), where the absolute value of the slope is adsorbed gas volume and the intersection point
of linear segment and x-axis is adsorbed gas density [80,104]. The calculated adsorbed gas density of
methane is between 413.78 kg/m3 and 433.41 kg/m3, which is in the range of liquid density at its boiling
point ρb = 422.36 kg/m3. The calculated adsorbed gas volume for methane is between 0.423 cm3/g and
0.467 cm3/g for 303 K < T < 333 K. Note that, due to data error and the difference in data processing
methods, there is a slight variation in the results between our calculation (see in Figure 35) and that of
Moellmer et al. [80].
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As we can see from Figure 35a, the adsorbed gas density of methane decreases as temperature
increases, showing a similar tendency to the Ozawa prediction [75], but with a higher value. This may
provide a way to modify the Ozawa model of Equation (82), as we have mentioned that constant
values of ρb and Tb for gases as well as the coefficient −0.0025 may not be suitable for methane sorption
studies at high pressure. The calculated adsorbed gas volume of methane also shows a decreasing
tendency with increasing temperature, as shown in Figure 35b, which corresponds to a decreasing
amount adsorbed at increasing adsorption temperatures [80].

4. Concluding Remarks

Due to the massive development of shale gas reservoirs in recent years, the understanding of shale
formation characteristics and shale gas storage forms has become a research hotspot. Our increased
understanding has helped to extend the application of the classical seepage theory to new fields,
where nanoscale flow spaces, gas sorption behaviors, and real gas properties are taken into account.
However, much disagreement and confusion on this subject still exist, so it requires comprehensive
investigation in the future.

This review includes a summary, discussion, and comparison of shale formation characteristics,
shale gas occurrence types, and property calculation methods of adsorbed gas and free gas,
providing fundamental support to the deep understanding of shale gas reservoirs. (1) The typical mineral

44



Energies 2020, 13, 5427

composition and organic geochemical characteristics, as well as pore size distribution, of shale
formations are given based on our measurements and analysis of samples from the Longmaxi
Formation. We found that mesopores are the mainly developed pore types in the Longmaxi Shale
Formation, with the gas-filled porosity of shale samples ranging from 1% to 7.5%, and permeability
usually smaller than 0.1 mD. Three shale gas types are usually classified, free gas, adsorbed gas,
and dissolved gas, where adsorbed gas and dissolved gas are often considered as one type due to the
equilibrium state between them. Therefore, it is claimed that there are two gas types, free gas and
adsorbed gas, in shale gas plays in some research. (2) Methane in shale gas reservoirs is in a supercritical
state, so Gibbs excess sorption models and supercritical state sorption models are employed to capture
the gas adsorption and desorption behaviors. Meanwhile, different models considering not only the gas
adsorption but also the absorption are introduced. Great discrepancies could occur if the supercritical
state and Gibbs excess adsorption characteristics are ignored. Different mechanisms of adsorption in
micropores and macropores may explain the hysteresis between adsorption and desorption, rather than
capillary condensation. (3) Different methods of calculating gas properties, such gas free gas density,
free gas viscosity, and adsorbed gas density considering high-pressure and high-temperature conditions,
are summarized, with recommended approaches given after the comparison. From our review, we can
see that the geological characteristics of shale formations are quite different from those of conventional
ones, and need further assessment using a high-resolution apparatus. Gas adsorption mechanisms
are still not clear, although numerous models have been developed to account for this phenomenon.
For example, current supercritical adsorption models based on the potential theory are modifications
of a previous adsorption theory, which are dependent on empirical parameters and lack of a universal
theoretical basis. Applicable multicomponent gas adsorption models considering high-pressure and
high-temperature conditions and pore size distribution are in demand to describe gas behavior in shale
gas reservoirs. They are a rough way to clarify adsorbed gas and dissolved as one type, since dissolved
gas may play an important role in shale gas production. Therefore, current adsorption and absorption
models should be improved, based on the practical relationship between adsorbed gas and dissolved
gas under in situ conditions.
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Abstract: The sample size or particle size of shale plays a significant role in the characterization
of pores by various techniques. To systematically investigate the influence of particle size on pore
characteristics and the optimum sample size for different methods, we conducted complementary
tests on two overmature marine shale samples with different sample sizes. The tests included
small-angle neutron scattering (SANS), gas (N2, CO2, and H2O) adsorption, mercury injection
capillary pressure (MICP), and field emission-scanning electron microscopy (FE-SEM) imaging.
The results indicate that artificial pores and fractures may occur on the surface or interior of the
particles during the pulverization process, and some isolated pores may be exposed to the particle
surface or connected by new fractures, thus improving the pore connectivity of the shale. By comparing
the results of different approaches, we established a hypothetical model to analyze how the crushing
process affects the pore structure of overmature shales. Our results imply that intact wafers with
a thickness of 0.15–0.5 mm and cubic samples (~1 cm3) are optimal for performing SANS and
MICP analyses. Meanwhile, the 35–80 mesh particle size fraction provides reliable data for various gas
physisorption tests in overmature shale. Due to the intrinsic heterogeneity of shale, future research
on pore characteristics in shales needs a multidisciplinary approach to obtain a more comprehensive,
larger scale, and more reliable understanding.

Keywords: sample size; neutron scattering; mercury injection capillary pressure; adsorption; shale

1. Introduction

With the commercial development of shale gas in North America and China, the pore characteristics
of shale reservoirs have been extensively studied [1–3]. Pore characteristics not only control the
hydrocarbon gas storage capacity [4,5], but also have an important influence on the gas flow mechanism
and producibility [6,7], which can provide basic information for the evaluation of shale reservoirs and
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shale gas accumulation mechanisms. Therefore, a series of quantitative and visual techniques are used
to characterize the pore structure of shales and the characterization scales are summarized in Figure 1.

 

Figure 1. Methods used to investigate pore characteristics in shale (modified from [3]).

Among the above methods, fluid intrusion analytical methods are the most widely applied to
characterize the pore structure of shale [8–10]. However, for each test, there is no uniform standard as
to whether the test sample size should be an intact or crushed sample, as well as the particle size of the
crushed sample. Chen et al. [11] carried out gas (N2 and CO2) physisorption measurements on New
Albany Shales with different particle sizes (4 mesh, 20 mesh, and 60 mesh), and the results indicated
that the mesopore volume increased with a decrease in particle size, whereas the micropore volume
changed irregularly. Subsequently, Wei et al. [12] and Han et al. [13] evaluated the effect of particle size
(5–250 mesh) on the change in pore structure through gas (N2 and CO2) adsorption experiments for
Longmaxi Shale samples. Their conclusions were consistent with those of Chen et al. [11], who found
that the decrease in particle size primarily affected the pores larger than 10 nm, and suggested that
60–140 mesh is the most suitable particle size for gas adsorption tests. In addition, Mastalerz et al. [14]
suggested that gas adsorption tests on low-maturity (Ro~0.57%) and high-maturity (Ro~1.30%) shale
samples with smaller particle size (200 mesh) could eliminate the equilibration problems and attain
accurate results. However, Hazra et al. [15] proposed that shale particle sizes that were too fine would
lead to destruction or alteration of the mesopore structures. Similarly, the results of the mercury
injection capillary pressure (MICP) analysis for Barnett and Haynesville shale samples demonstrate
that permeability and accessible porosity increase with decreasing sample particle size, indicating that
the shale matrix has a higher connectivity on a small scale [16]. Moreover, the water vapor adsorption
results for shale show that the total adsorption at 95% relative humidity (RH) is smaller in larger
particle size samples, which is associated with fewer accessible pores [17,18]. Nevertheless, there is still
a lack of a systematic analysis explaining the above results in the various fluid intrusion experiments.

In addition to fluid intrusion techniques, the nondestructive small-angle neutron scattering (SANS)
technique has been used to evaluate the pore characteristics of shale reservoirs in recent years [19–21].
The main advantage of SANS in characterizing pore structure compared with fluid intrusion methods
is that it contains information on closed pores (inaccessible to fluids) [3]. Thin sections of thickness
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from 0.15 mm to 0.5 mm are commonly used in the SANS test for shale for neutron transmission
and avoidance of multiple scattering [22,23]. In addition, shale grain samples can also be used for
the SANS test to avoid the anisotropy of the SANS images for wafer samples [24–26]. However, few
studies have been performed on the effect of particle size on pore structure using SANS. Previous
studies using fluid intrusion techniques considered the enhancement of the pore connectivity and
ignored the artificial pores and fractures generated in the process of particle size reduction [14,16,27].
Therefore, the revelation of pore structure changes in the shale samples with different particle sizes by
SANS can compensate for the deficiencies of previous studies. Moreover, the results of the crushed
shale pressure-decay test for different particle sizes show that the helium permeability decreases with
decreasing particle size [28]. However, the adsorption capacity of methane increased with decreasing
particle size [29]. The reasons for the above phenomena can be explained by the mechanism of pore
structure changes during the process of shale particle size reduction.

This study aims to reveal the influence of particle size on the pore characteristics of overmature
organic-rich shales. Two shale samples were prepared as 1 cm cubes and particles of 20–35 mesh,
35–80 mesh, and 80–200 mesh. With a combination of SANS, low-pressure gas (N2, CO2, and H2O)
physisorption, and MICP, pore structure changes in shale with different sample sizes were first analyzed
quantitatively. Then, the grinding positions of the shale were observed and characterized using field
emission-scanning electron microscopy (FE-SEM). Finally, the effect of the pulverization process on
the original pore characteristics of the shale was revealed. Thus, this study attempts to provide a
reasonable suggestion on the size of shale samples that should be selected for the characterization
techniques of different principles.

2. Materials and Methods

2.1. Sample Preparation

In this work, two fresh, overmature marine shale samples were collected from the Upper
Ordovician Wufeng Formation of Well TY1 and Lower Cambrian Niutitang Formation of Well RY2,
northwest of Guizhou Province, respectively (Figure 2). Information regarding the composition and
maturity of selected samples is listed in Table 1. The raw shale samples were cut into cubes with
a side length of 1 cm for the FE-SEM observation and MICP test. Then, the cubes were carefully
hand-crushed and sieved into three particle size subsamples: 20–35 mesh (size A), 35–80 mesh (size B),
and 80–200 mesh (size C). The shale samples used for analysis were well preserved, and with no
sign of oxidation or weathering. Each subsample was dried in a vacuum oven at 60 ◦C for more
than 48 h (until mass constancy) to remove the initial moisture content and subsequently analyzed
via SANS, low-pressure N2 and CO2 physisorption, water vapor adsorption, and MICP measurements
to determine various parameters of pore characteristics.
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Figure 2. Location map of sampling wells in southern China (modified from [10]).

2.2. SANS Experiment

SANS was performed at the Suanni SANS instrument at the China Mianyang Research Reactor
using three sample-to-detector distances (10 m, 4 m, and 1 m) and two neutron wavelengths λ = 5.3 Å
(4 m, 1 m) and λ = 8 Å (10 m). The scattering vector (Q) range of this test was 0.0039–0.3 Å−1,
which corresponds to the pore diameters (D) from 128 nm to 1.7 nm, according to an approximate
relation D = 5/Q [30]. Shale samples with different particle sizes were placed into Hellma cells with a
1 mm path length for the SANS measurement. The raw scattering data were corrected for scattering
from the background and space between sample particles by acid-washed quartz sand with the
same mesh and empty-cell [21]. The corrected SANS data were analyzed using the polydisperse
size-distribution model (PDSM) in IRENA macros of the IGOR Pro software, which assumes that
the pores are in a spherical shape and have a random size distribution [31]. Additional background
information on the application of the SANS technique for pore characterization of shales can be found
in a review article of Sun [3].

2.3. Low-Pressure N2 and CO2 Physisorption

Shale samples with different particle sizes were analyzed via low-pressure N2 and CO2

physisorption on a Quantachrome Autosorb-iQ apparatus after the SANS tests. The samples were
degassed at 105 ◦C for 12 h to remove any adsorbed moisture and volatile matter. The relative pressures
(P/P0, where P0 is the vapor pressure of the adsorbing gas, and P is the actual gas pressure) of the N2

and CO2 adsorption ranged from 0.0009 to 0.995 and 0.0006 to 0.03, respectively. The surface area and
pore size distribution (PSD) of the samples were calculated from N2 adsorption data. N2-based and
CO2-based adsorption data were interpreted using the density functional theory (DFT) [32].

2.4. Water Vapor Adsorption Experiment

Water vapor adsorption (WVA) tests were carried out on the shale samples, which completed
low-pressure gas physisorption using the dynamic vapor sorption (DVS) method at 25 ◦C. The DVS
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apparatus (Quantachrome Aquadyne) accurately measures the mass change (resolution of 0.1 μg ± 1%)
of shale samples from 2% to 95% RH to obtain the water vapor ad-/desorption isotherm. The RH usually
corresponds to the ratio of the pressure of water vapor (P) to the pressure of saturated vapor (P0).
Based on the Kelvin equation, the relation between RH and pore radius (rp) of the water-filled capillary
can be described [33]:

ln
( 1

RH

)
=

2γVm cosθ/RT
rp

(1)

where γ is the surface tension, Vm is the molar volume of the water vapor, θ is the contact angle, R is
the universal gas constant, and T is the temperature. In addition to the water-filled in the pores by
capillary condensation, the water adsorbed on the pore surfaces also occupies part of the pore volume.
Before capillary condensation, it is assumed that the pore surface of the shale is covered by multiple
layers of water vapor with the same interfacial forces to form a water film of a specified thickness.
When van der Waals force is the main controlling factor of water film thickness, the thickness (t) of the
water-adsorbed layer on the pore surface could be calculated using Hasley’s equation [17]:

t = 0.354
[
−5/ ln

(
P
P0

)] 1
3

(2)

Since the bound water in clay minerals is not removed during sample treatment, only water film
and capillary water are considered when calculating the PSD of the shale sample by WVA isotherm.
The mass change could then be converted to the pore volume. The actual pore radius (r) measured by
WVA could be expressed as follows:

r = rp + t (3)

2.5. MICP Measurement

MICP measurements were conducted on intact cube samples and crushed samples (size A, size B,
and size C) using a porosimeter (Autopore IV 9520, Micromeritics) located at the China University of
Geosciences (Wuhan) at pressures up to 60,000 psia (~413 MPa). In addition, to determine the influence
of the space between the particles on the intrusion curves, acid-washed quartz sand with different
particle sizes was used as a reference for MICP. The porosities and distribution of pore-throat sizes
ranging from 3 nm to 36 μm were calculated from the mercury intrusion data.

2.6. FE-SEM Imaging

The intact TY1-20 shale sample was first cut into a 10 mm × 10 mm × 5 mm slice, and then
ion-milled on a 10 mm × 10 mm surface using an argon-ion-beam polisher (LEICA EM XTP) to obtain
a smooth surface for FE-SEM observation. After imaging, the sample was carefully hand-crushed into
particles of approximately 0.5 mm in diameter (~35 mesh). Then, the crushed subsamples were further
observed using FE-SEM to identify the influence of crushing on the shale sample.

3. Experimental Results

3.1. Characteristics of SANS Results

Figure 3a,b display the neutron scattering curves of the two shale samples with different
particle sizes. As shown in Figure 3a,b, the scattering intensity of the shale samples with size C in the
low Q region is higher than that of shale samples with size A. The neutron SLD values of the shale
samples were calculated by averaging the SLD value of each component in the shale, recorded in
Table 2. The detailed calculation method can be found in our previous study [3,20]. Shale is treated as
a pseudo-two-phase system of pores and solids when the pore structure parameters are determined
from SANS tests [34]. Table 2 shows the results of the porosity and specific surface area (SSA) derived
from SANS. For the two shale samples, with decreasing particle size, the PDSM porosity increased
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(Table 2). Because the porosity measured by SANS represents the total porosity (open and closed pores),
the increase in porosity with the decrease in particle size is primarily due to the artificially increased
pore and fracture space induced during the sample crushing. However, the SSA of the shale samples
derived from SANS did not show the same trend as porosity.

The relationship between the scattering vector (Q) and pore radius (R) can be transformed by the
empirical equation R = 2.5/Q [30]. The PSD of the samples with different particle sizes are illustrated in
Figure 3c,d for comparison. For the TY1-20 sample (Figure 3c), the pore volumes of both size B and
size C were significantly higher than those of size A within the pore size range tested by SANS. For the
RY2-18 sample (Figure 3d), as the particle size decreased, the pore volume of the pores with a diameter
greater than 20 nm increased considerably. In addition, the pore volumes of size B and size C within
the pore size range of 2~5 nm were also significantly higher than that of size A.

 

Figure 3. (a,b) Small-angle neutron scattering (SANS) profiles and (c,d) pore size distribution (PSD) for
the TY1-20 and RY2-18 samples with three different particle sizes.
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3.2. Low-Pressure N2 and CO2 Physisorption

Figure 4a,b show the N2 adsorption–desorption isotherms of the two shale samples for the three
different particle sizes. All samples display distinct hysteresis loops, and the hysteresis influence of
desorption is mostly due to the pore morphology (ink-bottle shape). A comparison of the adsorption
branches shows that the shale samples with the minimum particle size exhibit the maximum adsorption
capacity at the maximum equivalent pressure. The observation of the desorption branches demonstrates
that the desorption rate increases as the particle size decreases from size A to size C. In other words,
the decrease in sample particle size shortens the distance required for desorption, thus enhancing the
pore connectivity and gas transport capacity.

 

Figure 4. (a,b) Low-pressure N2 adsorption/desorption isotherms and (c,d) PSD for the TY1-20 and
RY2-18 samples with three different particle sizes.

The N2 pore volume and surface area of the two samples are listed in Table 2. For sample
TY1-20, the N2 pore volume increased with decreasing particle size, and the increased pore volume is
predominantly concentrated on the range of pore sizes larger than 10 nm (Figure 4c). Similarly, the BET
SSA of sample TY1-20 does not show the same trend as the pore volume changes with particle size.
For sample RY2-18, the N2 pore volume and SSA increased with the particle size reduction from size A
to size B, but then decreased for size C. Similar to sample TY1-20, the pore volume with a pore size
larger than 10 nm increased with the decrease in particle size (Figure 4d). However, sample RY2-18
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at particle size C exhibited a significant reduction in pore volume within the pore size range of less
than 10 nm.

The CO2 adsorption capacity of the two samples decreased slightly with a decrease in particle
size (Figure 5a,b). Determined by CO2 adsorption, the pore volume and SSA of the shale samples were
consistent (Table 2). The consistency of the CO2 PSD curves of shale samples with different particle
sizes (Figure 5c,d) indicates that the effect of particle size reduction on the micropore volume of the
overmature shale is limited.

 

Figure 5. (a,b) CO2 adsorption isotherms and (c,d) PSD for the TY1-20 and RY2-18 samples with three
different particle sizes.

3.3. WVA Analysis

The water vapor adsorption–desorption isotherms of the shale samples are presented in Figure 6a,b.
As the particle size decreased, the total water adsorption of the shale samples under 95% RH increased
continuously (Table 3). When the RH is higher than 70%, the WVA curves of samples with different
particle sizes are the most distinct. According to Equations (1)–(3), the results of the distribution
relationship between pore size diameter and water incremental intrusion are shown in Figure 6c,d.
Within the pore size range, less than 6.2 nm (corresponding to approximately 70% RH), the water
absorption capacity of the samples with different particle sizes did not differ significantly. However, with
pore sizes larger than 6.2 nm, the water vapor uptake increased dramatically with decreasing particle size.
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In general, the adsorption of water vapor in shale occurs in three stages: monomolecular-layer coverage,
multimolecular-layer adsorption, and capillary condensation with an increase in humidity [18,35].
Therefore, the influence of particle size on the WVA of the overmature shale is primarily reflected in
the stage of capillary condensation.

Moreover, pronounced hysteresis loops were observed in all the water vapor adsorption/desorption
isotherms (Figure 6a,b). Based on the IUPAC classification, the hysteresis loops of sample TY1-20
and sample RY2-18 can be classified as type H3 and type H2, indicating slit-like and ink-bottle
shape pore networks, respectively [36]. In this work, the Areal Hysteresis Index (AHI) was used to
quantitatively describe the characteristics of the hysteresis loop. The AHI is expressed as follows [37]:

AHI =
Ade −Aad

Aad
× 100% (4)

where Aad and Ade are the areas under the adsorption and desorption isotherms, respectively. The AHI
values of sample RY2-18 were significantly higher than those of sample TY1-20 (Table 3). In addition,
the values of AHI tended to increase with the decreasing particle size.

 

Figure 6. (a,b) Water vapor adsorption/desorption isotherms and (c,d) PSD for the TY1-20 and RY2-18
samples with three different particle sizes.
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Table 3. Parameters obtained from water vapor adsorption (WVA) and MICP analyses.

Sample ID

WVA MICP

Total Adsorption at
95% RH 1 (μL/g)

AHI 2 (%)
Particle Density

(g/cm3)
Porosity (%)

Total Pore
Area (cm2/g)

APtS 3 (nm)

TY1-20 cube - 2.55 2.83 10.9 5.9

TY1-20 (size A) 15.51 13.96 2.4 3.09 6.3 9.6

TY1-20 (size B) 16.54 18 2.62 9.29 9.1 19.1

TY1-20 (size C) 17.56 20.23 2.41 13.94 0.3 908.1

RY2-18 cube - 2.5 0.79 1.6 7.8

RY2-18 (size A) 15.62 25.17 2.55 1.79 0.3 107.5

RY2-18 (size B) 16.31 30.62 2.48 4.92 0.2 663.9

RY2-18 (size C) 17.34 30.44 2.33 11.65 0.3 1537.7

Quartz (size A) - 2.57 0.39 -

Quartz (size B) - 2.57 0.85 -

Quartz (size C) - 2.55 9.96 -
1 RH = relative humidity; 2 AHI = areal hysteresis index; 3 APtS = average pore-throat size.

3.4. MICP Analysis

The cumulative mercury intrusion curves and pore-throat size distribution curves for all sample
sizes of TY1-20 and RY2-18 are illustrated in Figure 7. As shown in Figure 7, as the sample size
decreased, the cumulative mercury intrusion volume increased. The cumulative intrusions of sample
TY1-20 from the cube to size B increased even at the maximum pressure (413 MPa), indicating that
mercury will continue to enter the pore space if the pressure is increased. However, for TY1-20 with
size C, the cumulative intrusion would not increase when the pressure was higher than 4000 psia.
For sample RY2-18, the cumulative intrusion volume of all the samples except the cube will be constant
after a certain pressure.

The pore-throat size distribution curves (Figure 7) indicate that the accessible pore volume
connected with the pore throat less than 10 nm in the cube samples will be greatly reduced in the
particle samples. For the samples with particle size C, the pore network space connected with a pore
throat of less than 100 nm almost disappeared. Contrarily, the connected pore volume of the samples
with pore-throat diameters larger than 100 nm dramatically increased with the decrease in sample size.
Furthermore, the MICP results of acid-washed quartz sand with different particle sizes demonstrated
that the influence between particles was mostly manifested on the micron scale (Figure 8).

Table 3 summarizes the results of the pore structure parameters corrected by the acid-washed
quartz sand using MICP data and conformance volume calculations [16,38] for the different sample
sizes of TY1-20 and RY2-18 samples. The results demonstrate that porosity is strongly related to
the sample size, which increased with decreasing sample size. With the decrease in the sample size,
the pore throat with a small diameter gradually disappeared, which led to an increase in the average
pore-throat size (APtS) and a decrease in the total pore area. The particle density of the same samples
with different sizes also exhibited slight differences, indicating that there will inevitably be subtle
differences in composition in the sorting process.
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Figure 7. (a,b) MICP intrusion curves and (c,d) pore volume distribution vs. pore-throat diameters for
the TY1-20 and RY2-18 samples with four different sample sizes.

 

Figure 8. Pore volume distribution vs. pore-throat diameters of quartz samples with three different
particle sizes.
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3.5. Observation of FE-SEM

Various mineral components and organic matter can be clearly observed under FE-SEM on the
smooth surface of shale obtained by argon-ion-beam polishing (Figure 9a). The crushed subsamples
were then fixed with epoxy resin and further observed using FE-SEM, revealing that the smooth surface
became rough (Figure 9b). Artificial microcracks at the nanometer scale formed by the fracture of rigid
minerals could be observed on the rough surface of crushed subsamples (Figure 9c). In addition, in the
process of particle size reduction, the structure of the clay minerals was prone to collapse, leading to
the generation of smaller fragments and new artificial pore space (Figure 9c).

 

Figure 9. Field emission-scanning electron microscopy (FE-SEM) images of the TY1-20 sample.
(a) Smooth surface of shale obtained by argon-ion-beam polishing; (b) Crushed subsamples were then
fixed with epoxy resin; (c) Artificial pores and microcracks; (d) Artificial microfractures perpendicular
to the bedding direction; (e) Marks of the crushing process on the smooth surface; (f) An enlargement
of the crush mark in the rectangle area in Figure 9e.

Among the artificial microcracks, artificial microfractures perpendicular to the bedding direction
are more conducive to enhancing pore connectivity. As illustrated in Figure 9d, the hydrocarbon fluids
in the original pores could flow out through artificial microfractures, whereas the small molecular
fluid in fluid-invasion porosimetry can enter the original pores through the artificial microfractures.
The marks of the crushing process on the smooth surface by argon-ion-beam polishing could be
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observed in the local area of the particle sample (Figure 9e). By magnifying the observation of the
crush area (Figure 9f), it was found that the artificial pore-fracture is manifested in three forms: (1) the
separation of rigid minerals (quartz, calcite, etc.) and plastic components (organic matter and clay) to
form artificial pore-fractures; (2) the fragmentation of mineral grains to form artificial fractures; and (3)
the spalling of mineral grains, such as pyrite, to form artificial moldic pores.

4. Discussion

4.1. Effect of Particle Size on Pore Structure Characteristics

The results of the SANS show that the total porosities (including both open and closed
pores) increased with the decrease in particle size (Table 2). This characteristic indicates that the
increased porosity is due to the artificial pores or fractures created by the pulverization process.
Previous studies [11,15] have shown that shear and compression forces in the crushing process induce
the formation of new fractures and smaller fragments in the shale, generating new porosity, which is
consistent with the results of our FE-EM observations. In addition, during the crushing process,
the shale samples commonly fracture along the inherent weak parts, which will also lead to the
disappearance of some microfractures [28,39]. Based on the analysis of the above results, a hypothetical
model of the effect of the crushing process on the pore structure in shale was established (Figure 10).
As illustrated in Figure 10, when an intact shale sample is crushed into particles, the pore connectivity
in the shale is significantly enhanced. For a particle, artificial fractures or pores may form on the
surface or interior of the particle. Meanwhile, some isolated pore networks may also be exposed to the
particle surface or connected by new fractures.

The results of the MICP data indicate that MICP porosity increases with the decrease in sample
size (Table 3). For the MICP test, shale can be divided into three constituents: accessible pores,
inaccessible pores, and solid matrix [40,41]. The primary pores in the overmature shale have
been greatly reduced after a long period of compaction and cementation [42,43]. In addition,
the closure of minerals to the organic matter pore system results in low overall pore connectivity in the
overmature shale [10,44,45]. Therefore, with the increase in sample size, the pore connectivity of shale
decreases further, which results in a lower cumulative mercury intrusion, consistent with the reduction
in accessible porosity. Moreover, as can be seen from the schematic representation of particle size
reduction (Figure 10c,d), the disappearance of some pore throats results in a lower driving pressure
for mercury entering the pores. When pore throats less than 3 nm (corresponding to a maximum
pressure of 60,000 psia) are damaged, the pores that are inaccessible to mercury become accessible,
thus increasing the accessible porosity. Gas injection porosimetry experiments from Sun et al. [46]
also indicated that the crushing process decreases the required total diffusion time and minimum
gas injection pressure. The results of MICP show that the destruction of the smaller pore throat is
the primary cause of the increase in APtS and the decrease in total pore area with an increase in the
crushing level.

The studies of Davudov et al. [47] and Hu et al. [7] on Barnett shale show that permeability and
diffusivity increase as the sample size decreases. The permeability measured by MICP in shale is a
strongly correlated function of accessible porosity and APtS [47]. Therefore, the increase in these two
parameters is bound to increase shale permeability. However, the permeability values obtained from
the helium shale matrix permeameter (Core Laboratories SMP 200) in the Woodford Shale decrease
with a decrease in the sample particle size [28]. Compared with the permeability measured by MICP,
the permeability of the shale matrix measured by the helium pressure-decay method is primarily at
the nano-Darcy scale [28], which is inconsistent with the micro-Darcy scale permeability reported by
Davudov and Moghanloo [16]. This also indicates that the shale matrix permeability is controlled
by pore-throat distribution. With the reduction in particle size, the disappearance of a smaller pore
throat will cause some transport pores to become dead-end pores, which will lead to a loss of seepage
capacity and a decrease in matrix permeability.
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Figure 10. Model of an intact shale and a particle shale (a,c) before and (b,d) after crushing (the gray
areas denote the shale solid matrix, and the black areas denote pores or fractures space).

The effect of the particle size on the pore structure parameters obtained by low-pressure gas
(N2, CO2, and H2O) physisorption are compared with those generated by MICP and SANS (Tables 2
and 3). The pore structure characterization in the shales using the gas adsorption techniques range
from micropores to macropores with the increase in pressure, which is opposite to the order of Hg
entering the pores in MICP [48,49]. For N2 adsorption, the connectivity of the pore network, especially
for sizes larger than 10 nm, is significantly enhanced (Figure 4), which is consistent with previous
studies [11,13]. However, according to the results of sample RY2-18 (Figure 4), the particle sizes of
80~200 mesh will cause some small pores to be damaged. A similar phenomenon of pore destruction
was observed in the results of CO2 adsorption, but the overall effect on the pore system parameters
was not significant. For WVA, an increasing trend was found for the total adsorption at 95% RH with a
decreasing particle size, which could be dependent on the enhanced connectivity of the hydrophilic
pore network [50]. The pore structure changes associated with clay minerals observed by FE-SEM may
be responsible for the increased water adsorption sites. Similarly, previous studies also found that
the methane uptake rate and excess sorption capacity of shale increased with a decrease in particle
size [29,51]. This also indicates that the physical disruption of shale fabric will improve the pore
connectivity and, thus, more methane adsorption sites. In addition, the increased artificial space can
improve the swelling ability of shale after methane adsorption [52,53].
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Moreover, evidence for the weaker hysteresis effect of N2 in the pores associated with smaller
particle sizes (Figure 4) is related to the increased pore connectivity due to shorter flow paths. However,
the hysteresis loops of water vapor sorption did not tighten with a decreasing particle size (Figure 6).
In contrast, AHI increased with decreasing particle size, suggesting that wettability, in addition to
pore structure, also caused fluid retention in the pores [35,36,50]. The closed porosities of various
shales calculated by comparing the results of N2 adsorption and SANS have been reported in some
studies [20,54,55]. However, in this work, the results of SANS were found to contain information on
artificial pores rather than those of gas adsorption. Therefore, for the same particle size, the closed
porosity measured by comparing the results of N2 adsorption and SANS is generally overestimated.

4.2. Implications for Sample Size Selection of Different Methods

The size of the sample has a great influence on the determination of the petrophysical parameters
of shale using different measurement methods. The heterogeneity of shale is characterized by
rich microstructural features (microfractures and laminae), complex components (organic matter
and minerals), and multi-scale pore structure (from nanometers to micrometers) [56–58]. As shown in
Figure 11, for the same intact shale sample, sampling at different locations for testing may produce
different results. In addition, based on the analysis of Section 4.1, the difference in the results of particle
size variation obtained by several methods is primarily related to the different theoretical bases.

For the neutron scattering technique, the most significant advantage is the nondestructive
determination of the total porosity, including open and closed pores. Gu et al. [59] studied Marcellus
shale with different sampling directions (parallel and perpendicular to the lamination) and found that
the scattering pattern of the parallel layered samples is isotropic, while that of the vertically layered
samples is anisotropic. The study of pore anisotropy in oriented shale wafers using SANS provides new
insights for shale gas storage, migration, and preservation [23,60,61]. The SANS test on particle shale
samples results in isotropic scattering patterns due to the reduced effects of bedding and microfractures.
For the same shale sample, the scattering intensity for particles is higher overall in the low Q range
than in the intact wafer [22]. The results of this work also indicate that the downsizing of particles will
increase the SANS porosity due to the creation of more artificial pore space. Therefore, it is imperative
to select an intact shale wafer in the SANS test to limit the analytical error caused by artificial space on
the shale surface. Shale wafers with a thickness of 0.15~0.5 mm seem to be optimal for performing
SANS analysis, considering the scattering time and multiple scattering of the shale.

The MICP measurement provides multi-scale (nm-μm-scale) information regarding the pore
throats of shale [62–64]. Compared with the intact shale sample, the real pore throat distribution
characteristics could not be provided with the destruction of small pore throat with particle reduction
(Figure 7). Meanwhile, the artificially increased pore space is also reflected in the results of MICP.
According to Yu et al. [27], the MICP results for 20~35 mesh particle shale samples can be corrected by
fractal theory. However, the study only eliminated the error of mercury intrusion between particles
without mentioning the effect of pore-throat damage. In addition, the smaller the particle is, the larger
the modified exterior surface will be, causing the edge-accessible pores in shale to constitute a high
percentage of the interior volume, which cannot truly reflect the pore-throat distribution of the
shale [7,65]. As shown in Figure 11, the selection of representative positions at the centimeter scale can
reflect the pore characteristics of shale more comprehensively. Therefore, the cubic samples (~1 cm3)
with polished surfaces reduced the effect of cutting pockmarks and pore-throat damage and were more
suitable for the MICP test. Moreover, previous studies have confirmed that MICP with cubes from
overmature shale has minimal compression effects [40,66].

Many studies have demonstrated that more pores can be accessible to the adsorption gas (e.g., N2,
CO2, and H2O) as the particle size of pulverized shale decreased [11,14,50]. Meanwhile, samples
with smaller particle sizes can shorten the equilibration time and increase the desorption rate [41].
Therefore, Mastalerz et al. [14] suggested that a 200 mesh size of shale is more suitable for N2 and
CO2 analysis to determine the total pore volume. However, the N2 and CO2 adsorption results in this
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work indicate that an extremely fine particle size (80–200 mesh) may result in the destruction of finer
mesopores (i.e., less than 10 nm) and micropores, which is consistent with the study of Hazra et al. [15].
Gas adsorption experiments typically measure pore size ranges of less than 100 nm and rarely involve
artificial pores and fractures on the shale surface during the grinding process [12,13]. Considering the
equilibration time and original pore connectivity characteristics of shale, 35~80 mesh particle samples
provide good quality and reliable data for characterizing the PSD and calculating the pore volume of
the overmature shale. For WVA of overmature shale, it is recommended to use consistent particle sizes
for comparison with other gas adsorption results.

 

Figure 11. Sedimentary structure characteristics of the TY1-20 sample.

Due to the intrinsic heterogeneity of shale, the information to be included should be selected
when characterizing the pore characteristics of organic-rich shales. Pore structure characterization is a
significant part of a petrophysical evaluation of shale reservoirs and for assessing shale gas productivity.
However, even for samples with the same particle size, discrepant results will be produced owing
to the different principles and error sources of each test method. Therefore, future research on pore
characteristics will need a multidisciplinary approach to obtain a more comprehensive, larger scale,
and more reliable results.
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5. Conclusions

Multiple tests, including SANS, MICP, gas (N2, CO2, and H2O) physisorption, and FE-SEM,
were conducted to analyze the influence of particle size on the pore characteristics of the two
overmature shales. The following main conclusions can be summarized:

(1) The results consistently show that artificial pores and fractures are created on the surface or
interior of the particles during the pulverization process. The pore connectivity of the shale is
enhanced as some isolated pore networks may be exposed to the particle surface or connected by
new fractures.

(2) For the SANS analysis of the shale, intact wafers with a thickness of 0.15~0.5 mm and an area
of approximately 1 cm2 are the optimal sample size. Fine particles less than 80 mesh are not
recommended because the result will include information regarding artificial pores and fractures.

(3) For the MICP test, the cubic samples (~1 cm3) appear to be optimal. The downsizing of particles
will lead to the destruction of the pore-throat, which cannot reflect the true pore-throat distribution
of shale using the MICP test.

(4) Gas adsorption is usually conducted on the same shale samples for comparison. Considering the
equilibration time and original pore connectivity characteristics of shale, 35~80 mesh is the most
practical for overmature shale.

Highlights

(1) The analytical sample size influences small-angle neutron scattering and fluid intrusion results.
(2) A model of the effect of the crushing process on the pore structure was established by visual and

quantitative techniques.
(3) An intact wafer with a thickness of 0.15~0.5 mm is recommended for SANS measurements.
(4) Cubic samples (~1 cm3) appear to be optimal for MICP analysis of shale.
(5) The 35–80 mesh particle size range is optimum for overmature shale samples used in

gas adsorption.
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Abstract: Porosity and water saturation are the most critical and fundamental parameters for accurate
estimation of gas content in the shale reservoirs. However, their determination is very challenging
due to the direct influence of kerogen and clay content on the logging tools. The porosity and water
saturation over or underestimate the reserves if the corrections for kerogen and clay content are not
applied. Moreover, it is very difficult to determine the formation water resistivity (Rw) and Archie
parameters for shale reservoirs. In this study, the current equations for porosity and water saturation
are modified based on kerogen and clay content calibrations. The porosity in shale is composed
of kerogen and matrix porosities. The kerogen response for the density porosity log is calibrated
based on core-based derived kerogen volume. The kerogen porosity is computed by a mass-balance
relation between the original total organic carbon (TOCo) and kerogen maturity derived by the
percentage of convertible organic carbon (Cc) and the transformation ratio (TR). Whereas, the water
saturation is determined by applying kerogen and shale volume corrections on the Rt. The modified
Archie equation is derived to compute the water saturation of the shale reservoir. This equation is
independent of Rw and Archie parameters. The introduced porosity and water saturation equations
are successfully applied for the Ordovician Goldwyer formation shale from Canning Basin, Western
Australia. The results indicate that based on the proposed equations, the total porosity ranges from
5% to 10% and the water saturation ranges from 35% to 80%. Whereas, the porosity and water
saturation were overestimated by the conventional equations. The results were well-correlated with
the core-based porosity and water saturation. Moreover, it is also revealed that the porosity and water
saturation of Goldwyer Formation shale are subjected to the specific rock type with heterogeneity in
total organic carbon total clay contents. The introduced porosity and water saturation can be helpful
for accurate reserve estimations for shale reservoirs.

Keywords: shale reservoirs; matrix porosity; kerogen porosity; water saturation; well logs

1. Introduction

The organic-rich shale reservoirs have gained increasing attention in the last decades due to the
depletion of conventional reservoirs [1,2]. For reliable volumetric calculation of the reserve, the porosity
and water saturation are the most critical parameters to estimate [3–6]. The shale reservoirs contain
free and adsorbed gases. The free gas associates within the pore spaces whereas the adsorbed gas
is usually linked with the clay minerals and organic matter [2,4,7–10]. However, the complex pore
system and organic matter together with inorganic mineral constituents affect the well logging tool
responses needing to take them into account during petrophysical evaluation. Previous studies
demonstrate that the porosity can be overestimated by using empirical equations without applying
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kerogen corrections. Therefore, the conventional approaches for porosity estimation are not feasible
for organic-rich shale reservoirs. Many authors selected petrophysical models based on wireline logs
to generate a set of simultaneous equations to estimate the kerogen content, mineral volume, and pore
volume [7,11–13]. The introduced methods are most suitable for composition computation; however,
it is hard to accurately determine all the required coefficients. Similarly, few authors standardised the
well logs by multiplying the log data with defined coefficients to match the results with the core-derived
porosity [12]. However, such equations were limited to a specific area and data set due to heterogeneity
of shale in terms of thermal maturity, mineral composition, and organic matter content. Moreover,
the organic-rich shales consist of the organic as well as matrix porosities [5,10,14–16]. In this study,
the porosity for the shale reservoir is estimated by using a kerogen corrected density log, and the
kerogen porosity is calculated by using a mass balance method based on original total organic carbon
(TOCo) and kerogen maturity. The core-based total organic carbon (TOC) and porosity were used to
validate the results.

Similarly, the accurate estimation of water saturation also plays a key role in economic
evaluations of shale reservoirs. However, the investigations of the water saturation determination
methods did not get much attention in the literature. Already available water saturation equations,
e.g., Archie and Simandoux work better for conventional reservoirs (e.g., sandstone and shaly
sands) [17,18]. However, the accurate determination of the unknown parameters such as formation
water resistivity (Rw), cementation exponent (m), and saturation exponent (n) is very challenging
for shale reservoirs [2,4,19–21]. The shale reservoir is a mixture of inorganic material (e.g., clays
and detrital grains), kerogen, clay bound water, free and capillary held water, free and adsorbed
gas [2,4]. However, the resistivity tool measures a reflection of constituent minerals and fluids of shales.
Therefore, it is very critical to correct the resistivity log for shale and kerogen effects. In this research,
a water saturation equation independent of water resistivity and Archie’s parameters is introduced.
Based on core derived water saturation validation, this equation worked very well as compared to
other equations. However, it is always hard to take and interpret pressurised core samples from shale
reservoirs. Therefore, sometimes it is impractical to measure water saturation through core samples
in shale.

A case study from organic-rich Ordivician Goldwyer Formation (Goldwyer-III shale unit),
Canning Basin, Western Australia is presented to verify both techniques for porosity and water
saturation estimations. The Goldwyer Formation of Lower to Middle Ordovician age has an average
thickness of almost 400 m, whereas, it’s the thickest encounter (740 m) is recorded in Blackstone 1,
a Lennard Shelf Sub-basin well. The Goldwyer shale is deposited in an open marine setting [22] having
thin laminations of quartz silt and carbonates bands with alternating black shale layers. The mineral
composition of Goldwyer shale includes quartz, carbonates, clay minerals, and pyrite [14]. The illite is
a more abundant clay mineral in this shale. The Goldwyer shale is thermally mature having kerogen
types-II and III and the total organic carbon content (TOC) varies from 0.35 to 4.5 wt% [23,24]. The results
indicate a good match between core-based and corrected well logs-based estimations. Archie equation
overestimated the water saturation, however, the proposed modified equation provided us better
results. [25,26].

2. Materials and Methods

As illustrated in the simple shale reservoirs petrophysical model (Figure 1), the organic-rich shales
are composed of kerogen and non-kerogen parts. A systematic workflow is developed to estimate the
porosity and water saturations by considering the organic matter and matrix of the shale.
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Figure 1. A typical conceptual petrophysical model for shale reservoirs showing kerogen porosity Øk

and non-kerogen Ønk (inorganic matrix) porosity, modified from Yu et al. [5].

2.1. Porosity Estimation

The conventional density-based porosity equation is described in Equation (1):

ØD =
ρma − ρb

ρma − ρ f
(1)

where ØD = density porosity (%), ρma = matrix density (g/cc), ρb = bulk density (g/cc), ρ f = fluid
density (g/cc). Unlike in conventional reservoirs (sandstone or limestone), the bulk density acquired
through density log in organic-rich shale usually overestimates the porosity. Therefore, the kerogen
correction is applied to avoid porosity overestimation. The kerogen volume is determined by using
Equation (2) [25]:

Vk =
γ× TOC× ρb

100× ρk
(2)

where, Vk is the kerogen volume (fractions); TOC is total organic carbon content (wt %); ρb is the bulk
density from the density log (g/cc); γ is the kerogen conversion factor; and ρk is the kerogen density
(g/cc). TOC is determined by the rock eval pyrolysis method on powdered shale samples, and the
continuous TOC for the whole interval is estimated by Passey method [27]; γ is proposed by [25],
and the selected values are shown in Table 1.

Table 1. Conversion factors for total organic carbon (TOC) to kerogen, adapted from Tissot and Welte [25].

Stage Type of Kerogen

I II III

Diagenesis 1.25 1.34 1.48

End of Catagenesis 1.20 1.19 1.18

For this study, based on rock eval pyrolysis results, the kerogen types are 30% type-II and 70%
type-III. Therefore, the kerogen conversion factor for the studied formation is calculated as 1.18; and ρk
is determined by the relationship of lab-based TOC and reciprocal of lab-based derived grain density
on shale samples by the Equation (3). A good relationship between TOC and reciprocal of grain density
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(ρg read as RHOG) is observed in Figure 2. The Equation (3) is derived based on the relationship
between TOC and reciprocal of grain density (Figure 2).

1
ρg

= A× TOC + B (3)

 

Figure 2. The direct relationship between core-based derived total organic carbon and reciprocal of
grain density providing helpful information for estimation of kerogen and matrix densities.

ρg is the matrix density if TOC is zero and ρ g
k

is kerogen density if TOC is 100%. A and B are

based on the linear relationship seen in Figure 2. From the relation found in Figure 2, the matrix density
for the samples of this study is 2.79 g/cc, and kerogen density is 1.24 g/cc. The well logs are calibrated
by eliminating the kerogen effect, and the following equations Equations (4) and (5) are applied for
matrix porosity estimation through density log:

ρbkc =
ρb − ρk×Vk

1−Vk
(4)

Økc =
ρma − ρbk

ρma − ρ f
(5)

where, ρbkc is kerogen corrected bulk density (g/cc); ρk is kerogen density (g/cc); Vk is kerogen volume
(fractions) and Økc is kerogen corrected density porosity (%). As the porosity in organic-rich shale is
associated with organic matter and inorganic minerals, so it is crucial to estimate the porosity within
organic matter (kerogen). An equation for kerogen porosity was proposed by [28] using mass-balance
relation Equation (6).

Øk = ([TOCo ×Cc] × γ)TR
ρb

ρ k
(6)

where, Øk = kerogen porosity (%), TOCo = original total organic carbon, Cc = convertible carbon
fraction and TR = transformation ratio.

TOCo =
TOC

1− TR×Cc
(7)
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TR = 1− HIp[1200−HIo(1− PIo)]

HIo
[
1200−HIp

(
1− PIp

)] (8)

where: HIp = present hydrogen index (mg/g), HIo = original hydrogen index (mg/g), PIp = present
production index and PIo = original production index. The following equations were used to estimate
the original hydrogen index and present hydrogen index proposed by [28]:

HIo =
TypeII

100
× 450 +

TypeIII
100

× 125 (9)

For this study:
HIo = 225 mg/g

HIp = 170 mg/g

S1/S1 + S2 = PIp = 0.35
The convertible carbon fraction is determined by using the relationship proposed by [29], such as

Cc = 0.085×HIo=18.91%.
Although, the transformation ratio (TR) can be determined by Claypool equation as explained in

Equation (8) [28]. However, for this study, the TR value is taken as 88% that is adapted from [24,30]
based on organic geochemistry and basin modelling of Goldwyer shale. So, the equation for kerogen
porosity will be as Equation (10). By eliminating the kerogen effect and adding the kerogen porosity
Equation (11), the final Equation (12) is applied to compute total density porosity for shale reservoirs.

Øk = 0.2× TOC× ρb (10)

ØDTotal =

[(
ρma − ρbkc

ρma − ρ f

)
+ Øk

]
(11)

ØDTotal =

⎡⎢⎢⎢⎢⎢⎢⎢⎢⎢⎣
⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
ρma −

(
ρb−ρk×Vk

1−Vk

)
ρma − ρ f

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠+ (0.2× TOC× ρb)

⎤⎥⎥⎥⎥⎥⎥⎥⎥⎥⎦ (12)

2.2. Calculation of Water Saturation

The water saturation estimation in shale is mainly dependent on its organic (kerogen) and inorganic
components (minerals). Archie equation [17] is mainly popular for water saturation calculation in
clean reservoirs. The equation was developed based on a function between formation conductivity
and the conductivity of fluids in the pore spaces of a reservoir, such as:

Ct =
Sn

w ×Cw

F
(13)

where Ct = total conductivity (ohm−1 m−1), Cw = formation water conductivity (ohm−1 m−1),
n = saturation exponent usually equals to 2, Sw = water saturation (%). The equation can be written in
terms of resistivity as follows:

1
Rt

=
Øm × Sn

w
a×Rw

(14)

where Rt = true resistivity measured by logging tool (ohm-m), Ø = porosity (%), m = cementation
exponent, n = saturation exponent usually equals to 2, a = tortuosity factor usually considered as 1
and Rw = formation water resistivity (ohm-m). The Equation (14) is known as the Archie equation for
clean formations. Later, this equation did not provide acceptable and accurate results for the shaly
formations. Therefore, other approaches such as Simandoux considered the shale effect on water
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saturation and developed an equation Equation (15) by considering the volume of shale in the equation
that was further modified by Schlumberger, 1972 and the modified Simandoux equation is [18]:

1
Rt

=
Øm × Sn

w

a.Rw × (1−Vsh)
+

Vsh × Sw

Rsh
(15)

where Rsh is the resistivity of shale (ohm-m) and Vsh is the volume of shale (fraction). The conventional
water saturation models, e.g., Simandoux equation, modified Simandoux, total shale, and modified
total shale equations provided better results for shaly formations as these equations are derived based
on the conductivities of clays and non-clay matrix. However, these models overestimate the water
saturation for organic-rich shales. Therefore, a modified water saturation equation is applied in
this study. An equation was proposed by [2,4] for water saturation calculation for shale reservoirs.
The derivation details of the equation are explained by [17] simplified equation for water saturation:

Sw =

√
Ro

Rt
(16)

where, Ro is the rock resistivity in lean shale interval where water saturation is deemed 100% (ohm-m)
and Rt is the rock resistivity in the organic-rich shale reservoir with some degree of oil/gas saturation
(ohm-m). Therefore, Ro and Rt are the key parameters for water saturation calculations.

As the organic-rich shale reservoirs have a higher content of total clay and organic matter it is
necessary to conduct corrections (total organic carbon and total clay) for the true formation resistivity
(Rt). The clay minerals decrease the formation resistivity and the kerogen increases the resistivity.
So, the TOC and shale corrections are used for Rt. First, the correlation is developed between true
resistivity log and TOC measurements (on powdered shale samples through rock eval pyrolysis)
(Equation (17), Figure 3).

 

Figure 3. Direct relationship between true resistivity and measured total organic carbon showing
influence of organic matter on resistivity tool.

A negative correlation Equation (18) is found between laboratory-based water saturation measured
on shale samples and rock eval pyrolysis-based TOC. This relationship shows that with the increase in
TOC, the water saturation reduces that provides an indication of hydrocarbon saturation in the shale
interval (Figure 4).

TOC = 0.1635×Rt (17)
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Swcore = −0.0981× TOCcore + 0.825 (18)

 

Figure 4. An inverse relationship between core-based total organic carbon and water saturation
showing the fact that the organic matter increases gas saturation.

The true resistivity is corrected in terms of subtracting a factor A Equation (19) due to TOC that
can be evaluated by making arrangements, such as:

A = V2
k ×Rk (19)

If TOC is 100% then Rt will be considered as kerogen resistivity Rk (based on Equation (17)) so for
this study based on Figure 3 Rk = 613 ohm-m and Figure 5 Rsh = 1.97 ohm-m are used.

 

Figure 5. The shale resistivity estimation based on shale volume and true resistivity relationship.

Based on the correlation, the TOCmax is found as 4.91 wt %. Another factor B Equation (20) because
of clay minerals effect on resistivity is defined by many authors [18,31,32], such as:

B = Vsh
2 ×Ro (20)
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The squared form of the shale volume will be more convincing in the calculation of reduced
resistivity as a result of shale volume. It can be due to the nonlinear relationship between Ro and Rw in
shales [18,31]. For this study, the Ro is taken as 1.97 ohm-m (Figure 5).

By compensating the shale and organic matter effects on the true resistivity, the modified equation
is introduced as:

Sw =

√
Ro

Rt − (V2
kr ×Rk) + (V2

sh ×Rsh)
(21)

3. Results and Discussion

In this section, the applications of proposed porosity and water saturation equations are
implemented for the Ordovician Goldwyer shale formation drilled in Theia-1, Pictor East-1,
and Canopus-1 wells in Canning Basin, Western Australia.

The kerogen corrected total porosity (matrix porosity plus kerogen porosity) was estimated by
using Equation (12). The total porosity on crushed shale samples (core porosity) ranges from 2 to 13%,
measured through the difference between the bulk volume of shale samples and the grain volume of the
crushed, cleaned, and dried samples. The Goldwyer shale porosity shows the same range of porosity
as most of the organic-rich shales [5,7,14,33–36]. The Goldwyer shale consists three types of pores such
as organic pores, interparticle and intraparticle pores as shown in Figure 6. The results show that the
conventional porosity estimation through density log overestimates the porosity that may affect the
accurate reserve estimation in shale. Such as, the porosity based on Equation (1) provided the porosity
range from 8 to 15% for Goldwyer shale (Figure 7). However, after applying the kerogen corrections,
the corrected porosity ranging from 5 to 10% gives more accurate results that can be well-compared
with core porosity (Table 2 and Figure 7). Moreover, the clay minerals also affect the pore structure of
shale that directly affects the water saturation [37,38]. The Goldwyer shale also consists interparticle
pores influenced by illite that may change the water saturation (Figure 6). The core derived TOC varies
from 0.35 to 4.5 wt % in this study. The log derived TOC matches well with core-based TOC and the
equivalent kerogen volume also validates the results (Figure 7). It can also be observed in Table 2 and
Figure 7 that the clusters (e.g., siliceous and argillaceous shales) with higher TOC value have higher
porosity (about 8–10%) due to the addition of organic pores (kerogen porosity) in the matrix porosity.

 

Figure 6. Different pore types observed in Goldwyer shale based on scanning electron microscope
images, such as (a) interparticle pores indicated by white arrows and intraparticle pores indicated
by red arrows; (b) organic matter pores (OM), mineral components include calcite (cal), quartz (qtz)
and illite.
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Figure 7. Petrophysical evaluation of Goldwyer shale providing accurate estimation of porosity and
water saturation through proposed equations as validated by core-based measurements. Track-1:
Depth in meters; Track-2: Cluster analysis to identify cluster based facies; Track-3: Gamma ray log;
Track-4: Deep resistivity log; Track-5: Density log; Track-4: Sonic (DT) log; Track-4: Kerogen volume;
Track-4: Shale volume based on Gamma ray log; Track-4: TOC based on Passey’s method and core
measurements; Track-4: Kerogen corrected total density porosity (PHIDKc) based on proposed equation
in this study, density based porosity (PHID) & Total porosity based on core samples; Track-4: Water
saturation (Sw) based on Simandoux equation (overestimated) and modified Archie’s equation (by this
study) and core derived Sw.

The water saturation was estimated by Equation (21) by considering the kerogen and shale effects
on the resistivity. The required kerogen volume and kerogen resistivity were computed by using
the data set (well logs) and core information from three wells (Theia-1, Pictor East-1 and Canopus-1)
drilled in Canning Basin. The results for Theia-1 well are illustrated in Figure 7. Similarly, the shale
resistivity was taken based on the data set for these three wells. It can be observed in Figure 7 that
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with the increase in shale volume (e.g., at depth 1546.5 m), the deep resistivity is decreased that
enhances the water saturation. In conventional reservoirs, shale resistivity is usually determined
from the averaged deep resistivity log reading against shale interval having higher gamma-ray log
reading. However, in shale reservoirs, the shale resistivity is obtained from the average reading of the
deep resistivity log against an organic lean interval. In this study, the shale resistivity in the organic
lean interval is determined as 1.97 ohm-m based on the relationship between shale volume and true
resistivity developed by this study (Figure 5). It is impractical to determine the fluid-water contact in
heterogeneous shale reservoirs; therefore, an organic lean shale is treated to be fully brine saturated
rock, Sw = 1 [4].

Table 2. Comparison of averaged total porosity and water saturation determined by conventional
equations (PHID and Sw_Simandoux) and introduced by this study (PHIDKc and Sw_modified Archie).
The conventional equations overestimated the porosity and water saturation in shale.

Cluster Lithofacies TOC PHIDKc Sw_Modified Archie PHID Sw_Simandoux

(wt. %) % % % %

Cluster-1
(Blue) Calcareous shale 0.7 5 55 6 90

Cluster-2
(Olive) Mixed shale 1.4 8.5 45 10 80

Cluster-3
(Yellow) Siliceous shale 2.5 8 35 12 45

Cluster-4
(Grey) Argillaceous shale 3.5 9 80 13 >100

In the same way, the zones with higher TOC value and kerogen volume (such as organic-rich
siliceous shale–cluster 3 (siliceous shale) at depth 1550 m) have the lowest water saturation. The inverse
relationship between core-based TOC and Sw is also confirmed in this study (Figure 4). So, the kerogen
resistivity (Rkr = 613 ohm-m) is determined by Equation (17) by putting TOC value as 100%. Therefore,
the modified Archie equation applied in this study provides much better results (well correlated
with core derived Sw) than the Simandoux equation (Table 2 and Figure 7). It can be observed that
the Simandoux method overestimated water saturation as it is impossible to have more than 100%
Sw. Another key factor of this overestimation is inaccurate determination of water resistivity and
cementation exponent (m) values. Therefore, the modified Archie equation applied in this study is
simple and accurate subject to the resistivity corrections for shale and kerogen.

4. Conclusions

In this research, effective equations for two critical petrophysical parameters of shale reservoirs
(total porosity and water saturation) have been introduced. These equations are compensated based
on kerogen effects for density logs to estimate more accurate total porosity. Similarly, the resistivity log
was corrected based on kerogen and shale effects to compute the accurate water saturation for shale
reservoirs. This study shows that the density log overestimates the total porosity (8–15%). Whereas the
total porosity based on kerogen corrected density log and kerogen porosity matches perfectly with the
core-based porosity having porosity ranged from 5 to 10%. In the same way, the Simandoux equation
overestimated the water saturation with more than 100% Sw in most of the intervals. However,
the proposed water saturation equation (modified Archie’s equation) provided better results and
correlation with core-based water saturation ranged from 35 to 80%. Moreover, the introduced modified
Archie equation is independent of water resistivity and Archie parameters as these inputs are very
difficult to obtain for shale reservoirs. It is also revealed that the porosity and water saturation in
shale reservoirs are mainly dependent on the specific rock type. Such as the cluster-2 (mixed shale
lithofacies with mixed lithologies and moderate TOC value) and cluster-3 (siliceous shale lithofacies
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with higher silica, less clay content and moderate to high TOC) have more shale gas potential in
Goldwyer shale due to higher porosity and water saturation. This study has proposed a step to step
workflow for accurate estimation of porosity and water saturation based on well logs for organic-rich
shale. This workflow will be helpful for accurate reserve estimations in the shale reservoirs.
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Nomenclature

ØD density porosity
ρma matrix density
ρb bulk density
ρ f fluid density
ρb bulk density (g/cc)
γ kerogen conversion factor
ρk kerogen density (g/cc).
ρg grain density
ρbk kerogen corrected bulk density
Ø porosity
Øk kerogen porosity
ØDTotal total density porosity
a tortuosity factor
Cc convertible carbon fraction
Ct total conductivity
Cw formation water conductivity
HIp present hydrogen index
HIo original hydrogen index
m cementation exponent
n saturation exponent
PIp present production index
PIo original production index
Rw formation water resistivity
Rsh resistivity of shale
Rt true resistivity in ohm-m
Ro the rock resistivity in lean shale interval where water saturation is deemed 100%
Rk Kerogen resistivity
Sw water saturation
TOC total organic carbon content
TOCo original total organic carbon
TR transformation ratio
Vk kerogen volume in fractions
Vsh volume of shale
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Abstract: The Weiyuan (WY) and Changning (CN) fields are the largest shale gas fields in the Sichuan
Basin. Though the shale gases in both fields are sourced from the Longmaxi Formation, this study
found notable differences between them in molecular composition, carbon isotopic composition,
and noble gas abundance and isotopic composition. CO2 (av. 0.52%) and N2 (av. 0.94%) were higher
in Weiyuan than in Changning by an average of 0.45% and 0.70%, respectively. The δ13C1 (−26.9% to
−29.7%) and δ13C2 (−32.0% to −34.9%) ratios in the Changning shale gases were about 8% and 6%
heavier than those in Weiyuan, respectively. Both shale gases had similar 3He/4He ratios but different
40Ar/36Ar ratios. These geochemical differences indicated complex geological conditions and shed
light on the evolution of the Lonmaxi shale gas in the Sichuan Basin. In this study, we highlight the
possible impacts on the geochemical characteristics of gas due to tectonic activity, thermal evolution,
and migration. By combining previous gas geochemical data and the geological background of
these natural gas fields, we concluded that four factors account for the differences in the Longmaxi
Formation shale gas in the Sichuan Basin: a) A different ratio of oil cracking gas and kerogen cracking
gas mixed in the closed system at the high over-mature stage. b) The Longmaxi shales in WY and
CN have had differential geothermal histories, especially in terms of the effects from the Emeishan
Large Igneous Province (LIP), which have led to the discrepancy in evolution of the shales in the
two areas. c) The heterogeneity of the Lower Silurian Longmaxi shales is another important factor,
according to the noble gas data. d) Although shale gas is generated in closed systems, natural gas
loss throughout geological history cannot be avoided, which also accounts for gas geochemical
differences. This research offers some useful information regarding the theory of shale gas generation
and evolution.

Keywords: gas geochemical characteristics; noble gas; shale gas evolution; Large Igneous Province
(LIP); heterogeneity; gas loss

1. Introduction

Shale gas is produced from organic-rich black shale and self-generation and self-storage natural
gas, and is continuously accumulated in nano-scale micropores in shale [1]. Shale gas is a thermogenic
natural gas generated by organic matter pyrolysis. The shale gas relative elemental abundance
patterns and isotopic compositions fluctuate continuously throughout the pyrolysis process due to the
fractionation effect [2,3].
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Shale gas is produced in a closed system and gas does not easily migrate. As a result, compared
with conventional natural gas it has a greater genetic accumulation impact [4–6]. Hence, shale gas
maintains more of the original information regarding the means of oil and gas generation from source
rocks than conventional natural gas does, and its geochemical characteristics could be a reflection of
the evolutionary process of closed-system fossil energy production. Natural gas formation theory has
focused on the generation and evolution of shale gas, since differences the in geochemical characteristics
between conventional natural gas and shale gas were discovered [7–11]. Shale gas geochemical
irregularities include (1) the rollover of iso-alkane/normal alkane ratios [12]; (2) the rollover of ethane
and propane isotopic compositions [13]; and (3) abnormally light ethane and propane δ13C values and
isotope reversals among methane, ethane, and propane [11,12,14–16]. Together, these irregularities
reflect the complicated history of shale gas generation and the isotopic fractionation associated with it,
as well as the in situ “mixing and accumulation” of gases that are generated from different precursors
at various thermal maturities [4]. In addition, shale gases from different areas around the world also
have many different geochemical characteristics [7,12,17–20]. Even if these shale gases come from
the same area and same strata, variations in molecular composition, carbon isotopic composition,
and noble gas abundance and isotopic composition can be found [15,16]. Recently, we found that the
gas geochemical characteristics of shale gases from the Longmaxi Formation, Sichuan Basin, China,
show several apparent differences between the Weiyuan (WY) and Changning (CN) areas [14–17,21–23].
For instance, there is more CH4 in CN shale gas, and its carbon isotope composition is heavier than that
of WY shale gas [14,16,17,21–23]. Meanwhile, the He and Ar abundance and isotope composition are
higher in WY shale gas than in CN shale gas [15]. Although previous studies have found differential gas
geochemical characteristics between WY and CN shale gas, few studies have explained the potential
reason for these differences.

We collected and compared the geochemical data from our previous works [14–16] and other
studies [16,21,22] and combined the geological background and oil/gas generation theory to clarify the
causes and mechanics of variations in the geochemical characteristics of shale gas from the Longmaxi
Formation, Sichuan Basin, China. These results should increase our understanding of the generation
and evolution of shale gas.

2. Geological Background

The Sichuan Basin is a structurally complex, superimposed basin that comprises an area of over
18 × 104 km2. The Sichuan Basin and the surrounding areas contain many gas fields (Figure 1). The two
largest shale gas fields in the Sichuan Basin, Weiyuan and Changning, are located on the south and
east borders of the basin, respectively. The organic-rich shales of the Wufeng–Longmaxi Formation
(Ordovician–Silurian), one of the most important hydrocarbon source rocks in China, are the source
of the shale gas generated ftom these two shale fields. The Silurian shales have equivalent vitrinite
reflectance (EqVRo, %) values ranging from 2.4% to 3.8% [24–26], indicating that they are largely
thermally over-mature and in a dry gas generation stage [24,27]. One possible external heat source
for the maturation of organic-rich shale is the Emei Large Igneous Province (LIP), located in the
southwestern part of the basin [28,29].
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Figure 1. Geological sketch map of the Sichuan Basin, showing the locations of the main gas sampling
sites, isolines of Ro values, and shale thickness of the Longmaxi Formation.

The Sichuan Basin is in the transition zone between the Palaeo–Pacific tectonic area and the
Tethys–Himalayan tectonic area [30]. The Caledonian, Hercynian, Indosinian, and Yanshanian orogenies
and Himalayan movement have all been recorded in the Sichuan Basin (Figure 2). There were two
major tectonic evolution stages in the history of the Sichuan Basin: an early cratonic depression
during the Palaeozoic era, followed by a foreland basin stage in the Triassic era [30–33]. This could
have generated a large number of faults and unconformity surfaces, leading to diverse hydrocarbon
migration and gas preservation [34]. The Lower Silurian Longmaxi Formation experienced deep burial
in the Yanshan period, causing gas generation to reach its peak. Subsequent repeated uplift and erosion
caused hydrocarbons to migrate out of the formation [35,36].
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Figure 2. Schematic diagram showing the stratigraphy system of the Sichuan Basin, as well as the main
tectonic events.

The Weiyuan (WY) area extends over 2700 km2 on the southeastern edge of the Leshan–Longnvsi
paleo uplift in the southwestern part of the Sichuan Basin (Figure 1) [37]. Silurian strata are present in
the southeastern part of the WY area, but are missing from its northwestern part. Silurian Longmaxi
Formation shale is characterized as graptolite shale, mainly organic type I with an EqRo range from
1.80% to 2.24% [38,39]. It is primarily found on the southeastern flank of the Weiyuan anticline at a
current burial depth of 1600–3200 m. The Changning (CN) area is located southwest of the Changning
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anticline in a gentle flank zone. The CN has an overall area of nearly 4000 km2 (Figure 1). The CN area
is closer to the core zone of Emei Large Igneous Province (LIP) than the WY area (Figure 3). In this
area, the Longmaxi shale mainly belongs to type I-II1 organic matter, with a thermal maturity Ro of
2.8% to 3.3% [40,41].

Figure 3. Schematic map of the Emeishan large igneous province (ELIP) and its thermal effect (Jiang,
2017, modified from Sun et al., 2010). The dashed lines show the boundaries of the inner, intermediate,
and outer zones of the ELIP, as defined by He et al. (2003). For the interpretation of the references for
color in this figure legend, the reader is referred to the web version of this article. The red column
represents the Permian heat flow and the green column represents the present heat flow.

3. Differences in Gas Geochemical Characteristics

3.1. Molecular Composition

With an average content of 98.2%, CH4 dominates the Longmaxi shale gases. The average contents
of C2H6 and C2H6 are 0.51% and 0.02%, respectively. Non-hydrocarbon gases are mainly composed of
N2 and CO2, with a small amount of He and Ar. H2S has not been detected. The content of methane in
Weiyuan (WY) shale gas (av. 97.9%) is slightly lower than that in Changning (CN) shale gas (av. 98.6%),
while the contents of CO2 (av. 0.47%) and N2 (av. 0.98%) in the WY area are higher than those in CN
area (av. 0.45% and av. 0.70%, respectively).

3.2. Carbon Isotope Composition

As shown in the carbon isotope correlation diagrams in Figures 4 and 5, there were distinct
differences in the carbon isotopic distribution characteristics between the WY and CN shale gases.
The δ13C1 values of WY Longmaxi shale gas ranged from −34.1% to −37.3%, the δ13C2 values ranged
from −37.6% ~ −43.4%, and the δ13C3 values ranged from −33.6% ~ −43.5%. The δ13C1 (−26.8% to
−31.3%) and δ13C2 (−32.3% to −34.9%) values of the CN Longmaxi shale gas were heavier by about 8%
and 6%, respectively, than those in the WY area (Figure 4). The δ13C3 values ranged from −34.8% to
−37.2% in the CN area.
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Reversed distribution patterns of carbon isotopic compositions for CH4 to C3H8 were found in
the Longmaxi shale gas in both the WY and CN areas. Full reversal distribution patterns of the carbon
isotopic composition according to the carbon number were found in most Longmaxi Formation shale
gases in these areas—that is, δ13C1 > δ13C2 > δ13C3. However, shale gases from three wells (W202,
W201, and W201-H1) in the WY area showed a partial reversal distribution pattern of carbon isotopic
composition according to the carbon number—that is, δ13C2 > δ13C1 and δ13C3 < δ13C2 (Figure 5).

Figure 4. Carbon isotopic composition of shale gas from the Longmaxi Formation in the Weiyuan and
Changning areas, Sichuan Basin, China.

Figure 5. Variation in δ13C2-δ13C1 as a function of δ13C3-δ13C2 for gases from the Weiyuan (WY) and
Changning (CN) areas, showing the isotope distribution patterns among methane, ethane, and propane.

3.3. Noble Gases

The Longmaxi formation shale gases in the Sichuan Basin showed regional differences in the
abundance and isotopic compositions of noble gases [15]. The abundance and isotopic ratios of He and
Ar in the WY shale gas are slightly higher than those in the CN shale gas (Figure 6). The concentrations
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of 4He and 40Ar ranged from 304.5 to 1286.3 ppm and 473.7 to 734.7 ppm, respectively, in the WY shale
gas. The 3He/4He ratio was mainly around 0.02Ra, and the 40Ar/36Ar ratios ranged from 1276.2 to
6640.3 in the WY shale gas, while the concentration of 4He and 40Ar in the CN area varied in a small
range from 386.1 to 445.9 ppm and 32.0 to 176.4 ppm, respectively. The 3He/4He ratios were around
0.01Ra, and the 40Ar/36Ar ratios were clustered around 1700 in the CN area. The ratios of 20Ne/22Ne
and 21Ne/22Ne of the Longmaxi shale gases showed similar values to those of atmospheric Ne.

Figure 6. Plots of (a) 3He/4He vs. 40Ar/36Ar and (b) 20Ne/22Ne vs. 40Ar/36Ar of Longmaxi shale gases
in the Weiyuan (WY) and Changning (CN) areas, China.

4. Causes of Gas Geochemical Variation

Hydrocarbon gases are ubiquitous products of organic maturation at all stages of burial. During the
burial history, complex geological events may occur that could influence their maturity and lead
to secondary alteration processes (migration, preservation, and water–rock interactions) that may
result in changes in gas geochemical characteristics. The carbon isotope compositions of shale gas are
closely related to the thermal alteration of organic matter. The different thermal histories of source
rocks could bring about various patterns of carbon isotope composition [42–44]. Apart from the
effect of temperature, the loss of natural gas during tectonic processes also affects the distribution of
the molecular and isotope compositions of shale gas [45–50]. Water–organic matter redox reactions
are another factor which could reform the gas geochemical characteristics of shale gases [51–54].
Lastly, the heterogeneity of Longmaxi Formation shale can lead to different concentrations of some
molecules/elements in shale gases.

4.1. Mixing of Secondary Cracking Gas

Most shale gases are generated by the thermal degradation of sedimentary organic matter.
The origin of this sedimentary organic matter is tightly linked to organic matter diagenetic and thermal
alteration [42–44]. Although differences in the thermal maturity and/or organic type (marine and
terrestrial shale gas) could bring about various δ13C values and carbon isotopic distribution patterns [24],
this seems not to be the reason for the differences in gas geochemistry between Weiyuan (WY) and
Changning (CN) shale gas, as they have the same conditions in terms of these two factors [21,22,24].
Tissot and Welte [55] found that, in the early thermal evolution stage, gaseous hydrocarbons are formed
concurrently with oil from kerogen in source rocks, whereas in the late thermal evolution stage gaseous
hydrocarbons are generated by the thermal cracking of both residual kerogen and oil. The produced
natural gas becomes progressively drier and isotopically more positive with the improvement in the
thermal evolution degree [43,56]. The source rocks of the Longmaxi formation in the WY and CN areas
are all in the high to over-maturity stage [24–26]. However, according to the tectonic activity history,
Longmaxi shale in the WY and CN areas has experienced different processes of temperature change.
Therefore, the differences in the molecular and carbon isotopic compositions of shale gas from the
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Longmaxi Formation between the WY and CN areas could be caused by the different proportions of
secondary cracking gas generated by residual kerogen and liquid hydrocarbons.

The different effects of tectonic movement in the WY and CN areas could have led to the different
burial and thermal histories of Longmaxi shale. During the Triassic to Early Cretaceous era, the WY
area underwent strong subsistence and then experienced extensive uplifting and erosion after the
Late Cretaceous era. These events resulted in large fluctuations in temperature in the shales [57].
As shown in Figure 7, from the Middle Triassic (70 ◦C, started to generate oil) to the Late Cretaceous
era (210 ◦C, maximum gas generation), a complete evolution of the hydrocarbon generation stages
occurred in the WY Silurian Longmaxi shale, including oil generation, oil cracking to gas, and residual
kerogen cracking to gas [57,58]. High temperature ranges from 172 ◦C to 205 ◦C were revealed
by the homogenous temperature of the fluid inclusions taken from N202 in the CN area [59,60],
providing evidence that the CN Silurian Longmaxi shale also went through the complete evolution of
the hydrocarbon generation stages. The complex tectonic activities in the Weiyuan and Changning
areas will cause source rocks to undergo different evolutionary processes, leading to differences in the
shale gas geochemical characteristics. However, this needs to be proven by accurate source rock burial
history and other information in each region.

Figure 7. Plots of the burial history and thermal evolution of the Silurian Longmaxi shales in the
Weiyuan area (Well W117). The thermal gradient evolution history was established by the reflectance
inversion method: 32 ◦C/km (>96 Ma), 30 ◦C/km (96–65 Ma), 27 ◦C/km (<65 Ma). The thermal evolution
histories of Lower Silurian shale were reconstructed by combining the thermal gradient model and
their burial histories [57,58].

The Emeishan large igneous province (ELIP) covers an area of about 2.5 × 105 km2 in southwest
China. The heat flow in the inner and intermediate zones is abnormally high compared with
that in the outer zone, where a decrease in the average heat flow from 76 to 51 mW/m2 has been
observed [59]. This provides a differentiated heat source for overlying and underlying strata in
different areas. The appearance of pyrobitumen in the Sinian–Cambrian reservoirs is clear evidence
of an abrupt hydrothermal fluid event, which might correspond to the Emei mantle plume in the
late Permian era [60,61]. WY and CN are in the Emeishan large igneous province region (Figure 3).
The thermal evolution of source rocks in the WY and CN areas was strongly affected by the ELIP [62–64].
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From Figure 3, we can see that the CN area is in the intermediate zone of ELIP, while the WY area is in
the outer zone. We can conclude that the CN area received relatively more heat energy than the WY
area during the Emeishan mantle plume activity.

The shale gases from the Longmaxi formation in the WY and CN areas are thermogenic gases,
which are formed at higher temperatures by the thermal decomposition of higher molecular weight
organic matter (kerogen or oil) [27]. It is known that 12C forms slightly weaker chemical bonds in
the process of thermal decomposition than 13C, resulting in a “kinetic isotope fractionation” in which
the reaction product (gas in this case) is enriched in 12C (isotopically ”lighter”) and the rest of the
source material (kerogen or oil) becomes similarly enriched in 13C (isotopically ”heavier”) in a process
known as the Rayleigh fractionation effect [27]. As the maturity degree increases, the δ13C1 ratio
decreases until it reaches the lightest point, after which it increases [9]. Closed-system kerogen pyrolysis
experiments and the study of geologic systems have determined that the secondary cracking of heavier
hydrocarbons is a crucial pathway for gas generation [47,65–68]. Primary gases generated from
kerogen and secondary gases cracked by oil and/or gaseous hydrocarbons are the main components of
thermogenic shale gases. Shale gas (e.g., CH4, C2H6, and C3H8) generated at different temperatures
will have different isotopic compositions due to the Rayleigh fractionation effect. This may be one
of the primary causes of the differences in the carbon isotopic composition of Longmaxi shale gases
between the WY and CN areas, which experienced different temperature changes throughout their
thermal evolution.

4.2. The Loss of Shale Gas

Shale gas aggregates continuously in gas reservoirs and is characterized by relatively short
hydrocarbon migration distances [69]. Tectonic movement and preservation conditions are the main
drivers of the accumulation and migration of shale gas [33,36]. The Sichuan Basin experienced
complex tectonic movements during the evolution from the Craton basin (Palaeozoic) to the foreland
basin (Triassic) [33,36]. Silurian Longmaxi shale was affected by the Yanshan, Indo-China, Dongwu,
and Yunnan movements after deposition (Figure 2), which generated a large number of faults
and unconformity surfaces and resulted in various pathways of hydrocarbon migration and gas
loss [33,70,71]. Repeated uplift and erosion and numerous faults destroyed the preservation conditions
of Longmaxi shale gas in the WY and CN areas [36,70] and consequently caused shale gas loss.
The formation of the Leshan–Longnvsi paleo uplift involved several periods of tectonic movements,
from the Tongwan movement to Yanshanian movement [35]; its tectonic evolution has had a greater
influence on the formation and distribution of the WY shale gas reservoirs than that of the CN shale
gas reservoirs [72–74].

During shale gas loss in the geological history, diffusive leakage from reservoirs and source rocks
could induce carbon isotope fractionation ranges from 1% to 30% [75], and this loss of fractionation is
universal in sedimentary basins [75,76]. Further, the smaller the volume of gas in the accumulation,
the more likely any type of secondary fractionation will be significant [77]. Cao et al. [15] and
Zhang et al. [16] discovered changes in noble gas abundance and isotopic composition and molecular
and carbon isotope variation in the Longmaxi Formation shale gas in the WY and CN areas over the
course of 3.5 years. Shale gas production is a kind of artificial diffusion process; the methane carbon
isotope composition become slightly heavier, with its content decreasing in WY shale gases, while there
are no changes in CN shale gases [16]. The differences between the gas geochemical characteristics
in these two areas is due to the lower gas pressure (which means smaller volume) of the Longmaxi
reservoir in the WY area [15,16,75–77].

Therefore, we can conclude that the Longmaxi shale in the WY area has been more affected by the
intense tectonic activities, resulting in more shale gas loss over geological history. According to the
diffusive fractionation theory [75,77], there should be a heavier δ13C1 ratio in WY shale gases, but just the
opposite is true [16,21,22,27]. Some other secondary reactions may have occurred in the Longmaxi shale
gas reservoirs, either in WY or CN, leading to the present carbon isotope composition characteristics.
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4.3. Water–Rock Interaction

The δ13C1 ratios of shale gases in the CN area range from −26.8% to −31.3%, which is heavier
than that of the thermogenic methane from type I and II kerogen (−50% to −30%, [78,79]). Its carbon
isotope composition and distribution pattern are similar to those of abiogenic gas (>−30%, [80]).
Abiogenic hydrocarbons could be generated by Fischer–Tropsch-type reactions in granitic rocks, whose
δ13C1 ratios range from −32% to −20% and δ13C1 > δ13C2+ [81,82]. Tang et al. [83] recognized a new
mechanism of shale gas generation: a Fischer–Tropsch-type synthesis of hydrocarbon from CO2 and
H2, resulting from the water reforming of residual organic matter in shale.

CHx (organic matter) + 2H2O→ CO2 + (2 + x/2) H2, (1)

CO2 +mH2 → xCH4 + yC2H6 + . . . + zH2O. (2)

The Longmaxi shale in the CN area contains a large amount of formation water, providing the base
materials for this methane generation mechanism, which may account for 50% or as much as 80% of the
gas in shale, especially in particularly high-producing wells [83]. This also could increase the porosity
and permeability of the shales [83]. Therefore, high δ13C1 ratios, the full reversal distribution pattern
of the carbon isotopic composition, and high gas pressure may be related to this new mechanism
of shale gas generation. However, much more detailed work, including on the temperature and
catalyst of the reaction and the matrix pore features, should be undertaken to properly understand this
Fischer–Tropsch-type reaction.

4.4. Heterogeneity of Longmaxi Shale

Longmaxi shale has obvious lateral and vertical heterogeneity in its mineral composition,
Total Organic Carbon (TOC), porosity, and trace elements [84–89]. Figure 6 shows the differences
in 4He and 40Ar content between the WY and CN shale gases. The 4He production in the crust is
dominated by the α-decay of the 235,238U and 232Th decay chains, and is therefore directly proportional
to the concentration of these radioelements in the crust, while the decay of 40K dominates the 40Ar
production in the crust, which is thus directly proportional to the K concentrations. The contents of U,
Th, and K are varied in Silurian Longmaxi shale [88,89], which may be one reason for the differences in
noble gas isotope abundance (4He and 40Ar).

In addition, the 40Ar/36Ar ratio of W201-H1 is extremely high (6640.3), and close to that (7000) of
conventional natural gas from the Sinian Dengying Formation reservoirs [15,90]. The two sets of gas
reservoirs are in the same area (WY), and this combined with the intense tectonic activities in this area
makes it very likely that some deeper conventional natural gas has leaked into the W201-H1 well from
the fractures. Due to the low permeability and connectivity of shale rock, these deeper gases remained
contained and did not spread to other shale gas wells.

5. Conclusions

There are differences in the molecular and carbon isotopic composition and noble gas abundance
and isotopic composition in the Longmaxi shale gas sourced from the Weiyuan (WY) and Changning
(CN) areas. This could be accounted for by the intense tectonic activities of the Sichuan Basin and
secondary reactions in the shale gas reservoir. Additionally, the differential effect on WY and CN of the
complex burial history and Emeishan super mantle plume activities in the Sichuan Basin has resulted
in different thermal histories and hydrocarbon generation processes of Longmaxi shale in these two
areas. The carbon isotope fractionation effect during the processes of shale gas generation results in
different molecular and carbon isotopic compositions in the primary gases generated from kerogen
compared with the secondary gases cracked by oil and/or gaseous hydrocarbons. The different partial
mixing of primary and secondary gases is a governing factor for the differences in the gas geochemical
characteristics between WY and CN. In addition, the different geotectonic movements have caused
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different fault and fracture systems in the WY and CN Longmaxi shale strata, which have led to various
amounts of shale gas loss and consequently carbon isotope fractionation in the gas loss processes.
Furthermore, water–rock interactions could enhance the molecular and carbon isotope composition
differences, and the heterogeneity of the shale could bring about the different noble gas abundances
and isotope compositions.

Author Contributions: Conceptualization, C.C.; funding acquisition, C.C. and Z.L.; investigation, C.C., L.L., Y.L.;
methodology, C.C. and L.L.; project administration, C.C.; resources, C.C., L.L., L.D., and J.H.; supervision, C.C.,
and L.L.; writing—original draft, C.C.; writing—review and editing, C.C. and L.L. All authors have read and
agreed to the published version of the manuscript.

Funding: This research was funded by National Natural Science Foundation of China, grant number 41502143,
and Key Laboratory Project of Gansu Province, grant number 1309RTSA041.

Conflicts of Interest: The authors declare no conflict of interest.

Data Availability: The shale gas geochemical data used to support the findings of this study
are included within the supplementary information file(s). Previously reported shale gas geochemical
data were used to support this study, and are available at: https://doi.org/10.1016/j.marpetgeo.
2017.01.023, https://doi.org/10.1016/j.marpetgeo.2017.01.022, https://doi.org/10.1016/S1876-3804(16)30092-1,
https://doi.org/10.1016/j.petrol.2018.04.030. These prior studies are cited at relevant places within the text
as references: [15,16,21,22,27].

References

1. Zou, C.; Dong, D.; Wang, S.; Li, J.; Li, X.; Wang, Y.; Li, D.; Cheng, K. Geological characteristics and resource
potential of shale gas in China. Pet. Explor. Dev. 2010, 37, 641–653. [CrossRef]

2. Campbell, J.H.; Koskinas, G.J.; Gallegos, G.; Gregg, M. Gas evolution during oil shale pyrolysis. 1.
Nonisothermal rate measurements. Fuel 1980, 59, 718–726. [CrossRef]

3. Campbell, J.H.; Gallegos, G.; Gregg, M. Gas evolution during oil shale pyrolysis. 2. Kinetic and stoichiometric
analysis. Fuel 1980, 59, 727–732. [CrossRef]

4. Hao, F.; Zou, H. Cause of shale gas geochemical anomalies and mechanisms for gas enrichment and depletion
in high-maturity shales. Mar. Pet. Geol. 2013, 44, 1–12. [CrossRef]

5. Lorant, F.; Prinzhofer, A.; Behar, F.; Huc, A.-Y. Carbon isotopic and molecular constraints on the formation
and the expulsion of thermogenic hydrocarbon gases. Chem. Geol. 1998, 147, 249–264. [CrossRef]

6. Behar, F.; Vandenbroucke, M.; Teermann, S.; Hatcher, P.; Leblond, C.; Lerat, O. Experimental simulation of
gas generation from coals and a marine kerogen. Chem. Geol. 1995, 126, 247–260. [CrossRef]

7. Tilley, B.; Muehlenbachs, K. Isotope reversals and universal stages and trends of gas maturation in sealed,
self-contained petroleum systems. Chem. Geol. 2013, 339, 194–204. [CrossRef]

8. Xia, X.; Chen, J.; Braun, R.D.; Tang, Y. Isotopic reversals with respect to maturity trends due to mixing of
primary and secondary products in source rocks. Chem. Geol. 2013, 339, 205–212. [CrossRef]

9. Qu, Z.; Sun, J.; Shi, J.; Zhan, Z.; Zou, Y.; Peng, P. Characteristics of stable carbon isotopic composition of shale
gas. J. Nat. Gas Geosci. 2016, 1, 147–155. [CrossRef]

10. Tang, Y.C.; Xia, X.Y. Kinetics and mechanism of shale-gas formation: A quantitative interpretation of gas
isotope ‘rollover’ for shale gas formation. In Proceedings of the AAPG Hedberg Conference, Austin, TX,
USA, 5–10 December 2010; pp. 5–10.

11. Gao, L.; Schimmelmann, A.; Tang, Y.; Mastalerz, M. Isotope rollover in shale gas observed in laboratory
pyrolysis experiments: Insight to the role of water in thermogenesis of mature gas. Org. Geochem. 2014,
68, 95–106. [CrossRef]

12. Zumberge, J.; Ferworn, K.; Brown, S. Isotopic reversal (‘rollover’) in shale gases produced from the
Mississippian Barnett and Fayetteville formations. Mar. Pet. Geol. 2012, 31, 43–52. [CrossRef]

13. Ferworn, K.J.; Zumberge, J.; Reed, J.; Brown, S. Gas Character Anomalies Found in Highly Productive Shale
Gas Wells. 2008. Available online: http://www.zenzebra.net/quebec/Ferworn_et_al_2008.pdf (accessed on
16 October 2008).

14. Cao, C.; Lv, Z.; Li, L.; Du, L. Geochemical characteristics and implications of shale gas from the Longmaxi
Formation, Sichuan Basin, China. J. Nat. Gas Geosci. 2016, 1, 131–138. [CrossRef]

99



Energies 2020, 13, 5981

15. Cao, C.; Zhang, M.; Tang, Q.; Yang, Y.; Lv, Z.; Zhang, T.; Chen, C.; Yang, H.; Li, L. Noble gas isotopic variations
and geological implication of Longmaxi shale gas in Sichuan Basin, China. Mar. Pet. Geol. 2018, 89, 38–46.
[CrossRef]

16. Zhang, M.; Tang, Q.; Cao, C.; Lv, Z.; Zhang, T.; Zhang, D.; Li, Z.; Du, L. Molecular and carbon isotopic
variation in 3.5 years shale gas production from Longmaxi Formation in Sichuan Basin, China. Mar. Pet. Geol.
2018, 89, 27–37. [CrossRef]

17. Yang, R.; He, S.; Hu, Q.H.; Hu, D.F.; Yi, J.Z. Geochemical characteristics and origin of natural gas from
Wufeng-Longmaxi shales of the Fuling gas field, Sichuan Basin (China). Int. J. Coal Geol. 2017, 171, 1–11.
[CrossRef]

18. Jiang, K.; Lin, C.; Zhang, X.; He, W.; Xiao, F. Geochemical characteristics and possible origin of shale gas in
the Toolebuc Formation in the northeastern part of the Eromanga Basin, Australia. J. Nat. Gas Sci. Eng. 2018,
57, 68–76. [CrossRef]

19. Rodriguez, N.D.; Philp, R.P. Geochemical characterization of gases from the Mississippian Barnett Shale,
Fort Worth Basin, Texas. AAPG Bull. 2010, 94, 1641–1656. [CrossRef]

20. Tilley, B.; McLellan, S.; Hiebert, S.; Quartero, B.; Veilleux, B.; Muehlenbachs, K. Gas isotope reversals in
fractured gas reservoirs of the western Canadian Foothills: Mature shale gases in disguise. AAPG Bull. 2011,
95, 1399–1422. [CrossRef]

21. Feng, Z.; Liu, D.; Huang, S.; Wu, W.; Dong, D.; Peng, W.; Han, E. Carbon isotopic composition of shale gas in
the Silurian Longmaxi Formation of the Changning area, Sichuan Basin. Pet. Explor. Dev. 2016, 43, 769–777.
[CrossRef]

22. Feng, Z.; Dong, D.; Tian, J.; Qiu, Z.; Wu, W.; Zhang, C. Geochemical characteristics of Longmaxi Formation
shale gas in the Weiyuan area, Sichuan Basin, China. J. Pet. Sci. Eng. 2018, 167, 538–548. [CrossRef]

23. Wei, X.; Guo, T.; Liu, R. Geochemical features and genesis of shale gas in the Jiaoshiba Block of Fuling Shale
Gas Field, Chongqing, China. J. Nat. Gas Geosci. 2016, 1, 361–371. [CrossRef]

24. Dai, J.; Zou, C.; Dong, D.; Ni, Y.; Wu, W.; Gong, D.; Wang, Y.; Huang, S.; Huang, J.; Fang, C.; et al. Geochemical
characteristics of marine and terrestrial shale gas in China. Mar. Pet. Geol. 2016, 76, 444–463. [CrossRef]

25. Zou, C.; Dong, D.; Wang, Y.; Li, X.; Huang, J.; Wang, S.; Guan, Q.; Zhang, C.; Wang, H.; Liu, H.; et al. Shale gas
in China: Characteristics, challenges and prospects (I). Pet. Explor. Dev. 2015, 42, 753–767. [CrossRef]

26. Guo, T. Key geological issues and main controls on accumulation and enrichment of Chinese shale gas.
Pet. Explor. Dev. 2016, 43, 349–359. [CrossRef]

27. Dai, J.; Zou, C.; Liao, S.; Dong, D.; Ni, Y.; Huang, J.; Wu, W.; Gong, D.; Huang, S.; Hu, G. Geochemistry of the
extremely high thermal maturity Longmaxi shale gas, southern Sichuan Basin. Org. Geochem. 2014, 74, 3–12.
[CrossRef]

28. Zhu, C.; Xu, M.; Yuan, Y.; Zhao, Y.; Shan, J.; He, Z.; Tian, Y.; Hu, S. Palaeogeothermal response and record of
the effusing of Emeishan basalts in the Sichuan basin. Chin. Sci. Bull. 2009, 55, 949–956. [CrossRef]

29. Xu, Y.G.; Chung, S.-L.; Jahn, B.-M.; Wu, G.Y. Petrologic and geochemical constraints on the petrogenesis of
Permian–Triassic Emeishan flood basalts in southwestern China. Lithos 2001, 58, 145–168. [CrossRef]

30. Liu, S.G.; Deng, B.; Zhong, Y.S.; Ran, B.; Yong, Z.; Sun, W.; Yang, D.Z.; Jiang, L.; Ye, Y. Unique geological
features of burial and superimposition of the Lower Paleozoic shale gas across the Sichuan Basin and its
periphery. Earth Sci. Front. 2016, 23, 11–28. [CrossRef]

31. Ma, L.; Chen, H.J.; Gan, K.W. Tectonics and Marine Petroleum Geology in South China; Geology Press: Beijing,
China, 2004; pp. 37–41.

32. Hao, F.; Zou, H.; Lu, Y. Mechanisms of shale gas storage: Implications for shale gas exploration in China.
AAPG Bull. 2013, 97, 1325–1346. [CrossRef]

33. Xu, H.; Zhou, W.; Cao, Q.; Xiao, C.; Zhou, Q.; Zhang, H.; Zhang, Y. Differential fluid migration behaviour
and tectonic movement in Lower Silurian and Lower Cambrian shale gas systems in China using isotope
geochemistry. Mar. Pet. Geol. 2018, 89, 47–57. [CrossRef]

34. Liu, S.G.; Qin, C.; Sun, W.; Wang, G.Z.; Xu, G.S.; Zhang, Z.J.; Zhang, Z.J. The coupling formation process
of four centers of hydrocarbon in Sinian Dengying Formation of Sichuan Basin. Acta Petrol. Sin. 2012, 28,
879–888.

35. Xu, H.; Wei, G.; Jia, C.; Yang, W.; Zhou, T.; Xie, W.; Li, C.; Luo, B. Tectonic evolution of the Leshan-Longnüsi
paleo-uplift and its control on gas accumulation in the Sinian strata. Pet. Explor. Dev. 2012, 39, 436–446.
[CrossRef]

100



Energies 2020, 13, 5981

36. Feng, W.P.; Wang, F.Y.; Guan, J.; Zhou, J.X.; Wei, F.B.; Dong, W.J.; Xu, Y.F. Geologic structure controls on initial
productions of lower Silurian Longmaxi shale in south China. Mar. Pet. Geol. 2018, 91, 163–178. [CrossRef]

37. Zhai, G.M.; Gao, W.L.; Song, J.G.; An, Z.X.; Cheng, K.M.; Dai, J.X.; Guan, D.S.; Liu, F.H.; Li, J.C.; Qiu, Y.N.;
et al. Petroleum Geology of China—Volume 10, Oil and Gas Zone in Sichuan Basin; Petroleum Industry Press:
Beijing, China, 1989; pp. 389–424.

38. Wang, S.Q.; Chen, G.S.; Dong, D.Z.; Yang, G.; Lv, Z.G.; Xu, H.Y.; Huang, Y.B. Accumulation conditions
and exploitation prospect of shale gas in the Lower Paleozoic Sichaun Basin. Nat. Gas Ind. 2009, 29, 51–58.
[CrossRef]

39. Huang, J.L.; Zou, C.N.; Li, J.Z.; Dong, D.Z.; Wang, S.J.; Wang, S.Q.; Wang, Y.M.; Li, D.H. Shale gas
accumulation conditions and favorable zones of Silurian Longmaxi Formation in south Sichuan Basin.
China J. China Coal Soc. 2012, 37, 782–787.

40. Dong, D.; Gao, S.; Huang, J.; Guan, Q.; Wang, S.; Wang, Y. Discussion on the exploration & development
prospect of shale gas in the Sichuan Basin. Nat. Gas Ind. B 2015, 2, 9–23. [CrossRef]

41. Gao, B. Geochemical characteristics of shale gas from lower Silurian Longmaxi formation in the Sichuan
Basin and its geological significance. J. Nat. Gas Geosci. 2015, 26, 1173–1182. [CrossRef]

42. Schoell, M. The hydrogen and carbon isotopic composition of methane from natural gases of various origins.
Geochim. Cosmochim. Acta 1980, 44, 649–661. [CrossRef]

43. Schoell, M. Genetic Characterization of Natural Gases. AAPG Bull. 1983, 67, 2225–2238. [CrossRef]
44. Tissot, B.P.; Pelet, R.; Ungerer, P. Thermal history of sedimentary basins, maturation indices, and kinetics of

oil and gas generation. AAPG Bull. 1987, 71, 1445–1466. [CrossRef]
45. Wang, X.F.; Li, X.F.; Wang, X.Z.; Shi, B.G.; Luo, X.R.; Zhang, L.X.; Lei, Y.H.; Jiang, C.F.; Meng, Q. Carbon

isotopic fractionation by desorption of shale gases. Mar. Pet. Geol. 2015, 60, 79–86. [CrossRef]
46. Hill, R.J.; Zhang, E.; Katz, B.J.; Tang, Y. Modeling of gas generation from the Barnett Shale, Fort Worth Basin,

Texas. AAPG Bull. 2007, 91, 501–521. [CrossRef]
47. Prinzhofer, A.A.; Huc, A.Y. Genetic and post-genetic molecular and isotopic fractionations in natural gases.

Chem. Geol. 1995, 126, 281–290. [CrossRef]
48. Tang, Y.; Perry, J.; Jenden, P.; Schoell, M. Mathematical modeling of stable carbon isotope ratios in natural

gases. Geochim. Cosmochim. Acta 2000, 64, 2673–2687. [CrossRef]
49. Cramer, B.; Faber, E.; Gerling, P.; Krooss, B.M. Reaction Kinetics of Stable Carbon Isotopes in Natural

GasInsights from Dry, Open System Pyrolysis Experiments. Energy Fuels 2001, 15, 517–532. [CrossRef]
50. Zou, Y.-R.; Wang, L.; Shuai, Y.; Peng, P. EasyDelta: A spreadsheet for kinetic modeling of the stable carbon

isotope composition of natural gases. Comput. Geosci. 2005, 31, 811–819. [CrossRef]
51. Lewan, M. Experiments on the role of water in petroleum formation. Geochim. Cosmochim. Acta 1997,

61, 3691–3723. [CrossRef]
52. Burruss, R.; Laughrey, C. Carbon and hydrogen isotopic reversals in deep basin gas: Evidence for limits to

the stability of hydrocarbons. Org. Geochem. 2010, 41, 1285–1296. [CrossRef]
53. Cheng, B.; Xu, J.B.; Qian, D.; Liao, Z.W.; Wang, Y.P.; Faboya, O.L.; Li, S.D.; Liu, J.Z.; Peng, P.A. Methane

cracking within shale rocks: A new explanation for carbon isotope reversal of shale. Mar. Pet. Geol. 2020,
121, 104591. [CrossRef]

54. Price, L.C. Chapter H—A Possible Deep-Basin High-Rank Gas Machine via Water Organic-Matter Redox
Reactions. In U.S. Geological Survey Digital Data Series DDS-67; Version 1.00.; Dyman, T.S., Kuuskraa, V.A.,
Eds.; U.S. Department of the Interior: Washington, DC, USA; U.S. Geological Survey: Reston, VA, USA, 2001;
pp. 1–29. Available online: http://pubs.usgs.gov/dds/dds-067/CHH.pdf (accessed on 16 January 2001).

55. Tissot, P.B.P.; Welte, P.D.H. Petroleum Formation and Occurrence, 2nd ed.; Springer: Berlin, Germany, 1984.
56. Rooney, M.A.; Claypool, G.E.; Chung, H.M. Modeling thermogenic gas generation using carbon isotope

ratios of natural gas hydrocarbons. Chem. Geol. 1995, 126, 219–232. [CrossRef]
57. Zhou, Q.; Xiao, X.; Tian, H.; Pan, L. Modeling free gas content of the Lower Paleozoic shales in the Weiyuan

area of the Sichuan Basin, China. Mar. Pet. Geol. 2014, 56, 87–96. [CrossRef]
58. Xiao, X.M.; Tian, H.; Liu, D.H.; Liu, Z.F. Evaluation of Deep Burial Source Rocks and Their Natural

Gas Potentials in Sichuan Basin. In Annual Report of State Major Research Program of China (Project No.
2011ZX05008-002-40), Internal Report; Guangzhou Institute of Geochemistry of Chinese Academy of Sciences:
Guangzhou, China, 2012; pp. 1–68.

101



Energies 2020, 13, 5981

59. Jiang, Q.; Qiu, N.; Zhu, C. Heat flow study of the Emeishan large igneous province region: Implications for
the geodynamics of the Emeishan mantle plume. Tectonophysics 2018, 11–27. [CrossRef]

60. Xu, Y.G.; He, B.; Huang, X.L.; Luo, Z.Y.; Zhu, D.; Ma, J.L.; Shao, H. Late Permian Emeishan Flood Basalts in
Southwestern China. Earth Sci. Front. 2007, 14, 1–9. [CrossRef]

61. Yang, C.; Ni, Z.-Y.; Li, M.; Wang, T.; Chen, Z.; Hong, H.; Tian, X. Pyrobitumen in South China: Organic
petrology, chemical composition and geological significance. Int. J. Coal Geol. 2018, 188, 51–63. [CrossRef]

62. Zhu, C.-Q.; Tian, Y.-T.; Xu, M.; Rao, S.; Yuan, Y.-S.; Zhao, Y.-Q.; Hu, S.-B. The Effect of Emeishan Supper
Mantle Plume on the Thermal Evolution of Hydrocarbon Source Rocks in the Sichuan Basin. Chin. J. Geophys.
2010, 53, 83–91. [CrossRef]

63. Wu, X.; Dai, J.; Liao, F.; Huang, S. Origin and source of CO2 in natural gas from the eastern Sichuan Basin.
Sci. China Earth Sci. 2013, 56, 1308–1317. [CrossRef]

64. Feng, Z.Q.; Hao, F.; Zhou, S.; Wu, W.; Tian, J.; Xie, C.; Cai, Y. Pore characteristics and methane adsorption
capacity of different lithofacies of the Wufeng formation-Longmaxi formation shales, Southern Sichuan
Basin. Energ. Fuel. 2020, 34, 8046–8062. [CrossRef]

65. Arneth, J.-D.; Matzigkeit, U. Variations in the carbon isotope composition and production yield of various
pyrolysis products under open and closed system conditions. Org. Geochem. 1986, 10, 1067–1071. [CrossRef]

66. Horsfield, B.; Schenk, H.; Mills, N.; Welte, D. An investigation of the in-reservoir conversion of oil to gas:
Compositional and kinetic findings from closed-system programmed-temperature pyrolysis. Org. Geochem.
1992, 19, 191–204. [CrossRef]

67. Berner, U.; Faber, E.; Scheeder, G.; Panten, D. Primary cracking of algal and landplant kerogens: Kinetic
models of isotope variations in methane, ethane and propane. Chem. Geol. 1995, 126, 233–245. [CrossRef]

68. Chen, Y.X.; Tian, C.T.; Li, K.N.; Cui, X.Y.; Wu, Y.Q.; Xia, Y.Q. Influence of thermal maturity on carbon isotopic
composition of individual aromatic hyrocarbons during anhydrous closed-system pyrolysis. Fuel 2016,
186, 466–475. [CrossRef]

69. Curtis, J.B. Fractured shale-gas systems. AAPG Bull. 2002, 86, 1921–1938. [CrossRef]
70. Wei, S.L.; He, S.; Pan, Z.J.; Guo, X.W.; Yang, R.; Dong, T.; Yang, W.; Gao, J. Models of shale gas storage

capacity during burial and uplift: Application to Wufeng-Longmaxi shales in the Fuling shale gas field.
Mar. Pet. Geol. 2019, 109, 233–244. [CrossRef]

71. Huang, H.Y.; He, D.F.; Li, Y.Q.; Li, J.; Zhang, L. Silurian tectonic-sedimentary setting and basin evolution in
the Sichuan area, southwest China: Implications for palaeogeographic reconstructions. Mar. Pet. Geol. 2018,
92, 403–423. [CrossRef]

72. Jiang, H.; Wang, Z.C.; Du, H.Y.; Zhang, C.M.; Wang, R.J.; Zou, N.N.; Wang, T.S.; Gu, Z.D.; Li, Y.X. Tectonic
evolution of the Leshan-Longnvsi paleo-uplift and reservoir formation of Neoproterozoic Sinian gas.
Nat. Gas Geosci. 2014, 25, 192–200. [CrossRef]

73. Zhang, B.; Xiao, D.; Wang, X.; Zhao, L.; Luo, S.; Yang, X. Sedimentary characteristics and distribution patterns
of grain shoals in the Lower Cambrian Longwangmiao Formation, southern Sichuan Basin, SW China.
Arab. J. Geosci. 2018, 11, 135. [CrossRef]

74. Wei, L.; Haiyong, Y.; Wangshui, H.; Geng, Y.; Xuan, X.; Li, W.; Yi, H.; Hu, W.; Xiong, X. Tectonic evolution of
Caledonian Palaeohigh in the Sichuan Basin and its relationship with hydrocarbon accumulation. Nat. Gas Ind.
B 2014, 1, 58–65. [CrossRef]

75. Prinzhofer, A. Pernaton, Éric Isotopically light methane in natural gas: Bacterial imprint or diffusive
fractionation? Chem. Geol. 1997, 142, 193–200. [CrossRef]

76. Ballentine, C.J.; O’Nions, R.; Coleman, M. A Magnus opus: Helium, neon, and argon isotopes in a North Sea
oilfield. Geochim. Cosmochim. Acta 1996, 60, 831–849. [CrossRef]

77. Fuex, A. Experimental evidence against an appreciable isotopic fractionation of methane during migration.
Phys. Chem. Earth 1980, 12, 725–732. [CrossRef]

78. Bernard, B.B.; Brooks, J.M.; Sackett, W.M. Light hydrocarbons in recent Texas continental shelf and slope
sediments. J. Geophys. Res. Space Phys. 1978, 83, 4053–4061. [CrossRef]

79. Whiticar, M.J. A geochemial perspective of natural gas and atmospheric methane. Org. Geochem. 1990,
16, 531–547. [CrossRef]

80. Zhang, X.; Guan, R.-F.; Wu, D.-Q.; Chan, K.Y. Enzyme immobilization on amino-functionalized
mesostructured cellular foam surfaces, characterization and catalytic properties. J. Mol. Catal. B Enzym. 2005,
33, 43–50. [CrossRef]

102



Energies 2020, 13, 5981

81. Salvi, S.; Williams-Jones, A.E. Fischer-Tropsch synthesis of hydrocarbons during sub-solidus alteration of
the Strange Lake peralkaline granite, Quebec/Labrador, Canada. Geochim. Cosmochim. Acta 1997, 61, 83–99.
[CrossRef]

82. Potter, J.; Salvi, S.; Longstaffe, F.J. Abiogenic hydrocarbon isotopic signatures in granitic rocks: Identifying
pathways of formation. Lithos 2013, 114–124. [CrossRef]

83. Tang, Y.C.; Xia, X.Y. Quantitative Assessment of Shale Gas Potential Based on Its Special Generation and
Accumulation Processes. In Proceedings of the AAPG Annual Convention and Exhibition, Houston, TX, USA,
10–13 April 2011. Available online: http://www.searchanddiscovery.com/pdfz/documents/2011/40819tang/
ndx_tang.pdf.html (accessed on 31 October 2011).

84. Chen, S.; Zhu, Y.; Wang, H.; Liu, H.; Wei, W.; Fang, J. Shale gas reservoir characterisation: A typical case in
the southern Sichuan Basin of China. Energy 2011, 36, 6609–6616. [CrossRef]

85. Chen, L.; Lu, Y.; Jiang, S.; Li, J.; Guo, T.; Luo, C. Heterogeneity of the Lower Silurian Longmaxi marine shale
in the southeast Sichuan Basin of China. Mar. Pet. Geol. 2015, 65, 232–246. [CrossRef]

86. Tang, X.; Jiang, Z.; Li, Z.; Gao, Z.; Bai, Y.; Zhao, S.; Feng, J. The effect of the variation in material composition
on the heterogeneous pore structure of high-maturity shale of the Silurian Longmaxi formation in the
southeastern Sichuan Basin, China. J. Nat. Gas Sci. Eng. 2015, 23, 464–473. [CrossRef]

87. Tuo, J.; Wu, C.; Zhang, M. Organic matter properties and shale gas potential of Paleozoic shales in Sichuan
Basin, China. J. Nat. Gas Sci. Eng. 2016, 28, 434–446. [CrossRef]

88. Yan, D.; Wang, H.; Fu, Q.; Chen, Z.; He, J.; Gao, Z. Geochemical characteristics in the Longmaxi Formation
(Early Silurian) of South China: Implications for organic matter accumulation. Mar. Pet. Geol. 2015,
65, 290–301. [CrossRef]

89. Li, Y.F.; Shao, D.Y.; Lv, H.G.; Zhang, Y.; Zhang, X.L.; Zhang, T.W. A relationship between elemental
geochemical characteristics and organic matter enrichment in marine shale of Wufeng Formation-Longmaxi
Formation, Sichuan Basin. Acta Pet. Sin. 2015, 36, 1470–1483. [CrossRef]

90. Yang, M.-X.; Qu, X.; Liu, F.-L.; Zheng, G.-J. HCA520, a novel tumor associated antigen, involved in cell
proliferation and apoptosis. Chin. J. Cancer Res. 2003, 15, 282–285. [CrossRef]

Publisher’s Note: MDPI stays neutral with regard to jurisdictional claims in published maps and institutional
affiliations.

© 2020 by the authors. Licensee MDPI, Basel, Switzerland. This article is an open access
article distributed under the terms and conditions of the Creative Commons Attribution
(CC BY) license (http://creativecommons.org/licenses/by/4.0/).

103





energies

Article

Quantitative Analysis of Amorphous Silica and Its
Influence on Reservoir Properties: A Case Study on
the Shale Strata of the Lucaogou Formation in the
Jimsar Depression, Junggar Basin, China

Ke Sun 1,*, Qinghua Chen 1, Guohui Chen 2,3, Yin Liu 1 and Changchao Chen 4

1 School of Geosciences, China University of Petroleum (East China), Qingdao 266580, China;
chenqhua@upc.edu.cn (Q.C.); liuyin@upc.edu.cn (Y.L.)

2 School of Earth Resources, China University of Geosciences, Wuhan 430074, China; chenguohui@cug.edu.cn
3 Key Laboratory of Theory and Technology of Petroleum Exploration and Development in Hubei Province,

China University of Geosciences, Wuhan 430074, China
4 Exploration and Development Research Institite, PetroChina Tarim Oilfield Company, Korla 841000, China;

ccccup1989@sina.com
* Correspondence: sunke@s.upc.edu.cn; Tel.: +86-185-6065-3166

Received: 30 October 2020; Accepted: 23 November 2020; Published: 24 November 2020

Abstract: To establish a new quantitative analysis method for amorphous silica content and understand
its effect on reservoir properties, the amorphous silica (SiO2) in the shale strata of the Lucaogou
Formation in the Jimsar Depression was studied by scanning electron microscopy (SEM) observation,
X-ray diffraction (XRD), and X-ray fluorescence spectrometry (XRF). Amorphous silica shows no
specific morphology, sometimes exhibits the spherical or ellipsoid shapes, and usually disorderly
mounds among other mineral grains. A new quantitative analysis method for observing amorphous
SiO2 was established by combining XRD and XRF. On this basis, while the higher content of amorphous
SiO2 lowers the porosity of the reservoir, the permeability shows no obvious changes. The higher the
content of amorphous SiO2, the lower the compressive strength and Young’s modulus and the lower
the oil saturation. Thus, amorphous SiO2 can reduce the physical properties of reservoir rocks and
increase the reservoir plasticity, which is not only conducive to the enrichment of shale oil but also
increases the difficulty of fracturing in later reservoir development.

Keywords: amorphous SiO2; X-ray diffraction; X-ray fluorescence spectrometry; scanning electron
microscope; quantitative analysis; reservoir properties

1. Introduction

The success of shale gas exploration and development in North America has promoted the
development of the shale gas industry around the world. At present, successful exploration and
development of shale gas in China is mainly concentrated in the Sichuan Basin and surrounding
areas, such as the Weiyuan, Zhaotong, Zhengan, and Jiaoshiba areas [1–3]. The shale sections
containing commercial scale gas in these areas are located at the top of the Wufeng and the bottom
of the Longmaxi Formations, corresponding to the 2-3 graphitic biozones of the Wufeng Formation
and the 1-4 graphitic biozones of the Longmaxi Formation [4,5]. These high-quality shale sections
contain high content of silica: as much as 60% [6–11]. Although there are different opinions about
the evidence of biogenesis, most researchers consider that the silica in these high-quality shale
sections has biogenic sources [12–17]. Shale oil sources are mainly concentrated in basins in China,
where lacustrine shale is widely developed, such as the Ordos, Songliao, and Bohai Bay Basins. Shale oil
exploration has been particularly successful in the second member of the Kongdian Formation in
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Cangdong Depression of Bohai Bay Basin, where commercial-scale oil has been obtained in several
wells [18]. This quartz-feldspathic shale exhibits good quality, high TOC content, and high hydrocarbon
potential [18]. The tuffaceous shale sections of the Lucaogou Formation shale strata in the oil reservoir
of the Malang Depression contain high total organic carbon and exhibit high hydrocarbon generation
potential. These tuffaceous shales are also mainly composed of quartz and feldspar [19]. In both marine
shale gas and or lacustrine shale oil reservoirs, silica is an important component, having a significant
impact on shale reservoir properties, organic matter enrichment, shale oil and gas accumulation,
and fracturing potential [14,15,20–25]. Hence, silica is a hot spot in shale reservoir research at present.

Studies on silica diagenesis have shown that the end members are amorphous SiO2 and crystalline
quartz. The quartz can be further divided into authigenic quartz formed during diagenesis and detrital
quartz from deposition. During diagenesis, amorphous SiO2 will gradually change from the amorphous
state (opal-A) to the cryptocrystalline state and finally to the fully crystalline state (α-quartz), which is
authigenic quartz. Amorphous SiO2 can be from biological organisms or an abioticearly diagenesis
stage. Some studies suggest that amorphous SiO2 has already transformed into crystalline quartz
during early diagenesis (Ro is 0.35%~0.5%) [23,24]. Others suggest that the conversion of amorphous
SiO2 to crystalline quartz in shale reservoirs may be much later, because amorphous SiO2 has been
seen in the middle diagenetic stage A (Ro is 0.5%~1.3%) [21]. During clay mineral conversion, a large
amount of silica is generated, and its content is closely related to mineral composition, crystallinity,
and thermal conditions; it also affects the physical properties and brittleness of the reservoir [26–28].
The influence of amorphous SiO2 on reservoir properties can make a large difference in different
evolution stages. From the beginning of diagenesis to the cryptocrystalline state, formation porosity
has been shown to be reduced from about 45% to less than 25%, and the permeability declines to
be difficult to be measured [29]. In the authigenic quartz stage, reservoir physical properties and
brittleness increases instead, which improves reservoir fracturability [29]. Thus, it can be seen that
amorphous SiO2 also plays a great impact on reservoir properties. If the influence of amorphous SiO2

on reservoirs can be clarified, it will be of great significance for evaluating shale oil reservoirs and
fracturing potential, especially for immature lacustrine shale oil reservoirs.

Accurate calculation of amorphous SiO2 content is the key problem to understand the influence
of amorphous SiO2 on reservoir properties. There are currently four methods for the quantitative
analysis of amorphous SiO2 in heterogeneous systems. The first is chemical dissolution, which means
removing minerals other than amorphous SiO2. However, chemical dissolution incudes crystalline,
which affects the accuracy of quantitative analysis. The second is quantitative analysis using XRD
as proposed by Lin (1997) [30]. Although the method is correct in theory, human error enters into in
the quantification [31]. Thirdly, Chu (1998) proposed a new quantitative XRD method based on the
increment method proposed by Popović et al. (1983) [32,33], but this method required preparation
of a standard sample having a known mineral composition and proportions; the error was relatively
large in the actual experiment. Fourth, Huang et al. (2015) established a calculation method for
amorphous SiO2 in the Yanchang Formation shale of the Ordos Basin by using XRD combined with
QEMSCAN analysis [34]. However, this method has two disadvantages. Firstly, it is too expensive to
conduct large-scale tests. Secondly, the mineral composition obtained by QEMSCAN analysis can be
understood as a volume percentage. Hence, it needs to be converted into a mass percentage, but the
density of minerals was not determined in Huang et al. (2015) [34].

In view of the shortcomings of previous methods for calculating the content of amorphous
silica [30–34], a new quantitative analysis method for amorphous silica content was established in this
research, based on XRD and XRF analysis of core samples from the Lucaogou Formation in the Jimsar
Depression. Through the analysis of the relationship between physical parameters, rock mechanical
parameters, oil saturation, and amorphous silica content in shale strata, the effect of amorphous SiO2

on reservoir properties and its geological significance was determined.
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2. Geological Settings

The Junggar Basin is located in the northwestern part of China with an area of about 1.30 × 105 km2

(Figure 1A); it is geotectonically located at the intersection of Kazakhstan, Siberian, and Tarim plates.
The Jimusar Depression is in the southeast of Junggar Basin, covering an area of 1.278 × 103 km2; it is
surrounded by the Shaqi Uplift to the north, the Guxi Uplift to the east, the Fukang faults zone to
the south, and the Santai Uplift to the west (Figure 1B). The periphery of the Jimsar Depression is
bounded by six faults (Figure 1B). The Permian Lusaogou Formation has a thickness of 200~350 m
and is in conformable contact with the lower Jingjingzigou Formation and in unconformable contact
with the upper Wutonggou Formation (Figure 1C). The Lucaogou Formation is mainly composed
of deep and semideep lake facies formed of fine-grained, mixed sedimentary rocks [35,36]. It was
formed in an intracontinental rifted saline lake basin environment, accompanied by volcanic eruptions
and hydrothermal activity [37,38]. Since September 2011, J25, J23, J28, J30, and other exploration and
evaluation wells have been successively drilled in the Jimusar Depression, oil testing shows industrial
potential, and shale oil was discovered in the Lucaogou Formation. After nine years of development,
the calculated reserves of shale reservoir have reached 11.12 × 108 t [39].

A 

B 

C 

Figure 1. Diagrams showing (A) Junggar tectonic units and location of the Jimusar Depression,
(B) structure and well location map of the Jimsar Depression, and (C) the stratigraphic sequence from
Upper Caboniferous to Lower Cretaceous in the Jimsar Depression (modified from [40]).
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3. Materials and Methods

3.1. Materials

The samples of the Lucaogou Formation in this study are from four cored wells (S1–S4) in the Jimsar
Depression (Figure 1B). We selected 42 samples that met experimental needs. Their lithology includes
tuffaceous shale (also called siliceous shale), shale, dolomite, and dolomitic mudstone. Generally,
the lithology can be divided into three lithofacies: tuffaceous shale lithofacies, transitional lithofacies
(also called mixed lithofacies), and carbonate lithofacies [41,42].

3.2. Experimental Method

XRD analysis was completed at Sichuan Keyuan Engineering Technology Testing Center.
XRF analysis, rock mechanics experiments, and reservoir physical properties analysis were completed
at the Experimental Research Center of East China Oil and Gas Branch of Sinopec.

3.2.1. XRD and XRF Analysis

The mineral composition of samples was obtained by XRD, which was determined on the premise
of deducting background values through the Jade 5.0 software package. The principle of XRD
analysis is that different minerals show different XRD diffraction effects. Data calculated by the XRD
accurately represents the relative content of each mineral. However, XRD cannot measure the content
of amorphous silica because it shows no diffraction peaks.

The secondary X-rays were emitted when the X-ray irradiated on the material. Different elements
show their specific secondary X-ray with certain features or wavelength characteristics. XRF analysis
uses secondary X-rays to convert the data into specific elements and their abundance. Elemental Si
occurs in quartz, plagioclase, k-feldspar, clay minerals, and amorphous silica.

3.2.2. Rock Mechanics Experiment

Samples were tested using a TAW-2000 computer-controlled electrohydraulic servo testing machine
under constant confining pressure conditions. The size of test samples is 25 mm (diameter) × 50 mm
(length). In the process of testing, strain rate was controlled by the DUOLI microcomputer control
system, mostly 0.01–0.03, which was convenient to obtain smooth stress–strain curves. The compressive
strength, Young’s modulus, and Poisson’s ratio can be calculated by the stress–strain curves.

3.2.3. Reservoir Physical Properties

The total porosity was obtained by calculating the difference between the bulk density and the
skeleton density. Permeability was obtained by calculating the expansion of He with increasing
pressure (5 MPa–30 Mpa) at a constant temperature. Oil saturation was measured by nuclear magnetic
resonance (NMR).

3.3. A New Method for Calculating the Content of Amorphous SiO2

In this study, a new method for quantitative analysis of amorphous SiO2 in the Lucaogou Formation
of the Jimusar Depression was established by using a combination of XRD and XRF. Through XRD
analysis, the shale strata mainly consist of quartz, plagioclase, potash feldspar, dolomite, calcite, pyrite,
and clay minerals (Figure 2A). Elemental Si is in quartz, plagioclase, potash feldspar, and clay minerals.

The combination of XRD and XRF can calculate amorphous silica as follows. Suppose the sample
mass is M, where the mass of amorphous SiO2, quartz, plagioclase, K-feldspar, and clay minerals are
respectively represented by mSiO2 , mquartz, mplagioclase, mK− f eldspar, and mclay.
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Figure 2. Mineral composition of different lithofacies samples in the Lucaogou Formation.
(A) The mineral content of the different lithofacies; (B) clay mineral composition in the
different lithofacies.

According to XRD analysis:
mquartz

M−mSiO2

= Wquartz. (1)

mplagioclase

M−mSiO2

= Wplagioclase (2)

mK− f eldspar

M−mSiO2

= WK− f eldspar (3)

mclay

M−mSiO2

= Wclay (4)

The Wquartz, Wplagioclase, WK− f eldspar, and Wclay represent the percentage of quartz, plagioclase,
k-feldspar, and clay minerals measured by XRD analysis.

According to XRF analysis:

mSiO2×PSi−SiO2+mquartz×PSi−quartz+mplagioclase×PSi−plagioclase
M +

mK− f eldspar×PSi−K− f eldspar+mClay×PSi−clay
M = WSi

(5)

The mass percentages of Si in amorphous SiO2, quartz, plagioclase, k-feldspar, clay minerals,
and the sample are represented by PSi−SiO2 , PSi−quartz, PSi−plagioclase, PSi−K− f eldspar, PSi−clay,
and WSi, respectively.

Placing Formulas (1)–(4) into Formula (5), thus creating Formula (6)

mSiO2×PSi−SiO2+Wquartz×(M−mSiO2)×PSi−quartz+Wplagioclase×(M−mSiO2)×PSi−plagioclase
M +

WK− f eldspar×(M−mSiO2)×PSi−K− f eldspar+Wclay×(M−mSiO2)×PSi−clay
M = WSi

(6)

Formula (6) can be changed to Formula (7):

WSiO2 =
mSiO2

M =
WSi−Wquartz×PSi−quartz−Wplagioclase×PSi−plagioclase−WK− f eldspar×PSi−K− f eldspar−Wclay×PSi−clay

PSi−SiO2−Wquartz×PSi−quartz−Wplagioclase×PSi−plagioclase−WK− f eldspar×PSi−K− f eldspar−Wclay×PSi−clay

(7)

In Formula (7), only the mass percentage of element Si in clay minerals is difficult to determine,
because the molecular formulas of other minerals are known. The molecular formulas of clay
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minerals are variable. Therefore, the ideal molecular formulas of different types of clay minerals
are applied in this research. For the mass percentage of Si in mixed clay minerals, it is calculated
according to the mixed layer ratio based on XRD measurements. Molecular formulas used for kaolinite,
montmorillonite, chlorite, and illite are respectively Al4(Si4O10)(OH)8, Al4Si8O2(OH)2, Al6Si4O10(OH)8,
and Al4(Si8O20)(OH)4. The mass percentages of element Si in these are 21.7%, 56.3%, 19.6%, and 31.1%,
respectively. The Pclay of the tuffaceous shale lithofacies, transitional lithofacies, and carbonate
lithofacies samples can be calculated. Then, the contents of amorphous SiO2 in these samples can be
calculated by Formula (7).

4. Results

4.1. Occurrence and Characteristics of Amorphous SiO2

The shale strata of the Lucaogou Formation in the Jimusar Depression can be divided into tuffaceous
shale lithofacies, transitional lithofacies, and carbonate lithofacies [41,42]. The tuffaceous shale lithofacies
is mainly composed of feldspathic minerals including quartz and feldspar. The carbonate lithofacies
mainly consists of dolomite and includes dolomite and argillaceous dolomite. The mineral composition
and lithology of the transitional lithofacies is primarily a hybrid of the other two lithofacies. It can be
seen by SEM that in addition to the development of authigenic quartz in the shale strata (Figure 3A,B),
amorphous SiO2 is also present (Figure 3C–H). Amorphous SiO2 shows no fixed form and usually
fills randomly between mineral grains (Figure 3C–E). Some of the amorphous SiO2 was wrapped in
tuffaceous components (Figure 3F), and other forms were spherical or ellipsoid shapes having varying
sizes (Figure 3G,H).

 

 

Figure 3. Cont.
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Figure 3. SEM images of quartz and amorphous silica in the Lucaogou Formation, Jimsar Depression.
(A) Transitional lithofacies, S1 well, 3147.64 m; (B) tuffaceous shale lithofacies, S2 well, 3348.08 m;
(C) transitional lithofacies, S1 well, 3147.64 m; (D) tuffaceous shale lithofacies, S2 well, 3343.00 m;
(E) tuffaceous shale lithofacies, S2 well, 3348.08 m; (F) transitional lithofacies, S2 well, 3359.95 m;
(G) tuffaceous shale lithofacies, S3 well, 2815.21 m; (H) tuffaceous shale lithofacies, S4 well, 2601.81 m;
(I) energy spectrum analysis of point “+” in image H.

4.2. Composition Characteristics of Crystalline Minerals

Analysis of the XRD test results (Table 1) shows that the tuffaceous shale lithofacies samples
exhibit the highest content of quartz-feldspathic minerals. The average content of quartz is as much
as 40.26%; the average content of plagioclase and k-feldspar are as much as 16.68% and 5.26%
respectively (Figure 2A). The carbonate lithofacies samples show the highest content of dolomite,
reaching 63% on average. The transitional lithofacies samples present the highest content of clay
minerals, which is as much as 26.14% (Figure 2A). In clay minerals, the content of the illite/smectite
mixed layer is the highest, followed by illite. The average contents of the illite/smectite mixed layer
in tuffaceous shale lithofacies, transitional lithofacies, and carbonate lithofacies are 41.37%, 59.86%,
and 72.78%, respectively (Figure 2B). The tuffaceous lithofacies show the highest content of illite
(average 37.89%), followed by transitional lithofacies (average 24.29%). The content of kaolinite,
chlorite, and chlorite/smectite mixed layer is relatively low (Figure 2B).

4.3. Content of Amorphous SiO2

Analysis of the XRF test results (Table 2) shows that the tuffaceous shale lithofacies samples have
the highest content of Si, reaching 34.21% on average. As expected, the carbonate lithofacies samples
exhibit the lowest content of Si, only 11.51% on average (Figure 4A). Moreover, the tuffaceous shale
lithofacies samples also exhibit the highest values of Si in crystalline minerals calculated by the above
method, reaching 33.18% on average (Figure 4A). According to the calculations, the shale strata of
the Lucaogou Formation thereby contains a small amount of amorphous SiO2. The tuffaceous shale
lithofacies samples show the highest content of amorphous SiO2, reaching an average of 7.07%, and the
carbonate lithofacies samples show the lowest, only 1.52% (Figure 4A). Amorphous SiO2 has a certain
negative correlation with crystalline quartz (Figure 4B). During burial diagenesis, amorphous silica
will gradually convert to crystalline quartz. The silica in the Lucaogou Formation is mainly derived
from tuffaceous materials alteration in previous studies [17,21]. Therefore, the content of amorphous
SiO2 in the tuffaceous shale lithofacies sample is the highest among the three lithofacies. The content
of silica in a sample is generally definite. Hence, the higher the content of crystalline quartz, the lower
the content of amorphous SiO2.
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Figure 4. Diagrams showing (A) Si content tested by XRF, amorphous silica content calculated through
the new method, and Si content in crystalline minerals. (B) cross plot of the amorphous silica content
with crystalline quartz content in samples of the different lithofacies in the Lucaogou Formation.

5. Discussion

5.1. Advantages and Disadvantages of the New Method

Compared with the previous quantitative analysis methods for amorphous SiO2, the new method
does not require chemical dissolution. The most important is that the cost of this method is much lower.
The equipment required has already been widely used for a large-scale sample testing. This method
also has some shortcomings: the ideal formula of clay mineral is used to calculate the mass percentage
of elemental Si in clay minerals. Using illite as an example, its ideal structural molecular formula is
Al4(Si8O20)(OH)4, and the mass percentage of Si is 31.1%. However, due to the fact that the illite in the
actual sample contains impurities, its molecular formula is diverse, which introduces small errors into
the calculated value.

5.2. The Influence of Amorphous SiO2 on Reservoir Properties

The silica content is mainly derived from the alteration of tuffaceous material in the shale
strata. It was found through the cross plot between the calculated amorphous SiO2 content and the
reservoir physical property data that amorphous SiO2 content was negatively correlated with reservoir
porosity and permeability (Figure 5). The content of amorphous SiO2 is negatively correlated with the
content of crystalline quartz (Figure 4B). Hence, it indicates that the higher the content of crystalline
quartz, the higher the porosity and permeability of the reservoir. Alteration is an important cause
of pore formation in the Lucaogou Formation because it is a process of volume reduction for the
total material [43,44]. From the perspective of density, it is easy to understand this process of volume
reduction. The density of volcanic ash is only 2.3 g/cm3, while the mineral density after its alteration is
much higher than 2.3 g/cm3, such as quartz 2.6–2.7 g/cm3. According to the law of conservation of
mass, the overall volume must decrease. In other words, a large amount of silica was released during
the alteration of tuffaceous components. Some silica crystallized to authigenic quartz, which increases
the physical properties of the reservoir, while some silica did not crystallize and occurs between the
grains in the form of amorphous SiO2 cement, which reduces the storage space of the reservoir.

The rock mechanical parameters of the Lucaogou Formation were measured by triaxial stress
experiment under given confining pressure (Table 2). The calculated content of amorphous SiO2 was
positively correlated with Young’s modulus and compressive strength (Figure 6A,B). It indicates that
the higher the content of amorphous SiO2 was, the harder the samples were to be deformed and
fractured. Amorphous SiO2 cements various grains together, making the reservoir more compacted.
Amorphous SiO2 is negatively correlated with oil saturation (Figure 6D). It indicates that the existence of
amorphous SiO2 is unfavorable for hydrocarbon enrichment. Previous studies suggested that volcanic
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ash would lead to algal blooms, and the alteration of volcanic ash would also generate a large number
of pore spaces, which provided storage space for hydrocarbon enrichment. During volcanic eruptions,
a large amount of volcanic ash was deposited with particulate organic matter and well preserved in a
strong reduction environment. At last, they further condensed into kerogen and became source rocks
with high organic matter. The organic matter type of Lucaogou Formation shale is mainly I~II1 type,
which suggests an origin of bacteria, algae, and other aquatic organisms [19]. However, the presence
of amorphous SiO2 makes the tuffaceous shale lithofacies lack sufficient storage space. Furthermore,
part of hydrocarbon migrated to the adjacent carbonate lithofacies. On the whole, amorphous SiO2 in
Lucaogou Formation in Jimsar Depression is not high in content (Figure 4A and Table 2), which is
merely the same to that of K-feldspar. Therefore, the changes in reservoir properties are likely to be
caused by other factors, such as the development of laminae, the direction of stress in triaxial stress
experiments, and so on. In the early diagenetic stage (Ro is 0.35%~0.5%), amorphous SiO2 has already
started to crystallize to quartz in large quantities [23,24]. It can be inferred that the amorphous SiO2

should have a greater physical influence on shale samples in the earlier diagenetic stage.

 
Figure 5. Cross plot of amorphous silica content with (A) porosity, (B) permeability of different
lithofacies in Lucaogou Formation.

5.3. Factors Controlling the Conversion of Amorphous SiO2 into Quartz

The conversion of amorphous SiO2 into quartz in diagenesis was affected by many factors,
including temperature, properties of fluid medium, burial, and formation pressure, etc. [45–48]. It was
proposed that the hydrocarbon injection and formation overpressure can inhibit the formation of
authigenic quartz [46–48]. However, in the same one sample, both authigenic quartz and amorphous
SiO2 occur (Figures 3 and 7), the contents of amorphous silica in the four samples (Figure 7A–D) are
6.921%, 10.484%, 11.535%, and 9.318% (Table 2). It means temperature, fluid properties, and formation
pressure was not the key factor. It was found that authigenic quartz tended to develop in pores,
holes, or fractures through a large number of scanning electron microscope observations (Figure 7).
It was a reasonable presumption that the authigenic quartz can only grow when there was space.
Without growth space, it can only be amorphous SiO2 without crystal morphological characteristics.
The silica in shale strata of Lucaogou Formation mainly came from the tuffaceous material alteration.
A large amount of silica was released. When these pores were filled with a large amount of amorphous
SiO2, there was no room left for the growth of the authigenic quartz. Hence, the amorphous SiO2

merely existed in the amorphous state. Only when the silica-rich fluid entered one of those large pores,
holes, or cracks was there enough space for silica to grow to authigenic quartz.
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Figure 6. Cross plot of amorphous silica content with (A) Young’s modulus, (B) Poisson’s ratio,
(C) compressive strength and (D) oil saturation of different lithofacies in Lucaogou Formation.

 

 

Figure 7. Scanning electron microscope of authigenic quartz in the pores, cavities, and cracks of
Lucaogou Formation. (A) Transitional lithofacies, S1 well, 3147.64 m; (B) tuffaceous shale lithofacies,
S2 well, 3348.08 m; (C) tuffaceous shale lithofacies, S3 well, 2815.21 m; (D) tuffaceous shale lithofacies,
S4 well, 2601.81 m.
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6. Conclusions

The amorphous SiO2 in the shale strata of the Lucaogou Formation of the Jimusar Depression
had no specific form and was usually mounded among mineral grains. XRD analysis measured the
percentage of crystalline minerals, while XRF measured the percentage of elemental Si. Therefore,
a new quantitative analysis method for calculating the percentage of amorphous SiO2 was established
by combining the two methods. The content of amorphous SiO2 in the tuffaceous shale lithofacies of
the Lucaogou Formation was the highest, with an average of 7.07%.

The calculation confirmed that the higher the content of amorphous SiO2, the lower the porosity
of the reservoir. Moreover, amorphous SiO2 was found to be inversely proportional to the compressive
strength, Young’s modulus, and oil saturation of the reservoir. It indicates that amorphous SiO2

reduces the physical properties of the reservoir, increases the plasticity, and increases the difficulty of
fracturing during development for hydrocarbon extraction. The lack of growing space is the key factor
affecting the conversion of amorphous SiO2 into crystalline quartz. Thus, the existence of amorphous
SiO2 is harmful to shale reservoirs in many ways and has economic impact deleterious to oil and gas
exploration and development.
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Abstract: With only less than 10% recovery, the primary production of hydrocarbon from shale
reservoirs has redefined the energy equation in the world. Similar to conventional reservoirs,
Enhanced Oil Recovery (EOR) techniques could be devised to enhance the current recovery factors.
However, shale reservoirs possess unique characteristics that significantly affect the fluid properties.
Therefore, we are adopting a molecular simulation approach that is well-suited to account for these
effects to evaluate the performance of three different gases, methane, carbon dioxide and nitrogen,
to recover the hydrocarbons from rough pore surfaces. Our hydrocarbon systems consists of either
a single component (decane) or more than one component (decane and pentane). We simulated
cases where concurrent and countercurrent displacement is studied. For concurrent displacement
(injected fluids displace hydrocarbons towards the production region), we found that nitrogen and
methane yielded similar recovery; however nitrogen exhibited a faster breakthrough. On the other
hand, carbon dioxide was more effective in extracting the hydrocarbons when sufficient pressure
was maintained. For countercurrent displacement (gases are injected and hydrocarbons are produced
from the same direction), methane was found to be more effective, followed by carbon dioxide
and nitrogen. In all cases, confinement reduced the recovery factor of all gases. This work provides
insights to devise strategies to improve the current recovery factors observed in shale reservoirs.

Keywords: molecular simulation; enhanced oil recovery; methane; shale

1. Introduction

While abundant, shale formations are unique and serve as unconventional hosts for
hydrocarbons [1]. In recent times, a shale revolution has redefined the energy equation in the world [2].
Although the hydrocarbon content of these reservoirs was known for long, the economic developments
of these reservoirs became possible only by the coupling of multi-stage hydraulic fracturing with
horizontal drilling [3–5]. This coupling overcomes the ultra-low permeability nature of the shale
by providing highly conductive pathways connecting the natural fractures. However, the current
recovery factors are less than 10%, even with the most efficient completion schemes [6,7].

Enhanced oil recovery techniques have been widely-used in conventional reservoirs [8,9].
Some provide pressure maintenance and others improve the hydrocarbon mobility by tuning the
interfacial and physical properties of the reservoir fluids [10]. In contrary to conventional reservoirs,
the interconnectivity between shale wells does not always warrant a field-wide design of EOR
operations [11,12]. Alternatively, single-well approaches have been proposed [13,14]. Zhang et al. [15]
numerically evaluated the efficiency of cyclic methane injection considering both the molecular diffusion
and nano-confinement effects. Their results suggest implementing a cyclic injection strategy during
the early stages of production. On the other hand, Meng et al. [16] evaluated the efficiency of carbon
dioxide cyclic injection, and they experimentally observed more than 30% increase in the recovery.
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Assef and Pereira Almao [17] further economically optimized the cyclic gas injection operations.
Currently, the Huff and Puff technique is a commonly-used technique that involves injecting the EOR
fluid into the well, shutting down the well for a soaking time and resuming the production from the
well [18,19]. While the EOR fluid could be gas, water or surfactant, Sheng and Chen showed that gas
flooding yields better performance compared to water flooding [20].

The optimization of the gas injection has been the focus of several studies [21–23]. For instance,
Hoffman [24] studied the feasibility of various gases for injection in Bakken and reported better
performance for the miscible cases. In addition, they encouraged the implementation of EOR since
significant oil could be recovered regardless of the gas type. Sheng [25] favored lean gases to enhance the
liquid hydrocarbon from shale condensate reservoirs. In addition, Fragoso et al. [26] proposed a holistic
approach to develop fields with multiple fluid-type windows, like Eagle Ford and Duvernay, where the
gas production is used to enhance the liquid production from the liquid and condensate windows.

Experiments and lab studies have been providing numerous insights about the potential of shale
EOR [27,28]. Tovar et al. [29] showed promising results for CO2-EOR (18–55% recovery factors).
In addition, Gamadi et al. [30] observed up to 85% improvement in the oil recovery from Eagle Ford
samples using cyclic CO2 injection. On the other hand, Yu and Sheng [31] studied the N2 performance
in Eagle Ford core and found better results for a longer flooding time and a higher injection pressure.
Nguyen et al. [32] used microfluidic experiments to probe the CO2 and N2 performance and attributed
the superior CO2 performance to its miscibility characteristics. Alharthy et al. [23] found that both CO2

and Natural gas liquids, C1-C4+, have a similar efficiency when extracting oil through countercurrent
flow from the matrix instead of displacing oil. Hawthorne et al. [33] identified the molecular diffusion
of CO2 as the main mechanism for oil recovery in Bakken samples.

Following the promising lab results, field pilots of CO2-EOR have been conducted in Bakken
and Eagle Ford [34]. Liu et al. [35] designed a case study to evaluate the potential of CO2-EOR in the
Bakken formation where promising results were observed. Pankaj et al. [36] devised an Eagle Ford case
study to investigate the CO2-EOR potential where they refuted the need for infill wells and reported
an extra 9% increase in the recovery factor. Kerr et al. [37] developed an Eagle Ford case study to
engineer single- and multi-well CO2-EOR techniques and reasonable agreement with the field results
was reported. Although promising results were observed for Eagle Ford, fruitless results were reported
for Bakken [28]. Rassenfoss [38] attributed these contradictory results to the reservoir containment
of each field. For CO2-EOR to work, sufficient and sustainable contact between CO2 and the matrix
should be achievable. While Eagle Ford pilots provided the containment required for CO2 to work,
the fractured nature of the Bakken formation obstructed the containment. However, the fractured
nature of the Bakken formation allowed multi-well EOR techniques to be implemented. Todd and
Evans analyzed Huff and Puff and continuous injection pilots in Bakken, and found that continuous
injection was favored for CO2-EOR operations [34].

Molecular simulations have been widely used to probe the gas injection in shale at the molecular
scale [39–41]. For instance, Wu et al., studied the displacement mechanisms of CO2, N2 and CH4 [42].
They attributed the slow breakthrough of CO2 to the superior adsorption characteristics. By contrast,
N2 exhibits a fast breakthrough and a wide front. Wang et al., confirmed the adsorption selectivity
of kerogen pores to CO2 and CH4 to range from 2.53 up to 7.25 [43]. Sun et al., studied the diffusion
of methane and CO2 in kerogen and observed that the diffusion of dissolved molecules was smaller
than that of those adsorbed, which were smaller than the bulk [44]. Liu et al., studied the oil flow
displacement by CO2 in silica nano channels and recommended a small injection rate to assure that the
miscible front is developed [45].

Zhou et al. found that the pressure drawdown is efficient in extracting the lighter hydrocarbons
and the CO2 is more efficient is stripping the heavier hydrocarbons from the middle of the pore [46].
Zhang et al., reported the CO2 behavior in organic and inorganic pores [47]. They observed that C2
and C3 remain adsorbed during the primary production regardless of the pore type compared to C1.
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On the other hand, CO2 injection disrobes the hydrocarbon from the pore surface, which enhances the
extraction of heavier components.

Fluid behavior and phase properties deviate from the bulk behavior under confinement [48–50].
Consequently, confinement affects the efficiency of the gases to extract liquid hydrocarbons and requires
revisiting both the design and the operation to account for the confinement effects. We used molecular
dynamics to evaluate the performance of various gases for enhancing the hydrocarbon recovery from
shale formations. We organized the rest of this article as follows: the methodology section briefly
presents the modeling approach and the simulation details, and the results section discusses the impact
of confinement and operational parameters on the performance of different gases. The main findings
are summarized in the conclusions section.

2. Methods

In this section, we briefly present the modeling approach and the simulation details.

2.1. Modeling Approach

Molecular dynamics rely on decoupling between the nucleus and electron motions. While the
nucleus motion is classically treated through Newton’s mechanics, the effects of the electron motions are
considered through partial charges placed on the molecular structure. The force field is a set of equations
that describe the molecular interactions and includes intermolecular and intramolecular interactions.
Intermolecular interactions describe the interactions among atoms from different molecular entities
and include both the Van der Waals (VDW) and electrostatics interactions. While the Lenard Jones
potential (Equation (1)) is one of the widely-used models to model the VDW interactions, electrostatic
interactions are modeled by Coulomb’s law (Equation (2)). On the other hand, the intramolecular
interactions maintain the molecular entity and include the bond, angle, dihedral and improper
interactions. Given the initial configuration of the system and the molecular interactions,

u(r)LJ = 4ε
[(
σ
r

)12
−

(
σ
r

)6
]

(1)

u(r)coulomb =
Q1Q2

4πε0r
(2)

where ε is the depth of the potential well (dimensions: ML2T−2), σ is the distance at which the potential
energy is zero (dimension: L), Q is the atomic charge (dimension: AT) and ε0 is the permittivity of free
space (dimensions: M−1L−3T4A2).

2.2. Simulation Details

We used graphite to represent the pore material, decane and pentane to represent the hydrocarbons
and carbon dioxide, respectively, and nitrogen and methane to represent the EOR’s gases. We elected
to simulate rough solid surfaces, which realistically capture the complexity of the porous media.
As shown in Figure 1, our system consists of a silt pore connected to a reservoir containing the
EOR’s gas. This reservoir is constrained by a wall that acts as a fixed boundary or constant-rate
boundary. In addition, a production region is defined on the other side of the pore. The whole
simulation matrix is shown in Table 1. The dimensions of the simulation cell are lx = 504 Å, ly = 42.6 Å
and lz = 90/70 Å. The solid substrate comprise three sheets of graphite. We used equal molar gas
density for all gases. Note that equal gas densities do not correspond to equal fluid pressures, as shown
in Figure 2.
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Figure 1. System setup and the simulation evolution: (a) the initial setup of the system where the
hydrocarbons are placed inside the pore and the Enhanced Oil Recovery (EOR) gas (in this case CO2) is
placed outside; (b) the hydrocarbon equilibration; (c) the EOR gas equilibration; (d) the system extended
to include a production region, where the pore was opened for production and a constant-velocity wall
is allowed; (e) the system after 0.1 ns; (f) the system after 0.5 ns; (g) the system after 1 ns. Color code:
red is graphite, blue is gas and yellow is hydrocarbon.

Table 1. Force field parameters of the system components.

LJ E (Kcal/Mole) σ (Å)

C 0.068443 3.407
CO2 0.717017 3.72
CH4 0.294 3.73
N2 0.18918 3.75

CH3 0.175 3.905
CH2 0.118 3.905
Bond Kb (Kcal/mole) b0 (Å)

CH3-CH2
CH2-CH2

260 1.526

Angle Ka (Kcal/mole) θ (◦)
CH3-CH2-CH2
CH2-CH2-CH2

63 112.4
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Figure 2. The impact of pressure on the bulk density of carbon dioxide, nitrogen and methane at
temperature = 350 K (National Institute of Standards and Technology (NIST) data [51]).

We used the OPLS_UA force field [52] to model the hydrocarbon interactions and united-atom
force fields for the EOR’s gases as detailed in Table 2. We used Moltemplate software to set up
the initial system [53] and LAMMPS to run all the simulations [54]. We started by annealing the
hydrocarbons inside the pore for 0.1 ns using canonical ensemble and then equilibrating the EOR’s gas
for 0.1 ns. After that, the simulation was extended to include a production region (an extra 250 Å in the
x-direction). In this scenario, we simulated concurrent displacement, where both the injected fluid
and hydrocarbons are moving in the same directions. For constant-rate boundary cases, we applied
a constant velocity of 0.0002 Kcal/mole-Angstrom on the wall. We ran the simulation for 1 ns and
recorded the hydrocarbon production. We created rough surfaces by carving out grooves inside the
solid substrate. We used the Lorentz–Berthelot mixing rules to model the cross interactions. We used
the Nosé–Hoover thermostat with a damping parameter of 100 time steps.

Table 2. Simulation matrix of the scenarios studied.

# Pore Width (nm) Hydrocarbon Mixture Boundary Condition EOR Gas

1

7

Decane

Moving
CO2

2 CH4
3 N2

4
Fixed

CO2
5 CH4
6 N2

7

Decane and Pentane

Moving
CO2

8 CH4
9 N2

10
Fixed

CO2
11 CH4
12 N2

13
5 Decane Fixed

CO2
14 CH4
15 N2

We also simulated the Huff and Puff process, where the EOR’s gas is kept in contact with the
hydrocarbon system for 10 ns. After that, the region of the EOR’s gas is evacuated to allow the
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hydrocarbon recovery. This scenario depicts countercurrent displacement. We recorded the production
for another 5 ns.

3. Results

In the section, we discuss the results of our single, binary and confined systems.

3.1. Concurrent Displacement

We used the recovery factor as a quantitative measure of the gas efficiency to extract the
hydrocarbons from the pore. We estimated the recovery factor by normalizing the number of
hydrocarbon molecules leaving the systems by the total number of hydrocarbon molecules in the system.
Figures 3 and 4 present the performance of different gases to extract single-component hydrocarbon
systems with and without constant-rate injection. We observed that both nitrogen and methane
yielded similar recovery factors with and without injection. However, nitrogen exhibited faster
breakthrough and displacement compared to carbon dioxide and methane, respectively. We could
attribute this behavior to the miscibility of each gas in the hydrocarbons [55]. Given that the solubility
of nitrogen in decane is only 15% of that of carbon dioxide at 5 MPa and 50 ◦C with more than six
times minimum miscibility pressure at a temperature of 343.2 K, nitrogen had a stable displacement
front and in turn a faster breakthrough [56–60]. In addition, we observed lower recovery rates for all
gases without injection. However, the reduction in the case of CO2 was the most significant, where the
breakthrough was not achieved.

Figure 3. Final snapshots of single-component systems: (a) CO2 with constant-rate injection; (b) CO2

without constant-rate injection; (c) CH4 with constant-rate injection; (d) CH4 without constant-rate
injection; (e) N2 with constant-rate injection; (f) N2 without constant-rate injection. The color code is
the same as in Figure 1.
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Figure 4. Recovery factors for single-component hydrocarbon systems.

On the other hand, carbon dioxide had better results than the rest with continuous injection and
worse than the rest without injection. This could be attributed to the superior adsorption and diffusion
characteristics of supercritical CO2, which allow the extraction of the trapped hydrocarbons in the pore
grooves [61,62]. While carbon dioxide could not achieve the breakthrough without the injection, it did
not induce a phase separation. Li et al. [63] experimentally and numerically compared the performance
of miscible and immiscible CO2 displacement using the recovery factor. In our case, we believe that
the miscibility was initially achieved; however there was no pressure to maintain the miscible front.

Herein, our hydrocarbon system is a multi-component system with a 50:50 mixture of pentane
and decane. Figure 5 presents the results of the multi-component systems. Regardless of the boundary
conditions, more pentane was extracted compared to decane. Similar to the single-component systems,
both nitrogen and methane had similar recovery factors. However, methane and nitrogen had the
same displacement speed. In addition, CO2 still yielded a relatively slower and better performance
with constant-rate injection. However, it failed to reach the breakthrough without the injection. It is
worth noting that the methane performance was quite different than in the single-component system,
especially regarding the displacement speed. This behavior could be attributed to a stable displacement
front caused by diluting the decane with pentane. Therefore, there is limited room for methane
solubility before phase separation. On the other hand, the pentane presence did not affect the carbon
dioxide performance.

Figure 5. Recovery Factor for multi-component systems with constant-rate injection (Left) and
without (Right).
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As the pore width decreased, we observed that the displacement of hydrocarbons became slower.
Figure 6 presents the gas performance to extract single-component systems from confined pores (2 nm).
For constant-rate injection scenarios, nitrogen started to displace the hydrocarbons faster than the rest.
However, both methane and carbon dioxide eventually yielded better recovery rates. We observed a
no-production period for all gases at the start, which was shorter for nitrogen. This period might be
attributed to the stronger adsorption hydrocarbons experienced as the pore size decreases. Theoretically,
higher capillary pressure is required for gases to enter smaller pores. However, our results suggest
that both cases, with and without injection, start to displace hydrocarbons around the same time.
This behavior could be attributed to the compressibility of the injected fluid. Even though we did not
observe significant impacts on the boundary conditions in the early stages, significant effects were
observed later on.

Figure 6. Recovery factors for single-component systems in confined pores.

It is worth noting that the curve shape of the recovery factor of confined pores differs from the one
observed from large pores. In confined pores, we observed more of a convex shape compared to the
linear response observed in large pores. In addition, the breakthrough is more transitional instead of the
abrupt change observed in large pores. Both observations suggest a stronger adsorption of hydrocarbons
on the pore surface under confinement. On the other hand, less recovery is observed without injection.
Both methane and carbon dioxide did not reach the breakthrough. However, methane had a slightly
better recovery than carbon dioxide.

3.2. Countercurrent Displacement

In this section, we simulate the performance of the gases to extract single-component
hydrocarbon systems. The gases were soaked in contact with the hydrocarbon system for 10 ns,
while the hydrocarbons were extracted from the pore to the EOR’s gas region. Figure 7 presents
the results of the Huff and Puff simulations. During the soaking time, CH4 was the most effective
in extracting the hydrocarbon, followed by CO2 and then N2. As the puff process started, a large
influx of hydrocarbons left the pore. We observed that some of the hydrocarbons returned back to
the pore for 5 nm cases, especially with nitrogen or methane. While similar behavior was observed
for 2 nm pores, less recovery was observed for all gases. In addition, the CO2

′s performance
was relatively improved compared to the methane. While reduced compared to the concurrent
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displacement, the countercurrent displacement’s recovery factors were in line with field observations
and recent molecular simulation studies [64,65]. The superiority of CO2 over N2 has been previously
experimentally and numerically reported. However, we found that CH4 outperformed all of them in this
scenario. This behavior could be attributed to the better vaporization characteristics of methane [66,67].

Figure 7. Recovery factors observed for Huff and Puff simulation: (a) pore width is 5 nm and (b) pore
width is 2 nm.

Field recommendations include using CO2 for multi-well EOR operations and CH4 for single-well
EOR operations. In addition, the injection pressure significantly affects the CO2 performance.
Consequently, pressure support should be maintained throughout the operations. While valid, these
recommendations were derived based on single-pore simulations with single or binary component
hydrocarbons. However, the heterogeneity of the porous media and the complexity of the crude
oil mixture might dramatically affect the EOR operations. Therefore, further research is required to
quantify the impact of these factors along with more integrated lab and field pilots.

4. Conclusions

In this study, we have conducted a comprehensive molecular simulation study to examine the
efficiency of carbon dioxide, nitrogen and methane to extract hydrocarbons from organic rough pores.
We found that:

• Confinement enhances the adsorption of hydrocarbons to the pore surface, which hinders both
concurrent and counter-current displacements.

• All gases are more efficient in displacing hydrocarbons in concurrent displacement relative
to counter-current displacement. While the recovery factors observed in counter-current
displacements are usually less than 20%, the concurrent displacement could reach up to 90%.

• Nitrogen usually exhibited faster breakthrough regardless of the hydrocarbons’ type, pore size
and the boundary conditions for the concurrent displacement. Interestingly, the limited diffusion
and miscibility of nitrogen in hydrocarbons led to faster recovery in the case of concurrent
displacement, while the opposite was observed for counter-current displacement. On the other
hand, methane yielded better recovery for counter-current displacement.

• Carbon dioxide proved more efficient in extracting the hydrocarbons from rough pores (from
the grooves) if enough pressure was maintained. Having favorable adsorption characteristics
and capability to improve the hydrocarbon mobility, carbon dioxide provides the best candidate.
However, constant pressure support is needed to overcome the unstable displacement front.
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Abstract: Spontaneous water imbibition plays an imperative role in the development of shale or tight
oil reservoirs. Spontaneous water imbibition is helpful in the extraction of crude oil from the matrix,
although it decreases the relative permeability of the hydrocarbon phase dramatically. The dynamic
pore-scale network modeling of water imbibition in shale and tight reservoirs is presented in this work;
pore network generation, local capillary pressure function, conductance calculation and boundary
conditions for imbibition are all presented in detail in this paper. The pore network is generated
based on the characteristics of Barnett shale formations, and the corresponding laboratory imbibition
experiments are matched using this established dynamic pore network model. The effects of the
wettability, throat aspect ratio, viscosity, shape factor, micro-fractures, etc. are all investigated in
this work. Attempts are made to investigate the water imbibition mechanisms from a micro-scale
perspective. According to the simulated results, wettability dominates the imbibition characteristics.
Besides this, the viscous effects including viscosity, initial capillary pressure and micro-fractures
increase the imbibition rate, while the final recovery factor is more controlled by the capillarity effect
including the cross-area shape factor, contact angle and the average pore-throat aspect ratio.

Keywords: dynamic pore network modeling; shale reservoirs; water imbibition

1. Introduction

The spontaneous water imbibition phenomenon is commonly encountered in the development
of shale or tight reservoirs. Water imbibition is helpful for the replacement of oil from the matrix
and increases the oil recovery, while it decreases the relative permeability of the hydrocarbon phase
dramatically, which is detrimental to the production rate and recovery factor [1,2]. Generally,
the capillarity is believed to be the controlling factor for the imbibition of water in shale and tight
formations. Analogous to waterflooded carbonate reservoirs [3–5], taking full advantage of water
imbibition to yield the highest oil recovery is a major concern for the development of shale and tight
reservoirs. Moreover, surfactant additives are proposed to alter the formation wettability and improve
the performance of water imbibition [6–8]. Large numbers of experimental studies of spontaneous
imbibition have been reported in the literature for both conventional [9–13] and unconventional
reservoirs [14–16]. Large numbers of analytical models based on a bundle of capillary tubes have been
proposed following the early works by Lucas [17]. Viscosity ratios, the tortuosity of capillary tubes,
the shapes of cross-sectional areas and the assumption of fractal porous media are involved in these
models [18,19]. An attempt has been made to find a universal upscaling equation since the imbibition
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rate and its recovery factor is sensitive to the sample size; i.e., the characteristic length. Unfortunately,
these upscaling techniques are still not applicable for some other factors including wettability, complex
rock structures and a wide range of fluid viscosities, etc.

Recently, scholars have become more focused on the micro-scale studies of water imbibition [20],
and pore-scale network models have therefore been proposed to simulate this process. There are
two types of pore-scale network fluid flow simulation models: quasi-static and dynamic models.
For quasi-static models, the fluid flow is controlled by capillarity effects and the viscous forces are
neglected. In contrast, inspired by the continuum reservoir simulation method, the dynamic pore
network models consider both capillarity and viscous effects. For every increase or decrease of capillary
pressures, the two-phase displacement mechanisms—including the piston-like entry of the non-wetting
phase, the piston-like throat filling of the wetting phase, the snap-off of the non-wetting phase and the
cooperative pore filling of the wetting phase [21,22]—are considered by quasi-static models. Based on
the calculated capillary pressure and relative permeability from quasi-static models, the spontaneous
imbibition process can then be simulated using conventional reservoir simulators or some simple
analytical solutions [23–26]. However, we cannot simulate the process of imbibition directly from the
quasi-static model, as not all calculated macro-properties have a relationship with time. Meanwhile,
the quasi-static models assume capillary-dominated flow, and the capillary number is assumed to be
less than 10−5 [27,28].

For the dynamic pore network models, Sheng and Thompson [29] reviewed and divided the
dynamic models into three categories: semi-dynamic models (perturbative models), Washburn
equation-based dynamic models and coupled dynamic models. The semi-dynamic models separately
calculate each phase pressure and update the saturation profiles by ranking the pore elements using
a defined global potential which is a combination of the local capillary pressure, viscous pressure
drop and gravity. This idea was first derived by Blunt and Scher [30] and then further developed by
Hughes and Blunt [31], Idowu and Blunt [32] and Aghaei and Piri [33]. The second type of dynamic
model uses the Washburn equation to combine the viscous and capillary forces. Aker et al. [34] did
pioneering work and established a framework in this area. Accounting for the wetting film flow, this
model is further improved [35,36]. The third type of dynamic model is based on the mass conservation
of multiphase flow in every pore element, which is similar to the conventional macroscale reservoir
simulation. The Implicit Pressure and Explicit Saturation (IMPES) algorithm is applied to solve the
dynamic model. As noted by Khayrat [37], there are two key difficulties resulting in the instability of
numerical solutions: (1) local rules in dynamic network models cause a strong non-linearity in the
non-wetting conductance because of the occurrence of non-continuity; (2) the capillary pressure is fully
coupled within the displacement process, which is a sensitive function of phase saturation. Therefore,
an appropriate algorithm is needed to ensure numerical stability, and several related studies have been
conducted [38,39].

In this work, we propose a dynamic pore-scale network fluid flow simulation model that
simulates the process of spontaneous water imbibition in shale or tight formations. The newly derived
mathematical model and corresponding solution algorithm are presented. The proposed model
is first applied and validated for Barnett shale formations for the single-phase flow, and then the
spontaneous imbibition process is simulated and corresponding systematical sensitivity studies are
conducted. Attempts are made to propose an approach to investigate the spontaneous water imbibition
mechanisms from a micro-scale perspective.

2. Dynamic Pore Network Modelling of Water Imbibition

2.1. Pore Network Generation

Capillary tube models are suitable for single-phase flow; however, they fail to simulate the
multiphase flow scenarios in a porous medium. Pore-scale network models bridge the gap between the
single capillary tube model and the porous media system. Firstly, we need to generate the pore network
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for the studied porous media before simulating two-phase flow processes within them. A structured
network consisting of nodes and connecting bonds is used, where nodes are assigned as pore bodies
and bonds as pore-throats. A truncated lognormal density distribution function (c.f. Equation (1))
commonly yields a good fit for the profiles of the pore-throat distribution of reservoir rocks [38]. Since
the larger pores tend to be connected with larger throats, we cannot randomly assign the pore bodies
connected to the pore-throats; here, we sort the pore bodies by the mean values of the connected
throats’ radii, and then the corresponding sorted pore body radii are assigned.

f (r, σ) =

√
2 exp

[
− 1

2

(
ln r

rm

)2
]

√
πσ2ri

[
erf

(
ln rmax

rm√
2σ2

)
− erf

(
ln

rmin
rm√
2σ2

)] (1)

where, r refers to the radius of pores or throats, and rm, rmax, rmin refer to the mean, maximum and
minimum radii of pores or throats, respectively; σ is the standard derivation of the radius distribution.

Following the work by Mason and Morrow [40], in which they studied the capillarity behavior of
drainage and imbibition in irregular perfect wetting triangular micro-tubes, the definition of the shape
factor is used as shown in Equation (2).

G =
A
P2 (2)

where A and P are the cross-sectional area and the perimeter of a pore or throat.
For a cross-sectional shape, if we define the corner half angles of the triangle as β1 < β2 < β3, two

constraints need to be met, given a shape factor value:

β1 + β2 + β3 =
π
2

(3)
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A
P2 =

1

4
∑3

i=1 cot βi
=

1
4

tan β1 tan β2 cot(β1 + β2) (4)

where β2 is randomly chosen to range from the lower and upper boundaries in Equations (5) and (6).
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The mean values of Equations (5) and (6) are used; thus, the smallest half corner angle can be
calculated by

β1 = −1
2
β2 +

1
2

asin(
tan β2 + 4G
tan β2 − 4G

sin β2) (7)

Finally, β3 is calculated by applying Equation (3). In this way, we can use a single shape factor for
the whole pore network. Therefore, one single shape factor will help us to use a single dimensionless
local capillary function for every pore or throat with variable wetting phase saturation, which will
be presented later. The schematic of the pore network and the triangular cross-section of every pore
element are presented in Figure 1.
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Figure 1. Schematic of the pore network and the triangular cross-section of every pore element.

2.2. Control Equations and Conductance Calculation

The proposed dynamic pore-scale network model is based on the following assumptions:
(1) The volume of throats is negligible compared with that of pore bodies, while the throats control

the conductances between pore bodies; (2) the pressure field is continuous, and an upwind scheme
is used for the numerical treatment, while the saturation could be discontinuous, especially for the
connecting throats; (3) fluids are assumed to be incompressible, and the pore network is rigid.

Applying the mass conservation for every pore body, the governing equations are obtained as

Vi
∂Sw

∂t
=

∑
j

KijKrw
ij

μw

(
pw

j − pw
i

)
(8a)

Vi
∂Sn

∂t
=

∑
j

KijKrn
ij

μn

(
pn

j − pn
i

)
(8a)

where V, S, and p refer to the volume, phase saturation and pressure for every pore body, respectively,
and Kij and Kr

ij are the absolute and relative conductance between the ith and jth pores.
The geometry of pores or throats controls the conductance of multiphase flow. For single-phase

flow in an irregular triangle, the absolute conductance is obtained by [28]

K = 0.6
GA2

L
(9)

where L is the length of a pore or throat.
For the two-phase flow scenario of the triangular cross-section, the non-wetting phase occupies

the center, while the wetting phase resides in corners, which leads to extra resistances for wetting phase
flow [41]. Following the study by Sheng and Thompson [29], the relative conductances for two-phase
flow in a throat during the imbibition process are further derived in Equation (10a,b):

Krn =
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1
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]2
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where C(G,θ) is the function of the shape factor and contact angle, accounting for the extra resistance
in corners of the wetting phase, and Sw and Sn refer to the saturations of wetting and non-wetting
phases, respectively; F(G,θ) will be introduced later in Equation (13).

Following the analytical derivation of Øren et al. [21] and Valvatne and Blunt [22], the expression
of C(G,θ) is rearranged in Equation (11a–c). Note that C(G,θ) does not depend on the local capillary
pressure and saturation, which is only related to the cross-sectional shape factor and contact angle.
Given a shape factor and a contact angle, a constant value of C(G,θ) is calculated and will be used in
Equation (10b).
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+ π
2 − θ− βi
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2.3. Local Capillary Pressure Function

For every pore element (pore body or throat), the fluid distribution is controlled by the local
capillary pressure function, which is dependent on the element radius, shape of the cross area and
contact angle. Based on the previous studies [27,42,43], the local capillary pressure function is
reformulated as shown in Equation (12):

pc = B(G,θ)
σ
r

1√
Sw

(12)

where B(G,θ) = 2

√
G

3∑
i=1

[
cosθ cos(θ+βi)

sinβi
+ θ+ βi − π2

]
.

However, Equation (12) is only partially applicable, as either snap-off or piston-like-filling happens
before the wetting phase saturation reaches unity. The snap-off occurs when the upstream pore element
is not filled by the wetting phase, while piston-like-filling occurs when the upstream element is filled
by the wetting phase. The corresponding criteria [21,22] are shown in Equations (13) and (14) for
snap-off and piston-like-filling, respectively.

F(G,θ) = cosθ− 2 sinθ
cot β1 + cot β2

(13)

E(G,θ) = cosθ+

√
cos2 θ+ 4G

(
π− 2

3
θ+ 3 sinθ cosθ− cos2 θ

4G

)
(14)

If using the dimensionless capillary pressure as pc
σ/r , the local capillary function is shown in

Figure 2. Before snap-off or piston-like-filling occurs, the local capillary pressure function follows
Equation (12). After the pore filling occurs, the local capillary function becomes a horizontal line
(Equation (13) or (14)) until the wetting phase saturation reaches unity. A smooth technique is used in
this work to make the local capillary function monotonic. The general capillary fitting correlation by
Andersen et al. [44] is used. Thus, given either saturation or capillary pressure, the other situation can
be reached.
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Figure 2. Schematic of local capillary pressure function for variable wetting phase saturation.

2.4. Solution Scheme and Boundary Conditions

The solution scheme follows the IMPES algorithm. Firstly, Equation (8a,b) are combined and
discretized to yield the implicit pressure equation as
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where the local capillary pressure is treated in an explicit form (using the value from current time step
l); i.e., pn,l+1 = pw,l+1 − pc

(
Sl

w

)
.

After solving the pressure equations, the next step is to update the saturation explicitly using
Equation (8a) a in discretized form:
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Setting the maximum time step size for every time step interval is necessary to ensure that
the solution scheme is stable. Here, we only allow a single pore body to be filled by the wetting
phase for every step. The maximum time step size estimation from the current step l cannot ensure
the stability of the calculation of the next step l + 1 due to the severe nonlinearity of this problem.
This instability issue can be prevented by rechecking the maximum water saturation changing at the
l + 1 step. If this is less than unity, the calculation proceeds to the next step l + 1; otherwise, the water
saturation at the l + 1 step is recalculated using a smaller time step size. The details can be found
in the work by Aziz and Settari [45]. After obtaining the saturation field, the capillary pressure is
updated; then, the calculation proceeds until the preset maximum time. Moreover, the throats are
treated explicitly by applying the Equations (8) and (15), which significantly reduces the nonlinearity
of the conductivity of non-wetting phase.

The boundary conditions for spontaneous imbibition are set as follows:

pw(@Inlet) = 0 (17a)

pc(@Inlet) = 0 (17b)

pc(@Outlet) = pmax
c (17c)

pw(@Outlet) = −pmax
c (17d)

where the initially capillary pressure of every pore element is set as the maximum pressure pmax
c .
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3. Dynamic Pore-Scale Network Modeling of Water Imbibition in Shale and Tight Formations

Firstly, the pore network of Barnett shale is generated using the truncated lognormal distribution
of Equation (1), and the single-phase flow simulation is validated. Moghaddam and Jamiolahmady [46]
presented the experimental study of the apparent gas permeability of Barnett shale samples; the
corresponding pore-throat distributions were obtained from high-pressure mercury injection capillary
pressure (HPMICP) experiments. We use Equation (1) to fit the experimental throat radius distribution
data of HPMICP, and the mean, minimum and maximum of the throat radii are 6.2, 1 and 50 nanometers,
respectively. Since the pore throat aspect ratio is non-trivial to be obtained for shale, the value is set as 1.7
following the works of Valvatne and Blunt [22]. For gas flow in shale and tight formations, the smaller
the pore size, the more important the effect of a gas–solid collision; therefore, the corresponding
non-Darcy effect needs to be considered. After considering the gas non-Darcy flow (the details are
provided in our previous work [47]) for every pore element, the calculated apparent gas permeability
and experimentally measured data show a good match, as shown in Figure 3, which demonstrates
that the generated network is representative for Barnett Shale, which forms the foundation for the
following two-phase flow simulation.

Figure 3. Apparent gas permeability of a Barnett shale sample: experiment and pore network modeling.

Using the obtained pore network for Barnett shale, the initialization is conducted by setting every
pore and throat element to have the local capillary pressure pmax

c = 10 MPa. Then, boundary conditions
(Equation (17a) through (17d)) are applied in our dynamic pore network model, and the upper and
lower boundaries are set as periodic. The water imbibition process can then be simulated directly
within this proposed dynamic pore network model representing Barnett shale. Figure 4 shows the effect
of the network size on the simulated spontaneous imbibition recovery with respect to time. We can
see that a size of 20 × 60 is sufficient to capture the accuracy and efficiency for the following studies.
The water saturation profiles of the water imbibition process are shown in Figure 5, where the average
water saturation equals 0.2239. Note that the contact angle is set as 60◦ as the advancing contact angle
is larger than the intrinsic contact angle due to the hysteresis effect [48]. All the mentioned conditions
are set as the base case.
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Figure 4. Effect of pore network size on the simulated imbibition recovery.

Figure 5. Water saturation profiles of the water imbibition process using the proposed dynamic pore
network model with an average water saturation equal to 0.2239.

Generally, a mixed wettability is assumed for shale and tight formations. Here, we considered
mixed wet conditions for Barnett shale. We assigned three types of mixed wet conditions—30%
oil-wet, 50% oil-wet and 70% oil-wet—as shown in Figure 6. The corresponding spontaneous water

imbibition-induced oil recoveries are shown in Figure 7 for dimensionless time tD = Ct
√

k
φ
σ
μw

1
L2 ,

where C is the unit conversion factor, which is equal to 0.018849 if t is in minutes, k in md, φ in
decimal, σ in mN/m, μw in cp, and L is a characteristic length in cm [49]; we follow the same units
here. According to the figure, with the increasing proportion of oil-wet pores, the imbibition rate
and recovery factor decrease dramatically. The results indicate that wettability dominates the water
imbibition characteristics.

Figure 6. Three types of mixed wet conditions.
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Figure 7. Spontaneous imbibition recovery with respect to dimensionless time for different
wettability distributions.

The existence of micro-fractures is considered in this work to investigate their effect on water
imbibition, as natural and hydraulic fractures are presented within shale and tight formations. Four lines
of micro-fractures are assigned within the Barnett shale pore network, and the pore radius is set
as 20 nanometers (c.f. Figure 8), which is 3.23 times the mean radius of the Barnett shale matrix;
therefore, the micro-fracture permeability is approximately 10 times that of the matrix permeability.
The corresponding imbibition recovery with respect to dimensionless time is shown in Figure 9.
With the existence of micro-fractures, the imbibition rate increases significantly while the final recovery
remains similar. The micro-factures contribute to the conductance of the pore network instead of the
pore volume, and the increase of conductance increases the imbibition rate but not the final recovery,
as the final recovery is controlled by the capillarity of the matrix pores and throats.

Figure 8. Schematic of micro-fracture distributions in the pore network.

Figure 9. Water imbibition recovery factor with and without micro-fractures.

Based on the above analysis, the simulated imbibition recovery factor with respect to dimensionless
time is compared with the laboratory experimental work of Barnett shale samples by Morsy and
Sheng [16]. The corresponding results are shown in Figure 10. Both the effects of wettability and
micro-fractures are considered to fit the experimental data. Mixed wettability for Barnett shale is
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found within the fitting process. Since micro-fractures are observed in the imbibition experiments,
the characteristic length is reduced significantly. In the fitting results, the effective characteristic length
of Barnett shale samples is approximately several millimeters, and the fraction of oil-wet pores ranges
from 70% to 50%.

 
Figure 10. Imbibition recovery factors of Barnett shale: pore network modeling and experiments [16].

Moreover, the effects of the initial maximum capillary pressure and the viscosity of the non-wetting
phase on water imbibition are studied in this work, and the corresponding results are shown in
Figures 11 and 12. According to the figures, when the initial capillary pressure increases and the
non-wetting phase viscosity decreases, the corresponding imbibition rates increase. However, the final
imbibition recovery factor tends to be similar, which is because the water imbibition process is a
capillary-dominated flow and the recovery factor is controlled by capillarity, which is affected by pore
shape, aspect ratio, contact angle, etc. Therefore, the viscous forces in the reservoir conditions increase
the imbibition rates but not the final recovery factor.

Figure 11. Spontaneous imbibition with different initial maximum capillary pressures.
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Figure 12. Spontaneous imbibition with different non-wetting phase viscosities.

To further investigate the capillarity effect on the water imbibition of Barnett shale, the following
sensitivity studies are conducted: the determination of the pore throat aspect ratio, contact angle
and shape factor of the cross-area. The corresponding results for the water imbibition recovery
factor with respect to dimensionless time are shown in Figures 13–15, respectively. A higher aspect
ratio tends to increase the percentage of the non-wetting phase trapped by the snap-off effect, which
increases the residual non-wetting phase saturation and hence the final recovery factor (c.f. Figure 13).
When the contact angle and cross-area shape factor decrease, leading to an increase of capillary pressure,
the imbibition rate increases at the beginning. However, the final recovery factor decreases slightly
(c.f. Figures 13 and 14) because snap-off tends to occur more frequently with a lower contact angle and
shape factor, as shown in Equation (13).

Figure 13. Water imbibition recovery factor with different pore throat aspect ratios.
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Figure 14. Water imbibition recovery factor with different contact angles.

Figure 15. Water imbibition recovery factor with different shape factors.

4. Summary and Conclusions

In this paper, a dynamic pore network model is proposed, including the pore network generation,
local capillary pressure function, conductance calculation and boundary conditions for water imbibition.
The proposed model is applied to Barnett shale formations, and the corresponding laboratory imbibition
experiments are matched using the dynamic established pore network model. Then, systematical
sensitivity studies are conducted. According to the simulated results using our dynamic pore network
model, wettability dominates the water imbibition characteristics. Besides this, the viscous effects
including viscosity, initial capillary pressure and micro-fractures increase the imbibition rate, while the
final recovery factor is controlled to a greater extent by the capillarity effect including the cross-area
shape factor, contact angle and aspect ratio.
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Nomenclature

A Cross-area of a pore element
B(G,θ) Local capillary pressure function coefficient

C(G,θ)
Coefficient accounting extra resistance of wetting
layers

E(G,θ) Coefficient of piston-like displacement
F(G,θ) Coefficient of snap-off

G Shape factor of cross-area
Gc Corner shape factor
K Absolute conductance of a pore element
Kr Relative conductance of a pore element
Sw Water saturation
pc Capillary pressure
L The characteristic length of imbibition
P The perimeter of the cross-area of a pore element
V Pore body volume
p Phase pressure
r Pore or throat radius
β Half angle of the corners
θ Contact angle
μ Fluid viscosity
σ Interfacial tension
φ Porosity
Δt Time step size
tD Dimensionless time for imbibition upscaling

Superscript
n Non-wetting phase
w Wetting phase
l Current time step

l + 1 Next time step
Subscript

i ith pore element
j jth pore element
i j Connecting throat between ith and jth pore elements
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Abstract: This study investigated the technological developments in the shale petroleum industry
by analyzing patent data using a network of technological indices. The technological developments
were promoted by the beginning of the shale industry, and after the first five years, it showed a more
complex development pattern with the convergence of critical technologies. This paper described
progress in the shale petroleum technologies as changes in relatedness networks of technological
components. The relatedness represents degree of convergence between technological components,
and betweenness centrality of network represents priority of technological components. In the
results, the progress of the critical technologies such as directional drilling, increasing permeability,
and smart systems, were actively carried out from 2012 to 2016. Especially, unconverged technology of
increasing permeability and the converged technology of directional drilling and smart system has
been intensively developed. Some technological components of the critical technologies are more
significant in the form of converged technology.

Keywords: shale gas; tight oil; shale petroleum; technological development; patent; network analysis

1. Introduction

Unconventional petroleum has gathered great interest in recent times, especially with growing
concerns over the depletion of conventional petroleum sources. In a few countries, unconventional
petroleum is already being produced economically along with a steady growth in the industry.

In the US, unconventional petroleum, such as shale oil and tight gas, has seen an increase in
production amounts as energy resources. In 2008, shale gas and tight oil constituted as much as 16
and 12% of production of natural gas and crude oil in the US, respectively. In 2018, these production
amounts reached 70 and 60%, respectively [1]. This economical production of shale petroleum
(shale gas and tight oil) can be considered as an achievement of technological advancement in shale
petroleum. Despite the economic benefit of shale petroleum, the environmental problem is the most
important factor that could pose a threat to shale petroleum production. According to Cooper et al. [2],
shale petroleum causes greenhouse gas (GHG) emissions, water overuse, and local issues around the
production site.

According to Holditch [3], the mechanisms for producing unconventional petroleum versus
conventional petroleum are distinguishable in two ways. First, increasing the permeability of underground
formation is a critical mechanism to produce unconventional petroleum such as shale gas and tight oil,
which typically are un-permeable formations that contain petroleum.Second, reducing the viscosity of
hydrocarbons is a critical mechanism to produce unconventional petroleum such as heavy oil and oil
shale. Permeable underground formations contain excessively viscous petroleum, making it difficult
for this petroleum to flow into an apparatus or equipment. Therefore, producing unconventional
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petroleum of a high viscosity requires a method that makes petroleum flowable by using thermal energy
and other methods. For example, steam-assisted gravity drainage (SAGD) supplies thermal energy to
petroleum, such as bitumen or heavy oil, by injecting it with high temperature steam [4]. Furthermore,
producing unconventional petroleum in tight formation requires a method that makes the formation
permeable by connecting the production well with the reservoir. For example, shale gas and tight oil
have been economically produced by adopting horizontal drilling and hydraulic fracturing [5].

Geny [5] suggested that the factors responsible for the successful and economical production
of shale petroleum are the advanced technologies of hydraulic fracturing and horizontal drilling,
and the combination of the two technologies. Construction of horizontal wells began in 2003 in the US.
The industrial growth of shale petroleum started approximately 4 years since the start of construction.
Furthermore, this technological development, which initiated the industrial growth of shale petroleum,
has contributed toward associated results such as diversification in the operation strategies of energy
companies [6], and regional growth in income and employment [7].

According to previous studies [8–15], production technologies of shale petroleum have grown
since production began. Kim and Lee [8] argued that productivity grew by 1.9%, while cumulative
production of shale gas doubled from 2008 to 2016. However, the prices of natural gas and crude oil
declined in late 2008, and the price of crude oil declined in late 2014. Moreover, the price of natural gas
has settled down under 4 dollars per million British thermal unit [16,17]. Due to the decline in the prices
of natural gas and crude oil, questions regarding the economic feasibility of producing shale petroleum
have cropped up. Even with the decline in the prices of natural gas and crude oil, the productivity
gain by developing technologies seemed stagnant until 2013 [9]. In addition, during the period with
low commodity prices, some producers tried to gain productivity by changing the proportion of oil
(or gas) in the production portfolio [10], or cutting the service costs [11]. Analyzing data from North
Dakota’s Bakken shale formation, Covert [12] argued that shale petroleum producers have slowly and
insufficiently improved their production skills until 2011. Nevertheless, the shale petroleum industry
has continued to increase its annual production. Moreover, some factors, such as improvements in
the decline curves and increase in the lateral length of the wellbore, indicate that the development of
production technologies has affected productivity from 2013 to 2016. The optimization of the production
of a well could be conducted after its completion by refracturing the reservoir [14]. West [15] reviewed
the improvement in productivity and the issues in production technologies by analyzing the topics of
technical papers on shale petroleum from 2018 to 2019. The study found promising technologies such as
enhanced recovery, digitalization of instruments, machine learning, advanced modeling, and method
or apparatus for solving parent-child issues.

Furthermore, recent research [18–22] showed the various ways of technological development in
the shale industry. Davarpanah [18] tested and suggested rheologically effective formate fluids for
shale formation by composition. Davarpanah and Mirshekari [19] suggested enhancing gas recovery
for shale formations based on a model with improved prediction accuracy on diffusivity in carbon
dioxide and methane akinetic absorption. Hu et al. [20] empirically showed improved oil-recovery
enhancement for tight reservoirs from an optimized injection method of foam and brine components.
Hu et al. [21] also showed a trade-off between carbon dioxide-injection and oil-recovery for enhancing
recovery. Jin and Davarpanah [22] suggested water treatment techniques that reduced water use by at
least 70% for the enhanced oil-recovery method.

Owing to the arguments calling for productivity gains in the shale petroleum industry, research on
the technological development of shale gas has been of interest and has been carried out primarily
via patent analysis. International Science and Economic Development Canada (ISED) [23] called for
the need for a technological field of shale petroleum production and for a major developer in the
technological field. The author summarized that major petroleum companies in the US specialize mainly
in technologies such as well casing drilling, fracturing formation, drilling formation, data detection,
and determining data. Wei et al. [24] observed that US petroleum companies hold the majority of
the technologies, such as equipment and device for drilling, extraction exploration, feed purification,
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and technology for digital simulation. Kim and Lee [25] argued that the critical technological aspects of
the shale petroleum industry, such as obtaining resources, investigation, and data processing, have been
actively developed from 2010 to 2016.

This study describes the development of technologies of directional drilling (DD) and increasing
permeability (IP), which are core technologies of the shale industry, in terms of convergence with smart
systems (SS). This is considering that the shale industry’s technological developments were focused
on productivity improvement. This study found the following: First, the intensity of technological
development, measured by the incidence of patents, increased significantly from 2012 to 2016. This point
is concordant with the results of Sandrea [9] who observed that there was progress in the productivity
of shale petroleum technology. Second, since 2012, a high proportion of technological developments
of DD have been developed in the form of convergence with SS. Third, IP technology had a low
tendency to converge with DD and SS, but both the number of patents developed and the complexity
of the technology were the highest. Furthermore, “reinforcing fractures by using prop” appeared to
be the most critical field of IP technologies since 2012. This result is consistent with the results of
Shah et al. [14] who also found that productivity improvement was achieved through reinforcing in
the shale industry.

2. Data and Methodology

This study investigated the development of technologies of shale petroleum by analyzing patent
data. This study utilized patent data related to production technologies of shale petroleum, such as
IP, DD, and SS, from 1997 to 2016. For its analysis, this study calculated the association strength and
betweenness centrality by utilizing the most finely distinguished scope (full digit) of technological index
(TI) of patent, such as international patent classification (IPC) and cooperative patent classification (CPC).

The analysis of this study has some features. This study focuses only on a portion of technologies
of the shale petroleum industry from the data collection stage, focusing on only 26 of the approximately
3900 technology indices. Thus, there are limitations to presenting comparative analysis of various
technologies, and to presenting new technologies in an exploratory manner. Still, this study has
some advantages. It focuses on the critical technologies of the shale petroleum industry and has
the advantage of using association strength, instead of cosine similarity, as the similarity measure.
According to Eck and Waltman [26], association strength is an unbiased measure compared to other
similarity measures, such as cosine similarity. This is because association strength is not substantially
correlated to the occurrence of input data. However, cosine similarity is positively correlated to the
occurrence of input data. That is, a frequently occurring TI tends to have higher similarity than a
less frequently occurring TI. Lastly, this study distinguishes and presents the results by technological
domains, and suggests the results in a numerical and visualized form.

2.1. Data

We retrieved patent data from the Korea intellectual property right information service (KIPRIS),
an online patent database system of the Korea intellectual property organization (KIPO) [27].
The retrieved data set includes patents for the technologies of American shale petroleum. The retrieval
process was as follows: First, we built a searching query by focusing on three critical technologies
of unconventional petroleum, namely “directional drilling,” “stimulating production by increasing
permeability,” and “smart system for control, surveying, or testing.” This is because, as described in
Section 1, DD and the stimulation technologies of unconventional petroleum have taken the critical role
of production and initiated the industrial growth of unconventional petroleum in the US. Furthermore,
SS are required to facilitate productive operation, advance the apparatus or method of DD, and increase
permeability [28]. Second, we focused on the patents applied to the US patent office. This is because
only the US has advanced in the growth of an unconventional petroleum (shale gas and tight oil)
industry since 2007.
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To collect patent data, we built a searching query that comprised the TIs of three technological
domains: directional drilling (DD), stimulating production by increasing permeability (IP), and smart
systems for control, surveying, or testing (SS). The TIs pertaining to the three technological domains
are shown in Table 1. In Table 1, the abbreviations “DD,” “IP,” and “SS” indicate TIs “E21B 43/,”
“E21B 7/,” and “E21B 44/.” For example, TI IP26 indicates E21B 43/26. The descriptions of TIs are
provided in Table 1.

Table 1. Description of technological indices (TIs) by technological domains [29].

Technological Domains Technological Index

Directional drilling (DD: E24B)

DD04 Directional drilling
DD043 Directional drilling with underwater environment
DD046 Horizontal drilling
DD06 Deflecting direction of borehole
DD061 Tools such as shaft, advancing relative to the guide

DD062 Tools such as shaft, rotating inside a non-rotating guide and
traveling with shaft

DD064 Tools adapted with drill bits
DD065 Tools using fluid jets
DD067 Tools locking sections of a pipe or the guide for a shaft
DD068 Drilling by using down-hole drilling motor
DD10 Correction of deflected borehole

Stimulating production by
increasing permeability (IP)

IP26 Forming crevices or fractures
IP2605 Forming crevices or fractures by using gas or liquefied gas
IP2607 Surface equipment for fracturing operation

IP261 Separated process of completion (1) cementing, plugging,
or consolidating, and (2) fracturing or forming formation

IP263 Forming crevices or fractures by using explosives
IP2635 Forming crevices or fractures by using nuclear energy
IP267 Reinforcing fractures by using prop
IP27 Forming crevices or fractures by using eroding chemicals (acids)

Smart system for control,
surveying, or testing (SS)

SS00 Automatic control system for drilling
SS005 Underground automatic control system
SS02 Automatic control of the tool feed
SS04 Tool feed’s automatic control responding to the torque of the drive

SS06 Tool feed’s automatic control responding to the flow or pressure of
the motive fluid of the drive

SS08 Tool feed’s automatic control responding to the amplitude of the
movement of the percussion tool

SS10 Arrangements of the automatic control stopping process when the
tool is lifted from the working face

Convergence of DD and IP (CDI) Includes technological indices from both DD and IP simultaneously

Convergence of DD and SS (CDS) Includes technological indices from both DD and SS simultaneously

Convergence of IP and SS (CIS) Includes technological indices from both IP and SS simultaneously

As shown in Table 1, this study classifies the retrieved patents into six kinds of technologies
such as DD, technologies that stimulate production by IP, SS technologies, and three kinds of
converged technologies, such as convergence of DD and IP (CDI), convergence of DD and SS (CDS),
and convergence of IP and SS (CIS) that involve the TIs within DD, IP, and SS, respectively.

Through the searching query, we found 12,964 applied patents from 1960 to 2019. However,
this study focused only on the 6421 granted patents, which were applied from 1997 to 2016, as shown in
Figure 1. In Figure 1, the blue line represents the number of applied patents, the orange line represents
the number of granted patents, and the gray dash represents the granted ratio. The granted patent
count is ordered by the application date.
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Figure 1. Annual patent count for the whole dataset—1967 to 2019 [27].

In Figure 1, the trend of the blue line increases twice around 1997 and 2007. The supposed
reasons that affect the trend are that the spot prices of natural gas were listed in Henry hub in January
1997, and the shale petroleum industry started commercial production in early 2007. In addition,
the applied patent counts, the granted patent counts, and the granted ratio have rapidly decreased
since 2017. The reason for the sharp decline in observations (blue and orange lines) is considered as an
incomplete aggregation of the database. Thus, this study excludes the observations applied since 2017.
Moreover, the reason for this study to use observation as an input of analysis is that the occurrence
of technology is recognized only when the patent data occurred consecutively over at least 5 years.
Thus, the discontinued observations are excluded.

2.2. Methodology

This study utilizes association strength as the technological relatedness measure between TIs of
patent [30], and betweenness centrality as a priority measure of TI [31]. The calculation process of
betweenness centrality was performed by using the software package “networkX” [32].

2.2.1. Technological Relatedness: Association Strength

In this study, we calculated the association strength similarity. The calculation processes of the
two measures were undertaken by following the formulas provided below [30].

Equations (1)–(5) show the calculation process of association strength similarity.

ctii j =
∑m

p=1
tipitipj, f or i � j, (1)

In Equation (1), ctii j is the number of co-occurrence of TIs i and j. tipi and tipj are terms for counting
the number of TIs in the patent. tip· is one (tip· = 1) when the TIs i or j exist in patent p, and tip· is zero(
tip· = 0

)
when either TIs do not exist in patent p. Thus, ctii j becomes one when both tipi and tipj are

one. m is number of total patents for a five-year research period.

stii =
∑m

j=1, j�i
ctii j , (2)

stij =
∑n

i=1, j�i
ctii j , (3)

T =
∑n

i=1

∑n

j=1
ctii j , (4)
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In Equations (2) and (3), stii or j is the total co-occurred number of TIs i or j for a five-year research
period. T is sum of total co-occurred number of whole TIs.

SCij =

ctii j
T

stii
T

stij
T

, (5)

In Equation (5), SCij is the similarity measure between TIs i and j, which occur over a 5-year
research period.

2.2.2. Betweenness Centrality

This study uses betweenness centrality to determine the comparative importance of TIs in the
graph of shale petroleum technologies [31].

CB(k) =
∑

v � k � w
k, v, w ∈ K

σvw(k)
σvw

, (6)

In Equation (6), CB(k) is the betweenness centrality of TI k. k is an element of K, a set of whole TIs.
Each TI is a node in the graph, which comprises TIs and their similarities. σvw denotes the number of
shortest paths from nodes v and w. σvw(k) denotes number of shortest paths through node k.

3. Results

3.1. Development of Unconventional Petroleum

Section 3 focuses on describing the technological development and convergence of the
unconventional petroleum technologies. First, we can easily identify differences in the extent of
technological development of unconventional petroleum by validating the annual patent counts of
each technological domain. Figure 2 presents information concerning the granted patent counts of
three technological domains and their converged technologies, and the weight of converged technology
of DD, IP, and SS.

In Figure 2A, the orange, gray, and yellow lines represent the annual counts of granted patent,
including the TIs of DD, IP, and SS with their converged technologies. Broadly, the granted patent
counts of the three technological domains increased from 1997 to 2014. In particular, from 2009 to 2014,
patents related with IP (gray line) rapidly expanded from 170 to 464 patents per annum. From 2011
to 2014, patents related to DD (orange line) rapidly expanded from 99 to 186 patents per annum,
and patents related with SS (yellow line) rapidly expanded from 62 to 186 patents per annum.

Figure 2B shows the weight of converged technology of the three technological domains (DD,
IP, and SS). Interestingly, the weight of converged technology of IP (gray line) shows a very low level of
weight in converged technology. While the weight of converged technologies of DD and SS (orange and
gray lines, respectively) have fluctuated around 0.2 from 1990s to 2000s, they have increased from
0.2 to 0.4 since 2011.

Figure 2C shows the annual counts of granted patents in converged technologies. The convergence
of DD and SS (orange line) always shows higher annual counts than others and have expanded from
2011 to 2014. The convergence of IP and SS (gray line) showed a zero count before 2009, and then
showed 11 patents per annum at its peak point in 2014. The convergence of DD and IP (yellow line)
also showed a zero count before 2004; it expanded from 2 patents per annum in 2011 to 14 patents per
annum in 2016.

Figure 2D shows the trend in the annual count of granted patents for DD, IP, and SS, which is very
similar to the orange, gray, and yellow lines of Figure 2A. This is because the weights of the converged
technologies are quite stable for the research period, as shown in Figure 2B.
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Figure 2. Annual patent counts by technological domains–1997 to 2016 [27].
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In summary, the intensity of technological development has increased in the last 20 years.
Moreover, in the past 10 years, converged technologies such as CDS, CIS, and CDI have been
developed. Technologies related to DD and SS show a lower extent of technological development with
a relatively higher weight of converged technology than IP. Technology related to IP shows a higher
intensity of technological development with a lower weight of converged technology. Only two patent
technological domains, those of CDS and CDI, rebounded in their annual count of granted patents in
2016. In the next subsections, this study presents technological development from the network aspect
of technological relatedness.

3.2. Network of Shale Petroleum Technologies

This subsection attempts to describe the technological development of shale petroleum by presenting
network properties and visualizing the networks of technological relatedness. The network properties
show the development of the patent set from the aspect of a network of technological relatedness.
Table 2 presents the network properties of patent technological relatedness in 5-year periods.

Table 2. Network properties of shale petroleum technologies’ patents.

Properties
Period

1997–2001 2002–2006 2007–2011 2012–2016

Patent count 453 786 1721 3254
Number of nodes 649 995 1930 3877
Number of edges 6197 10,001 24,781 64,598

Ratio between edges and nodes 9.55 10.05 12.84 16.66

Table 2 describes the network development for different research periods. The patent counts grew
by 94% on average in each period, while the number of nodes grew by 83%, the number of edges
by 123%, and the ratio between edges and nodes by 21%. As described in the previous subsection,
the values of Table 2 also show that the intensity of development in shale gas technology has increased.
In addition, the number of nodes, which means the number of TIs, has also increased. Meanwhile,
the connection between nodes has increased more rapidly. The increased edges and nodes in these
networks could mean that these patents contain more combinations of TIs than before. The increased
combination of TIs means an increased combination of new technological components, and thus,
the emergence of a new technology is expected.

Figure 3 shows networks of technological relatedness to help understand the growth of the
networks. The visualized networks show only the network of technological relatedness in the first and
last periods. The intermediate process is omitted because the networks show a steadily increasing trend
during the research period. Figure 3A,B show the visualized networks of technological relatedness
from 1997 to 2001 and from 2012 to 2016, respectively. Figure 3 was drawn using Gephi, a visualization
network software [33].

Figure 3 shows networks of technological relatedness of shale petroleum technologies from 1997 to
2001 (Figure 3A) and from 2012 to 2016 (Figure 3B). In Figure 3, the letters in orange, red, and blue
represent the TIs of IP, DD, and SS.

When Figure 3A is compared to Figure 3B, the latter has a more compact shape than the former.
This difference in the visualized results is due to the quantitative difference in patent count, the number
of nodes and edges between the two patent groups as shown in Table 2, and the difference in ratio
between the number of edges and nodes. In addition, the distance between the TIs of DD and SS have
become closer. The TIs of IP are still separated from other TIs. This point seems to be influenced by the
high number of patents of CDS, as shown in Figure 2C. These differences in the distance between TIs
can be described by the association strength similarity of TI, which represents technological relatedness.
The technological relatedness between technological domains is presented in Table 3.
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Figure 3. The network of technological relatedness of shale petroleum technologies for 1997 to 2001 (A)
and 2012 to 2016 (B).
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Table 3. Technological relatedness between technological domains.

Measure Technological Domains
Period

1997–2001 2002–2006 2007–2011 2012–2016

Association strength between the
center nodes of technological domains

DD and SS (DD04 and SS00) 2.82 × 10−2 3.16 × 10−2 3.41 × 10−2 2.90 × 10−2

IP and SS (IP26 and SS00) - - 1.72 × 10−3 2.34 × 10−3

DD and IP (DD04 and IP26) - 1.20 × 10−3 1.05 × 10−3 2.67 × 10−3

Number of combinations of
technological indices between

technological domains

DD and SS 19 18 28 43
IP and SS - - 2 5
DD and IP - 3 6 13

Sum of association strength of
each combination

DD and SS 2.83 × 10−1 2.85 × 10−1 2.93 × 10−1 3.79 × 10−1

IP and SS - - 2.31 × 10−3 6.35 × 10−3

DD and IP - 4.59 × 10−3 1.29 × 10−2 1.86 × 10−2

Table 3 presents the association strength between the center nodes of the technological domains,
the number of edges between technological domains, and the sum of association strength similarity of
edges between technological domains.

Lines 1–3 in Table 3 show association strength, which represents the weight of the edge between
the center nodes of technological domains such as DD, IP, and SS. These association strength similarities
show the relatedness between the technological domains. In addition, the higher the association
strength, the closer the distance between the converged technologies in the network of TIs. In lines 4–6
of Table 3, the number of combinations of TIs between technological domains represents the number of
ways technologies converge. Thus, the convergence of DD and SS represents CDS, the convergence
of IP and SS represents CIS, and the convergence of DD and IP represents CDI. In the lines 7–9 of
Table 3, the sum of association strength in each combination between the TIs shows the changes in the
aggregate quantitative relatedness between technologies.

In the case of CDS, the association strength similarity between DD (DD04) and SS (SS00) has
increased by 2.80% for approximately 20 years. The number of combinations also increased by
approximately two times over the same period. Moreover, the sum of the association strength increased
by 33.82% over the same period. These changes in values are in concordance with the results from
Figure 3. These changes show that the convergence in technology is conducted in a more detailed way.
Thus, it implies an improvement in the level of technological development.

In the case of CIS, the association strength similarity between IP (IP26) and SS (SS00) occurred for
the last two periods. Compared to the initial state, the association strength from 2012 to 2016 increased
by 35.61%. The sum of association strength increased by 175.33%. The number of combinations has
more than doubled. However, the number of edges was the lowest compared to the other converged
technologies. Furthermore, compared to other technologies, CIS occurred recently and has not grown
yet. In Table 4, while the granted patent counts of CIS increased, the ratio between the edges and nodes
of CIS decreased compared to the initial state in the period from 2012 to 2016. Information pertaining
to granted patent counts and other network properties by technological domains are summarized
in Table 4.

In the case of CDI, the association strength between DD (DD04) and IP (IP26) occurred for the last
three periods. Compared to the initial state, the association strength increased by 121.53%, while the
sum of association strength increased by 305.76%. Interestingly, the number of edges increased two
times for each of these periods. These results show that CDI has developed in a manner that has
increased the various ways in which technology converges. In particular, the newly emerged ways of
technological convergence seem to increase the technological relatedness between DD and IP. In Table 4,
the granted patent count for CDI is six to ten times bigger in the period 2012 to 2016 compared to the
previous periods. Furthermore, the ratio between edges and nodes increased two times in the period
2012 to 2016 compared to the previous periods.
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Table 4. Network properties by technological domains.

Technological Domain Property
Period

1997–2001 2002–2006 2007–2011 2012–2016

Directional drilling (DD)

Patent count 212 243 396 585
Number of nodes 271 345 532 899
Number of edges 1902 2285 4946 10,811

Ratio between edges and nodes 7.02 6.62 9.30 12.03

Increasing permeability (IP)

Patent count 111 371 931 1856
Number of nodes 245 560 1196 2662
Number of edges 2118 5831 15,658 42,416

Ratio between edges and nodes 8.64 10.41 13.09 15.93

Smart system (SS)

Patent count 103 131 294 534
Number of nodes 242 273 547 1017
Number of edges 1494 1480 3891 11,021

Ratio between edges and nodes 6.17 5.42 7.11 10.84

Convergence of DD and SS (CDS)

Patent count 27 38 91 219
Number of nodes 107 106 145 358
Number of edges 1032 775 1048 4640

Ratio between edges and nodes 9.64 7.31 7.23 12.96

Convergence of IP and SS (CIS)

Patent count - - 4 27
Number of nodes - - 31 94
Number of edges - - 222 609

Ratio between edges and nodes - - 7.16 6.48

Convergence of DD and IP (CDI)

Patent count - 3 5 33
Number of nodes - 15 15 133
Number of edges - 57 62 1324

Ratio between edges and nodes - 3.80 4.13 9.95

Furthermore, Table 4 shows that IP (15.93) is the highest for the ratio between edges and nodes by
technology area, followed by CDS (12.96), DD (12.03), SS (10.84), CDI (9.95), and CIS (6.48). Interestingly,
although the IP has converged less with DD and SS, the technological development of IP shows that
the combination of technology elements has progressed in a more complex pattern (high connectivity).

As described before, not only have shale petroleum technologies developed, the relationships
between technologies have also changed. Next, this study attempts to determine the priorities of
technological components, which are assumed to have changed with the development of technology,
by presenting the betweenness centrality of TI.

3.3. Priority of Technological Components

In this section, the betweenness centrality is presented to validate the priority of technological
components by technological domains. Table 5 presents the betweenness centrality of 10 TIs from the
top for the four periods between 1997 and 2016.

Table 5. Betweenness centrality of technological indices (TIs) by period.

Order

Period

1997–2001 2002–2006 2007–2011 2012–2016

TI Betweenness Centrality TI Betweenness Centrality TI Betweenness Centrality TI Betweenness Centrality

1 SS00 0.45 DD04 0.38 SS00 0.60 SS00 0.43
2 DD061 0.18 SS00 0.33 IP267 0.32 IP267 0.24
3 DD046 0.11 DD061 0.27 DD04 0.16 DD04 0.17
4 IP267 0.11 IP267 0.23 DD046 0.07 DD06 0.11
5 DD04 0.09 DD046 0.19 DD06 0.05 SS02 0.02
6 SS005 0.06 SS06 0.05 IP27 0.04 IP263 0.02
7 DD068 0.06 DD068 0.04 DD068 0.03 DD068 0.01
8 DD06 0.05 DD06 0.03 IP263 0.02 DD046 0.01
9 IP263 0.03 IP27 0.01 DD061 0.01 DD064 3 × 10−3

10 SS02 0.02 SS02 0.01 SS02 0.01 SS005 2 × 10−3
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In Table 5, SS00 (automatic control system for drilling) is always ranked at the top. This result
implicates that the technological development of the shale petroleum industry has focused on the smart
system, which also has a high weight of convergence with DD for Figure 1. IP267 (reinforcing fractures
by using prop) has been ranked the second highest from 2007 to 2016. This result is in concordance
with the results of Shah et al. [14] Furthermore, DD04 (directional drilling), DD046 (horizontal drilling),
DD06 (deflecting direction of borehole), and DD061 (tools such as shaft rotating inside a non-rotating
guiding traveling) have been ranked between second and fifth. Interestingly, DD046 was ranked
eighth in the last period, while DD06 was still ranked fourth. This result may implicate that the
optimization of the production process seems to be more dependent on the technologies related to
deflecting the direction of borehole than horizontal drilling, which is a recent technological development.
SS005 (underground automatic control system), SS06 (tool feeds’ automatic control, which responds to
the flow or pressure of the motive fluid of drive), SS02 (automatic control of the tool feed), and DD068
(drilling by using down-hole drilling motor) have been frequently ranked between sixth and tenth.
These TIs have a common point, that is, they can be applied to underground drilling systems. Lastly,
IP263 (fracturing by using explosive) has seen an increase in its betweenness centrality rank since 2007.
These increases in rank may indicate that the diversification of fracturing method has gathered interest
since the year the industry came into existence.

To describe the primary focus of technological domains in the recent period, this study presents the
betweenness centrality of TI by six technological domains from 2012 to 2016 in Table 6. Results bearing
values less than 0.001 are omitted. As shown, there is a big difference in the betweenness centralities
of DD06 and DD046. The betweenness centrality of DD06 is approximately seven times bigger than
that of DD046. Thus, the unconverged DD technologies have focused recently on the deflecting
direction technologies. The unconverged technology of IP mainly focuses on IP267, reinforcing
fractures (refracturing), in the recent period. In the case of the unconverged technologies of SS, SS00 is
approximately 11 times bigger than SS02, which is ranked the second highest. The detailed component
of the technology is not important for the development of the unconverged technology of SS. In the
case of CDS, the betweenness centralities of the top two TIs are relatively bigger than that of the
others. The top two Tis do not relate to the detailed function of the technologies. This shows that
although the technological development of CDS is undertaken with a higher intensity than that of
other converged technologies, the form of technological development is less related to the details of
the technological component. CIS has only one TI, which shows that CIS has not grown yet. In the
case of CDI, the betweenness centrality of Tis is quite similar. Interestingly, a more general level of
TI has the lowest ranking value. Thus, it can be presumed that although CDI has a low intensity of
technological development, these developments have shown relatively specific functions. In addition,
converged technologies, such as CIS and CDI, show lower levels in the variety of priory technological
components that pose high betweenness centrality.

Table 6. Betweenness centrality by technological domains—2012 to 2016.

Technological Domain Order TI Betweenness Centrality Technological Domain Order TI Betweenness Centrality

Directional drilling (DD)

1 DD04 0.7043

Convergence of DD and SS

1 SS00 0.616545
2 DD06 0.527745 2 DD04 0.27495
3 DD046 0.074425 3 DD06 0.105687
4 DD068 0.039533 4 DD067 0.04935
5 DD061 0.024794 5 SS005 0.017216
6 DD064 0.017748 6 DD046 0.011913

7 DD068 0.003399
8 SS02 0.00288

Increasing permeability (IP) 1 IP267 0.250449 Convergence of IP and SS 1 SS00 0.122022 IP263 0.026008

Smart system (SS)

1 SS00 0.900833
Convergence of DD and IP

1 DD046 0.057483
2 SS02 0.083788 2 DD06 0.042737
3 SS005 0.016659 3 DD04 0.026139
4 SS04 0.012174
5 SS06 0.002649
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Interestingly, some technology components such as DD046, DD067, and SS005 were relatively high
within the converged technological domain compared to the order of priority within the unconverged
technological domain. DD046 shows a lower priority than DD04 and DD06 within DD in Table 6.
Meanwhile, DD046 shows the highest priority within CDI in Table 6. DD067 is not shown within DD,
but DD067 shows the fourth priority within CDS in Table 6. SS005 shows lower priority than SS00 and
SS02 within SS, but SS005 shows a higher priority than SS02 within CDS in Table 6. Thus, DD046 is an
important component in the form of CDI technology. Furthermore, when DD046 is developed in the
form of CDI, it is considered more important as a technological component. Moreover, DD067 and
SS005 are considered as important technological components in the form of CDS technology.

4. Conclusions

This study attempted to shed light on technological development of the US shale petroleum
industry. Here, this study focused on developments and convergences of critical technologies such
as directional drilling, increasing permeability, and smart system. To analyze the technological
progress, this study measured association strength as relatedness of technological components,
described technologies as network of technological components, and measured betweenness centrality
as priority of technological components. The results can be stylized as follows: First, the technological
developments have been intensively conducted since 2012. Second, the development of DD technologies
has been closely related to SS from 2012 to 2016. Except for CDS, the development of converged
technologies is lower, considering their intensity and variety, compared to unconverged technologies.
Third, the IP technologies are less converged with the other technological domains of direction
drilling and smart system. However, IP technologies have intensively developed with higher
complexity, more components, and number of inventions than other technological domains. Fourth,
some technologies are more significant in the form of converged technology. Horizontal drilling
(DD046) is significant in the form of CDI. Tools locking sections of underground apparatus (DD067)
and underground automatic control systems (SS005) are significant in the form of CDS.

This study has limitations as its focus is restricted to only some technologies of the shale petroleum
industry. However, this study suggests specific information for the respective technologies by using
the most specific level of data (full digit of TI). Thus, further investigation is required that analyzes
other key technologies of the shale petroleum industry by using the most specific level of data.
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Abbreviations

The following abbreviations and symbols used in this manuscript:
CDI Convergence of directional drilling and stimulating production by increasing permeability
CDS Convergence of directional drilling and smart system for controlling, surveying, or testing
CIS Convergence of increasing permeability and smart system for controlling, surveying, or testing
CPC Cooperative patent classification
DD Directional drilling, technological index which begins with “E21B 7/”.

Ex) E21B 7/04, E21B 7/04, E21B 7/046, E21B 7/06, E21B 7/061, E21B 7/062, E21B 7/064,
E21B 7/065, E21B 7/067, E21B 7/068, E21B 7/10

IP Stimulating production by increasing permeability, technological index which begins with “E21B 43/”.
Ex) E21B 43/26, E21B 43/2605, E21B 43/2607, E21B 43/261, E21B 43/263, E21B 43/2635,
E21B 43/267, E21B 43/27

IPC International patent classification
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ISED International Science and Economic Development Canada
KIPO Korea intellectual property organization
KIPRIS Korea intellectual property right information service
SS Smart system for controlling, surveying, or testing, a technological index which begins with “E21B 44.”

Ex) E21B 44/00, E21B 44/005, E21B 44/02, E21B 44/04, E21B 44/06, E21B 44/08, E21B 44/10
TI Technological index
US United States
Symbols:
ctii j Number of co-occurrence of technological index i and j
i, j Technological index in a patent p
m, n Number of patents for some five-year research period
tipi, tipj Term for counting the number of technological indices in a patent
p One out of many patents for some research period
stii, stij Total co-occurred number of technological index i or j for some research period
T Sum of total co-occurred number of whole technological index
SCij Similarity measure between technical indices i and j
CB(k) Betweenness centrality of technological index
σvw(k) Number of shortest paths through node k
σvw Number of shortest paths from nodes v and w
K Set of whole technological indices
k, v, m Technological index consisting of a node of association similarity (technological relatedness) network
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Abstract: Shale gas reservoirs are typically developed by multistage, propped hydraulic fractures.
The induced fractures have a complex geometry and can be represented by a high permeability region
near each fracture, also called stimulated region. In this paper, a new integrative analytical solution
coupled with gas adsorption, non-Darcy flow effect is derived for shale gas reservoirs. The modified
pseudo-pressure and pseudo-time are defined to linearize the nonlinear partial differential equations
(PDEs) and thus the governing PDEs are transformed into ordinary differential equations (ODEs)
by integration, instead of the Laplace transform. The rate vs. pseudo-time solution in real-time
space can be obtained, instead of using the numerical inversion for Laplace transform. The analytical
model is validated by comparison with the numerical model. According to the fitting results, the
calculation accuracy of analytic solution is almost 99%. Besides the computational convenience,
another advantage of the model is that it has been validated to be feasible to estimate the pore volume
of hydraulic region, stimulated region, and matrix region, and even the shape of regions is irregular
and asymmetrical for multifractured horizontal wells. The relative error between calculated volume
and given volume is less than 10%, which meets the engineering requirements. The model is finally
applied to field production data for history matching and forecasting.

Keywords: shale gas; multifractured horizontal wells; production analysis; irregular stimulated region

1. Introduction

Unconventional hydrocarbon resources such as tight and shale oil/gas store in tight formations
with ultra-low permeability. With the development of hydraulic fracturing technologies, multifractured
horizontal wells (MFHWs) have rapidly emerged as the primary means for exploiting this type of
resource. Meanwhile, some technologies are utilized, such as foam injection and carbon dioxide
injection [1,2] on recovery enhancement, and photo-Fenton and floatation on sustainable management
of flow-back water after hydraulic fracturing [3]. In unconventional reservoirs, due to the propagation
of fractures in different directions, branch fractures will be created around the main hydraulic fractures,
which have a significant impact on the pressure and rate transient analysis for the fluid flow in
the reservoirs.

In order to analyze production data and make long-term forecasts, analytical and numerical
tools have been developed. Among them, a large number of numerical approaches [4–8], such
as finite element method and boundary element method, are adopted to study the multiple flow
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mechanisms and fracture characteristics in shale gas reservoirs. Compared with the numerical models,
the analytical models are simpler to set up and require fewer original data. Therefore, they are
widely used in practice for field applications. Extensive studies have focused on analyzing production
data of transient flow period for such complex systems [9–14]. Lee et al. [15] derived a tri-linear
model to represent the transient flow behavior within a single fracture in an infinite homogeneous
reservoir. Wattenbarger et al. [16] proposed an analytical solution accounting for transient linear
flow contributions from each region for a fracture with infinite conductivity in a closed reservoir.
El-Banbi [17] and Bello et al. [18] extended previous analytical models to develop a series of linear
dual-porosity solutions for fluid flow in tight reservoirs, where constant-rate and constant-pressure
inner boundaries were considered. Ozkan et al. [19] and Brown et al. [20] extended the concept of
tri-linear flow and presented a solution to simulate the pressure-transient behavior in three flow
regions, including the hydraulic fracture, the inner region between hydraulic fractures, and the outer
region beyond the tip of hydraulic fractures. Stalgorova et al. [21] and Heidari et al. [22] introduced
an enhanced-fracture-region (EFR) model to consider the cases where branch fractures cover the
interfracture region. Mahdi et al. [23] firstly provided the transient shape factor among different
regions in the triple-porosity model.

The models represent an excellent attempt to capture reservoir parameters and flow characteristics
for the complex system associated with the MFHWs. However, most analytical solutions were
derived by Laplace transformation [17–23] and Boltzmann’s transformation [24]. Numerical inversion
algorithm [25] is needed to transform the Laplace space into real-time space. In order to avoid
the inconvenience of Laplace transformation, several approximated analytical solutions have been
presented. Shahamat et al. [26] introduced the concept of continuous succession of pseudo-steady
states based on the capacitance-resistance methodology to analyze the production data in tight and
shale reservoirs. In their work, the gas adsorption was ignored, which would underestimate the
shale gas production. Ogunyomi [27,28] introduced a model with two compartments in which
the first compartment represents the volume of the enhanced fracture region and the second one
is the volume of the matrix. The approximate solution was obtained by converting governing
partial-differential equations into a system of ordinary differential equations through integration.
Then the system of ordinary differential equations was solved by calculating the eigenvalues and
eigenvectors. Qiu et al. [29,30] extended this method to a triple-porosity model for production analysis.
Nevertheless, they both did not take the non-Darcy flow into account and just derived the approximate
solutions based on the oil phase rather than gas phase with the pressure dependent parameters. In this
work, we extended the method to consider the gas flow and even account for non-Darcy flow in the
hydraulic fractures, and gas adsorption and slippage in the matrix.

In this work, our goal is to derive a new integrative analytical solution for shale gas reservoirs
bypassing the Laplace transformation, which can effectively account for non-Darcy flow in the hydraulic
fractures, and gas adsorption and slippage in the matrix. The analytical model is created on the
basis of a three-region model, which consists of the hydraulic fracture region, the inner region also
called stimulated region connected to the hydraulic fracture, and the outer region representing the
low permeability matrix. Then we introduce modified pseudo-variables [31,32], i.e., pseudo-pressure
and pseudo-time, to eliminate the nonlinearity of governing equations. The whole derivation is
based on the integration in real-time space bypassing Laplace transform and numerical inversion.
The derived analytical solution is validated with numerical simulations. Further, several numerical
cases are designed to verify the applicability in an irregular stimulated region using the new model.
The proposed method is finally applied for shale gas production analysis and forecasting in the field.

2. Method

Production of shale gas requires horizontal wells with multistage hydraulic fracturing.
The propagation of fractures is uncertain and branch fractures will be created around the main
hydraulic fractures, resulting in a stimulated region around each main hydraulic fracture. In order
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to model such a complex system, the reservoir is simplified as a three-region system, where the first
region is the hydraulic fracture region which is regarded as the sole connection to the well. The second
one represents the stimulated region with aggregated volume of all the microfractures and the third
one is the adjacent ultra-low-permeability matrix directly connected to the stimulated region. Figure 1a
shows the schematic 3D model. Three regions are contained in the model: region 1 is the hydraulic
fracture, region 2 (darker color) with higher permeability around each hydraulic fracture, and region
3 (lighter color) with lower permeability connected to the region 2. The arrows represent the flow
directions. For this model, the flow directions are parallel, and the system is symmetrical with respect
to the hydraulic fracture and horizontal-well. Thus, it is feasible to use one quarter of the reservoir
shown in Figure 1b to replace the whole reservoir in order to simplify the derivation process. According
to Anderson et al. [33], they verified that when the permeability of region 2 is less than or equal to
500 nD, the contribution of the region beyond fractures can be neglected for the 20-years production.
For the case that the distance from the fracture face to permeability boundary (x1) is less than the half
distance between fractures (x2), the contribution would be smaller. Meanwhile, Stalgorova et al. [21]
also set numerical models to illustrate the negligible contribution of region beyond fractures, and
they obtained that the difference of 20-years production is negligible after comparing the results of
numerical simulation with and without region beyond fractures. In the work of Heidari et al. [22], they
also did not take the region beyond fractures into account. Therefore, the contribution of the region
beyond the tips of the hydraulic fractures is assumed to be negligible in this work.

Figure 1. Schematic of a multistage fractured horizontal well with two regions around the hydraulic
fracture. (a) The 3D model. (b) The plan view.

In this work, our analytical model is derived under the following assumptions:

1. The reservoir is homogeneous, isopachous and isothermal in each region.
2. Flow process is 1-D linear in each region.
3. Flow is single gas phase.
4. The high-velocity non-Darcy flow in the hydraulic fracture is considered.
5. The bottom-hole pressure is constant.
6. The impact of gravity is neglected.
7. Gas desorption meets the Langmuir isotherm adsorption equation.
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2.1. Gas Adsorption/Desorption Effect

In contrast to conventional gas reservoirs, gas adsorption is an important feature of shale gas
reservoir. The Langmuir isotherm adsorption equation [34] is widely used to calculate the shale gas
adsorption and its expression is as follows:

V = VL
P

PL + P
(1)

where V is the volume of the adsorbed gas, and P is pressure. VL and PL stand for Langmuir volume and
pressure, respectively. When considering the gas adsorption, the effect of adsorption on compressibility
of the reservoir is essential. According to Bumb et al. [35], the new compressibility equation can be
expressed as,

Ct
∗ = C f + CwSw + Cg(1− Sw) + Cgd (2)

Cgd =
0.031214ρmVLBgPL

φ(p + PL)
2 (3)

where C f is rock compressibility, Cw is water compressibility, Cg is free gas compressibility and Cgd is
adsorbed gas compressibility, Sw is water saturation, ρm is matrix density, Bg is gas reservoir volume
factor, and φ is the porosity.

Another important change is that the compressibility factor is modified by King [36],

z∗ = z

(1− Sw) + 0.031214ρm
zT
φ

( psc
Tsc

)
VL

1
p+pL

(4)

where Psc is the standard condition pressure, Tsc is the standard condition temperature, z is
compressibility factor, T is the reservoir temperature.

2.2. High-Velocity Non-Darcy Flow Effect

For gas flow in the hydraulic fracture, high-velocity non-Darcy effect is considered in this study.
Forchheimer [37] proposed that Darcy’s law is inadequate to describe high-velocity gas flow without
adding an inertial effect, which is proportional to the square of the flow velocity. To account for the
non-Darcy flow effect, an inertial term must be included. The Forchheimer’s flow equation is given as,

−∇p =
μ

k
→
v + βρ

∣∣∣∣→v ∣∣∣∣→v (5)

In order to reduce the nonlinearity, the equivalent permeability is introduced to obtain the
extended Darcy’s law [37],

−∇p =
μ

keq

→
v (6)

Substituting Equation (6) into Equation (5), the equivalent permeability of hydraulic fracture yields,

kF
eq =

μkiF

μ+ βρ
∣∣∣∣→v ∣∣∣∣kiF

(7)

where

β =
4.1× 1011

(kiF)
1.5

(8)

among which, β is the non-Darcy flow coefficient, kiF is the hydraulic fracture permeability, kF
eq is the

equivalent permeability of hydraulic fracture, v is the flow velocity, and ρ is the gas density.
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2.3. Non-Darcy Flow in the Matrix

For the nano-porous media in shale reservoir, Darcy’s law has difficulty describing the actual gas
behavior. The gas flow can be classified as four flow conditions, such as continuum flow, slip flow,
transition flow, and free-molecular flow. According to the previous publications [38], the four flow
conditions can be qualified by the Knudsen number. However, the Knudsen number varies from 10−3

to 1 in most shale reservoirs. In order to represent the non-Darcy gas flow in matrix, the apparent
permeability is presented by the following general form:

km
a = km∞ f (Kn) (9)

where km∞ is the intrinsic permeability of the porous medium, f (Kn) is the correlation term expressed
as a function of the Knudsen number, which is modeled as [38],

f (Kn) = (1 + αKn)
(
1 +

4Kn
1 + Kn

)
(10)

in which,

α =
128

15π2 tan−1
(
4Kn0.4

)
(11)

Meanwhile, for a capillary tube of radius, r, the intrinsic permeability can be derived [39],

km∞ =
r2

8
(12)

The Knudsen number Kn is defined as the ratio of the molecular mean free path length and the
pore radius in shale matrix,

Kn =
λ
r

(13)

The mean free path can also be calculated,

λ =
μg

P

√
πRT
2M

(14)

Substituting Equation (14) into Equation (13) on basis of the real gas condition, we can obtain:

Kn =
μgz
rP

√
πRT
2M

(15)

where μg is the gas viscosity, z is compressibility factor, r is the pore radius, P is the reservoir pressure,
R is the universal gas constant, T is the reservoir temperature, and M is the gas molecular weight.

2.4. Derivation of Linearized Gas Diffusivity Equation.

For the flow of shale gas, the gas diffusivity equation will be nonlinear which makes deriving the
analytical solution difficult. On one hand, with the reduction in average reservoir pressure, the gas
properties like the gas viscosity (μ), gas compressibility (Ct), and gas compressibility factor (z) will
change with the pressure. On the other hand, when incorporating the significant mechanisms in shale
gas reservoir like gas adsorption and non-Darcy flow effect, the permeability is a variate with pressure
rather than a constant.

In order to deal with this problem, the pseudo-pressure and pseudo-time instead of the pressure
and time are adopted to linearize the equations. We set a general real gas diffusivity equation in
three-dimensional Cartesian coordinate system as example. When the non-Darcy effect is coupled, the
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k(p) can be calculated by Equation (7) or Equation (9). Certainly, the ct(p) can be replaced by ct
∗(p) to

represent the gas adsorption effect.

∂
∂x

(
k(p)

p
μ(p)z(p)

∂p
∂x

)
+
∂
∂y

(
k(p)

p
μ(p)z(p)

∂p
∂y

)
+
∂
∂z

(
k(p)

p
μ(p)z(p)

∂p
∂z

)
= φct(p)

p
z(p)

∂p
∂t

(16)

where k(p) is the pressure-dependent permeability, μ(p) is the pressure-dependent viscosity, ct(p) is
the pressure-dependent compressibility.

Considering the pressure dependence of the permeability, we define a general modified
pseudo-pressure transformation. Surely, k(p) can be calculated by Equation (7) or Equation (9)
to couple with the non-Darcy effect. z(p) can be replaced with z∗(p) calculated by Equation (4) to
consider the gas adsorption.

m(p) =
1
ki

p∫
pb

k(p)
p

μ(p)z(p)
dp (17)

where m(p) is the pseudo-pressure, ki is the intrinsic permeability, z(p) is the pressure-dependent
compressibility factor.

Substituting Equation (17) into Equation (16), the right side of the partial differential equation is
still nonlinear.

∂2m(p)
∂x2 +

∂2m(p)
∂y2 +

∂2m(p)
∂z2 =

φμ(p)ct(p)
k(p)

∂m(p)
∂t

(18)

To linearize Equation (18), a general modified pseudo-time transformation is defined [24].

ta =
1
ki

t∫
0

k(p)
(μct)i

μ(p)ct(p)
dt (19)

where ta is the pseudo-time, μi is the initial viscosity, cti is the initial compressibility.
After substituting the Equation (19) into Equation (18), the general linear partial differential

equation is derived as,
∂2m(p)
∂x2 +

∂2m(p)
∂y2 +

∂2m(p)
∂z2 =

φμicti

ki

∂m(p)
∂ta

(20)

Considering the permeability and compressibility in three regions are different, therefore, the
pseudo-time in three regions can be shown as follows.

taF =
1

kiF

t∫
0

kF
eq(p)

(μct)iF

μF(p)ctF(p)
dt (21)

ta1 =
1

ki1

t∫
0

k1(p)
(μct)i1

μ1(p)ct1(p)
dt (22)

ta2 =
1

ki2

t∫
0

km
a (p)

(μct
∗)i2

μ2(p)c∗t2(p)
dt (23)

where taF, taF, ta2 are the pseudo-time in the hydraulic fracture region, region 1, and region 2 respectively.
Therefore, we can obtain the linearized gas diffusivity equation in three regions respectively.

Firstly, we consider the gas adsorption and gas slippage in matrix and the high-velocity non-Darcy flow
in hydraulic fracture region. Thus, we use a new total compressibility coupling the gas adsorption effect
in diffusivity equation of region 2. Finally, through the linearization by the modified pseudo-pressure
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and pseudo-time, the non-Darcy flow effect for matrix and fracture are included in the governing linear
equations in different regions.

2.5. Model Description in Different Regions.

2.5.1. Model Description in Matrix Region (Region 2)

The system of equations based on the conceptual model is presented as follows. For the low-
permeability matrix region (region 2), the diffusivity equation for gas flow is derived as,

∂2m2(p)
∂x2 +

∂2m2(p)
∂y2 +

∂2m2(p)
∂z2 =

(φμic∗ti)2

ki2

∂m2(p)
∂ta2

(24)

where m2(p) is the pseudo-pressure in region 2, x, y, z are the Cartesian coordinates, ta2 is the
pseudo-time for gas flow, c∗ti2 and μi2 are the initial modified total compressibility and viscosity in
region 2, ki2 and φi2 are the permeability and porosity in region 2, respectively.

The initial condition for the region is that the pseudo-pressure of the region is equal to initial
pseudo-pressure at t = 0.

m2(p)(x, y, z, 0) = m(pi) (25)

where m(pi) is the initial pseudo-pressure.
The boundary conditions are defined as no-flow at top and bottom of the reservoir. Additionally,

the both ends of y-direction can also be regarded as no-flow boundaries.

∂m2(p)
∂y

∣∣∣∣∣∣
y=0,x f

= 0 (26)

∂m2(p)
∂z

∣∣∣∣∣∣
z=z0,ze

= 0 (27)

Due to the plane of symmetry between adjacent fractures, the location x = x2 is also a
no-flow boundary.

∂m2(p)
∂x

∣∣∣∣∣∣
x=x2

= 0 (28)

The continuity of flux and pressure across the boundaries between the regions is assumed.
In Ogunyomi’s [27] and Qiu’s [29] work, only one is chosen as a boundary condition. Considering
the average pseudo-pressure will be adopted, the continuity of flux is chosen as the last boundary
condition which can be given by,

ki2
∂m2(p)
∂x

∣∣∣∣∣∣
x=x1

= ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x=x1

(29)

2.5.2. Model Description in Stimulated Region Volume (Region 1)

For the stimulated region volume (region 1), the diffusivity equation for gas flow is also expressed as,

∂2m1(p)
∂x2 +

∂2m1(p)
∂y2 +

∂2m1(p)
∂z2 =

(φμicti)1

ki1

∂m1(p)
∂ta1

(30)

where m1(p) is the pseudo-pressure in region 1, x, y, z are the Cartesian coordinates, ta1 is the
pseudo-time for gas flow, cti1 and μi1 are the initial total compressibility and viscosity in region 1, ki1
and φ1 are the permeability and porosity in region 1, respectively.
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For the whole model, the initial condition remains the same.

m1(p)(x, y, z, 0) = m(pi) (31)

The flow in region 1 is also the 1D linear in x-direction, therefore, the outer boundary conditions
are identical with those of region 2.

∂m1(p)
∂y

∣∣∣∣∣∣
y=0,x f

= 0 (32)

∂m1(p)
∂z

∣∣∣∣∣∣
z=z0,ze

= 0 (33)

According to the continuity hypothesis, the boundary condition is expressed as,

ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x=x1

= ki2
∂m2(p)
∂x

∣∣∣∣∣∣
x=x1

(34)

ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x=w

2

= kiF
∂mF(p)
∂x

∣∣∣∣∣∣
x=w

2

(35)

2.5.3. Model Description in Hydraulic Fracture Region

For the hydraulic fracture region, the diffusivity equation for gas flow is also expressed as,

∂2mF(p)
∂x2 +

∂2mF(p)
∂y2 +

∂2mF(p)
∂z2 =

(φμicti)F
kiF

∂mF(p)
∂taF

(36)

where mF(p) is the pseudo-pressure in hydraulic fracture region, x, y, z are the Cartesian coordinates,
taF is the pseudo-time for gas flow, ctiF and μiF are the initial total compressibility and viscosity in
hydraulic fracture region, kiF and φF are the permeability and porosity in hydraulic fracture region,
respectively.

For the whole model, the initial condition remains the same.

mF(p)(x, y, z, 0) = m(pi) (37)

With the assumption of the constant bottom-hole pressure, at the location of y = 0, the pressure is
the same as the bottom-hole pressure at any time.

mF(p)(x, y = 0, z, ta) = m(pw f ) (38)

The flow in hydraulic fracture region is also the 1D linear in the y-direction, therefore, the outer
boundary conditions is expressed as,

∂mF(p)
∂x

∣∣∣∣∣∣
x=0

= 0 (39)

∂mF(p)
∂y

∣∣∣∣∣∣
y=x f

= 0 (40)

∂mF(p)
∂z

∣∣∣∣∣∣
z=z0,ze

= 0 (41)
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According to the continuity hypothesis, the boundary condition is expressed as,

kiF
∂mF(p)
∂x

∣∣∣∣∣∣
x=w

2

= ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x=w

2

(42)

3. Results

3.1. Derivation of Analytical Solution.

The diffusivity equations in the mathematical model are all PDEs. In order to obtain the analytical
solution, the first step is to transform the sets of equations into ODEs. In this work, we adopted the
integral method other than the common Laplace Transform. By integrating over the spatial domain, the
spatial dependence is eliminated, which is even feasible to irregular regions as will be demonstrated
later. The pressure in different regions is assumed as average value in our model. Therefore, the
pseudo-time is supposed to be independent with space. Integrating the equations with respect to
spatial coordinates,

x2∫
x1

x f∫
0

ze∫
zo

∂
∂x (
∂m2(p)
∂x )dxdydz +

x2∫
x1

x f∫
0

ze∫
zo

∂
∂y (
∂m2(p)
∂y )dxdydz +

x2∫
x1

x f∫
0

ze∫
zo

∂
∂z (
∂m2(p)
∂z )dxdydz

=
(φμic∗ti)2

ki2
∂
∂ta2

x2∫
x1

x f∫
0

ze∫
zo

m2(p)dxdydz

(43)

In Equation (43), we move the pseudo-time outside the spatial integral since the pseudo-time
is independent of the spatial coordinates. In order to get a simplified equation, the average
pseudo-pressure and the effective pore volume is defined as,

m(p) =

�
m(p)�

dxdydz
=

�
m(p)
Vb

(44)

Vp = φVb (45)

where Vb is the volume of the region and Vp is the pore volume of the region.
Equation (43) can be rewritten as,

x f∫
0

ze∫
z0

(
∂m2(p)
∂x

∣∣∣∣
x2
− ∂m2(p)

∂x

∣∣∣∣
x1

)
dydz +

x2∫
x1

ze∫
z0

(
∂m2(p)
∂y

∣∣∣∣
x f
− ∂m2(p)

∂y

∣∣∣∣
0

)
dxdz +

x2∫
x1

x f∫
0

(
∂m2(p)
∂z

∣∣∣∣
ze
− ∂m2(p)

∂y

∣∣∣∣
z0

)
dxdy

=
(φμic∗ti)2Vb2

ki2

dm2(p)
dta2

(46)

Using the initial condition and boundary conditions, Equation (46) is simplified to

−
x f∫

0

ze∫
z0

⎛⎜⎜⎜⎜⎝ki2
∂m2(p)
∂y

∣∣∣∣∣∣
x1

⎞⎟⎟⎟⎟⎠dydz = (Vpμic∗ti)2
dm2(p)

dta2
(47)

According to the equivalent Darcy’s law,

q2 =
TscZsc

2TPsc

x f∫
0

ze∫
z0

ki2
∂m2(p)
∂y

∣∣∣∣∣∣
x1

dydz (48)

Define
C2 =

TscZsc

2TPsc
(μic∗ti)2 (49)
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Therefore, Equation (48) can be rewritten as,

C2Vp2
dm2(p)

dta2
= −q2 (50)

where Vp2 is the pore volume of region 2, q2 is the flow rate in region 2.
For region 1, we also use the integration method to deal with the equation,

x f∫
0

ze∫
z0

(
∂m1(p)
∂x

∣∣∣∣
x1
− ∂m1(p)

∂x

∣∣∣∣w
2

)
dydz +

x1∫
w/2

ze∫
z0

(
∂m1(p)
∂y

∣∣∣∣
x f
− ∂m1(p)

∂y

∣∣∣∣
0

)
dxdz +

x1∫
w/2

x f∫
0

(
∂m1(p)
∂z

∣∣∣∣
ze
− ∂m1(p)

∂y

∣∣∣∣
z0

)
dxdy

=
(φμicti)1Vb1

ki1

dm1 (p)
dta1

(51)

After applying the initial condition and boundary conditions, Equation (51) can be rewritten as,

−
x f∫

0

ze∫
z0

⎛⎜⎜⎜⎜⎝ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x1

− ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x0

⎞⎟⎟⎟⎟⎠dydz = (Vpμicti)1

dm1(p)
dta1

(52)

Note that,

q1 =
TscZsc

2TPsc

x f∫
0

ze∫
z0

⎛⎜⎜⎜⎜⎝ki1
∂m1(p)
∂x

∣∣∣∣∣∣
x0

⎞⎟⎟⎟⎟⎠dydz (53)

Defining

C1 =
TscZsc

2TPsc
(μicti)1 (54)

Substituting Equations (30), (45), (49), and (50) into Equation (48) results in,

C1Vp1
dm1(p)

dta1
= −q1 + q2 (55)

where Vp1 is the pore volume of region 1, q1 is the flow rate in region 1.
For hydraulic fracture region, we also use the integration method to deal with the

diffusion equation,

x f∫
0

ze∫
z0

(
∂mF(p)
∂x

∣∣∣∣w
2

− ∂mF(p)
∂x

∣∣∣∣
0

)
dydz +

w/2∫
0

ze∫
z0

(
∂mF(p)
∂y

∣∣∣∣
x f
− ∂mF(p)

∂y

∣∣∣∣
0

)
dxdz +

w/2∫
0

x f∫
0

(
∂mF(p)
∂z

∣∣∣∣
ze
− ∂mF(p)

∂y

∣∣∣∣
z0

)
dxdy

=
(φμicti)FVbF

kiF

dmF (p)
dtaF

(56)

After applying the initial condition and boundary conditions, Equation (56) can be rewritten as,

x f∫
0

ze∫
z0

⎛⎜⎜⎜⎜⎜⎝kiF
∂mF(p)
∂x

∣∣∣∣∣∣w
2

⎞⎟⎟⎟⎟⎟⎠dydz +

w/2∫
0

ze∫
z0

(
−kiF

∂mF(p)
∂y

∣∣∣∣∣∣
0

)
dxdz = (φμicti)FVbF

dmF(p)
dtaF

(57)

The flow rate in hydraulic fracture can be expressed as,

qF =
TscZsc

2TPsc

x f∫
0

ze∫
z0

(
kiF
∂mF(p)
∂x

∣∣∣∣∣∣
0

)
dydz (58)

Defining

CF =
TscZsc

2TPsc
(μicti)F (59)
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Substituting Equations (42), (48), (58), and (59) into Equation (57) results in,

CFVpF
dmF(p)

dtaF
= −qF + q1 (60)

The next step is to substitute the average pseudo-pressure with the relationship between pressure
and the flow rate. Since it is assumed that gas flows sequentially from region 2 to region 1 then to
hydraulic fracture, a general analytical solution for one-dimensional linear gas flow is derived to solve
the problem (details are shown in Appendix A), which is given by:

m(p) = m(pw f ) +
4
π2 [m(pi) −m(pw f )]

∞∑
n=1

qDn

(2n− 1)2 (61)

where m(p) is the average pseudo-pressure, qDn is the dimensionless production from the nth mode.
Combining the assumptions, the average pseudo-pressure in each region can be expressed as,

mF(p) = m(pw f ) +
4
π2 [m(pi) −m(pw f )]

∞∑
n=1

qDFn

(2n− 1)2 (62)

m1(p) = mF(p) +
4
π2 [m(pi) −mF(p)]

∞∑
n=1

qD1n

(2n− 1)2 (63)

m2(p) = m1(p) +
4
π2 [m(pi) −m1(p)]

∞∑
n=1

qD2n

(2n− 1)2 (64)

We define the productivity index (J) and transmissibility (Tr1F and Tr21) as,

J =
π2

4
qiF

m(pi) −m(pw f )
(65)

Tr1F =
π2

4
qi1

m(pi) −m1(p)
(66)

Tr21 =
π2

4
qi2

m(pi) −m2(p)
(67)

where m1(p), m2(p) is the average pseudo-pressure in hydraulic fracture region, region 1, and region

2, respectively. qiF = TscZsc
2TPsc

kiFAF
m(pi)

LF
is the initial production rate from the hydraulic fracture region.

qi1 = TscZsc
2TPsc

ki1A1
m1 (p)

L1
is the initial production rate from the region 1. qi2 = TscZsc

2TPsc
ki2A2

m2 (p)
L2

is the initial
production rate from the region 2.

Substituting Equations (62)–(64) into Equations (50), (55), and (60), there are six ordinary differential

terms on the left side of the system of equations, such as dqFn
dtaF ,

dqFn
dta1 ,

dqFn
dta2 ,

dq1n
dta1 ,

dq1n
dta2 ,

dq2n
dta2

. In order to solve

the system of ordinary differential equations, an approximate pseudo-time t̃a is introduced. Therefore,
the Equations (50), (55), and (60) can be rewritten as follows.

∞∑
n=1

dq2n

d̃ta
= −

(
Tr21

C2Vp2
+

Tr21

C1Vp1

) ∞∑
n=1

(2n− 1)2q2n +
Tr21

C1Vp1

∞∑
n=1

(2n− 1)2q1n (68)

∞∑
n=1

dq1n

d̃ta
=

Tr1F
C1Vp1

∞∑
n=1

(2n− 1)2q2n −
(

Tr1F
C1Vp1

+
Tr1F

CFVpF

) ∞∑
n=1

(2n− 1)2q1n+
Tr1F

CFVpF

∞∑
n=1

(2n− 1)2qFn (69)
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∞∑
n=1

dqFn

d̃ta
= − J

CFVpF

∞∑
n=1

(2n− 1)2qFn +
J

CFVpF

∞∑
n=1

(2n− 1)2q1n (70)

where qDFn , qD1n , and qD2n are the initial production rate from the nth mode in hydraulic fracture
region, region 1, and region 2, respectively. t̃a is an approximate pseudo-time, which is defined as the
average of the ta1, ta2, and taF.

Then we define three time-constant parameters as,

τF =
CFVpF

J
(71)

τ1 =
C1Vp1

Tr1F
(72)

τ2 =
C2Vp2

Tr21
(73)

We can rewrite this set of ODEs in matrix form,⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
dq2n
d̃ta

dq1n
d̃ta

dqFn
d̃ta

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠ = (2n− 1)2

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
−
(

1
τ2

+ Tr21
τ1Tr1F

) Tr21
τ1Tr1F

0
1
τ1

−
(

1
τ1

+ Tr1F
τF J

) Tr1F
τF J

0 1
τF

− 1
τF

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠
⎛⎜⎜⎜⎜⎜⎜⎜⎜⎝

q2n

q1n

qFn

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎠ (74)

where the initial conditions for the system of equations are,

qF(ta = 0) = qiF (75)

q1(ta = 0) = 0 (76)

q2(ta = 0) = 0 (77)

After solving Equation (70), we can get the nth flow rate in combination with the initial conditions.
The flow rate is the summation of them. By converting the summation to an indefinite integral, the
analytical solution in real-time space can be derived as follows (details are shown in Appendix B),

qF = β3qiFa3eλ1̃ta − β2qiFa6eλ2̃ta + β1qiFa9eλ3̃ta +
β3a3qiF

√
π

4
√∣∣∣λ1̃ta

∣∣∣ er f c
(
3
√∣∣∣λ1̃ta

∣∣∣)
− β2a6qiF

√
π

4
√∣∣∣λ2̃ta

∣∣∣ er f c
(
3
√∣∣∣λ2̃ta

∣∣∣)+ β1a9qiF
√
π

4
√∣∣∣λ3̃ta

∣∣∣ er f c
(
3
√∣∣∣λ3̃ta

∣∣∣) (78)

In Equation (78), the defined parameters are,

β1 =
a1(a1a5 − a2a4)

(a1a9 − a3a7)(a1a5 − a2a4) − (a1a8 − a2a7)(a1a6 − a3a4)
(79)

β2 =
a1a8 − a2a7

a1a5 − a2a4
β1 (80)

β3 =
β2a4 − a7

a1
β1 (81)

where λ1, λ2, and λ3 are the eigenvalues of matrix in the Equation (74), a1 ∼ a9 are all the values in the
eigenvector of matrix in the Equation (75), β1, β2, and β3 are all the coefficients.

In our model, shale gas in region 2 must firstly flow into region 1 and then into the hydraulic
fracture region and finally into the wellbore. Therefore, the flow rate in hydraulic fracture is equal to
that in the wellbore. From the final solution, we can find that the flow rate is related to six variables.
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Through fitting the production data, these variables can be obtained and then the solution can be used
for production analysis and forecasting.

3.2. Model Validation with Numerical Models

In order to verify the derived analytical solution, a numerical model is built with the commercial
Eclipse reservoir simulator for comparing with the previous physical model, which is one-quarter of
the volume around one hydraulic fracture. The numerical model has 27 grid cells in the x-direction,
50 grid cells in the y-direction, and only one grid cell in the z-direction. In order to capture the transient
flow towards the hydraulic fracture, local grid refinement in x-direction is constructed. The top view
of the model is shown in Figure 2, where the first column of grids represents half-length of hydraulic
fracture, and the horizontal well located in the first row of the grids along the x-direction. The blue
region represents the region 2 in which the gas adsorption plays an important role, while the red one is
the region 1. Table 1 summarizes the input parameters used in the numerical models, which include
the reservoir conditions, hydraulic conductivity, gas adsorption, and non-Darcy flow parameters.

Figure 2. Reservoir grid for the numerical model. The red grids are the high-permeability region and
the blue ones are the low-permeability region.

Table 1. Summary of input parameters for the synthetic numerical model.

Parameter Value

Model dimension (X × Y × Z) (ft) 80 × 500 × 10
Initial pressure (Psi) 2500

Bottom-hole pressure (Psi) 500
Temperature (K) 318.15

Langmuir volume (Mscf/ton) 0.096
Langmuir pressure (Psi) 650

Compressibility (10−6 Psi−1) 7.5
Matrix porosity 0.06

Fracture porosity 0.08
Permeability of hydraulic fracture (mD) 500

Permeability in region 2 (mD) 0.0005
Permeability in region 1 (mD) 0.01

Fracture width (ft) 0.1
D-factor (Day/Mscf) 0.0012

In deriving the new analytical solution in this study, the pressure dependence of gas properties is
considered using pseudo-pressure and pseudo-time. However, the results from the numerical models
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are gas rate versus real time. Therefore, the necessary step is to transform the numerical simulation
results of gas rate with time into pseudo-time and then fit with the new model. Figure 3 presents the
result analysis. According to the previous definition, the relationship between the pseudo-time and
real time is shown in Figure 3a. The plot of 1/q vs. square root pseudo-time for regime diagnosis is
shown in Figure 3b. The comparison of production rates obtained from numerical simulation and our
analytical model is presented in Figure 3c. The blue dotted line represents the relationship between
gas rate and pseudo-time, whereas the red one indicates that from the derived analytical solution.
It can be seen that the results from the simulator and the analytical solution agree well with each other.
Due to the high velocity gas flow in hydraulic facture region, the time constant in hydraulic fracture
(0.001 days) is too short to be observed. Therefore, four flow regimes are identified in Figure 4. Regime
1 exhibits a half-slope straight line on the log-log plot and represents the transient linear flow in region 1.
The permeability in this region is higher and hence the time constant in this region is shorter and nearly
22 days. Then an exponential curve of regime 2 indicates that the boundary of region 1 is reached,
which is called the boundary-dominated flow in region 1 or inner-boundary-dominated flow. After that,
the pressure propagates into the region 2. As for regime 3, it still presents an expected straight line
with a half-slope signature. In our model, the permeability of region 2 is low-permeability matrix
and thus the time constant is relatively longer (209 days). Regime 4 is the outer-boundary-dominated
flow, which is affected by the boundary of region 2. Table 2 summarizes the four model parameters
after fitting.

Figure 3. The result analysis for Case 1. (a) Comparison of the relationship between pseudo-time
and time. (b) The plot 1/q vs. square root pseudo-time for regime diagnosis. (c) Comparison of the
relationship between gas rate and pseudo-time. (Regime 1: transient linear flow in region 1 with slope
-1/2. Regime 2: boundary-dominated flow for region 1. Regime 3: transient linear flow in region 2 with
slope -1/2. Regime 4: boundary-dominated flow for region 2).
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Figure 4. Reservoir grid for the numerical cases showing different shapes of stimulated region. The red
grids are the stimulated region and the blue ones are the low-permeability region.

Table 2. Model parameters used in the analytical model for validation against numerical simulation.

Parameter Value

τF (days) 0.001
τ1 (days) 22
τ2 (days) 209
Tr21/Tr1F 0.09

Tr1F/J 1.18
qiF (Mscf/D) 109

Based on the output parameters, we can predict the values of physical parameters to further
validate our model according to the following step-by-step procedure:

Step 1: Calculate the productivity index.
As defined above, we can calculate the productivity index J combined with the values of initial

rate qiF initial pseudo-pressure m(pi) and pseudo-bottom-hole pressure m(pw f ).
Step 2: Calculate the transmissibility between fractures and region 1 and region 1 and region 2.
Among the output parameters, we can obtain the ratio of transmissibility (Tr21/Tr1F, Tr1F/J).

Considering the calculated value in Step 1, the transmissibility can be calculated (Tr21, Tr1F).
Step 3: Calculate the pore volume of hydraulic fracture region, region 1, and region 2.
By transforming the formula that we defined in Equations (71)–(73), the pore volumes of different

regions (VpF, Vp1, Vp2) can be obtained by:

VpF =
JτF

CF
Vp1 =

τ1Tr1F
C1

Vp2 =
τ2Tr21

C2
(82)

Following the above steps, we calculate the physical parameters in the numerical case as shown in
Table 3 to compare with the given data. It shows that our model solution is correct within the accepted
error bound. Among them, Vg and Vc express the given volume and calculated volume, respectively.

Table 3. Inferred parameter values according to the fitting results.

Parameter Given Data Calculated Value
Relative Error

(Vg-Vc)/ Vg × 100%

VpF (ft3) 40 38.37 4.1%
Vp1 (ft3) 5970 5954 0.3%
Vp2 (ft3) 18,000 17,455 3.0%

3.3. Irregular Stimulated Region with One Hydraulic Fracture

In this section, three numerical cases with only one hydraulic fracture are designed for investigating
the applicability of the analytical model for irregular stimulated region in Figure 4. For the three
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numerical cases, the input parameters are the same with the Case 1 except for the model dimensions.
These three cases are identical with 31 grid cells in the x-direction, 51 grid cells in the y-direction, and
only one grid cell in the z-direction, which represent the volume of 214 × 521 × 10 ft3. For Case 2,
there is a rectangular stimulated region (region 1). As for Case 3, the stimulated region is irregular but
symmetrical. In order to better describe the real condition, the stimulated region in Case 4 is designed
to be neither regular nor symmetrical. The D-factor in hydraulic fracture is set as 0.0012 to represent
the high-velocity non-Darcy flow.

In general, the results from the simulator and the analytical solution fit very well, as shown in
Figure 5. There are also four flow regimes in the three cases. Comparing with Case 1 and Case 2, there
are deviations for the cases with irregular stimulated region. The deviations are caused by the irregular
inner boundary. Due to the irregular shapes of region 1, the time when the pressure propagates to inner
boundaries changes with the distance away from the wellbore in different parts of inner boundary.
However, the analytical solution is derived based on the regular inner boundary conditions. For the
same reason, the variable starting time in regime 2 results in the deviation in the early time of the third
flow regime. The flow time in regime 3 is long enough, thus, the curves in this regime fit well with
each other at late time. For the three cases, the outer boundaries are identical and therefore the curves
in the fourth regime also agree well with each other. According to the results summarized in Table 4,
we can observe that the estimated results shown in Figure 5 are acceptable within engineering accuracy.
In conclusion, our analytical solution is feasible for both regular and irregular region conditions.

Figure 5. Comparison of the relationship of gas rate vs. pseudo-time from the numerical cases and new
analytical solution. (a) Comparison of the relationship of gas rate vs. pseudo-time from the Case 2 and
new model. (b) Comparison of the relationship of gas rate vs. pseudo-time from the Case 3 and new
model. (c) Comparison of the relationship of gas rate vs. pseudo-time from the Case 4 and new model.
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Table 4. Inferred parameter values according to fitting results.

Case τF τ1 τ2 Tr21/Tr1F Tr1F/J
qiF

(Mscf/D)
Given Data

(ft3)
Calculated Data

(ft3)
Relative

Error

Case 2 0.02 9 97 0.04 1.6 327
VpF = 31 VpF = 32 3%

Vp1 = 26,258 Vp1 = 25,137 4.3%
Vp2 = 37,512 Vp2 = 35,343 5.8%

Case 3 0.01 9 189 0.05 1.4 252
VpF = 31 VpF = 29 6.5%

Vp1 = 20,084 Vp1 = 21,123 5.2%
Vp2 = 43,686 Vp2 = 42,387 3%

Case 4 0.02 11 106 0.05 1.3 316
VpF = 31 VpF = 30 3.2%

Vp1 = 24,145 Vp1 = 25,155 4.2%
Vp2 = 39,625 Vp2 = 40,135 1.3%

3.4. Irregular Stimulated Regions with Several Hydraulic Fractures

In order to further validate the applicability in irregular region of the new derived model, three
more numerical cases of multifractured horizontal wells are designed, as shown in Figure 6. These three
cases have the identical dimension with 163 grid cells in the x-direction, 63 grid cells in the y-direction,
and only one grid cell of 10 ft in the z-direction. The length of the horizontal well is 762 ft with
10 hydraulic fractures equally spaced along the x-direction. For Case 5, the stimulated regions are
all the same regular and symmetrical regions. As a comparison, the stimulated regions in Case 6
are all irregular but symmetrical regions. Meanwhile, there is no interference between fractures in
Case 5 and Case 6 and the length of the hydraulic fractures is 352 ft in Case 5 and 464 ft in Case 6.
As for Case 7, all the stimulated regions around each hydraulic fracture are different, irregular, and
asymmetric. The length of 10 hydraulic fractures ranges from 288 to 432 ft and there is interference
between fractures. The other input parameters are the same with Case 1.

Figure 6. Reservoir grid for multifractured horizontal well (MFHWs).

Figure 7 shows the comparison of gas rate versus pseudo-time obtained from numerical simulations
and the new analytical solutions. It can be seen that the results agree very well. Four regimes are
also identified. The linear flow time in region 1 based on the fitting results is 9, 7, and 5 days for the
three cases, respectively. Then it displays the boundary flow of region 1, which lasts until about the
100th day. The time constant in region 2 is 72, 79, and 91 days, respectively. Finally, the boundary
flow of region 2 lasts for hundreds of days. We can obtain that the decline rate of gas production is
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faster during regimes 1 and 2 and thus the regimes 3 and 4 can last for a longer time. Therefore, for
the shale gas reservoir, it is crucial to enhance the volume of stimulated regions to keep a longer high
production period. Meanwhile, the contribution of gas adsorption mainly reflects in regimes 3 and
4. It helps to extend the stable production period. According to the output parameters after fitting
with the numerical cases, we can calculate the volume of the hydraulic fracture region, region 1, and
region 2, as shown in Table 5. Considering that the relative errors meet the requirement of engineering
accuracy, our new model is also suitable for the multifractured horizontal well.

Figure 7. Comparison of the relationship of gas rate vs. pseudo-time from the numerical cases and new
analytical solution. (a) Comparison of the relationship of gas rate vs. pseudo-time from the Case 5 and
new model. (b) Comparison of the relationship of gas rate vs. pseudo-time from the Case 6 and new
model. (c) Comparison of the relationship of gas rate vs. pseudo-time from the Case 7 and new model.

Table 5. Inferred parameters value according to fitting results.

Case τF τ1 τ2 Tr21/Tr1F Tr1F/J
qiF

(Mscf/D)
Given Data

(ft3)
Calculated Data

(ft3)
Relative

Error

Case 5 0.02 9 72 0.03 1.6 990
VpF = 21 VpF = 23 9.5%

Vp1 = 106,022 Vp1 = 103,820 2.1%
Vp2 = 105,281 Vp2 = 98,054 6.7%

Case 6 0.03 7 79 0.03 2.4 937
VpF = 28 VpF = 27 6.5%

Vp1 = 81,062 Vp1 = 79,302 2.2%
Vp2 = 130,234 Vp2 = 125,139 3.8%

Case 7 0.02 5 91 0.05 1.9 911
VpF = 24 VpF = 23 4.2%

Vp1 = 67,264 Vp1 = 66,097 1.7%
Vp2 = 144,036 Vp2 = 151,950 5.5%

3.5. Application to Field Case

The previous section demonstrated the accuracy of the derived analytical solution for production
analysis. In this section, we apply the method to history matching and forecasting of field data in a
shale gas reservoir. The gas well is selected for its relatively long production history and availability of
pressure data. The main work flow is as follows:
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• Apply the given parameters and gas material balance equation to transform the time into
pseudo-time and pressure into pseudo-pressure.

• Make a diagnostic plot of production rate vs. pseudo-time.
• Analyze the diagnostic plot to identify flow regimes.
• Fit Equation (75) to the production data to obtain the model parameters τF, τ1, τ2, Tr21/Tr1F, Tr1F/J,

and qiF.
• Output the model parameters until a satisfactory matching is obtained.
• Following the step-by-step procedure to calculate the volume of hydraulic fracture region, region

1, and region 2.
• Make forecast of production rate with the model parameters.

We chose a horizontal well called Well B-15 with multiple fracture stages from Barnett shale [40].
The general data of the well for analysis is listed in Table 6. The well was produced under constant
pressure and even for short early variable p/q the constant pressure was also applicable [41]. Firstly,
we transformed the time into pseudo-time and the relationship between pseudo-time and time is
shown in Figure 8a. The plot of 1/q vs. square root pseudo-time for regime diagnosis is shown in
Figure 8b. Then the log-log diagnostic plot of gas rate versus pseudo-time was obtained, which
exhibits a half-slope straight line in Figure 8c. According to the previous analysis, the flow time in
matrix is longer and the decline rate in region 2 is slower. Therefore, the half-slope linear flow was
diagnosed as the regime 3. Following the work flow, the next step was to match our model to the
production data. The results of history matching and forecasting is shown in Figure 8c. The red marks
in Figure 8c represent the production data and the green ones represent the analytical solution for
history matching. It indicates a good matching. The six model parameters obtained from history
matching are summarized in Table 7. Based on the parameters, we forecast the gas rate represented by
the black markers in Figure 8c. According to the step-by-step procedure, we calculated the volume of
the hydraulic fracture region as 89 ft3, the volume of stimulated region as 84.2 MMscf, and the volume
of region 2 as 1784.2 MMscf. It is essential for increasing high production period by extending the
volume of the stimulated region and decreasing the decline rate in the stimulated region.

Figure 8. Summary of production profiles for the field example. (a) The relationship between time
and pseudo-time. (b) The plot 1/q vs. square root pseudo-time for regime diagnosis. (c) The results of
history-matching and forecasting on log-log plot.

191



Energies 2020, 13, 5899

Table 6. Summary of the reservoir parameters for analysis.

Parameter Value

Initial pressure (Psi) 2950
Bottom-hole pressure (Psi) 480

Temperature (K) 344.3
Langmuir volume (Scf/ton) 96

Langmuir pressure (Psi) 650
Compressibility (Psi−1) 4 × 10−6

Porosity 0.06

Table 7. Model parameters used in the analytical model for application in the field example.

Parameter Value

τF (days) 0.01
τ1 (days) 11
τ2 (days) 3105
Tr21 / Tr1F 0.075

Tr1F / J 0.86
qiF (Mscf/D) 19,041

4. Discussion

The results of this study can be summarized as four types: (1) derivation of the approximate
analytical solution; (2) validation of the solution against different numerical models; (3) introducing a
step-by-step procedure to predict the values of physical parameters; (4) application of the analytical
model in the field case.

Result 1 is one of the novelty of the article. The model contains three regions and effectively
accounts for non-Darcy flow in the hydraulic fractures, and gas adsorption and slippage in the matrix.
During the derivation process, the governing PDEs are transformed into ordinary differential equations
(ODEs) by integration, instead of the Laplace transform. There is no doubt that Laplace transform
works extremely well. However, there are still some problems: (1) the first step for Laplace transform
is dimensionless transformation. For some dimensionless variables such as dimensionless time,
dimensionless pressure, dimensionless production, and so on, more inputs are needed and many are
even estimated, which will lead to calculation error. (2) The numerical inversion is an essential step for
converting Laplace space into real-time space. Among them, Stefest numerical inversion algorithm is
most commonly used. In this algorithm, the number of inversion items N is uncertain. The improper
value will result in deviations in real time. Certainly, Result 1 also has some imperfections. For example,
a dual-porosity model with Knudsen diffusion [6] would be more representative and the heterogeneity
deserves further study.

Result 2 is the key section in the article. Seven numerical cases were set for verification. According
to the fitting results, it shows that the analytical solution is feasible for the irregular and asymmetric
stimulated regions in a multifractured horizontal well. Considering that the shapes of the enhanced
fracture regions are unknown in real cases, we creatively set three types of stimulated regions: regular
region, irregular region, and very irregular region. At least, the validation results show that our model
is robust.

Result 3 is another novelty of our work. It introduced a step-by-step procedure to calculate
inversion parameters. Comparing with the given volumes and calculated volumes from case 1 to
case 7, the model is also verified to meet the engineering requirements. Considering the simplifying
assumptions, the model may need to be improved and the accurate microseismic data would be
required to make further verification.

Result 4 is the most important section. Considering the decline characteristics of shale gas, the
constant rate case is not as important as the constant pressure case for long term performance of
tight/shale formations. Therefore, our model is derived based on the constant bottom-hole pressure
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condition, and namely one of limitations for our model is that it cannot be applied in a constant
rate case. The second limitation is the data continuity, because the prerequisite for the model to
make accurate prediction is great fitting. As for the discontinuous data like data missing, shut-in, or
pressure/production jump, our model is not applicable. Combined with the assumption of single-phase
flow in this work, the multiphase flow problem cannot be solved by this analytical solution. Gas–water
two-phase flow is the most common in shale gas reservoirs, so our future work is to derive the new
analytical solution for gas–water two-phase flow.

5. Conclusions

In this paper, we presented a practical analytical model to study the performance of MFHWs from
shale gas reservoirs. Numerical models have been used to validate the analytical solutions and an
excellent agreement was obtained. The following conclusions are drawn from this work:

• A simple rate versus pseudo-time relationship is presented to account for transient linear and
boundary-dominated flow periods in shale gas formation.

• Incorporating the effect of gas adsorption, non-Darcy flow, and slippage flow in the analytical
model by defining the modified pseudo-pressure and pseudo-time, accuracy is improved in
production forecast in shale gas reservoir.

• Comparing to the Laplace-transform solution, our analytical model is derived in real-time space
and it is unnecessary to undertake dimensionless transformation and numerical inversion. It is
more applicable in field scale.

• Through the model parameters obtained from history matching the field data, the production rate
and cumulative production can be forecasted. In addition, the pore volume of different regions can
also be calculated by step-by-step procedure, which was validated to be feasible for the irregular
and asymmetric stimulated regions in multifractured horizontal wells. According to the results,
the calculation accuracy is less than 10% and meets the engineering requirements.
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Nomenclature

V the volume of the adsorbed gas, ft3

P the reservoir pressure, Psi
VL Langmuir volume
PL Langmuir pressure
C f rock compressibility, Psi−1

Cw water compressibility, Psi−1

Cg free gas compressibility, Psi−1

Cgd adsorbed gas compressibility, Psi−1

Ct total compressibility, Psi−1

Ct
∗ modified total compressibility, Psi−1

Bg gas reservoir volume factor
z∗ modified compressibility factor
z compressibility factor
Zsc standard compressibility factor
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T reservoir temperature, K
Tsc standard condition temperature, K
Psc standard condition pressure, Psi
p average reservoir pressure, Psi
kiF hydraulic fracture permeability, mD
kF

eq equivalent hydraulic fracture permeability, mD
km

a matrix permeability, mD
km∞ intrinsic permeability, mD
ki1 region 1 permeability, mD
ki2 region 2 permeability, mD
r pore radius, ft
R the universal gas constant
M the gas molecular weight
Kn Knudsen number
Vb volume of the region
Vp pore volume of the region
qiF initial production rate from the hydraulic fracture region
qi1 initial production rate from region 1
qi2 initial production rate from region 2
t production time, days
ta pseudo-time, days
taF pseudo-time in fracture region, days
taF pseudo-time in region 1, days
ta2 pseudo-time in region 2, days
t̃a approximate pseudo-time, days
m2(p) pseudo-pressure in region 2
m1(p) pseudo-pressure in region 1
mF(p) pseudo-pressure in hydraulic region
m2 (p) average pseudo-pressure in region 2
m1 (p) average pseudo-pressure in region 1
mF (p) average pseudo-pressure in fracture region
w/2 half-width of hydraulic fracture, ft
x1 region 1 impact distance, ft
x2 half distance between fractures, ft
ye half-length of macro-fracture, ft
ze depth of top reservoir, ft
z0 depth of bottom reservoir, ft
τ1 region 1 constant time, days
τ2 region 2 constant time, days
τF hydraulic region constant time, days
Tr21 transmissibility between region 1 and region 2, STB/D/psi
Tr1F transmissibility between microfracture and matrix, STB/D/psi
J hydraulic fracture region production index, STB/D/psi
VpF pore volumes of hydraulic region
Vp1 pore volumes of region 1
Vp2 pore volumes of region 2
α correlation parameter
β non-Darcy flow coefficient
φ porosity
ρm matrix density, g/cm3

μ fluid viscosity, cp
v gas flow velocity
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Appendix A Derivation of the Average Pseudo-Pressure

The solution to the 1-D linear oil flow with constant-pressure boundary condition is given by [27]:

pD = 1 +
4
π

∞∑
n=1

(−1)n

2n− 1
e−(

(2n−1)π
2 )

2
tD cos

(
(2n− 1)π

2
xD

)
(A1)

For the shale gas case, the pressure and time should be replaced by pseudo-pressure and pseudo-time shown
in Equations (17) and (19). Following the same step, we derive the general solution applied for the 1-D linear gas
flow with constant-pressure boundary condition.

mD(p) = 1 +
4
π

∞∑
n=1

(−1)n

2n− 1
e−(

(2n−1)π
2 )

2
taD cos

(
(2n− 1)π

2
xD

)
(A2)

where
mD =

m(pi)−m(p)
m(pi)−m(pw f )

is the dimensionless reservoir pseudo-pressure.

taD = kta
φμctL is the dimensionless pseudo-time.

xD = xe−x
xe−xw f

is the dimensionless distance in the x-direction.
Similarly, the production rate can be obtained as,

qD = 2e−(
(2n−1)π

2 )
2
taD (A3)

According to the definition of volume-weighted average pseudo-pressure,

m(p) =

∫
V

m(p)dV∫
V

dV
(A4)

Therefore,

mD (p) =

∫ xD

1 1 + 4
π

∞∑
n=1

(−1)n

2n−1 e−(
(2n−1)π

2 )
2
taD cos

(
(2n−1)π

2 xD

)
dxD∫ xD

1 dxD
(A5)

Performing the integration results in,

mD (p) = 1 + 8
π2

∞∑
n=1

(−1)n

(2n−1)2 e−
(2n−1)2π2

4 taD sin (2n−1)π
2

(A6)

For odd values of n, sin (2n−1)π
2 is positive unity and (−1)n is negative unity. As a result, the product of these

two coefficients is always negative. Equation (A6) can be rewritten as,

mD (p) = 1− 8
π2

∞∑
n=1

1

(2n− 1)2 e−
(2n−1)2π2

4 taD (A7)

Substituting the Equation (A3) into the Equation (A7), we can obtain that,

mD (p) = 1− 4
π2

∞∑
n=1

qD

(2n− 1)2 (A8)

Transforming the Equation (A8) into dimensional form, Equation (A8) can be rewritten as,

m(p) = m(pw f ) +
4
π2 [m(pi) −m(pw f )]

∞∑
n=1

qDn

(2n− 1)2 (A9)
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Appendix B Solution of the System of ODEs

To solve the systems of ODEs in Equation (71), we extract the coefficient matrix as,

An =

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
−
(

1
τ2

+ Tr21
τ1Tr1F

)
Tr21
τ1Tr1F

0
1
τ1

−
(

1
τ1

+ Tr1F
τF J

)
Tr1F
τF J

0 1
τF

− 1
τF

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠
3×3

(A10)

For the 3× 3 matrix, we can obtain three eigenvalues λ1, λ2, λ3 and three eigenvectors ξ1, ξ2, ξ3 where

ξ1 =

⎛⎜⎜⎜⎜⎜⎝ a1
a2
a3

⎞⎟⎟⎟⎟⎟⎠ξ2 =

⎛⎜⎜⎜⎜⎜⎝ a4
a5
a6

⎞⎟⎟⎟⎟⎟⎠ξ3 =

⎛⎜⎜⎜⎜⎜⎝ a7
a8
a9

⎞⎟⎟⎟⎟⎟⎠ (A11)

Combining the eigenvalues and eigenvectors, we obtain the solution of the ODEs,⎛⎜⎜⎜⎜⎜⎝ q2n
q1n
qFn

⎞⎟⎟⎟⎟⎟⎠ = (2n− 1)2

⎡⎢⎢⎢⎢⎢⎣C1

⎛⎜⎜⎜⎜⎜⎝ a1
a2
a3

⎞⎟⎟⎟⎟⎟⎠e(2n−1)2λ1ta + C2

⎛⎜⎜⎜⎜⎜⎝ a4
a5
a6

⎞⎟⎟⎟⎟⎟⎠e(2n−1)2λ2ta + C3

⎛⎜⎜⎜⎜⎜⎝ a7
a8
a9

⎞⎟⎟⎟⎟⎟⎠e(2n−1)2λ3ta

⎤⎥⎥⎥⎥⎥⎦ (A12)

where C1, C2, and C3 are unknown constants.
According to the initial assumption in Equations (72)–(74), we can calculate the value of C1, C2, and

C3C1 = β3qiF C2 = −β2qiF C3 = β1qiF (A13)

Where

β1 =
a1(a1a5 − a2a4)

(a1a9 − a3a7)(a1a5 − a2a4) − (a1a8 − a2a7)(a1a6 − a3a4)

β2 =
a1a8 − a2a7
a1a5 − a2a4

β1

β3 =
β2a4 − a7

a1
β1

Therefore, we obtain the function of the final rate,

qFn = (2n− 1)2
(
β3a3qiFe(2n−1)2λ1ta − β2a6qiFe(2n−1)2λ2ta + β1a9qiFe(2n−1)2λ3ta

)
(A14)

To obtain the total production rate, we summate the Equation (A14),

qF =
∞∑

n=1
qFn = β3a3qiFeλ1ta − β2a6qiFeλ2ta + β1a9qiFeλ3ta

+
∞∑

n=1
(2n− 1)2

(
β3a3qiFe(2n−1)2λ1ta − β2a6qiFe(2n−1)2λ2ta + β1a9qiFe(2n−1)2λ3ta

) (A15)

Through converting the summation to an integral,

qF = β3a3qiFeλ1ta − β2a6qiFeλ2ta + β1a9qiFeλ3ta

+ lim
z→∞

z∫
3
√|λ1 |ta

(
β3a3qiFe−z2ta − β2a6qiFe

λ2
|λ1 | ta + β1a9qiFe

λ3
|λ1 | ta

)
dz

2
√|λ1 |ta

(A16)

Adopting the complementary error function, the rate versus pseudo-time function can be

qF = β3a3qiFeλ1ta − β2a6qiFeλ2ta + β1a9qiFeλ3ta +
β3a3qiF

√
π

4
√|λ1ta | er f c

(
3
√|λ1ta|

)
− β2a6qiF

√
π

4
√|λ2ta | er f c

(
3
√|λ2ta|

)
+
β1a9qiF

√
π

4
√|λ3ta | er f c

(
3
√|λ3ta|

) (A17)
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Abstract: Given reliable parameters, a newly developed semianalytic model could offer an efficient
option to predict the performance of the multi-fractured horizontal wells (MFHWs) in unconventional
gas reservoirs. However, two major challenges come from the accurate description and significant
parameters uncertainty of stimulated reservoir volume (SRV). The objective of this work is to develop
and calibrate a semianalytic model using the ensemble smoother with multiple data assimilation
(ES-MDA) method for the uncertainty reduction in the description and forecasting of MFHWs with
nonuniform distribution of induced fractures. The fractal dimensions of induced-fracture spacing (dfs)
and aperture (dfa) and tortuosity index of induced-fracture system (θ) are included based on fractal
theory to describe the properties of SRV region. Additionally, for shale gas reservoirs, gas transport
mechanisms, e.g., viscous flow with slippage, Knudsen diffusion, and surface diffusion, among
multi-media including porous kerogen, inorganic matter, and fracture system are taken into account
and the model is verified. Then, the effects of the fractal dimensions and tortuosity index of induced
fractures on MFHWs performances are analyzed. What follows is employing the ES-MDA method
with the presented model to reduce uncertainty in the forecasting of gas production rate for MFHWs
in unconventional gas reservoirs using a synthetic case for the tight gas reservoir and a real field case
for the shale gas reservoir. The results show that when the fractal dimensions of induced-fracture
spacing and aperture is smaller than 2.0 or the tortuosity index of induced-fracture system is larger
than 0, the permeability of induced-fracture system decreases with the increase of the distance from
hydraulic fractures (HFs) in SRV region. The large dfs or small θ causes the small average permeability
of the induced-fracture system, which results in large dimensionless pseudo-pressure and small
dimensionless production rate. The matching results indicate that the proposed method could enrich
the application of the semianalytic model in the practical field.

Keywords: history matching; semianalytic model; unconventional gas reservoirs; multistage fractured
horizontal wells; fractal theory

1. Introduction

Unconventional reservoirs, especially the tight sand and shale reservoirs, have become more and
more significant with the development of the horizontal wells and hydraulic fracturing technologies.
The complex fracture network surrounding the multistage fractured horizontal wells (MFHWs) called

Energies 2020, 13, 3718; doi:10.3390/en13143718 www.mdpi.com/journal/energies199
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stimulated reservoir volume (SRV), has obvious influences on the production performance [1–3].
Currently, a lot of effort has been done to model the pressure transient and rate transient of MFHWs
aiming to forecast the production accurately. Through numerical methods, analytical methods,
and empirical methods [4–7], production data analysis in unconventional reservoirs, such as Barnett,
Bakken, and Eagle, shows that the linear flow in formation, especially in hydraulic fractures (HFs)
and SRV, dominates the production of MFHWs. Meanwhile, the advantage of analytic models is their
simplicity and less parameters compared with numerical and empirical models, although they cannot
characterize the over-complex heterogeneity properties and fracture system. Thus, considering the
main flow regimes in the life of MFHWs in unconventional gas reservoirs, various linear flow models
based on linear-flow assumptions have been developed. Ozkan et al. [8] and Brown et al. [9] reported
a trilinear model to study the performance of MFHWs in unconventional reservoirs, which divides the
formation into three main regions. In order to describe the SRV size between HFs more reasonably,
Stalgorova and Matter [10] improved the trilinear model to a five-linear model by simplifying SRV in a
region with limited width. On this basis, many scholars studied the production rate or pressure transient
performances of MFHWs in unconventional reservoirs [11,12]. Although the models mentioned above
can simulate the main linear-flow regimes in both SRV and unstimulated reservoir volume (USRV),
the heterogeneous distribution of complex induced fractures are not considered in SRV region, which
is the major distinct properties between SRV and USRV as shown in Figure 1.

 

Figure 1. Simplified physical model and three typical presented linear-flow models for a multi-fractured
horizontal wells (MFHW) in unconventional reservoirs.

The distribution of induced fractures system in SRV affected by HFs and the pre-existing closed
natural fractures (NFs) with self-similar characterization can be described by fractal theory [13–15].
Chang and Yortsos [16] quantified the heterogeneous permeability and porosity of NFs using fractal
theory. Then, Cossio et al. [17] introduced the fractal permeability/porosity relation [18] into the
fractal diffusivity equation (FDE), which proved to be more fundamental than the classical diffusivity
equation. Wang et al. [19] combined FDE with dual-porosity media model in the trilinear model to
describe oil flow in SRV region of MFHWs in tight reservoirs, and their model provided a suitable way
to study the flow behaviors in heterogeneous induced fractures systems. Sheng et al. [20] extended the
fractal trilinear model to shale gas reservoirs coupling multi-porosity media (porous kerogen, inorganic
matter, and induced-fracture) with multiple gas transport mechanisms (viscous flow with slippage,
Knudsen diffusion, and surface diffusion). However, they did not consider the unstimulated reservoir
volume (USRV) between HFs, which cannot accurately describe the microseismic results. In addition,
the fracture porosity and permeability distribution affected by the distribution of induced-fracture
spacing and aperture, but there are limited reports about the calculation methods for the non-uniform
distribution of induced fractures spacing and aperture using fractal theory [21].
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History matching to estimate the critical parameters of formation and hydraulic fracturing and
rate prediction of MFHWs plays important roles in unconventional reservoirs based on the numerical
and analytic models. Samandarli et al. [22] presented a semianalytic method to estimate reservoir
parameters by history matching the production data of hydraulically fractured shale gas wells using a
least absolute value regression. Correction for gas properties changing with time and desorbed gas at
low pressure was considered in the model. According to the algebraic equations, bilinear flow regime
and linear flow regime were used to match both synthetic data and field data by doing regression
on matrix permeability, fracture permeability, and length. Hategan and Hawkes [23] used a simple
analytical model based on the solution of the pseudo-steady state equation to analyze the production
of MFHWs in shale gas reservoirs, and thought most shale gas reservoirs fit different type curves by
normalizing to reservoir pressure, permeability, and number of fracture stages. Considering the effect
of pressure-dependent natural-fracture permeability on production from shale gas wells, Cho et al. [24]
modified the trilinear flow model to match the production data of Haynesville and Barnett shale
gas wells. The reservoir properties and the correlation coefficients used for the pressure-dependent
permeability were matched ignoring the non-uniqueness issues caused by the large number of
parameters. Ogunyomi et al. [25] developed an approximate analytical solution to the double-porosity
model for MFHWs in unconventional oil reservoirs. Due to the solution obtained in real-time space,
the model was used to match the field data with the least-square method mainly by changing the
parameters related to time, and forecast the production rates. Clarkson et al. [26] combined analytical,
semi-analytical, and empirical methods for history matching and production forecasting for MFHWs
in tight and shale gas reservoirs. Linear-to-boundary (LTB) model [27], composite model [9,10],
and semi-analytical model (SAM) [26] were used to match the field data by fitting the parameters of
SRV and unstimulated region. Chen et al. [28] proposed a comprehensive semi-analytical model for
MFHWs considering the shale gas flow mechanisms. The unknowns including the well length, fracture
number, conductivity, and length were determined by history matching. Yao et al. [7] developed an
analytical multi-linear model based on linear flow and radial flow assumption. Permeability and
length of different regions, and fracture length were estimated by history matching with several field
data. Therefore, the semianalytic models coupling with history matching methods can be applied for
not only obtaining some critical parameters for MFHWs but also predicting the production rate.

The objective of this paper is development and calibration of a semianalytic model for shale wells
with nonuniform distribution of induced fractures based on ensemble smoother with multiple data
assimilation (ES-MDA). The fractal dimensions of induced-fracture spacing and aperture and tortuosity
index of induced-fracture system are included based on fractal theory to describe the properties of
SRV region. For shale gas reservoirs, gas transport mechanisms (viscous flow with slippage, Knudsen
diffusion, and surface diffusion) among multi-media (porous kerogen, inorganic matter, and fracture
system) are taken into account and the model is verified. The effects of the fractal dimensions and
tortuosity index of induced fractures on MFHWs performances are analyzed. Then, we employ the
ES-MDA method with the presented model to reduce uncertainty in the forecasting of gas production
rate for MFHWs in unconventional gas reservoirs using a synthetic case for the tight gas reservoir and
a real filed case for the shale gas reservoir. The matching results indicate that the proposed approach
could enrich the application of the semianalytic model in the practical field. Finally, some conclusions
are drawn and presented based on the results and analysis.

2. Fractal Semianalytic Model for Mfhws in Unconventional Gas Reservoirs

As shown in Figure 2, the basic workflow of a new semianalytic model construction in this
study consisted of two main parts: firstly, for SRV, which dominates the productivity of MFHWs in
unconventional gas reservoirs, the fractal fracture spacing distribution (FFSD) was taken into account
to describe its heterogeneous properties instead of classical idealized dual-media model; secondly,
based on the linear flow assumption, combining with the linear models for unstimulated reservoir
volume (USRV) (original formation), a coupled fractal multi-linear flow model (FMFM) for MFHWs
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was developed. The detailed derivations of the FMFM for MFHWs in unconventional gas reservoirs
are presented in following sections.

Figure 2. Development of physical and mathematical models. (a) Map of micro-seismic monitoring
results; (b) simplified physical model presented in this study; (c) multi-linear mathematical model
presented in this study (modified from Sheng et al. [20]); (d) idealized homogeneous dual-media model
(IDMM) for stimulated reservoir volume (SRV) (modified from Warren and Root [29]); and (e) fractal
heterogeneous dual-media model (FDMM) for SRV.

2.1. Fractal Fracture Network Permeability and Porosity in SRV

Hydraulic fracturing creates the fracture network surround the horizontal well-bore and hydraulic
fracture. Due to differences in situ stress and fracture perforation position, the distribution of
induced-fracture properties including induced-fracture spacing and aperture are heterogeneous [21],
which affects the distribution of permeability and porosity of fracture network directly. Therefore,
the fractal dimensions for both induced-fracture spacing and aperture (dfs and dfa) are first discussed in
this section. Then the fracture network permeability and porosity are proposed (details are shown in
Appendix A). As shown in Figure 2c, using the fractal theory; thus, the fracture permeability can be
obtained by

k f (y) = ki− f (y)n(y)
Ap

Ar

dx
dL

= kw

(
y

yw

)3(d f a−2)+(d f s−2)−θ
, (1)

where kf is the fracture permeability, m2; μ is the fluid viscosity, Pa·s; Ar is the sectional-area of a REV,
m2; Ap is the sectional-area of induced-fracture, m2; dL is the flow length in the induced-fracture, m;
kw is the fracture permeability at the reference point, m2; yw is the position of reference point, m; n is
the number of fracture sites per unit thickness, m−1; dfs is the fractal dimension of induced-fracture
spacing; dfa is the fractal dimension of induced-fracture aperture; and θ is the tortuosity index of
induced fracture [30].

Moreover, the fracture porosity is given by [21]

φ f (y) = φi− f
b f (y)

b f (y) + s f (y)
= φw

(
y

yw

)d f s+d f a−4

, (2)

where φ f is the fracture porosity; φi− f is the single induced-fracture porosity; φw is the fracture porosity
at the reference point; sf is induced-fracture spacing, m; and bf is induced-fracture aperture, m.

Then, Equations (1) and (2) are the basic forms of fracture permeability and porosity considering
the fractal distribution in SRV of MFHWs in unconventional reservoirs. When yw = 0.1 m
and kw = 10 × 10−15 m2, the fracture permeability distribution with different fractal dimensions of
induced-fracture spacing and aperture (dfs and dfa) and tortuosity index of induced-fracture (θ) are
shown in Figure 3. The fracture permeability kf decreases if dfs < 2 and increases if dfs > 2 with the
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increase of the distance from the reference point yw as shown in Figure 3a. Meanwhile, the fracture
permeability kf decreases if dfa < 2 and increases if dfa > 2 with the increase of the distance from the
reference point yw as shown in Figure 3b. Figure 3c shows that the tortuosity index of induced-fracture θ
decreases when θ < 0 and increases when θ > 0 with the increase of the distance from the reference point
yw [31]. The reasons can be illustrated as follows: If dfs < 2 or dfa < 2, as the distance from the reference
point increases, the induced-fracture number or aperture decreases and the induced-fracture spacing
increases; if dfs = 2 or dfa = 2, as the distance from the reference point increases, the induced-fracture
number or aperture and the induced-fracture spacing are constants; if dfs > 2 or dfa > 2, as the
distance from the reference point increases, the induced-fracture number or aperture increases and
the induced-fracture spacing decreases; if θ > 0, the tortuosity of pores is more complex than that
when θ < 0. Therefore, for SRV, the fractal dimensions of nature fracture are usually reported from 1.3
to 1.7 [32].

  

(a) (b) 

 

(c) 

Figure 3. Fracture permeability distribution with different fractal dimensions of induced-fracture
spacing and aperture (dfs and dfa) and tortuosity index of induced-fracture (θ). (a) Fracture permeability
distribution in SRV with different values of dfs when dfa = 2 and θ = 0; (b) fracture permeability
distribution in SRV with different values of dfa when dfs = 2 and θ = 0; and (c) fracture permeability
distribution in SRV with different values of θwhen dfs = 2 and dfa = 2.

2.2. Transient Diffusivity Equations in SRV And USRV

Based on the trilinear model, a newly coupled FMFM was developed for MFHWs in unconventional
gas reservoirs as shown in Figure 2c, which followed the basic linear flow assumptions and some
simplifying assumptions: (1) the reservoir formation consisted of five regions including the hydraulic
fracture, the effective SRV and three USRV regions; (2) the fractal triple-media model (FTMM) was
applied to describe the heterogeneous characteristics of induced fractures in SRV, which consisted
of three media (fracture network, kerogen, and inorganic matter); (3) idealized dual-media model
(IDMM) was used to characterize the homogeneous properties of formation in USRV, which included
porous kerogen and inorganic matter; (4) porous kerogen and inorganic matter are uniform and
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continuous media in both SRV and USRV regions; (5) for shale gas reservoirs, viscous flow, Knudsen
diffusion, surface diffusion, and slip factor were taken into account; (6) single-phase fluid flowed
into the horizontal wellbore from reservoir only by the hydraulic fractures, and frictional loss within
the horizontal well and effects of gravity and capillary forces were ignored in the reservoir; (7) the
hydraulic fractures had identical properties, and were evenly distributed along the horizontal well;
and (8) there were the no-flow boundaries parallel to the hydraulic fractures at the middle of two
fractures in closed reservoir.

2.2.1. Diffusivity Equations of FTMM in SRV (Region II)

Since the induced-fracture system, porous kerogen and inorganic matter coexist in SRV, there are
two types of cross-flow flux happening: one is from porous kerogen to inorganic matter, and another one
is from inorganic matter to induced-fracture system, both of which can be described by Warren–Root
pseudo-steady model. Thus, combining Equations (1) and (2), the diffusivity equation of fluid flow in
the induced-fracture system can be expressed as

∂
[
φw(y/yw)

d f s+d f a−4
(p f M/ZRT)

]
∂t = ∂

∂y

[
p f M

ZRTμg
kw

( y
yw

)3(d f a−2)+(d f s−2)−θ ∂p f
∂y

]
+ 1

x f

p f M
ZRTμg

km
∂p3m
∂x

∣∣∣∣
x=x f

+ q′m− f

, (3)

where pf is the induced-fracture pressure in SRV, Pa; Z is the gas compressibility factor; R is the
universal gas constant, 8.314 J/(K·mol); μg is the gas viscosity, Pa·s; km is the apparent permeability
of the inorganic matter, m2; pm is the inorganic matter pressure, Pa; x f is the hydraulic fracture
half-length, m; subscript, 3 represents region III; and q′m− f is the mass transfer from inorganic matter to

the induced-fracture system, kg/m3·s.
For porous kerogen, if the Knudsen diffusion, surface diffusion, viscous flow and slippage effect

are included, the apparent permeability can be given by (Sheng et al., 2019b)

kk =
φk

τk

2rk
3

√
8ZRT
πM

Cgμg + εks(1−φk)Ds
cμsZRT

(pL + pk)
2μg +

φk

τk

r2
k
8

⎡⎢⎢⎢⎢⎣1 +
√

8ZRT
M

μg

pkrk

(
2
f
− 1

)⎤⎥⎥⎥⎥⎦, (4)

where kk is the apparent permeability of the porous kerogen, m2; φk is the porous kerogen porosity; τk
is the porous kerogen tortuosity; rk is the pore size in porous kerogen, m; Cg is the gas compressibility,
Pa−1; εks is proportion of solid kerogen volume in total interconnected matrix; Ds is the surface diffusion
coefficient, m2/s; cμs is the Langmuir volume on the porous kerogen, mol/m3; pL is the Langmuir
pressure, Pa; pk is the porous kerogen pressure, Pa; and f is fraction of molecules striking pore wall
which are diffusely reflected.

Here, the Warren–Root pseudo-steady-state model is used to describe the cross-flow between
porous kerogen and inorganic matter. Therefore, the diffusivity equation for the porous kerogen can be
obtained by

∂[φk(p2kM/ZRT) + εks(1−φk)cs]

∂t
= σk

p2kMkk

ZRTμg
(p2m − p2k), (5)

where cμs is the adsorbed gas volume on the porous kerogen, mol/m3, which follows Langmuir isotherm
equation; σk is the pseudo-steady-state shape factor for the porous kerogen, 1/m2; and subscript,
2 represents region II.

Similarly, if the Warren–Root pseudo-steady-state model is also used to describe the cross-flow
between inorganic matter and induced-fracture system, the diffusivity equation for the porous kerogen
can be expressed as

∂(φmp2mM/ZRT)
∂t

= σk
p2kMkk

ZRTμg
(p2k − p2m) − σm

p2mMkm

ZRTμg

(
p f − p2m

)
, (6)
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where φm is the inorganic matter porosity; σm is the pseudo-steady-state shape factor for the inorganic
matter, 1/m2; km is the apparent permeability of the inorganic matter, m2, which includes the Knudsen
diffusion, viscous flow, and the slippage effect are included, and can be given by

km =
φm

τm

2rm

3

√
8ZRT
πM

Cgμg +
φm

τm

r2
m
8

⎡⎢⎢⎢⎢⎣1 +
√

8ZRT
M

μg

pmrm

(
2
f
− 1

)⎤⎥⎥⎥⎥⎦, (7)

where τm is the inorganic matter tortuosity; rm is the pore size in the inorganic matter, m.
Outer boundary conditions: flux continuity between SRV (region II) and USRV (region IV)

kw

μg

(
y

yw

)3(d f a−2)+(d f s−2)−θ p f M

ZRT

∂p f

∂y

∣∣∣∣∣∣
y=y f

=
km

μg

p4mM
ZRT

∂p4m

∂y

∣∣∣∣∣
y=y f

. (8a)

Inner boundary conditions: pressure continuity between SRV (region II) and HF (region I)

p f
∣∣∣
y=yw

= pHF
∣∣∣
y=yw

. (8b)

In Equation (8a,b), yw is assumed as hydraulic fracture half-width, m; y f is the half-width of SRV
in y-direction, m; and subscript, 4 represents region IV and HF represents hydraulic fracture.

2.2.2. Diffusivity Equations of FTMM in USRV (Region III, Region IV and Region V)

The fluid flow in both region III and region V can be described as linear flow in x-direction. Thus,
according to Equations (5) and (6), the diffusivity equations of porous kerogen and inorganic matter in
these two regions can be expressed as, respectively,⎧⎪⎪⎪⎨⎪⎪⎪⎩

∂[φk(p3kM/ZRT)+Mεks(1−φk)cs]
∂t = σk

p3kMkk
ZRTμg

(p3m − p3k)
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⎧⎪⎪⎪⎨⎪⎪⎪⎩
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)
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ZRTμg
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, for region V, (10)

where subscript 5 represents region V.
Outer boundary conditions: no-flow conditions for region III and region V

∂p3m

∂x

∣∣∣∣∣
x=xe

= 0, (11a)

∂p5m

∂x

∣∣∣∣∣
x=xe

= 0. (11b)

Inner boundary conditions: pressure continuity for region III—SRV (region II), and region
V—region IV

p3m
∣∣∣
x=x f

= p f
∣∣∣
x=x f

, (11c)

p5m
∣∣∣
x=x f

= p4m
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x=x f

. (11d)

In Equation (11a–d), xe is the reservoirs half-size in x-direction, m; subscript 4 represents region IV.
Whereas, the fluid flow in y-direction in region IV, and the diffusivity equation can be given by⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩
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(12)
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Outer boundary conditions: no-flow conditions for region IV

∂p4m

∂y

∣∣∣∣∣
y=ye

= 0. (13a)

Inner boundary conditions: pressure continuity for region IV—SRV (region II)

p4m
∣∣∣
y=y f

= p f
∣∣∣
y=y f

. (13b)

In Equation (13a,b), ye is the half-size of HF spacing in y-direction, m.

2.2.3. Diffusivity Equations of FTMM in HF (Region I)

Linear flow occurs in the hydraulic fractures with closed tip and constant production in x-direction,
and the diffusivity equation can be expressed as

∂(φFpFM/ZRT)
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=
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μg
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y=yw

, (14)

where φF is the HF porosity; pF is the HF pressure, Pa; and kF is the HF permeability, m2.
Outer boundary conditions: no-flow conditions for region I

∂pF

∂x

∣∣∣∣∣
x=x f

= 0. (15a)

Inner boundary conditions: constant production without wellbore storage and skin effect
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2MkFhyw pF
∣∣∣
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, (15b)

where q f is constant well production from HF, kg/s.
For solving the FMFM as shown in Appendix B, we can obtain the pseudo-pressure in well

bottom-hole in Laplace domain as

ϕ f D = ϕFD
∣∣∣
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where, a1 =
√
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variables are shown in Appendix B.
Based on Equation (16), if the wellbore storage and skin factor are not considered, the dimensionless

flow rate can be derived as [33,34]
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If we hope to obtain the solution in the real-time domain, here, the Stehfest algorithm is applied,
and Equation (17) becomes
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. (18)

3. Model Verification and Discussion

3.1. Model Verification

The SRV size was assumed to be the same as with the half-length of HF spacing (yf = ye),
the presented FMFM model can be simplified as the model proposed by Sheng et al. [20]. The basic
parameters used for FMFM and the Sheng’s model are listed in Table 1. The comparison of two
models are shown as Figure 4. The results indicate that the production rate and cumulative production
calculated by the FMFM presented in this study can fit well with those of Sheng’s model. The classical
trilinear flow model can be simplified by FMFM when the SRV size between HFs and the fractal
distribution of induced-fracture are not considered. In addition, if the shale gas transport mechanisms
are ignored in FMFM, the model can be used to predict the production of MFHWs in tight gas and
even in tight oil reservoirs fast.

Table 1. Parameters used in multi-linear flow model (FMFM) and Sheng’s model [20].

Parameters Value Parameters Value

Fractal dimension of induced-fracture
spacing, dfs

1.95 Pore size in porous kerogen, rk (m) 10 × 10−9

Fractal dimension of induced-fracture
aperture, dfa

2.0 Portion of kerogen volume, εks 0.5

Tortuosity index of induced-fracture, θ −0.05 Porous kerogen porosity, φk 0.1
Porosity of induced-fracture, φ f 10−4 Porous kerogen tortuosity, τk 5

HF half-spacing, ye (m) 100 Langmuir pressure, pL (MPa) 13.78
HF half-length, xf (m) 50 Gas viscosity, μg (mPa·s) 0.0184

HF permeability, kF (m2) 103 × 10−15 Gas compressibility, Cg (MPa−1) 5 × 10−2

HF half-width, yw (m) 0.01 Surface diffusion coefficient, Ds (m2/s) 1 × 10−5

HF porosity, φF 10−3 Molecular mass of shale gas, M (kg/mol) 0.016
Total compressibility of the inorganic

matter, Ctm (MPa−1) 7.5 × 10−3 Langmuir volume on kerogen surface,
cμs (mol/m3) 700

Total compressibility of
induced-fracture, Ctf (MPa−1) 4 × 10−3 Fraction of molecules striking pore wall

which are diffusely reflected, f 0.8

Inorganic matter porosity, φm 0.1 Total compressibility of the porous
kerogen, Ctk (MPa−1) 7.5 × 10−3

Inorganic matter tortuosity, τm 5 Reservoir thickness, h (m) 19
Induced-fracture permeability at yw, kw

(m2) 2 × 10−15 Initial pressure, pi (MPa) 17

Pore size in inorganic matter, rm (m) 20 × 10−9 Well bottom pressure, pwf (MPa) 12
Formation temperature, T (K) 338 Reservoir half-width, xe (m) 200
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t 

Figure 4. Comparison of production rate and cumulative production between FMFM and Sheng’s
model [20].

3.2. Sensitivity Analysis of Properties of SRV

Figures 5 and 6 show that the dimensionless pseudo-pressure and dimensionless production
rate with different tortuosity index and fractal dimensions of induced-fracture spacing by FMFM,
which reflects the various properties of SRV for MFHWs in unconventional gas reservoirs. Figure 5
shows that the dimensionless pseudo-pressure is larger and the dimensionless production rate is
smaller when the tortuosity index of induced-fracture θ increases. The larger tortuosity index of
induced-fracture θ means the longer flow path of gas transport in SRV. When the tortuosity index
of induced-fracture θ is larger than 0, the properties of induced-fracture will decrease far from HF.
When the tortuosity index of induced-fracture θ is equal to 0, the properties of induced-fracture is
homogeneous in SRV.

ϕD

qD

tD

ϕ D

θ −
θ −
θ
θ

q D

Figure 5. Comparison of production rate and pseudo-pressure with different tortuosity index of
induced-fracture θ by FMFM (dfs = 2 and dfa = 2).

Figure 6 indicates that the dimensionless pseudo-pressure is smaller and the dimensionless
production rate is larger when the fractal dimension of induced-fracture dfs increases. The larger
fractal dimension of induced-fracture dfs leads to a larger equivalent permeability in SRV. In addition,
the linear low in SRV can make the WHFWs produce more gas from the formation, which suggests
that the induced-fracture system can improve the development effect for unconventional reservoirs.
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Linear flow in SRV

ϕD

dfs

dfs

dfs

dfs

tD

ϕ D

qD q D

 
Figure 6. Comparison of production rate and pseudo-pressure with different fractal dimension of
induced-fracture spacing dfs by FMFM (dfa = 2 and θ = −0.05).

4. Application of FMFM with ES-MDA Method

4.1. ES-MDA Method

In order to avoid the model update and parameter-state inconsistency, which makes the ensemble
Kalman filter (EnKF) complicated, and achieve a better data matching with the ensemble smoother
(ES), Emerick and Reynolds [35] reported ES-MDA by assimilating the same observed data multiple
times with the covariance matrix of the measurement errors simultaneously. Numerical experiments
and examples have shown that the ES-MDA method can provide a better data matching and reduce
the uncertainty of model description than the ES method and the EnKF method. Based on the synthetic
case and field case data, the application of ES-MDA history matching technology and FMFM for
MFHWs is discussed in this section.

The reservoir simulation models are typically stable functions of the rock property fields,
which is different with the oceanic and atmospheric models. Based on the common assumption
in history-matching problems that the model uncertainty is ignored, we just need to take the
parameter-estimation problem into account for ES. Thus, the analyzed vector of model parameters can
be given by

ma
j = m j + CMD(CDD + CD)

−1
(
duc, j − d j

)
, f or j = 1, · · · , Ne, (19)

where CMD is the cross-covariance matrix between the prior vector of model parameters m j and the
vector of predicted data d; CDD is the Nd—dimension auto-covariance matrix of predicted data; Nd is
the total number of measurements assimilated; duc ∼ N(dobs, CD); dobs is the Nd—dimensional vector
of observed data; CD is the Nd—dimension covariance matrix of observed data measurement errors;
and Ne is the number of ensemble member.

Emerick and Reynolds [35] have mentioned that ES-MDA can be used in the nonlinear case
because ES is equivalent to a single Gauss–Newton iteration with a full step and an average sensitivity
estimated from the prior ensemble, in which case the MDA can be interpreted as an “iterative” ensemble
smoother. The ES-MDA algorithm is presented as follows:

(1) Estimate the number of data assimilations Na, and the coefficients αi (
Na∑
i=1

1
αi

= 1), for i = 1, · · · , Na.

(2) For i = 1 to Na

a. Run the ensemble from time zero for obtaining the vector of predicted data

d j = g
(
m j

)
, f or j = 1, · · · , Ne, (20)
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where g(·) is the nonlinear forward model, d j is assignment the model parameters to vector
m j at time zero.

b. For each ensemble member, perturb the observation vector by

duc, j = dobs +
√
αiC

1/2
D zd, j, f or j = 1, · · · , Ne, (21)

where zd, j ∼ N
(
0, INd

)
.

c. Update the ensemble

ma
j = m j + CMD(CDD + αiCD)

−1
(
duc, j − d j

)
, f or j = 1, · · · , Ne, (22)

where C = CDD + αiCD ≡

⎡⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎣
CDD + α1CD CDD

CDD CDD + α2CD

· · · CDD

· · · CDD
...

CDD · · ·
. . .

...
CDD + αNa CD

⎤⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎦;
CMD = 1

Ne−1

Ne∑
j=1

(
m j −m

)(
d j − d

)T
; CDD = 1

Ne−1

Ne∑
j=1

(
d j − d

)(
d j − d

)T
; m and d represent

the average values of model parameters and prediction parameter ensembles respectively.

In the procedure of MDA algorithm mentioned above, the data are assimilated Na times
continuously, and the ensemble needs to be rerun before each data assimilation. At the same time,
in the ES-MDA algorithm, every time the data is assimilated repeatedly, the disturbance observation
vector is resampled. The procedure will reduce the sampling problems due to the matching outliers
that may occur when the observation data is perturbed.

4.2. Synthetic Case

Based on the simulator Eclipse, the numerical model of a MFHW in the unconventional gas
reservoir is established. The numbers of grids are X × Y × Z = 80 × 260 × 3 and the grid steps are
X × Y × Z = 5 m × 5 m × 5 m, respectively. A dual-porosity media model is used to describe the SRV
(DUALPORO keyword), and a single-porosity medium model is used to describe the USRV. Hydraulic
fractures are described by LGR keyword as shown in Figure 7. If only the gas viscous flow with
slippage effect is considered, then the FMFM can be simplified as a semianalytic model for a MFHW
with the homogeneous SRV in the tight gas reservoir. We set the same modeling parameters of FMFM
with those of numerical model and then discuss the applicability of FMFM with ES-MDA.

Figure 7. Schematic diagram of a MFHW numerical model (yl = ye).

Firstly, according to the dimensionless parameters listed in Table A1, the production rate of the
numerical model can be non-dimensionalized as qD = pq f /

(
2πkwhci

(
ϕ−ϕw f

))
.

Then, the Nd—dimensional vector of observed data can be chosen as:

dobs =
[
dT

s , qT
o

]T

Nd×1
, (23)

210



Energies 2020, 13, 3718

where ds donates the Nd-dimensional vector of static parameters of the reservoir and MFHW; qo

donates the dimensionless production rate of numerical model.
The Nd × Nd covariance matrix of observed data measurement errors is given by

CD =

⎡⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎢⎣
σ2

d1
. . .

σ2
dNd

⎤⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎥⎦
Nd×Nd

, (24)

where σd is equal to 0.3 for real production rate.
The matching results of dimensionless production rate by ES-MDA after 4 iterations and error

analysis are shown in Figure 8. The values of some variables are listed as Np = 23, Nd = 115, Ne = 100,
and

√
αi = 2. Meanwhile, the root-mean-square error and the average objective function in Figure 7

can be expressed as, respectively,

RMSE =

√√√∑Ne
j=1

(
dsobs − dsj

)2

Np
, (25)

O(m) =
1

Nd
[g(m) − dobs]

TC−1
D [g(m) − dobs]. (26)

Figure 8. The matching results of dimensionless production rate by ensemble smoother with multiple
data assimilation (ES-MDA) after 4 iterations and error analysis.

Figure 8 shows that the error between the ensemble mean model and that of true model is
large with one iteration, and the distribution range of ensemble members is large. All models of
the ensemble (light blue curves) represent the results calculated by FMFM, the ensemble mean (blue
curve) represents the calculated results matching with unperturbed observation data (average value
of ensemble members), the true value (red curve) is the true dimensionless production rate obtained
by FMFM, and the numerical results (red point) is the observed data in Figure 8. We can see that
with two iterations, the distribution range of ensemble members becomes small, and ensemble mean
model basically coincides with the true model. With three and four iteration, the distribution range
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of ensemble members is further reduced around the true model, and the ensemble mean model and
the observed data are well-matching, which is almost the same with the true model. In addition,
the RMSE and objective function values of the prior model are large, indicating that the model errors
and data errors are large. After one iteration, the error decreases. The RMSE and objective function
values becomes small and basically the same after three and four iterations, which indicates that the
matching results are good as shown in Table 2. Therefore, the discussion mentioned above suggests
that parameters of FMFM can be obtained by automatically matching production data of the numerical
model by ES-MDA method. The technique can also obtain reservoir physical properties and fracturing
parameters by matching the actual production data of the oilfield.

Table 2. Comparison of matching results of FMFM and numerical model parameters by ES-MDA.

Parameters Eclipse FMFM Parameters Eclipse FMFM

Total compressibility
coefficient, MPa−1 5.5 × 10−3 5.2714 × 10−3 USRV matrix

permeability, m2 1 × 10−19 0.887 × 10−18

HF permeability, m2 15 × 10−13 7.82 × 10−13 Induced-fracture
permeability, m2 1 × 10−16 1.33 × 10−16

SRV matrix
permeability, m2 1 × 10−18 0.77 × 10−18 Other parameters Equal values

4.3. Field Case

The presented FMFM model with ES-MDA history matching method was applied based the shale
gas production data of a MFHW in western China [36]. Compared with the presented models based
on different simulating conditions, the matching results are shown in Figure 9. Noting that the actual
shale gas production rate of a MFHW in western China is represented by red points; when dfs = dfa = 2,
θ = 0, yfD = yeD, the FMFM can be assumed as a typical trilinear model with homogenous SRV (black
line); the results of Sheng’s FMPM model [20] with fractal SRV are drawn by the light green line,
and they calculated the dfs= 1.90 by the box-counting method and the fractal random-fracture-network
algorithm and θ = −0.05 by the random walk method; based on the presented FMFM with ES-MDA,
the fractal dimensions, tortuosity index, and SRV size can be obtained as shown by the blue line.
Figure 9 shows that the fractal dimension and tortuosity index of induced-fracture system matched by
FMFM model based on ES-MDA approximate the results of Sheng’s FMPM model. The unmatched
early-time data was caused by the early-time flow back process. In addition, the results dimensionless
production rate calculated by FMFM were smaller but matched better with actual data than Sheng’s
FMPM model when the SRV size was taken into account. This section mainly provides an application
case of our presented approach.

dfs dfa θ yfD yeD

dfs dfa θ yfD yeD

q D

tD

dfs dfa

θ=−0.067, yfD yeD

 

Figure 9. The matching results of actual shale gas production rate and different models.

212



Energies 2020, 13, 3718

5. Conclusions

In this paper, a semianalytic fractal multi-linear flow model (FMFM) for MFHWs in unconventional
gas reservoirs with consideration of the heterogeneous distribution of the properties of induced-fracture
system is proposed. Fractal dimensions of induced-fracture spacing and aperture and tortuosity index
of induced-fracture system are included based on fractal theory to describe the properties of SRV
region. For shale gas reservoirs, gas transport mechanisms (viscous flow with slippage, Knudsen
diffusion, and surface diffusion) among various medium including porous kerogen, inorganic matter,
and fracture system are take into account in FMFM. Then, combining with ES-MDA, the FMFM can be
applied not only for prediction of gas production rate for MFHWs in unconventional gas reservoirs
but also for main uncertainty parameters matching. Some findings can be drawn as follows:

(1) The permeability and porosity of the induced-fracture system are affected by the heterogeneous
distribution of induced-fractures spacing and aperture. When the fractal dimensions of
induced-fracture spacing (dfs) and aperture (dfa) are smaller than 2.0, the permeability of the
induced-fracture system decreases with the increase of the distance from HFs in SRV region,
which will become increase if dfs > 2.0 or dfa > 2.0. When the tortuosity index of the induced-fracture
system θ is larger than 0, the permeability of induced-fracture system also decreases with the
increase of the distance from HFs in SRV region.

(2) The FMFM divides the formation into three types of porous media in shale reservoirs (porous
kerogen, inorganic matter, and fracture system). Triple-porosity media and dual-porosity media
are used to describe the fractal SRV region and USRV region, respectively. Multiple gas transport
mechanisms such as viscous flow with slippage, Knudsen diffusion, and surface diffusion are
considered, and gas flow behaviors in different regions are coupled by pseudo-steady cross-flow
among various media. The FMFM is verified by other presented model and the results show that
the large dfs or small θ causes the small average permeability of the induced-fracture system,
which results in large dimensionless pseudo-pressure and small dimensionless production rate.

(3) Combining the FMFM with ES-MDA history-matching method, the synthetic case for the tight
gas reservoir and field case for the shale gas reservoir are discussed. Various main parameters
inversions of HFs and NFs are conducted in SRV region. Thus, the presented method can be
applied for gas production predicting and history-matching in unconventional gas reservoirs.
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Appendix A. Derivation of Fractal Permeability and Porosity of Induced-Fracture

As shown in Figure 2c, using the fractal theory, the total number of induced-fracture, which is
relevant to the fractal dimension of induced-fracture spacing dfs, can be expressed as [37]∫ Lx,y

0
n
(
Lx,y

)
dLx,y ∝ L

d f s
x,y, (A1)

where Lx,y is the position of system, m.
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Then, Chang and Yortsos [16] presented the expression of the distribution of fracture site as

n
(
Lx,y

)
= αL

d f s−D
x,y , (A2)

where D is the Euclidean dimension, which is equal to 2 in Cartesian coordinate system; α is a constant
related to fracture porosity.

For the fracture site, we can obtain

s f
(
Lx,y

)
n
(
Lx,y

)
+ b f

(
Lx,y

)
n
(
Lx,y

)
= ASRV, (A3)

where ASRV is the hydraulic fracture half-length, m.
Substituting Equation (A2) into Equation (A3), Equation (A3) can be rewritten as

1 +
b f

(
Lx,y

)
s f

(
Lx,y

) =
x f

αs f
(
Lx,y

)L
2−d f s
x,y . (A4)

In the actual unconventional reservoirs, the value of induced-fracture aperture is commonly far
less than that of induced-fracture spacing (bf << sf), and thus Equation (A4) becomes

s f
(
Lx,y

)∣∣∣∣ b f (Lx,y)

s f (Lx,y)
→0

=
x f

α
L

2−d f s
x,y . (A5)

If the induced-fracture spacing at the plane of HF is known, which can be chosen as a reference
point, the FFSD in Cartesian coordinate system can be obtained by Equation (A5)

s f (y) = s f w

(
y

yw

)2−d f s

, (A6)

where sfw is the induced-fracture spacing at reference point, m.
For the distribution of induced-fracture aperture (FFAD), the basic form can also be obtained

according to Equation (A6) [21]

b f (y) = b f w

(
y

yw

)d f a−2

, (A7)

where bfw is the induced-fracture aperture at reference point, m.
Bai and Elsworth [38] reported the expression of a fracture with a slab shape as

ki− f =
b f (y)2

12
. (A8)

In a representative elementary volume (REV) of fracture network, the fluid flux in the fracture
system is given by

v = Ar
k f (y)

μ

dp
dx

= n(y)Ap
ki− f (y)

μ

dp
dL

, (A9)

where v is flux of induced-fracture system in a REV, m3/s; μ is the fluid viscosity, Pa·s; and dp is the
pressure-difference of a REV in y direction, Pa.

Thus, the fracture permeability and porosity can be obtained as Equations (1) and (2).

Appendix B. Solution for the FMFM Model

For solving the FMFM, the basic dimensionless parameters are defined in Table A1.
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Table A1. Basic parameters used in FMFM.

Parameters Expression

Pseudo-pressure for gas phase ϕ(p) = 2
∫ p

pi

(
p/μgZ

)
dp

Dimensionless pseudo-pressure ϕD = 2πkwhci(ϕi −ϕ)/
(
piq f

)
Dimensionless time tD = kwt/

(
(φCt) f−m−kμgx2

f

)
Dimensionless length xD = x/x f , yD = y/yw, xeD = xe/x f ,

yeD = ye/x f , y f D = y f /x f , ywD = yw/x f
Total compressibility coefficient of porous kerogen Ctk = Cg +

(
εkscμsZRT

)
/
(
φk(pL + pk)

2
)

Transfer coefficient from porous kerogen to inorganic matter λk = σkkkx2
f /kw

Transfer coefficient from inorganic matter to induced-fracture λm = σmkmx2
f /kw

Storage coefficient of porous kerogen ωk = (φkCtk)/(φCt) f−m−k
Storage coefficient of inorganic matter ωm =

(
φmCg

)
/(φCt) f−m−k

Storage coefficient of HFs ωF =
(
φFCg

)
/(φCt) f−m−k

Subscript i represents the initial conditions; f, m, k represents fracture, inorganic matter, and porous
kerogen respectively.

Therefore, transforming the FMFM into Laplace space, the dimensionless forms and solutions for
HF, SRV, and USRV can be obtained as follows:

(1) Dimensionless forms and solutions for USRV.

According to Equations (9) and (10), the dimensionless diffusivity equations in Laplace domain
for region III and V can be given by⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩

ϕ3kD =
σkkkx2

f

σkkkx2
f +kwsωk

ϕ3mD

ωmsϕ3mD = km
kw

∂2ϕ3m
∂x2

D
+ σk

kk
kw

x2
f (ϕ3kD −ϕ3mD)

, for region III, (A10a)

⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩
ϕ5kD =

σkkkx2
f

σkkkx2
f +kwsωk

ϕ5mD

ωmsϕ5mD = km
kw

∂2ϕ5m
∂x2

D
+ σk

kk
kw

x2
f (ϕ5kD −ϕ5mD)

, for region V. (A10b)

Solving Equation (A10a,b) with boundary conditions, we can obtain

∂ϕ3mD

∂xD

∣∣∣∣∣∣
xD=1

=
√

a3

⎛⎜⎜⎜⎜⎜⎜⎝
{
K−(1/2)

(√
a3xeD

)
I−(1/2)

(√
a3

)
− I−(1/2)

(√
a3xeD

)
K−(1/2)

(√
a3

)}
{
I(1/2)

(√
a3

)
K−(1/2)

(√
a3xeD

)
+ I−(1/2)

(√
a3xeD

)
K(1/2)

(√
a3

)} ⎞⎟⎟⎟⎟⎟⎟⎠ϕ f D
∣∣∣
xD=1, (A11a)

∂ϕ5mD

∂xD

∣∣∣∣∣∣
xD=1

=
√

a5

⎛⎜⎜⎜⎜⎜⎜⎝
{
K−(1/2)

(√
a5xeD

)
I−(1/2)

(√
a5

)
− I−(1/2)

(√
a5xeD

)
K−(1/2)

(√
a5

)}
{
I(1/2)

(√
a5

)
K−(1/2)

(√
a5xeD

)
+ I−(1/2)

(√
a5xeD

)
K(1/2)

(√
a5

)} ⎞⎟⎟⎟⎟⎟⎟⎠ϕ4mD
∣∣∣
xD=1, (A11b)

where a3 = a5 = kw
km

(
ωms + λk − λ2

k
ωks+λk

)
. According to Equation (3), the dimensionless diffusivity

equations in Laplace domain for region IV can be given by⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩
ϕ4kD =

σkkkx2
f

σkkkx2
f +kwsωk

ϕ4mD

ωmsϕ4mD=
km
kw

1
y2

wD

∂2ϕ4mD
∂y2

D
+ σk

kk
kw

x2
f (ϕ4kD −ϕ4mD) +

kk
kw

ϕ5mD
∂xD

∣∣∣∣
xD=1

. (A12)
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Solving Equation (A12) with boundary conditions, we can obtain

∂ϕ4mD
∂yD

∣∣∣∣
yD=ylD

=
√

a4

( {
K−(1/2)(

√
a4 yeD)I−(1/2)(

√
a4 ylD)−I−(1/2)(

√
a4 yeD)K−(1/2)(

√
a4 ylD)

}{
I(1/2)(

√
a4 ylD)K−(1/2)(

√
a4 yeD)+I−(1/2)(

√
a4 yeD)K(1/2)(

√
a4 ylD)

} )
ϕ f D

∣∣∣
yD=ylD

, (A13)

where a4 = a5 − kw
km

y2
wD
√

a5tan h
(
(ylD − yeD)

√
a5

)
.

(2) Dimensionless forms and solutions for SRV.

According to Equations (3), (5), and (6), the dimensionless diffusivity equations in Laplace domain
for region SRV can be given by⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩

ω f sy
θ−2(d f a−2)
D ϕ f D = 1

y2
wD

∂2ϕ f D

∂y2
D

+ 1
y2

wD

3(d f a−2)+(d f s−2)−θ
yD

∂ϕ f D

∂yD
+ y

θ−2(d f a−2)
D

km
kw

∂ϕ3m
∂xD

∣∣∣∣
xD=1

+y
θ−2(d f a−2)
D λm

(
ϕ2mD −ϕ f D

)
ϕ2kD = λk

λk+sωk
ϕ2mD

ωmsϕ2mD = λk(ϕ2kD −ϕ2mD) − λm
(
ϕ2mD −ϕ f D

) . (A14)

Solving Equation (A14) with boundary conditions, we can obtain

∂ϕ f D

∂yD

∣∣∣∣
yD=ywD

=
√

a2y
1+m1−2n1

2
wD

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
I −1−m1

2+m1−n1

⎛⎜⎜⎜⎜⎝ 2√a2
2+m1−n1

y
2+m1−2n1

2
wD

⎞⎟⎟⎟⎟⎠− h1
h2

K −1−m1
2+m1−n1

⎛⎜⎜⎜⎜⎝ 2√a2
2+m1−n1

y
2+m1−2n1

2
wD

⎞⎟⎟⎟⎟⎠
y

1−n1
2

wD

⎛⎜⎜⎜⎜⎝I 1−n1
2+m1−n1

⎛⎜⎜⎜⎜⎝ 2√a2
2+m1−n1

y
2+m1−2n1

2
wD

⎞⎟⎟⎟⎟⎠+ h1
h2

K 1−n1
2+m1−n1

⎛⎜⎜⎜⎜⎝ 2√a2
2+m1−n1

y
2+m1−2n1

2
wD

⎞⎟⎟⎟⎟⎠⎞⎟⎟⎟⎟⎠

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠ϕFD
∣∣∣
yD=ywD

, (A15)

where a2 = y2
wD

⎧⎪⎪⎪⎨⎪⎪⎪⎩ω f s− km
kw

√
a3

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎝
{

K−( 1
2 )
(
√

a3xeD)I−( 1
2 )
(
√

a3)−I−( 1
2 )
(
√

a3xeD)K−( 1
2 )
(
√

a3)
}

{
I
( 1

2 )
(
√

a3)K−( 1
2 )
(
√

a3xeD)+I−( 1
2 )
(
√

a3xeD)K
( 1

2 )
(
√

a3)
}

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎠+λm
ωms+

λkωks
λk+ωks

ωms+
λkωks
λk+ωks+λm

⎫⎪⎪⎪⎬⎪⎪⎪⎭,

m1 = d f a + d f s − 4, n1 = 3
(
d f a − 2

)
+

(
d f s − 2

)
− θ, h1 =

√
a2

b2
y

m1−n1
2

f D I −1−m1
2+m1−n1

(
2
√

a2
2+m1−n1

y
2+m1−2n1

2
f D

)
− I 1−n1

2+m1−n1

(
2
√

a2
2+m1−n1

y
2+m1−2n1

2
f D

)
, h2 =

K 1−n1
2+m1−n1

(
2
√

a2
2+m1−n1

y
2+m1−2n1

2
f D

)
+

√
a2

b2
y

m1−n1
2

f D K −1−m1
2+m1−n1

(
2
√

a2
2+m1−n1

y
2+m1−2n1

2
f D

)
, b2 =

√
a5

( {
K−(1/2)(

√
a5xeD)I−(1/2)(

√
a5)−I−(1/2)(

√
a5xeD)K−(1/2)(

√
a5)

}{
I(1/2)(

√
a5)K−(1/2)(

√
a5xeD)+I−(1/2)(

√
a5xeD)K(1/2)(

√
a5)

} )
.

(3) Dimensionless forms and solutions for HFs.

According to Equation (14), the dimensionless diffusivity equations in Laplace domain for HFs
can be given by

ωFsϕFD =
kF

kw

∂2ϕFD

∂x2
D

+
x2

f

y2
w

∂ϕFD

∂yD

∣∣∣∣∣∣
y=ywD

, (A16)

Solving Equation (A16) with boundary conditions, we can obtain the pseudo-pressure in well
bottom-hole in Laplace domain as Equation (16).
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Abstract: Hydraulic fracturing is a widely used technique for oil and gas extraction from ultra-low
porosity and permeability shale reservoirs. During the hydraulic fracturing process, large amounts of
water along with specific chemical additives are injected into the shale reservoirs, causing a series
of reactions the influence the fluid composition and shale characteristics. This paper is focused on
the investigation of the geochemical reactions between shale and fracturing fluid by conducting
comparative experiments on different samples at different time scales. By tracking the temporal
changes of fluid composition and shale characteristics, we identify the key geochemical reactions
during the experiments. The preliminary results show that the dissolution of the relatively unstable
minerals in shale, including feldspar, pyrite and carbonate minerals, occurred quickly. During the
process of mineral dissolution, a large number of metal elements, such as U, Pb, Ba, Sr, etc., are released,
which makes the fluid highly polluted. The fluid–rock reactions also generate many pores, which are
mainly caused by dissolution of feldspar and calcite, and potentially can enhance the extraction of
shale gas. However, precipitation of secondary minerals like Fe-(oxy) hydroxides and CaSO4 were
also observed in our experiments, which on the one hand can restrict the migration of metal elements
by adsorption or co-precipitation and on the other hand can occlude the pores, therefore influencing
the recovery of hydrocarbon. The different results between the experiments of different samples
revealed that mineralogical texture and composition strongly affect the fluid-rock reactions. Therefore,
the identification of the shale mineralogical characteristics is essential to formulate fracturing fluid
with the lowest chemical reactivity to avoid the contamination released by flowback waters.

Keywords: hydraulic fracturing; fracturing fluids; fluids-rock interaction; environmental implication

1. Introduction

Shale gas, as an unconventional resource, has been widely developed in the United States,
Canada, China, and Argentina in the past decades to meet the increasing demands for geo-energy.
China is the largest holder of shale gas resources worldwide, with estimates ranging from 12.8 to
31.2 trillion m3 [1–4]. In addition, more than two thirds of the estimated resources are stored in marine
shales, in particular in south China. Therefore, the marine shale reserves have raised much attention.
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The lower Cambrian Niutitang shale is a prolific gas play distributed in many places across
South China, including Sichuan, Chongqing, Guizhou, Hunan, and Hubei provinces. This formation
has been widely analyzed and evaluated over the past decade [5–10]: the Niutitang shale is mainly
composed by quartz and clay minerals, which ranges from 35% to 77% and 6.2% to 37%, respectively.
Carbonate and feldspar are also common in this formation, with ranges from 0% to 27% and 2% to
22%, respectively. The total organic carbon (TOC) ranges from 0.5% to 10% and the equivalent vitrinite
reflectance (equal-Ro) ranges from about 1.5% to 4.6%. The largest thickness of this formation in Hunan
Province can reach more than 300 m. Studies have showed that the Niutitang shale contains a very
large quantity of shale gas resources. The achievements made in the analysis of pores and mineral
composition in shale reservoirs [6,11–13] revealed the favorable pore systems for shale gas storage
and a high brittleness that favors fracturing. More recently, wells targeting the Niutitang shale in the
western Hubei province have already shown industrial gas flow [14].

However, due to the ultra-low porosity and permeability of unconventional reservoirs (e.g., shale
and coal-bed methane reservoirs), horizontal drilling and hydraulic fracturing techniques are needed
for effective extraction of these unconventional resources [15,16]. During the hydraulic fracturing
process, from 7500 to 15,000 cubic metres of water along with specific chemical additives, which are
acidic and oxidative, are injected into subsurface shale formations for one typical shale gas well [17,18].
From 5 to 85% of the injected fluid (generally 30–50%) flows back to the near surface and has a salinity
three times greater than that of the initial water [19,20]. These flowback waters generally contain lots of
toxic and radioactive elements (e.g., U, Pb, Sr), and therefore could lead to contamination of the surface
water and shallow aquifers or accumulation of heavy metals in soil when spills and leaks occur [21,22].
There is much research evaluating the influence of shale gas development on groundwater quality
in several shale regions in the U.S [23–26] and in the UK [27]. However, when it comes to China, the
research is relatively rare. Although some scholars [28,29] have done research about the flowback
waters of Longmaxi Shale in the Sichuan Basin, the Niutitang Shale, as a newly developed shale gas
reservoir, has not received much attention yet. In addition, most of the research did not explain what
caused the high salinity of flowback water. The geochemical interaction between shale and fracturing
fluid, which affects not only physical properties of the shale but also the composition of the waters
produced during shale gas production, is an important controlling factor [13] but rarely has been
discussed [30]. Therefore, more studies about the geochemical processes between fracturing fluids and
the shale are required to evaluate and minimize the potential environmental impacts.

By conducting simulation experiments and studying the changes of fracturing fluid, mineral, and
physical properties during the experiments, key reactions occurring during the fracturing process in
the shale reservoirs can be extrapolated. In this study, the Niutitang shale samples from different
depths were exposed to and reacted with fracturing fluids. The purposes of this article are: (1) to
evaluate the release of major and minor cations and ions as well as trace metal contaminants during
hydraulic fracturing, (2) to assess mineralogical and petrophysical changes of the shale during shale
gas production, and (3) to investigate the key reactions between the shale samples and fracturing fluids.
If the reactions that release metals can be identified, steps to minimize those reactions could be taken,
making the flowback waters less toxic, radioactive, and easier to be treated.

2. Materials and Methods

2.1. Samples and Fracturing Fluid

Samples were cored from an exploration well drilled in Anhua County, Hunan Province (Figure 1).
Two groups of samples from different depths were used in the experiment, one from a depth of about
80 m and the other from a depth of about 795 m, to investigate the influence of the initial shale mineral
compositions and physical properties. The information about initial shale samples is presented in
Table 1. The fracturing fluid used in our experiments was from a chemical company called Rong Sheng
Chemical Co., Ltd. (Shenzhen, China) and this kind of fracturing fluid has been used for shale gas
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exploitation in field. It contains 99.7 wt% water, 0.15 wt% guar gum, 0.03 wt% acid (mainly acetic acid
and hydrochloric acid), 0.01 wt% pH adjustor (NaOH, NaHCO3), and some other additives like K+

and Ca2+ salts. In each reactor, approximately 8 g of shale sample was exposed to 50 mL fracturing
fluid. Most of the shale samples were powder samples, ground to between 100 to 200 mesh, and others
were thin sections, for which the main purpose was to provide a surface for field emission scanning
electron microscope (FE-SEM) observation.

 
Figure 1. Location of the shale gas well in Anhua (the red spot), where the samples were obtained.
The blue area represents the distribution of Lower Cambrian Niutitang Formation in South China
(Modified from [31]).

2.2. Experiment Design

During the hydraulic fracturing process, there is a shut-in period (several days to several weeks),
which is hypothesized to be the main stage of reactions between shale and the injected fluid. A part of
the fracturing fluid flows back to the surface during shale gas production, but it is estimated that more
than 50% of the fracturing fluid remains underground and continues to react with the shale [32,33].
Therefore, two sets of experiments with different timescales were designed. One group of experiments
was conducted for two weeks, referred to as short-term experiments. The other group of experiments
was conducted for one year, referred to as long-term experiments. Each group had two series of
experiments, in which samples from different depths (Table 1) were used to investigate the impact of
shale characteristics on fracturing process. The purpose of short-term experiments (S1 and S2 series)
is to simulate the initial stage of fluid injection into shale formation for hydraulic fracturing, i.e., the
main stage of reaction, while that of the long-term experiments (S3 and S4 series) is to investigate
the interactions between fracturing fluid that remains underground and the shale reservoirs over a
long time.

The short-term experimental temperature was adjusted to 50 ◦C to simulate the reservoir
temperature and minimize the difference between the experimental and field results, while the
long-term experimental temperature was difficult to be strictly controlled and we adopted the annual
average local temperature (about 20 ◦C). The temperature of long-term experiments could have an
effect on experimental results, but it can still provide insights into the investigation of the geochemical
reactions between shale and fluids. The experiments were conducted at atmospheric pressure rather
than reservoir pressure, but the influence of pressure on the interactions between fracturing fluid and
shale is much smaller than that of temperature [15,34].
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The fluid samples were taken at certain intervals, i.e., 12 h, 24 h, 48 h, 3 days, 6 days, 10 days, and
15 days for short-term experiments and 15 days, 30 days, 90 days, 180 days, and 360 days for long-term
experiments, to trace the evolution of fracturing fluid compositions. Solids were collected at the end of
experiments, dried at 75 ◦C for 24 h and then analyzed to assess the mineralogical and petrophysical
changes after being exposed to fracturing fluid.

Table 1. Mineral composition and physical property of initial shale samples.

Sample Quartz Feldspar Calcite Pyrite Clay TOC Porosity Density

S1 a 67.9 12.0 nd 10.7 9.3 3.1% 9.4 2.51
S2 65.7 11.5 3.9 7.1 11.9 8.6% 0.7 2.72
S3 65.5 12.1 nd 9.4 13.0 2.7% 9.7 2.46
S4 66.8 11.6 3.2 6.9 11.4 8.3% 0.8 2.70
a: Sample 1 (S1) and sample 3 (S3) are from 80 m, while sample 2 (S2) and sample 4 (S4) are from 795 m. Samples S1
and S2 are used in short-term experiments, while S3 and S4 are used in long-term experiments.

2.3. Analytical Technique

Fluid samples were measured using inductively coupled plasma-optical emission spectrometry
(ICP-OES: ICAP7400 Radial from Thermo Fisher Scientific, Waltham, MA, USA) and inductively
coupled plasma-mass spectrometry (ICP-MS: iCAP RQ from Thermo Fisher Scientific, Waltham, MA,
USA). ICP-OES was used to determine the concentrations of major cations, e.g., Mg, Ca, and Fe, while
ICP-MS is more accurate in measuring minor cations and trace elements, e.g., Al, Pb, U, Sr, and Ni.
The concentrations of dissolved anions like sulfate ion were measured by ion chromatography (IC:
ICS-1500 from DIONEX, Sunnyvale, CA, USA). In addition, the pH of the fluid was also analyzed and
recorded using AZ8685A type pH meter.

The mineral composition of the powder samples was analyzed using an X-ray powder
diffractometer (XRD: Advance D8 from Bruker, Billerica, MA, USA). The porosity was measured with
a mercury intrusion meter. Observation of thin sections by FE-SEM coupled with energy-dispersive
spectroscopy (EDS) (FE-SEM: MIRA3 LMH from TESCAN, Czech Republic + EDS: X-MAX20 from
Oxford Instruments, Abingdon, UK) was performed to provide supplementary information to assess
the mineralogical and petrophysical changes of the shale.

3. Results and Discussion

3.1. Aqueous Inorganic Geochemistry

3.1.1. Evolution of pH and Fluid Composition

The initial pH of all groups of experiments is 6. However, the pH values show different variation
trends with the increase of reaction time. The pH values of the S1 series drop rapidly in the first 24 h
and then become relatively stable. Afterwards, the pH values show small fluctuations around 3.5
(Figure 2a). Concerning the S2 series, the pH values decrease very slightly in the first 24 h, followed by
a slow rise to the 72 h, and remain relatively stable at about 6.0 afterwards (Figure 2a). The changes
of pH in S3 and S4 series are generally close to those in the short-term experiments. In S3 series the
pH values decrease and stabilize at about 3.5, while in S4 series the pH remains close to 6.5, which is
consistent with the results of short-term experiments (Figure 3a). However, after nearly three months,
the pH of both long-term experiments begins to rise slowly (Figure 3a).

The concentrations of the major ions, i.e., Ca2+, Mg2+, Fe3+, Al3+, and SO4
2−, show significant

differences between the two sets of short-term experiments. In the S2 series, Ca2+ is released into the
fracturing fluid to the greatest extent among all of the measured ions. Ca increases rapidly in the first
72 h, reaching the maximum value of 140 mg/L, and after that the concentrations of Ca2+ remain stable
(Figure 2b). For the S1 series, the Ca2+ concentrations increase to a maximum value of 40 mg/L in the
early stage, which is much less than that of the S2 experiments (Figure 2b). The trends of Mg2+ release
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into the fluids are similar to those of Ca2+. In both S1 and S2 experiments, the concentrations of Mg2+

increase within the first 72 h and are a little higher in S2 series (Figure 2b).
The situation of the concentrations of Fe3+ and SO4

2− is different from that of Mg2+ and Ca2+. For
the S1 experiments, the concentrations of Fe3+ and SO4

2− increase greatly within the first 24 h, after
which they are maintained at approximately at 470 mg/L and 2400 mg/L respectively (Figure 2c). The
concentrations of aqueous Fe3+ and SO4

2− in the S2 experiments increase slightly with a maximum
value of 8.5 mg/L and 124 mg/L, respectively (Figure 2c). The trend of aqueous Al3+ is similar to that
of Fe3+. In the S1 experiments, the concentrations of Al3+ increase from less than 1 mg/L to about 85
mg/L within 72 h, while those of the S2 series are always low (Figure 2d).

The changes of concentrations of Ca2+, Mg2+, Fe3+, SO4
2−, and Al3+ in long-term S3 and S4

experiments are similar to those of the short-term S1 and S2 experiments. The fluids of the S4
experiments contain much more Ca2+ and Mg2+, but the increase of Fe3+, SO4

2− and Al3+ is far less
compared to S3 (Figure 3).

The variation of major elements in the two sets of experiment indicates that the main reactions that
occurred in these sets of experiments are different. In the analyzed shale, the main Fe and S bearing
phase is pyrite, which can be easily oxidized. During the process of pyrite oxidation, sulfuric acid is
generated [35]. The tremendous increase of Fe3+ and SO4

2− within 24 h in the S1 experiments indicates
a great generation of sulfuric acid, which results in the rapid drop of pH in the first 24 h. However, in
the S2 experiments the increase of Fe3+ and SO4

2− is much less and that could account for the slight
pH decrease with the first 24 h. The Ca2+ and Mg2+ are mainly released by dissolution of carbonate
minerals including calcite [CaCO3] and dolomite [Ca, Mg (CO3)2]. They can act as a pH buffer. In
the S2 experiments, the finding of much higher concentrations of Ca2+ and Mg2+ suggests that the
main reaction is dissolution of carbonate minerals, which leads to the slow rise of pH in the first 72 h.
The slight decrease in the first 24 h caused by pyrite oxidation and the following rise caused by calcite
dissolution in the S2 experiments also indicates that the dissolution of calcite is probably triggered by
the sulfuric acid generated by pyrite oxidation.

The case of S3 and S4 experiments is similar to the short-term experiments. The main reaction
that occurred is pyrite oxidation in S3 and carbonate mineral dissolution in S4. The slight rise of
pH after 3 months (Figure 3a) might be caused by clay minerals. The reaction between fracturing
fluid and clay minerals would generate some substances that affect pH like silicate ions which are
alkaline after hydrolysis [36], causing the rise of pH of the solutions. Furthermore, after a long duration
of experiments, the emergence of microorganisms and the degradation of some organic matter [15]
will also have an impact on the evolution of the fluids, making the situation more complicated
and unpredictable.

In the shale, the Al-bearing minerals include clay minerals and feldspar. According to the results
of XRD analysis of shale samples (Table 2), the main source of Al in our experiments is feldspar. The
content of feldspar in the S1 and S3 experiments is reduced by about 30% while in the S2 and S4
experiments there is almost no change of feldspar content. The different degrees of feldspar dissolution
are mainly caused by pH, as feldspar can be corroded more easily under acidic conditions than
under neutral conditions. Clay minerals also affect the release and transport of ions in shale. Many
exchangeable ions attach to the surface of clay minerals, and when in contact with fluid, they are
separated and diffused into water, which therefore influences the release of ions [18]. Previous studies
also have revealed that under acidic conditions clay minerals like illite release more Si and Al than
under neutral and alkaline conditions [37], which could also contribute to the different results of the
S1(3) and S2(4) experiments. However, to what extent clay minerals will affect the release of ions is not
clear yet and further study is needed.
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Figure 2. pH (a) and concentrations of Ca2+ and Mg2+ (b), Fe3+ and SO4
2− (c), and Al3+ (d) in

short-term experiments.

 

Figure 3. pH (a) and concentrations of Ca2+ and Mg2+ (b), Fe3+ and SO4
2− (c), and Al3+ (d) in

long-term experiments.
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Table 2. Mineral compositions of shale samples recovered after experiments.

Sample Quartz Feldspar Pyrite Clay Calcite

S1 76.2 9.5 4.7 9.5 nd a

S2 69.9 11.2 6.3 12.1 nd
S3 74.3 8.8 4.5 12.2 nd
S4 71.0 12.2 6.1 10.3 0.4

a: nd = non detected.

3.1.2. Trace Elements and Contaminant Release

A major environmental concern is that hydraulic fracturing may lead to pollution of underground
or surface waters [21]. It has been reported that the fluid recovered during hydraulic fracturing contains
many toxic or radioactive metals, e.g., As, Sr, Pb and U, most of which are released from the shale
reservoirs through dissolution of shale minerals or degradation of organic matter [38–40]. In this study,
the concentrations of trace metals were analyzed to evaluate their source and amount of release.

As shown in Tables 3 and 4, the concentrations of most of the metals are much higher in the
S1 experiments than in S2. For example, the concentrations of Ni in the S1 experiments reach a
maximum value of 4500 μg/L, while in S2 experiments it only reaches about 170 μg/L, far less than in
S1. In addition, in both series of experiments, these metal elements are released into fluids within 24
h rapidly and remain relatively stable. The concentrations of these elements in S3 and S4 series are
similar to the short-term experiments (Tables 5 and 6). A very similar phenomenon is also exhibited
by Fe3+ and SO4

2−, which are also much higher in the S1 experiments and released in the first 24 h.
The similarity indicates that pyrite is the main source of metal elements in shales, which is consistent
with the observation of previous studies [41,42]. Heavy metals can be incorporated into pyrite by
different surface processes, including precipitation, co-precipitation, chemical or physical adsorption,
ionic replacement, or redox reactions between dissolved cations and the surface of pyrite [42–45].
For example, Co and Ni can substitute for the Fe(II) in pyrite due to their similar ionic radii [46], and
elements (e.g., Cr, Pb, and Zn) that have higher water-exchange reaction kinetics than Fe(II) form
metallic sulfides and co-precipitate with pyrite [47]. When pyrite is oxidized, the incorporated metals
are released along with Fe3+ and SO4

2−, leading to the different results of the experiments.

Table 3. Concentrations (μg/L) of trace metals in short-term fluid sample of S1.

S1 Cr Co Ni Cu Ba Pb U Sr

0 h 1.6 0.2 2.3 7.2 29.4 1.5 1.4 84.9
12 h 535 445 3320 5000 48.6 17.68 65.5 94.9
24 h 421 445 3240 4230 50.6 15.32 56.8 99.0
48 h 482 596 4110 5220 43.6 14.48 60.4 113
72 h 400 591 4040 5090 39.0 14.68 61.3 111
D6 438 576 4312 5796 29.2 1.44 51.4 116
D10 91 529 4509 6257 127 1.2 48.1 102
D15 573 555 4016 5283 26.9 2.2 42.9 110

Table 4. Concentrations (μg/L) of trace metals in short-term fluid sample of S2.

S2 Cr Co Ni Cu Ba Pb U Sr

0 h 1.6 0.2 2.3 7.2 29.4 1.5 1.4 84.9
12 h 1.0 23.3 86 33.2 168 11.2 107 242
24 h 6.8 34.7 128 63.7 186 12 117 574
48 h 12.6 39.2 174 99 143 6 42 582
72 h 5.9 47.3 177 80.5 329 21.2 264 877
D6 2.0 25.9 113 34.2 140 2.4 32 620
D10 7.7 42.8 155 61.1 108 3.6 44 525
D15 1.3 28.6 146 38.9 129 2.01 26 868
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Table 5. Concentrations (μg/L) of trace metals in long-term fluid sample of S3.

S3 Cr Co Ni Cu Ba Pb U Sr

0 h 1.6 0.2 2.3 7.2 29.4 1.5 1.4 84.9
D15 256 362 2436 5080 28.6 2.36 31.3 106.8
D30 277 436 2956 5200 25.9 3.01 35.2 100
D90 585 411 2840 4530 43.0 11.4 34.1 145
D180 904 447 3000 4210 24.9 8.4 28.3 105
D360 848 435 2943 2726 26.5 10.9 24.5 106

Table 6. Concentrations (μg/L) of trace metals in long-term fluid sample of S4.

S4 Cr Co Ni Cu Ba Pb U Sr

0 h 1.6 0.2 2.3 7.2 29.4 1.5 1.4 84.9
D15 4.4 3.56 236 15.76 380 2.08 31.1 484
D30 3.72 2.68 232 14.12 436 1.92 30.5 536
D90 6.09 7.64 220 44.2 507 1.43 132 470
D180 4.12 7.05 189 44.3 361 1.88 246 467
D360 2.01 0.95 144 3.08 448 1.2 340 530

The concentrations of other elements, i.e., Ba, U and Sr, are much higher in the S2 and S4
experiments than in S1 and S3 (Tables 3–6). However, Ba, as an element released from pyrite
dissolution, is predicted to have greater concentrations in the S1 and S3 experiments. Considering
the much higher concentrations of SO4

2− in S1, this could be caused by the precipitation of BaSO4.
The source of U is more complicated. A study on Marcellus shale shows most U is held in silicate
minerals and about 20% is hosted in carbonate minerals [38]. Another study states that U is often found
in association with organic matter because they can form complexes in low-energy environments [42].
In this study, the concentrations of U are higher in the S2 and S4 experiments. This indicates that the
source of U in our experiments can be the organic matter, which is also higher in S2 and S4 (Table 1).
In S4 experiments, there is a great increase of U concentration after 3 months. This could be a result
of the degradation of organic matter in shale, a phenomenon observed by Marcon et al. (2017) [15].
The concentrations of Sr exhibit an initially rapid increase for both the S1 and S2 experiments and reach
their maximum values at about 72 h. This temporal trend is comparable to the observed behavior of Ca
and Mg, indicating that the main source of Sr can be the carbonate minerals. Sr isotopes can be used as
a tracer of fluid-rock interactions to help identify sources and flow paths of flowback and produced
waters, but the Sr released from carbonate minerals dissolution can influence the composition and
must also be taken into consideration [35,48,49].

Although only some trace metals were investigated, the fracturing fluid recovered after
experiments belongs to Class IV and V water according to GB/T 14848-2017 “Groundwater Quality
Standard”, which means highly polluted and chemical toxic water. The elevated concentration of
these metals is attributed to several acid-base and oxidation-reduction processes. Among these
processes, attention should be paid to pyrite oxidation because it is the main source of heavy metals,
and the sulfuric acid generated by it can also trigger carbonate minerals and feldspar dissolution.
By minimizing the oxidation of pyrite, the concentrations of these toxic and radioactive elements
can also be controlled.
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3.2. Geochemical Changes in Shale

3.2.1. Dissolution of Minerals in Shale

The investigation of the element concentration in the fluids shows that many elements in the water
sample increased to a certain degree, which reflects the dissolution of minerals in shale. The changes
of mineral composition in shale samples are determined by XRD and FE-SEM coupled with EDS.

The pyrite dissolution has always been of concern because it can release trace heavy metals.
Therefore, it is important to understand the extent of pyrite reaction in order to constrain the release
of contaminants. The comparison between the XRD results of initial samples (Table 1) and recovered
samples (Table 2) reveals that in the S1 and S3 series of experiments the pyrite is significantly reduced by
up to more than 50%, while in S2 and S4 the pyrite content changes very little. The images of short-term
chip samples observed by FE-SEM exhibited similar results to that of XRD. In the S1 experiments, the
pyrite is obviously corroded, but in the S2 experiments the pyrite remains relatively stable (Figure 4).
The results of XRD and FE-SEM analysis in shales are consistent with that of ions analysis in fluids.
There are two possible reasons for this different result: (I) The pyrite content is relatively higher in S1,
where the mean value is approximately 10%, and a small amount of pyrite particles can be observed
on the surface, while in S2 the pyrite content is about 6–7% and relatively lower; (II) The degree of
weathering of the two groups of samples differs from each other due to different sampling depths.
The sampling position of S1 is about 100 m and closer to the surface, resulting in the vulnerability
to groundwater erosion and a greater porosity (Table 1). As shown in FE-SEM images, there are
many cracks observed on the surface of pyrite crystals in S1, which may be caused by weathering
(Figures 4a and 5). The S2 samples were taken from the shale formation 800 m deep. Therefore, due to
the pressure of the overlying strata, the structure of S2 shale formation would be less weathered and
have fewer pores compared to S1 (Table 1). The pyrite grains in S2 are also better preserved and cracks
do not develop on the surface (Figures 4d and 5). The loose structure and cracks in S1 provide more
area exposed to fracturing fluid, leading to a greater degree of reactions.

XRD analysis also shows that the pyrite content is similar between the long-term and short-term
experiments. This indicates the inhibition of pyrite dissolution over time. One potential explanation is
the surface of pyrite being covered by the precipitation of secondary minerals (Figure 4c), preventing
pyrite from contacting the fluid. Another possible reason is that the oxidants in fracturing fluid,
namely dissolved oxygen and chemical additives, are exhausted. This study is conducted under open
conditions, so exhaustion of oxidant is not a main factor constraining pyrite dissolution. However,
at field scale during hydraulic fracturing operation, this may not be the case. Considering the
highly reducing conditions underground, limited dissolved oxygen and chemical additives without
supplement [35], and a relatively large amount of pyrite in shale, the pyrite reaction would be limited
seriously by the oxidant supply. However, due to the high rock to fluid ratio in the field, even only a
little dissolution of pyrite would alter the fluid composition greatly [35].
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Figure 4. SEM images taken to compare shales before and after experiments. (a) is a pyrite grain
observed in the S1 initial sample. (b,c) are images taken after 5 days and 10 days of reaction respectively.
The pyrite was corroded in the middle, where the cracks developed. After 10 days, the surface of the
pyrite was covered by precipitates, which may inhibit pyrite dissolution. (d–f) are images of S2 sample.
No cracks were observed on the surface of the pyrite in the initial sample (d). After 5 days (e) and
10 days (f) of reaction, the pyrite grain did not change significantly. (g–i) are images of calcite in S2
sample. After reaction, the calcite was severely dissolved.

The XRD analysis of shales following the reaction confirms a reduction of calcite content in the S2
and S4 experiments. The calcite content in the initial samples is about 4% on average, while there is
almost no calcite in samples after the experiments (Tables 1 and 2). The initial content of calcite in S1
and S3 is very low, which may be caused by groundwater erosion, leading to relatively lower Ca2+

concentrations in the fluids. The calcite dissolution is also observed on the surface of S2 thin section
by FE-SEM, which is not found on the surface of S1 (Figure 4). In addition, the decline of feldspar
content in S1 and S3 experiments is also observed (Tables 1 and 2). The feldspar content decreases
about 30% after experiments. However, in S2 and S4, it remains unchanged. On the surface of S1
section, dissolution of minerals, which are very likely to be feldspar according to EDS analysis, has
been observed (Figure 6). This difference is mainly caused by the different pH values, which depend
on the amount of pyrite oxidation.
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Figure 5. SEM images of pyrite grains in two samples. In S1, the pyrite grains are fragmented and
many cracks develop, while in S2 the pyrite grains are better preserved. This phenomenon may show
that S1 has been weathered.

 

Figure 6. SEM images of dissolved surfaces of minerals at different magnification (a,b), showing
the formation of a depression. (c) The EDS analysis of the mineral residues revealed that the main
components were K, Al, Si and O, indicating that the dissolving minerals are very likely to be feldspar.
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3.2.2. Precipitation of Secondary Minerals

Pyrite is the main source of aqueous Fe3+ and SO4
2−, therefore theoretically the molar ratio

of Fe3+ to SO4
2− should be close to 0.5. The deviation between the actual ratio and the theoretical

value indicates the precipitation of secondary minerals which removes one ion preferentially [30].
Based on the measured SO4

2− concentration, the iron concentrations produced from the dissolution
of stoichiometric pyrite are calculated (Figure 7a). Measured Fe concentrations in both the S1 and
S2 experiments are less than calculated Fe concentrations, which is indicative of the removal of Fe
by precipitation of Fe-bearing phases. In addition, the saturation indices of Fe(III)-bearing phases
are calculated (Figure 7b). All the saturation indices are greater than 0, indicating that the fluid is
supersaturated for these Fe(III)-bearing phases. What we observed in this study is consistent with
the conclusion that the oxidative dissolution of pyrite is accompanied by precipitation of secondary
Fe(III)-bearing (hydr)oxide phases [50]. During the precipitation of these secondary (oxy)hydroxide
phases, some trace metals like U and Pb are likely to be adsorbed at the surface of or co-precipitate
with these minerals [51,52]. This may account for the downward trend of concentrations of U and
Pb after about 72 h in the S1 and S2 experiments (Tables 3 and 4), indicating that the precipitation of
Fe(III)-bearing (hydr)oxide can restrict the migration of some toxic metals.

Considering the high concentration of SO4
2− in these experiments, there is a high probability

of barite (BaSO4) and gypsum (CaSO4) precipitation. The saturation indices (SI) are calculated and
presented in Table 7. The SI of barite in both experiments is greater than 0, which means the fluid is
supersaturated for BaSO4. Considering that the concentrations of SO4

2− are much higher in S1 than in
S2, the Ba concentrations in S2 would be predicted to be lower, but in fact they are relatively high. At
the surface of SEM thin sections of both S1 and S2 experiments, highly crystallized secondary minerals
are observed, which are confirmed to be CaSO4 by EDS (Figure 8). Most of the gypsum crystals
observed are accumulated on pyrite grains, which may be caused by the higher concentration of SO4

2−
near the pyrite that is being oxidized. However, the SI of CaSO4 is below 0, indicating that CaSO4

is undersaturated (Table 7). Therefore, the gypsum crystals observed in our experiments might be
precipitated during the drying process of SEM samples. Nevertheless, during the process of hydraulic
fracturing in field, due to the much higher shale to fluid ratio, the precipitation of CaSO4 is very likely
to occur. Gypsum is a common scale mineral and difficult to dissolve. The precipitation of gypsum has
the potential to occlude the pores or throats in shale and thus affect the exploitation of shale gas.

Table 7. Calculated saturation indices of barite and gypsum.

Minerals 24 h 48 h 72 h D6 D15 D30 D90 D220 D360

Barite in
S1&3 0.36 0.29 0.25 0.12 0.11 0.11 0.07 0.05 0.05

Gypsum in
S1&3 −1.67 −1.44 −1.43 −1.08 −1.18 −1.46 −1.51 −1.57 −1.52

Barite in
S2&4 0.52 0.39 0.48 0.38 0.44 0.69 0.84 0.54 0.69

Gypsum in
S2&4 −1.21 −1.17 −1.22 −1.22 −0.98 −1.8 −1.85 −2.01 −1.83
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Figure 7. (a,b) are images of the comparison between stoichiometric and actual Fe concentrations in
short-term and long-term experiments respectively. (c) Saturation indices of secondary Fe(III)-bearing
phases versus reaction time in the experiments. All the saturation indices were greater than 0, which
means the fluid is supersaturated for all these secondary Fe(III)-bearing phases.
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Figure 8. SEM images of the CaSO4 precipitates observed on the surface of samples in both experiments.
(a,c) are images of S3 and S4 respectively. (b,d) are magnified images of the red zones of (a,c) respectively.
The main elements in the crystals (the yellow spots) are Fe, S and Ca through EDS analysis, which
suggests a high potential of gypsum precipitates.

3.2.3. Alteration of Porosity

During the process of hydraulic fracturing, mineral dissolution generates pores, and the
precipitation of secondary minerals may cause pore blockage, which could influence the long-term
productivity of shale gas wells. Therefore, it is necessary to investigate the alteration of porosity.

On the surface of the S1 thin sections recovered after experiments, many discrete holes about
several microns in diameter are observed through FE-SEM, which are not found in the original sample
(Figure 9). Most of these pores are isolated, and the microscopic image shows the dissolution of minerals
clearly. The unstable minerals like feldspar and some clay minerals are dissolved, while the more
stable minerals like quartz remain undissolved. However, in the S2 experiments, the reacted samples
observed through SEM are not much different from the intact sample (Figure 10). Although pores
are observed on the surface of S2 thin sections, there are much less of them than in S1. But many
irregular pores generated by calcite dissolution are observed in S2, forming a mottled texture over the
calcite residue (Figure 11). Unlike other isolated pores, these pores are interconnected and have a high
potential to affect the transportation of fluid. The porosity of shale before and after the experiments
is also measured (Table 8). The initial porosity of S2 is 0.8%, and after a reaction between shale and
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fluid, the porosity increased to 1.1%. The initial porosity of S1 is 9.7%, which is much higher than that
of S2. After experiments, the porosity increased to 20.0%, which is twice that of the original sample.
As shown in Figure 6, the EDS analysis of the mineral residues remaining in the discrete pore reveals
that the pores may be caused by feldspar dissolution, which explains the great difference between S3
and S4 experiments.

Table 8. Measured porosity of initial samples and recovered samples.

Samples Porosity (%) Density (g/cm3)

Initial S3 9.7 2.46
Recovered S3 20.0 2.18

Initial S4 0.8 2.70
Recovered S4 1.1 2.68

 

Figure 9. SEM images showing changes of porosity in S3 from time 0 to 360 days. On the surface of the
initial sample, no pores were observed, while after exposure to fracturing fluid, many discrete holes
were generated.

As shown in Figure 4c, the surface of pyrite grain in S1 is covered with a layer of precipitates, part
of which develops on cracks and blocks them. In S2, on the surface of calcite residue after dissolution,
some black substances are observed (Figure 4i), which are not found in initial samples. Although the
composition of these precipitates was not determined, they all act to occlude pores to some extent.
In addition, gypsum crystals developed in pores are also observed (Figure 11). Although this crystal
is very small and cannot block the pore in our experiments, it shows that pores occluded by CaSO4

are very likely to occur in the field. It is known that even slight changes in porosity can affect the
permeability of the rock [52,53], but the effect of the porosity blockage on fluid transport and long-term
productivity of shale gas is not clear yet and needs further study.

According to the results of our experiments, there are several key geochemical reactions caused by
the fluid during the fracturing process. When shale is exposed to fracturing fluid, the first reaction is
the oxidation of pyrite, during which a large amount of metal elements and sulfuric acid are released,
resulting in acidification of the fracturing fluid. The acidic fracturing fluid dissolves carbonate minerals,
which tends to neutralize the pH of the solution and generate pore networks. Subsequently, if the
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shale is not abundant in carbonate minerals, the feldspar is also dissolved due to the vulnerability
to acidic solution, which generates many pores and increase the porosity greatly. At the same time,
some secondary minerals are also precipitated. For example, Fe(OH)3 precipitates at a pH greater than
3.7, and very high concentrations of SO4

2− cause precipitation of CaSO4 and BaSO4 that may occlude
the pores and affect the transportation of hydrocarbons, and ultimately influence of the recovery of
shale gas.

 

Figure 10. SEM images illustrating changes of porosity in S4. Although several pores were observed,
there was no big difference between the initial and recovered samples.

 

Figure 11. A gypsum crystal developed in a pore in S2, which shows the possibility of gypsum
blocking pores.

4. Conclusions and Field Implication

This study reveals that the exposure of shale to hydraulic fracturing fluid causes a series of reactions
that are strongly affected by the mineralogy and physical properties of the shale. Fracturing fluid can
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erode the relatively unstable minerals in shale like calcite and pyrite, thus influencing the evolution of
fluid composition. In pyrite-rich shale formations with a loose structure, the pH of fracturing fluid
decreases due to the greater extent of pyrite dissolution, while in carbonate mineral-rich shale reservoirs
with a tight structure, pyrite dissolves less and calcite can act as a pH buffer, leading to the smaller pH
change. The dissolution of these minerals in shale generates porosity, which can increase the shale
permeability and then probably enhance hydrocarbon transport. But the precipitation of secondary
phases blocks pores or cover cracks, affecting the exploitation of shale gas. Mineral dissolution also
releases many trace metal contaminants into fracturing fluid that are highly likely to contaminate
surface waters after being brought to the surface by flowback or produced water. Therefore, treatment
and monitoring of flowback and produced water are essential for safe disposal or re-use. However,
some of the metal contaminants are removed from solution through adsorption by or co-precipitation
with secondary phases, which therefore can mitigate migration of contaminants to some extent.

The dissolution of minerals is also related to the additives in fracturing fluid, so the degree of
pollution can be minimized by adjusting the composition of solution. The precipitation of secondary
Fe-(oxy)hydroxide and the adsorption of metal contaminants would be both enhanced at higher pH.
Therefore, the use of low pH fracturing fluid in carbonate mineral-poor shale reservoirs requires more
treatment of flowback and produced water and is not suggested. The dissolution of pyrite is mainly
due to oxidants in fracturing fluid. The utilization of fracturing fluid with a lower content of oxidants
could minimize the release of trace metal contaminants and formation of secondary phases. However,
the effect of the high underground pressure and lower temperature in long-term experiments on the
reactions between shale and solution, which may impact mineral dissolution and precipitation, has not
been characterized in this case and requires further studies. Furthermore, during the process of shale
gas production in field, the formation waters in reservoirs typically contain high concentrations of
ions. These formation waters may affect the saturation state of secondary minerals and the adsorption
of trace metal, which also requires further investigation. Despite the drawbacks, our experiments
confirmed that a series of reactions between shale and fluid can be induced, and understanding these
processes and their effects on shale gas production can help us to predict the geochemical changes
during exploitation and minimize the contaminants.
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Abstract: The exploration of shale gas in Fuling area achieved great success, but the reservoir
characteristics and gas content of the lower Jurassic lacustrine in the northern Fuling areas remain
unknown. We conducted organic geochemical analyses, Field Emission Scanning Electron Microscope
(FE-SEM), X-ray diffraction (XRD) analysis, high-pressure mercury intrusion (MIP) and CH4adsorption
experimental methods, as well as NMR logging, to study mineral composition, geochemical,
pore structure characteristics of organic-rich shales and their effects on the methane adsorption
capacity. The Da’anzhai shale member is generally a set of relatively thick (avg. 75 m) and high
carbonate-content (avg. 56.89%) lacustrine sediments with moderate total organic carbon (TOC)
(avg. 1.12%) and thermal maturation (Vitrinite reflectance (VR): avg. 1.19%). Five types of lithofacies
can be classified: marl (ML), calcareous shale (CS), argillaceous shale (AS), muddy siltstone (MS),
and silty shale (SS). CS has good reservoir quality with a high porosity (avg. 4.72%). The small
pores with the transverse relaxation time of 0.6–1 ms and 1–3 ms comprised the major part of
the porosity in the most lithofacies from Nuclear magnetic resonance (NMR) data, while the large
pore (>300 ms) accounts for a small porosity proportion in the CS. The pores mainly constitute of
mesopores (avg. 23.2 nm). The clay minerals with a large number of interparticle pores in the SEM
contributes most to surface area in the shale lithofacies with a moderate TOC. The adsorption potential
of shale samples is huge with an average adsorption capacity of 4.38 mL/g and also has high gas
content (avg. 1.04 m3/t). The adsorption capacity of shale samples increases when TOC increases and
temperature decreases. Considered reservoir properties and gas properties, CS with the laminated
structures in the medium-upper section of the Da’anzhai member is the most advantage lithofacies
for shale gas exploitation.

Keywords: shale gas; reservoir characteristics; gas content; eastern Sichuan Basin; the Da’anzhai member

1. Introduction

A great success of shale gas exploration has been made in a Fuling gas field. Recently, many more
oil and gas discoveries in lacustrine shale of the Lower Jurassic succession (e.g., Da’anzhai member
shale) in the northern Fuling area gives a rise to the possibility of nonmarine shale gas accumulation in
neighboring areas [1,2]. Recent studies focus on the pore structure and geochemical characteristics
of the Da’anzhai member lacustrine shale [3–5]. There is little research concerning the influence of
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lacustrine shale reservoir characteristics on the adsorption capacity and total gas content. However,
gas content is not only a key factor of favorable shale gas area evaluation, but also controls whether
shale reservoir has a commercial exploration value or not [2,6].

In this study, we present a comprehensive approach of mineral composition and geochemical tests,
high-resolution imaging investigation, high-pressure mercury intrusion (MIP) and CH4adsorption
experiments, as well as NMR well logging, to (1) determine the mineral composition and geochemical,
pore structure and petrophysical characteristics of the different shale lithofacies in the Da’anzhai
members; (2) study the influence of continental reservoir characteristics on shale gas properties;
(3) optimize the advantageous shale lithofacies to provide guidance for selecting the target shale
gas layers.

2. Geological Setting

The study area is located in the eastern part of the Sichuan Basin, which is one of the major
petroliferous basins in China. This area is dominated by the huge thrust-fold belts with an NNE
or NE striking. It includes the narrow Datianchi, Huangnitang, Dachigan, Fangdoushan anticlines
and gentle Liangping, Bashansi synclines between these structures from east to west [7]. The North
Fuling gas field is located in the Bashansi Synclines (Figure 1A,B). The Ziliujing formation in the
Lower Jurassic is divided into Da’anzhai, Maanzhan, and Dongyuemiao members. The target layer
of theDa’anzhai member consists of three lithological members: the shell limestone in the lower
layer (J1zDa1); the interbed in the middle layer with black shale, silty shale, and shell limestone
(J1zDa2); and the shell limestone and marl in the top (J1zDa3) (Figure 1C). The middle part of the
Da’anzhai member (J1zDa2) is the most important source rock with a thickness of 30–80 m. This layer
was widely deposited when the lacustrine system was rapidly expanded and the water within the
lake was deepened [8], which produced a positive impact on the accumulation and preservation of
organic matter.

 

Figure 1. Study location (A), geological map (B), and simplified stratigraphic column (C) of the Jurassic
Da’anzhai member in the Eastern Sichuan Basin.
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3. Samples and Experiments

In this paper, all the samples in the Da’anzhai member were selected from fresh cores in five wells,
including FY1, FY4, FY5, FY3-2, and XL101 wells. Most of the samples were analyzed in the following
methods: Total organic carbon determination, Rock-Eval pyrolysis analyses, kerogen vitrinite reflectance
analysis, kerogen maceral composition microscopy, X-ray diffraction (XRD) testing, and high-pressure
mercury intrusion (MIP), that were performed by the Marine Geology Lab, PetroChina Jianghan Oilfield
Company. High-pressure intrusion experiments were conducted by AutoPore IV 9520 instruments,
which can obtain a pore size range of 0.003–1000 μm. The pore micromorphology of 15 samples were
determined at the State Key Laboratory of Oil and Gas Reservoir Geology and Exploitation of Chengdu
University of Technology. These samples were investigated using an “FEI Quanta model 200F from FEI
corporation, Netherlands” field-emission scanning electron microscopy (FE-SEM) under a working
condition of 20 kv and distance of 8–9 mm. The methane adsorption isotherm experiments of five
samples were conducted by the Shale Gas Lab, Sichuan Coal Geology Bureau.

Nuclear magnetic resonance (NMR) well logging is an approach that confirms the nuclear spin
states of hydrogen in water and oil within a thin annulus situated deeply into the formation with
several inches [9]. Under the pulsed and static magnetic field, the transverse relaxation time (T2) of
protons generally shows a positive relationship with the amount of hydrogen protons in the pore
fluid [10]. The NMR well logging curves generally shows 2 to 3 main peaks and the peaks becomes
larger with higher relaxation time: the first peak in the shale reservoir normally is the predominant one
indicating clay-bound water and capillary-bound water, while free-fluid volume and micro-fractures
are only revealed in some small peaks [11].

Field desorption is a relatively accurate method to directly obtain the data of gas content,
including desorption gas content, losing gas content and residual gas content. Desorption gas content
was measured by the ISO-300 system under a temperature of 80 ◦C (Figure 2) when the sealed shale
samples were placed in the desorption tank. Losing gas content was calculated by the United States
Bureau of Mine (USBM) [12]. The samples (100–200 g) were placed in the residual gas tank, and then
crushed for 30 min. Finally, residual gas content can be measured by the ISO-300 system (Figure 2).

 

Figure 2. The ISO-300 filed testing system of desorption gas content in the Da’anzhai shale
member.1-thermostatic apparatus; 2-desorption tank; 3-dehumidication apparatus; 4-testing
instruments of gas flow; 5-flexible pipe; 6-device for collecting gas; 7-pressure gauge; 8-thermometer;
9-data-processing system.

4. Results and Discussions

4.1. Organic Geochemical Characteristics

According to the TOC determination and Rock-Eval data of 143 samples in wells FY3-2 and
XL101, The TOC of the Da’anzhai member widely ranged from 0.05 wt.% to 3.08 wt.% (avg. 1.12%)
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(Figure 3 and Table 1). Some 65% of samples have a TOC value of more than (>0.5 wt.%). The TOC
level over 1.0 wt.% and 2.0 wt.% account for 45.1% and 8.9% of all samples, respectively. The variation
of TOC value in vertical is related to lithology (Figure 3). The laminated calcareous shale and massive
argillaceous shale in the upper part of the J1zDa2 have high TOC value of avg. 1.58 wt.% [13], while the
massive or bedded marl and silty mudstone in the J1zDa1 and J1zDa3 have a low TOC of <0.50 wt.%.
The potential yield (P), defined as the sum of Rock-Eval S1 and S2 values, is generally used to evaluate
the genetic potential of a source rock [14]. P (S1+S2) and TOC are the most important indicators of
organic matter abundance [15], and they show a good positive correlation (R2 = 0.82) for all samples
(Figure 3). P has a range of 1.03–6.84 mg/g (avg. 2.34 mg/g). The chloroform bitumen“A” content of
20 samples vary between 0.01% and 0.19% with an average value of 0.11% (Figure 3). Based on the
thresholds of nonmarine source rocks from [15], the Da’anzhai member shale is a fair-good source rock
and provides a good quality for hydrocarbon generation.

The kerogen composition analysis of 42 samples indicate all samples are dominated by sapropelinite
(65–74%), along with moderate vitrinite (25–51.7%) (Figure 4). The sapropel organic matter is mostly
correlated with initial production of algae or bacterial phytoplanktonic sources at the surface of lake [16].
The plot of HI vs. Tmax (Figure 4) indicates organic matter (OM) in the Da’anzhai member shale is
dominated by type II, mainly typeII2 [17]. The OM type in vertical transitioned from mainly typeII2

in J1zDa3 to typeII1 in the J1zDa2 and J1zDa1. This suggests the change of the OM origins in vertical
result in the diversity of kerogen compositions and OM types.

 

Figure 3. The geochemical and mineralogy characteristics for well FY3-2 in the Jurassic Da’anzhai
member. Q: quartz; F: feldspar; M: mica. P = S1+S2; PI = S1/(S1+S2); HCl = S1/TOC × 100; HI =
S2/TOC × 100. The blue, orange, and red dash lines show the classification borders of general, good,
and excellent qualities of source rock.
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Figure 4. The organic matter type of Da’anzhai member shale. (A) Cross-plot between hydrogen
index and Tmax showing the kerogen-type and source potential; (B) ternary chart of kerogen
maceral composition.

The vitrinite reflectance (Ro) values of 17 samples ranged from 1.0% to 1.46% and averaged 1.19%
(Figure 3). The temperature of maximum development of the S2 peak (Tmax) mainly ranges from
439 ◦C to 510 ◦C (avg. 452 ◦C). This indicates most of the samples reach a moderate-high maturity
with a high potential for shale gas generation [18].

4.2. Reservoir Characteristics

4.2.1. Mineral Composition and Reservoir Properties

X-ray diffraction analysis of core samples from the two wells showed that the Da’anzhai Member
shale is dominated by carbonate minerals (avg. 56.8%), followed by clay minerals (avg. 29.8%),
quartz and feldspars (avg. 19.6%), and pyrite (avg. 3.05%) (Figure 3 and Table 1). These kinds of
mineral compositions confirmed that the Da’anzhai member shale is not a typical shale of mainly
terrigenous origin (generally defined by clay contents greater than 75%). The brittle mineral content
(avg. 68.5%) of the Da’anzhai member shale has reached at the minimum standards of fracturing
feasibility (40%) [19]. Illite and mixed-layerillite/smectite (avg. 65.8%) are the predominant clay
minerals from the corresponding clay mineral data (Table 1) with comparatively small amounts of
chlorite (avg. 15.8%) and kaolinite (avg. 18.2%). According to the mineral compositions, sedimentary
genesis, and structure, the lithofacies of the Da’anzhai member can be classified as five groups:
marl (ML), calcareous shale (CS), argillaceous shale (AS), muddy siltstone (MS), and silty shale (SS).

Porosity and permeability analyses from MIP in well FY3-2 indicates that the differences of
reservoir properties between several lithofacies are dramatic. There is a weakly positive relationship
between Porosity and permeability (R2 = 0.31) (Figure 5). The permeability of different lithofacies
influenced by microfractures shows a wide range of 0.07–28.76 mD (Table 1). A permeability of
0.1–1 mD account for 66.7% in all samples. The permeability of CS with the laminated structures is
relatively high. Moreover, its porosity (avg. 4.72%) is also higher than AS (avg. 2.72%), followed by MS
(avg. 1.89%) and SS (avg. 1.75), whereas porosity of ML is relatively poor (avg. 1.02%). The information
of pore throat size, the sorting and connectivity within pores also can be obtained from the MIP data
and curves (Figure 6). The distribution of pore throat size indicates that AS, CS, and SS contains two
types of pores: small pores (8–100 nm) and large pores (1–15 μm) with a good connectivity (Figure 7).
But the tight ML and MS composed of a large number of small pores (<20 nm).
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Figure 5. The relationship between porosity and permeability of 62 core samples. These samples were
classified based on lithofacies. Note: SS: silty shale; CS: calcareous shale; ML: marl; AS: argillaceous
shale; MS: muddy siltstone.

 

Figure 6. The capillary pressure curves of five typical types of lithofacies. Sample FY-5 of ML; sample FY-12
of SS; sample FY-9 of AS; sample FY-16 of MS; sample FY-9 of CS.

NMR is also an effective tool to determine the probe reservoir characteristics, including bound
fluid, free fluid porosity, effective porosity, total porosity, and hydrocarbon existence [20]. The reservoir
evaluation results of the Da’anzhai member from NMR well logging were shown in Figure 8 and Table 2.
The heterogeneity of shale lithofacies strongly influenced the T2 spectrum and porosity characteristics
from NMR logging data. CS generally constitute of 2–3 peaks in the T2 spectrum: The first peak
(around 3 ms) is the largest peak, followed by a second peak (around 60 ms), while the third (1000 ms)
peak is generally missing or it is not significant. This indicates that the pore types mainly consist
of micropores and meso/macro pore. Sometimes, the fractures can be developed in these kinds of
lithofacies. This is consistent with the distribution of pore throat size from the MIP results. The porosity
of bound water is larger than that of free fluid. The T2 spectrum of AS, SS, and MS shows an amplitude
peak and a minor peak. However, the value of T2 in the AS is generally higher than that of SS and MS.
This indicates the AS has better reservoir quality. The T2 spectrum of ML differs significantly from
other lithofacies. It only has one peak around 1 ms, indicating that micropores prevail. Interestingly,
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free water volume does not exist in the ML because of high carbonate cementation. This is further
confirmed by the carbonate content from XRD results.

 

Figure 7. The distribution characteristics of pore throat size in five types of lithofacies. (A) for sample
FY-5 of marl; (B) for sample FY-12 of silty shale; (C) for sample FY-9 of argillaceous shale; (D) for sample
FY-16 of muddy siltstone; (E) for sample FY-9 of calcareous shale. F: Frequency.

 

Figure 8. The reservoir evaluation from NMR logging data in the Da’anzhai member, well FY3-2.
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Table 2. The reservoir evaluation results of five types of shale lithofacies in the Da’anzhai member
from NMR well logging data.

Lithfacies
Type

The Peak of T2

Distribution (ms)

Capillary Bound
Water Volume

(avg. %)

Movable
Water Volume

(avg. %)

Effective Porosity
(avg. %)

Total Porosity
(avg. %)

CS 3–30, 60–300, 1000 2.3 0.6 2.5 4.9
AS 3–30, 30–100 1.5 0.4 1.8 2.1
SS 1–3 3–30 1.2 0.3 1.3 1.8
MS 0.3–3, 3–10 0.6 0.2 0.9 1.2
ML 0.3–3 0.3 0 0.5 0.9

4.2.2. Pore Morphology and Pore Structure Analysis

FE-SEM images are the techniques that are generally used to qualitatively determine the pore
morphology characteristics of shales (e.g., the shapes, sizes, and distributions) [21–23]. The FE-SEM
images show that a large quantity of micro-nano pores and microfracture exits may occur in the
lacustrine shale samples. Based on the relationship between pores and minerals, pores can be classified
into the three groups: organic matter-hosted pores (OM pores), the pores in the framework minerals
(FM pores), and clay minerals-associated pores (CM pores). OM pores usually form during the thermal
evolution and hydrocarbon generation process of kerogen and other OM. They mainly have aspherical,
ellipsoidal-shape with a pore size of 2–100 nm (Figure 9A,B). Compared with the marine shale in the
Fuling areas [5], OM pores are scarce in the Da’anzhai Lacustrine shale because of a moderate maturity
(Ro: avg. 1.19%) and low TOC content. A large number of clay mineral pores was investigated in
the SEM. The intrapartical and interlayer pores were developed between the clay mineral. The pore
size of the observed wedge-shaped pore is 50 nm to 700 nm, and the length of the slits is up to 6 μm
(Figure 9C,E,F). These pores provide a large surface for adsorbed gas. FM pores are mostly a certain
amount of nano-scale pyrite framboids or calcite intercrystalline pores (Figure 9G,H). These pores are
generally irregular with poor connectivity. The FM pores also contain the nano-scale pores generated
by the dissolution of minerals (e.g., quartz and calcite) (Figure 9I). Moreover, a large number of
microcracks could be investigated in the CS and AS. These shrinkage cracks were generally caused by
dehydration of clay minerals and thermal pressurization of hydrocarbons [24,25], forming a crack-pore
network system (Figure 9A,D). The shrinkage crack and the edge of the mineral particle form a
bend-ridge-like distribution, with crack spacing of 20–30 nm and length of 8–40 μm. These microcracks
provide important channels for gas migration.

Pore structure parameters measured by MIP are shown in Table 1. The average pore size and
medium pore size show a main range of 17.8–57.9 nm and 2.7–18 nm, respectively. This indicates
the pore size in the Da’anzhai member shale is dominated by mesopores, which is in consistent
with the full pore-size distribution results of previous studies in Da’anzhai member shale of the
central or northeastern Sichuan Basin [3–5]. The specific surface area varies from 1.42 to 13.92 m2/g
(avg. 5.81 m2/g). The pore volume ranges from 0.35 to 7.01 cm3/100g (avg. 2.59 cm3/100g). Compared
with the marine Longmaxi Formation shale in the same area (i.e., Fuling area; [5]), the surface area and
pore volume is much lower because a lower TOC of lacustrine shale in Da’anzhai member contributes
less to the surface and pore volume than marine shale. In Figure 10, TOC values are positively
correlated with surface area and pore volume with a coefficient of 0.46 and 0.23, respectively. However,
this correlation is much poorer because of a low-medium TOC value (avg. 1.12 wt.%) and moderate
maturity. The clay mineral and surface area exit a strong positive correlation with a coefficient of 0.62.
This indicates clay mineral play a more important role on the surface area [26] and pore volume of
lacustrine shale with a low TOC (Figure 10). Many interparticle pores among clay minerals are also
investigated in the SEM (Figure 9C,E,F). On thecontrary, the carbonate content is negatively correlate
with surface area and pore volume, because high carbonate minerals (e.g., calcite) with a strong
cementation can greatly influence reservoir quality and usually have adverse impacts. The quartz
minerals show a weakly positive relationship with pore volume (R2 = 0.49). The total pore volume
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increases with quartz and feldspar content in the lacustrine shale due to the generation of pores by
dissolution and weakening of compaction [27].

 

Figure 9. Pore types of the Da’anzhai member shale in the FE-SEM images. (A) organic matters-hosted
pores and microfractures, CS, 2599.95 m, Well FY1; (B) organic matters-hosted pores, AS, 1736.51 m,
well FY4; (C) interparticle pores between clay minerals, AS, 2543.73 m, well FY5; (D) microfractures,
2615 m, CS, well FY1; (E) and (F) floccule intercrystal pores in flocculated clay microfabric, CS, 2544.36 m,
well FY4; (G) intercrystalline pores in calcite mineral, ML, 2639.8 m, well FY1; (H) intercrystal pores
in pyrite framboids, SS, 1736.51 m, well FY4; (I) dissolution pores in calcite minerals, MS, 2672.04 m,
well 5.
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Figure 10. Correlation plots between specific surface area and pore volume and TOC and mineral
composition. (A) The relationship between TOC and surface area; (B) The relationship between TOC
and pore volume; (C) The relationship between clay and surface area; (D) The relationship between clay
and pore volume; (E) The relationship between carbonate and surface area; (F) The relationship between
carbonate and pore volume; (G) The relationship between Quartz and surface area; (H) The relationship
between Quartz and pore volume.

4.3. Methane Sorption and Adsorption Potential

The methane adsorption isotherms of five shale samples measured at different pressure and
temperatures are shown in Figure 11. We set a temperature group of 30 ◦C, 80 ◦C, 100 ◦C. The pressure
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values were measured at the 13 balance pressure points. The balancing time at each spot was set by
12.0 h. The amount of methane adsorbed into the shale at early stage of <5 MPa rapidly increased
under different temperature and reached 85% of the maximum adsorption capacity. However, the shale
with a high TOC content at same temperature (80 ◦C) has much faster methane adsorption rate with
a large gradient (Figure 11A), because a high TOC of organic-rich shale provide a large amount of
surface area for methane adsorption. The increased amount of methane adsorption became less from
5 MPa up to 12 MPa, because the methane adsorption reached equilibrium state. This process can be
described by the Langmuir isotherm equation [28]:

V =
VLbp
1 + bp

(1)

where V is the absorbed methane volume, cm3/g; VL is the Langmuir volume, cm3/g; b is the reciprocal
of Langmuir pressure, MPa−1; p is the pressure, MPa. Langmuir volume of Da’anzhai member
shale ranges from 1.34 mL/g to 2.28 mL/G (avg. 1.70 mL/g), indicating medium-high adsorbed
capacity (Table 3). However, shale with different TOC content has quite different VL value at the same
temperature (80 ◦C). When TOC content increased from 0.41 wt.% to 1.48 wt.%, the Langmuir volume
of shale changed from 1.34 mL/g to 1.77 mL/g (Figure 11). Even with a similar TOC level, the Langmuir
volume decreased rapidly at a high temperature. When the experimental temperature jumped from
30 ◦C to 100 ◦C, the Langmuir volume of shale decreased from 2.28 mL/g to 1.44 mL/g. This can be
interpreted by adsorption potential theory.

 

Figure 11. The gas potential of the Da’anzhai member shale. (A) and (B) isothermal adsorption curves
and adsorption potential at different temperatures; (C) and (D) relationship between TOC, porosity and
total gas content.

250



Energies 2020, 13, 4495

Table 3. Methane adsorption results and field desorption results of shale samples.

Sample
TOC

(wt.%)
Porosity

(%)

Langmuir
Volume
(mL/g)

Langmuir
Pressure

(MPa)

Desorption
Gas Content

(m3/t)

Lost Gas
Content

(m3/t)

Residual Gas
Content (m3/t)

Total Gas
Content (m3/t)

FY-1 0.56 0.8 / / 0.04 0.19 0 0.23
FY-3 1.89 2.0 / / 0.19 1.51 0.1 1.8
FY-4 1.48 0.6 1.77 2.01 0.19 1.27 0.12 1.58
FY-6 0.96 2.0 / / 0.14 0.11 0.09 0.34
FY-7 1.31 2.1 2.28 2.46 0.22 0.85 0.07 1.14
FY-8 0.77 0.7 1.66 2.39 0.1 0.06 0.08 0.24
FY-9 1.21 3.5 / / 0.11 0.02 0.01 0.14
FY-10 0.41 2.4 1.34 2.42 0.13 0.07 0.06 0.26
FY-13 0.61 0.9 / / 0.12 0.32 0.05 0.49
FY-14 0.67 5.6 / / 0.1 0.24 0.05 0.39
FY-15 0.49 5.9 / / 0.17 0.66 0.06 0.89
FY-16 0.27 2.0 / / 0.09 0.39 0.04 0.52
FY-17 0.26 1.7 / / 0.15 0.45 0 0.6
XL-1 1.44 4.6 / / 0.31 0.08 1.16 1.55
XL-2 1.87 8.2 / / 0.38 0.15 1.37 1.9
XL-3 3.06 3.8 / / 0.35 0.03 1.91 2.29
XL-4 1.41 7.6 / / 0.38 0.06 1.24 1.68
XL-5 1.22 4.8 / / 0.28 0.13 0.49 0.9

Note: /: no data.

Based on Polanyi’s theory of adsorption potential [29], the adsorption potential correlated with
pressure can be defined as:

ε =

P0∫
Pi

RT
P

dP = RT ln
P0
Pi

(2)

where ε is the adsorption potential, J/mol; Pi is the equilibrium pressure of methane at temperature
T, MPa; P0 is the saturated vapor pressure of methane at T, MPa; R is a constant value of 8.3114,
J/(mol·K); T is the thermodynamic temperature, K; P is the pressure, MPa; under a certain temperature,
the saturated vapor pressure of methane keeps constant. For example, the saturated vapor pressure
of methane is generally 15.8 MPa at 80 ◦C. So according to Equation (2), the adsorption potential
of shale samples can be easily determined from isothermal adsorption experiment (Figure 11B).
When the temperature increased under the same pressure, the adsorption potential obviously increased.
It indicates the result of an increase of temperature and gas molecular kinetic energy. The increase of
adsorption capacity cannot keep more gas molecules absorbed by the adsorbent, because the increasing
rate of energy change is much lower than the kinetic energy. Therefore, the adsorption capacity
increases with the decrease of temperature.

4.4. Gas Content of Field Desorption

Field desorption analysis of 18 samples indicates total gas content of the Da’anzhai member shale
range from 0.14 to 2.29 m3/t (avg. 1.04 m3/t). It is much greater than the minimum standard of 0.5 m3/t
for a favorable lacustrine shale gas [2]. Moreover, the CES in the medium-upper section of the J1zDa2

has high gas content with a range of 1.15–2.29 m3/t (avg. 1.57 m3/t). Desorption gas content accounts
for 10.56–60.44% (avg. 26.75%) of total gas content. This is much lower than the ratio of desorption
gas content to total gas content due to a moderate TOC and maturity. TOC is positively related to
the total gas content with a correlation coefficient of 0.71 (Figure 11C). It shows a strongly positive
relationship between TOC and desorption gas content (R2 = 0.83). This suggests OM contributes most
to desorption gas content. There is also a weakly positive correlation between porosity and total gas
content (Figure 11D), because shale with a high porosity can provide more sites for free gas.
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5. Conclusions

(1) The lacustrine Da’anzhai member shale in the north Fuling area has a medium-high OM content
(avg. TOC 1.12 wt.%). The laminated calcareous shale in the upper part of the J1zDa2 has high
TOC value of avg. 1.58 wt.%. The average potential yield P (S1 + S2) and chloroform bitumen
content “A” are 2.34 mg hydrocarbons per g TOC and 0.11% with a medium hydrogen generation
potential. The kerogen type of mainly typeII2 and a moderate OM maturity (VR = avg. 1.19)
indicate a huge potential of gas generation. The mineral content is dominated by calcite, clay and
quartz. The clay minerals mainly consist of illite and mixed-layerillite/smectite. The lithofacies of
the Da’anzhai member includes marl (ML), calcareous shale (CS), argillaceous shale (AS), muddy
siltstone (MS), and silty shale (SS).

(2) Heterogeneity of shale lithofacies strongly influences the reservoir quality. The porosity and
permeability of shale is overall low, but the laminated calcareous shale has good reservoir
properties with a high porosity (avg. 4.72%). The pore size is dominated by mesopores, and the
medium pore diameter is 23.2 nm. Better NMR data show that the small pores with the
transverse relaxation time of 0.6–1 ms and 1–3 ms comprised most of the porosity of the Da’anzhai
shale member, while the larger pores with a T2 value of 300–1000 ms and 1000–3000 ms only
accounts for a small porosity proportion. However, it is very important for gas migration and
generally showed a third peak in the NMR spectrum of CS, and this peak generally missed after
centrifuge processing.

(3) The clay minerals in Da’anzhai member shale contributes most to surface area. The average
Langmuir volume and total gas content is 1.7 mL/g and 1.04 m3/t. The adsorption capacity of
methane decreases with decreasing TOC and increasing temperature. The total gas content of
lacustrine shale is controlled by TOC and porosity. CS have the highest gas content (avg. 1.57 m3/t)
than other shale lithofacies. The reservoir properties, mineral composition and gas content data
suggest the laminated calcareous shale in the medium-upper section of the J1zDa2 are the most
advantage lithofacies for shale gas potential production.
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Abstract: As significant components of tight gas reservoirs, clay minerals with ultrafine dimensions
play a crucial role in controlling pore structures and permeability. XRD (X-ray diffraction), SEM
(scanning electron microscopy), N2GA (nitrogen gas adsorption), and RMIP (rate-controlled mercury
injection porosimetry) experiments were executed to uncover the effects of clay minerals on pore
structures and the permeability of tight gas reservoirs, taking tight rock samples collected from the
Lower Cretaceous Dengloukou and Shahezi Formations in the Xujiaweizi Rift of the northern Songliao
Basin as an example. The results show that the pore space of tight gas reservoirs primarily comprises
intragranular-dominant pore networks and intergranular-dominant pore networks according to
fractal theory and mercury intrusion features. The former is interpreted as a conventional pore-throat
structure where large pores are connected by wide throats, mainly consisting of intergranular
pores and dissolution pores, and the latter corresponds to a tree-like pore structure in which
the narrower throats are connected to the upper-level wider throats like tree branches, primarily
constituting intercrystalline pores within clay minerals. Intragranular-dominant pore networks
contribute more to total pore space, with a proportion of 57.79%–90.56%, averaging 72.55%. However,
intergranular-dominant pores make more contribution to permeability of tight gas reservoirs, with a
percentage of 62.73%–93.40%. The intragranular-dominant pore networks gradually evolve from
intergranular-dominant pore networks as rising clay mineral content, especially authigenic chlorite,
and this process has limited effect on the total pore space but can evidently lower permeability.
The specific surface area (SSA) of tight gas reservoirs is primarily derived from clay minerals, in
the order of I/S (mixed-layer illite/smectite) > chlorite > illite > framework minerals. The impact of
clay minerals on pore structures of tight gas reservoirs is correlated to their types, owing to different
dispersed models and morphologies, and chlorite has more strict control on the reduction of throat
radius of tight rocks.

Keywords: clay minerals; pore structures; permeability; tight gas reservoirs; Xujiaweizi Rift; Northern
Songliao Basin
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1. Introduction

Enormous success in the exploration and exploitation of tight sandstone gas, a kind of
unconventional clean natural gas resources, has been achieved worldwide [1–4]. Works on pore
systems in tight gas sandstone reservoirs, including pore types, pore-throat sizes and distributions,
etc., have drawn great attention because they have significant effects on the storage and flow capacities
of tight rocks [5–10]. Many fluid invasion and radiation methods have been applied to disclose pore
systems of tight gas sandstones [8,11,12]. The fluid invasion methods primarily include mercury
injection porosimetry (MIP), low field nuclear magnetic resonance (NMR), low-pressure gas adsorption
(N2 and CO2), etc., and the radiation methods principally employ scanning electron microscopy (SEM),
small/ultrasmall angle neutron scattering (SANS/USANS), X-ray computer tomography (XCT), etc.
Owing to the broad scope of pore-throat dimensions, various techniques need to be integrated to
uncover the complete pore systems of tight gas sandstones [6,13].

The pore systems and seepage capacity of tight gas sandstones are simultaneously controlled
by multiple factors, such as primary sedimentary environment (particle size, sorting, rounding,
mineral compositions, etc.), diagenesis (mechanical compaction, cementation, recrystallization,
dissolution, etc.), and regional tectonic movement (fractures) [14–16]. As an important matrix
component of tight gas sandstones, clay minerals are generally characterized by ultrafine particle
sizes, special morphological structure, and physicochemical properties [17,18]. Currently, research
about clay minerals in unconventional reservoirs primarily focuses on their evolution, methane (CH4)
adsorption characteristic, specific surface area, and pore-throat size distributions [18–20]. For instance,
Neasham [21] proposed that clay minerals are generally distributed in a pore-throat space in the
form of discrete particles, intergrown crystal linings on pore inner surface, or crystals bridging
across pores, and they often block throats, resulting in the destruction of pore structure and poor
permeability [22]. Ji et al. [23] argued that smectite has the strongest adsorption capacity for CH4,
and physical adsorption is dominant in this process. Chen et al. [17] reported that pores contained
in clay minerals are multiscaled from micron to nanosize, which are further classified into interlayer
pores, intergranular pores, pores and fractures related to organic matter, pores and fractures related
to other types of minerals, dissolution pores, and microfractures. Cao et al. [24] and Yang et al. [25]
declared that the total content of clay minerals correlates with pore structure parameters derived from
nitrogen gas adsorption (N2GA) and MIP, such as specific surface area, median pore-throat radius,
and maximum pore-throat radius. Ola et al. [18] described in detail the evolution of clay minerals
during burial process, especially the conversion of smectite to illite, and they further discussed the
relationships between clay mineral diagenesis, shown as I/S ordering, and thermal maturity indicators.
However, clay minerals in tight gas sandstones usually contain many types, including kaolinite, illite,
chlorite, smectite, etc., and their particle sizes, crystal morphologies, and petrophysical properties show
tremendous differences. Therefore, various types of clay minerals possess diverse influence degrees
on the pore systems and permeability of tight gas sandstones. More importantly, the quantitative
characterization of the impacts of clay minerals on pore structure, porosity, and permeability is still
weak at present, and this is the main concern of this work.

In this study, nine tight rock samples with different clay mineral content and permeability are
selected from the Lower Cretaceous Shahezi and Denglouku Formations in the Xujiaweizi Rift, Northern
Songliao Basin, to carry out XRD, SEM, N2GA, and rate-controlled mercury injection porosimetry
(RMIP) analyses. The objectives of this study are (1) to briefly characterize pore structures and introduce
clay mineral morphologies of tight gas reservoirs; (2) to quantitatively evaluate different types of pore
networks and their contributions to pore space and permeability; and (3) to discuss the controls of clay
minerals on pore structures and permeability of tight gas reservoirs.

2. Geological Setting

The Xujiaweizi Rift is known as one of the largest and most significant gas-bearing rifts in the
northern Songliao Basin in Northeastern China (Figure 1A) [26,27], occupying an area of approximately
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0.54× 104 km2. Structurally, the Xujiaweizi Rift is located in the Southeast Fault Depression, a first-order
tectonic unit of the northern Songliao Basin, which is mainly composed of four third-order tectonic
units: the Anda–Shengping uplift belt, the Xudong sag, the Xuxi sag, and the Xudong slope belt
(Figure 1B) [28]. The study area appears as a dustpan-like shape extending along near the north–south
direction on the whole, characterized by faulting in the west and overlapping in the east, under the
comprehensive influence of late compression and strike-slip [26,29].

The studied intervals are the Lower Cretaceous Denglouku and Shahezi Formations, separated
by the Yingcheng Formation (Figure 1C), and these two strata have proven to be the most favorable
reservoirs for tight gas accumulations over the past decade [30,31]. Specifically, the Shahezi Formation
was primarily deposited in fan deltas, braided river deltas, and semideep to deep lacustrine facies
environments, forming interbedded thick dark mudstone/coal and coarse-grained clastic rocks, such
as conglomerate, sandy conglomerate, and gritstone (Figure 1C) [32,33]. The reservoir quality of the
Shahezi tight gas reservoirs is relatively poor, with a porosity of 0.4%–10.7%, mainly <6.0%, and a
permeability of 0.01 × 10−15 to 11.20 × 10−15 m2, mainly less than 0.1 × 10−15 m2 [27], primarily due to
the relatively great burial depth of 3000–4500 m. The Denglouku Formation was deposited during
a transition period from a rifting stage to depression stage of the Songliao Basin, corresponding to
a sedimentary environment of braided rivers, braided river deltas, and lacustrine facies [34], with
interbedded sandstones and thin mudstones (Figure 1C). The thickness of the Denglouku Formation
primarily ranges from 500 to 1000 m, with a burial depth of primarily shallower than 3500 m [35].

 

Figure 1. Diagrams showing (A) locations of the Songliao Basin and the study area, (B) main tectonic
units of the Xujiawei Rift and locations of sampling wells, and (C) stratigraphic sequence of the Lower
Cretaceous Shahezi, Yingcheng, and Denglouku Formations in Xujiaweizi Rift.
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3. Experimental Works

3.1. Sample Collection

Nine tight rock samples, with various clay mineral contents of 2–24 wt.% and a permeability of
0.0352× 10−15 to 2.35 × 10−15 m2 (Table 1), were assembled from the Lower Cretaceous Dengloukou
and Shahezi Formations in the northern Songliao Basin. As tight rocks with relatively lower porosity
and relatively higher clay mineral content are usually hard to serve as high-quality natural gas
reservoirs [31], the porosities and clay mineral contents of the studied samples are primarily greater
than 6.0% and lower than 25 wt.% (Table 1), respectively. All of the nine regular core plugs, with
≈2.5 cm in diameter and 3–6 cm in length, were drilled from the relatively homogeneous section
parallel to the sedimentary stratigraphy, and each sample was adequately cleaned in the solution of
ethyl alcohol and chloroform in advance to remove residual bitumen. The complete core plug samples
were first employed to measure porosity and permeability, and then, each core plug sample was cut
into two parts, with a length of ≈1 cm and ≈2–5 cm, respectively. The larger part was first designed
for SEM experiments on fresh and polished surfaces, before a 3–5 g powdered sample (60–80 mesh
corresponding to particle size of 180–250 μm) was utilized for the N2GA analysis in advance. Then, all
of the larger part sample was crushed into finer powder to carry out an XRD analysis. The smaller
part was directly applied to the RMIP analysis. The specific experimental procedures are shown in the
following section.
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3.2. Experimental Methods

3.2.1. RMIP

RMIP analyses were carried out using an ASPE-730 Automatic Mercury Intrusion Porosimeter
(Coretest Systems, Inc., Closter, NJ, USA) at the Exploration and Development Research Institute of
Daqing Oilfield Company Ltd. Tight rock samples were first cut into cubes, with a volume of <2.0 mL
or a weight of <5.0 g, to avoid excessive experimental time, and then were dried to a constant weight
at 105 ◦C before the RMIP experiment. To keep a quasistatic mercury intrusion, the intrusion rate of
mercury was set as an extremely low fixed value of ≈5 × 10−5 mL/min. The mercury intrusion pressure
ranged from ≈0.025 MPa to ≈6.2 MPa, matching a throat radius range of ≈0.12–29.4 μm based on the
Washburn equation that is shown as follows [36]:

r =
2σ cosθ

Pc
(1)

where r is the throat radius; Pc is the mercury intrusion pressure; σ is the mercury interfacial tension,
with a value of 485 mN/m [5]; and θ is the mercury wetting angle, with a value of 140◦ [5].

As shown in Figure 2A,B, the most important process that occurs repeatedly in the RMIP
experiment is the drop and increase of mercury intrusion pressure. The sudden drop of mercury
intrusion pressure, marked as rheon by Yuan and Swanson [37], represents the passage of nonwetting
mercury from the narrower throats into the wider pores, and the pore-throat radius can be obtained
from the initial pressure at the beginning of rheon process using Equation (1). The process of increasing
mercury intrusion pressure can be further divided into two subprocesses, namely subison and rison,
according to Yuan and Swanson [37]. The subison process mainly refers to the region of rising mercury
intrusion pressure immediately after its sudden drop, and the increased pressure needs to be below
the pressure at which the rheon process occurred (Figure 2A,B). Thus, a subison process represents
a connected void space with lower capillary pressure, i.e., pore systems. Rison primarily refers to
a region of continuously increasing mercury intrusion pressure, when the subison process finished
(Figure 2A,B), until the next rheon occurs, and the increasing capillary pressure has never been reached
previously. Therefore, rison usually corresponds to the filling of a connected void space with greater
capillary pressure, i.e., throat systems. Based on the above process, we can obtain mercury intrusion
curves within pores, throats, and total space (pores + throats), respectively, according to the fluctuations
of mercury intrusion pressure. Several commonly used parameters, such as the average ratio of pore
to throat radius (RPTa) and mercury intrusion saturation in pores or throats (Spore or Sthroat) can be
calculated using the following equation:⎧⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎩

RPTa =
n∑

i=1
RPTi fi

Spore =
Vpore
ϕVsample

, Sthroat =
Vthroat
ϕVsample

Stotal = Spore + Sthroat

(2)

where fi is the normalized distribution frequency of RPTi; Vpore and Vthroat are the mercury volumes
intruded into pores and throats, respectively; ϕ is the porosity of tight rocks; and Vsample is the volume
of tight rock sample used in the RMIP experiment.
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Figure 2. A small piece of raw RMIP data for sample #2 (A), mercury intrusion process analysis of
RMIP (B), and the pore-throat structure models assumed in RMIP (C) and PMIP (pressure-controlled
mercury intrusion porosimetry) (D) methods, respectively.

Compared with the RMIP method, pressure-controlled mercury intrusion porosimetry (PMIP)
can only obtain one mercury intrusion curve [5], with a maximum mercury intrusion pressure of
up to ≈400 MPa corresponding to a pore size of ≈3.7 nm [36]. The testing time used in the PMIP
method is usually 2–3 h, evidently shorter than that spent on RMIP analyses (i.e., 1–2 d). In addition,
in the RMIP method, porous media are usually assumed to be composed of pores and throats with
different diameters (Figure 2C), which is more consistent with the fine pore structure characteristics of
tight reservoirs [38]. However, the porous media primarily consist of capillary bundles with various
diameters in the PMIP method (Figure 2D), and thus, this method cannot recognize the difference
between pore and throat diameters.

3.2.2. N2GA

N2GA analyses were executed using the QUADRASORB-SI Surface Area and Pore Size Analyzer
(Quantachrome Instruments Corp., Boynton Beach, FL, USA). The core plug samples were first
powdered to 60–80 mesh, with a particle size of 180–250 μm, and then 3–5 g powdered samples were
selected to desiccate under a vacuum environment at 110 ◦C for approximately 12 h to remove the
vapor and capillary water ahead of the N2GA experiments. The static adsorption capacity method was
used to measure the amount of adsorbed nitrogen at 77.3 K. The experimental data were interpreted
using multipoint BET (Brunauer–Emmett–Teller) and BJH (Barrett–Joyner–Halenda) to obtain specific
surface area and pore size distribution, respectively, as comprehensively described by [39].

The BJH model depicts the capillary condensation phenomenon in a cylindrical pore based on the
Kelvin equation [40], which shows the relationship between the relative pressure of nitrogen (P/P0)
and Kelvin radius (rK), as exhibited in the following equation:

ln
(

P
P0

)
= −2σVL

RTrK
(3)
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where P/P0 is the relative pressure of nitrogen; σ is the surface tension of liquid nitrogen at 8.85 mN/m [40];
VL is the liquid molar volume of nitrogen at 34.65 mL/mol [40]; rK is the Kelvin radius; R is the gas
constant (8.314 J/mol/K); and T is the absolute temperature (77.3K).

When the specific parameter values used in the N2GA experiment are substituted into Equation
(3), we can obtain the following simplified equation:

rK = − 0.9543
ln(P/P0)

(4)

The average thickness of the adsorbed layer was determined by the Harkins–Jura equation for
nitrogen:

t = 0.1×
[

13.99
0.034− lg(P/P0)

]1/2

(5)

where t represents the average thickness of adsorbed layer.
Finally, we can obtain the pore size according to the following equation:

Dp = 2× (rK + t) (6)

where Dp represents the pore size.

3.2.3. XRD, SEM, Porosity, and Permeability

A Bruker D8 DISCOVER Advanced X-ray Diffractometer (Bruker Nano Inc., Madison, WI, USA)
was used to examine the mineral components of tight rock samples, according to the Petroleum and Gas
Industry Standard of China: SY/T 5163-2010. The determination of various mineral contents is based on
their different X-ray diffraction peak intensity. SEM tests were measured using a TESCAN-MIRA-3XMU
Scanning Electron Microscope (TESCAN, Brno, Czech Republic) to directly view the geometric shape of
pores and clay minerals. Helium-derived porosity and nitrogen-derived permeability were measured
on the core samples by the CoreLab CMS-300 automatic analyzer (Core Laboratories N.V., Houston, TX,
USA) at a confining pressure of around 30 MPa, in order to simulate the actual formation conditions as
much as possible, according to the SY/T 6385-2016 standard. The core samples were dried in a vacuum
oven at 80 ◦C for approximately 8 h based on SY/T 5336-2006 in order to generate a minimum damage
to tight rock samples and to ensure the accuracy of permeability measurement.

4. Results

4.1. Mineralogical and Petrophysical Properties

Porosity, permeability, and mineral components of nine tight rock samples are listed in Table 1.
The results display that tight gas rock samples are primarily composed of quartz, feldspar, and
clay minerals, and a small amount of siderite and calcite was also found. Quartz and feldspar are
the predominant constituents (Table 1), with contents of 30–63 wt.% and 13–64 wt.%, respectively.
The content of clay minerals is between 2 wt.% and 24 wt.% (Table 1), and further analyses show
that clay minerals mainly contain I/S, chlorite, and illite, corresponding to contents of 0–16.56 wt.%,
0.26–5.5 wt.%, and 0.24–3.36 wt.%, respectively. Due to the great burial depth of the studied samples,
the proportion of smectite in I/S is mainly ≈15% (Table 1), which is in an evolution process from R1
I/S (35% smectite) to R3 I/S (10% smectite), corresponding to a temperature of 170–180 ◦C [41,42].
Almost no kaolinite was detected in these samples, which may be attributed to the chemical reaction
between kaolinite and K-feldspar at a relatively high formation temperature of >100 ◦C to form illite
and aqueous silica [32,43,44], and the latter may precipitate to generate authigenic quartz aggregates or
quartz overgrowth, when the formation conditions change. In the study area, the geothermal gradient
is ≈4.4 ◦C/100 m based on Zhou et al. [45], and the average surface temperature is determined as ≈5 ◦C.
Thus, the formation temperature obviously exceeds 100 ◦C when the burial depth of these selected
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samples is mainly >3000 m (Table 1). Noticeably, the average clay mineral content of the Denglouku
Formation is generally lower than that of the Shahezi Formation, which is probably related to their
different sedimentary environments.

The single crystal of illite in studied samples is present as ribbon or featheriness with a relatively
regular arrangement (Figure 3A,B), generally between 0.15 and 0.5 μm, whereas the shape of their
aggregates is mostly lamellar or fibrous being attached to pore walls, extending far into or completely
across pores. In addition, the illite often coexists with feldspar, as a result of chemical reaction between
feldspar and organic acid fluids [46]. The single crystal of chlorite is mainly needle-shaped with
a dimension from 2 to 3 μm, while their aggregates appear as pompon-, flake-, or rose-like, and
wrap the particle surface forming chlorite film (Figure 3C,D). This is favorable for the preservation of
storage space in tight reservoirs by inhibiting the overgrowth of quartz [47]. I/S commonly occurs as
honeycomb or cotton, primarily distributed in pores with discrete particles (Figure 3E,F).

 
Figure 3. Morphologies of various types of clay minerals and pore types in the tight gas reservoirs of
the Xujiaweizi Rift. InterC. = intercrystalline; InterG. = intergranular; I/S =mixed-layer illite/smectite.
(A) Sample #6; (B) sample #6; (C) sample #8; (D) sample #8; (E) sample #1; (F) sample #2.

Under a confining pressure of ≈30 MPa, the helium porosities of tight gas rock samples are
relatively low, mainly ranging from 6.1% to 10.0%, and the nitrogen permeability primarily varies
from 0.0352 × 10−15 to 2.35 × 10−15 m2. What calls for special attention is that no obvious positive
correlation between porosity and permeability exists in studied samples (Table 1), unlike conventional
sandstone reservoirs, generally characterized by better positive correlation between porosity and
permeability [48]. Furthermore, we also found that the lower content of clay minerals agrees with a
higher permeability (Table 1).

4.2. Storage Spaces

The morphology of pores in tight gas reservoirs is extremely complicated due to intense mechanical
compaction and cementation. As exhibited in SEM images (Figures 3 and 4), the storage space of tight
gas reservoirs in the Xujiaweizi Rift can be divided into three categories: intergranular pores, dissolution
pores, and intercrystalline pores. Intergranular pores are primarily distributed between rigid particles
(Figures 3E and 4A), such as quartz and feldspar, which have good resistance to compaction. In a
polished SEM image, these pores are commonly presented as triangle or polygon with straight and
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smooth edges (Figure 4A), and they can be easily formed into residual intergranular pores due to
the filling of argillaceous and siliceous cement, such as grain-coating chlorite and authigenic quartz
(Figure 4B). Dissolution pores are principally related to unstable components (Figure 4C,D), including
feldspar and carbonates, which are susceptible to organic acids. Compared with intergranular pores,
these pores have the characteristics of a fairly anomalous pore shape and relatively good connectivity
due to the presence of dissolution channels. Intercrystalline pores are mostly found within clay
minerals (Figure 3), including I/S, chlorite, and illite. This kind of pores are numerous but are generally
below 2 μm in size. These pores can contribute to a certain amount of storage space, but they contribute
rather less to the permeability of tight gas reservoirs.

Figure 4. Pore types of tight gas reservoirs in the Xujiaweizi Rift, identified by SEM images. InterC. =
intercrystalline; InterG. = intergranular; Diso. = Dissolution. (A) Sample #1; (B) sample #3; (C) sample
#6; (D) sample #6.

4.3. Pore Structure Derived from N2GA and RMIP Analyses

As shown in Figure 5, nitrogen adsorption isotherms of nine tight rock samples are attached to
Type IV isotherm based on the classification scheme proposed by Brunauer et al. [49], which is a symbol
of mesoporous materials (2–50 nm). The hysteresis loops produced by capillary condensation in pores
larger than 2 nm are suitable for Type H3 according to IUPAC (International Union of Pure and Applied
Chemistry) classification [50], which are usually interpreted to slit-shaped pores given by aggregates
of ductile plate-like particles, mainly clay minerals, as exhibited in Figure 6. The above features are
consistent with the observations of tight rocks from the Yanchang Formation in the Ordos Basin [19].
The pore volumes and specific surface areas of nine tight rock samples from the N2GA analyses present
a wide range, as listed in Table 2. Sample #8 shows the highest surface area at 3.41 m2/g, while sample
#7 shows the lowest at 0.213 m2/g, with a mean of 1.23 m2/g. The values of specific surface area are quite
similar with the tight gas siltstone samples studied by Clarkson et al. [11]. Sample #8 corresponds to
the largest pore volume at 0.010213 cm3/g, whereas sample #3 has the smallest value of 0.002324 cm3/g.
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Figure 5. Nitrogen (N2) adsorption–desorption isotherms of nine tight rock samples in the Xujiaweizi Rift.
 

 
Figure 6. The slit-shaped pores related to the aggregates of plated-like clay minerals.

Table 2. Pore structure properties derived from N2GA and RMIP experiments for nine tight rock
samples in the Xujiaweizi Rift.

Sample ID
N2GA Experiment RMIP Experiment

SSA, m2/g Pore Volume, mL/g Stotal, % Spore, % Sthroat, % RPTa ra, μm rd, μm rm, μm Pd, MPa

#1 0.5460 0.002369 65.70 25.44 40.26 86.78 2.179 2.682 1.011 0.274
#2 0.8351 0.004179 59.96 17.36 42.61 94.00 1.931 2.822 1.693 0.260
#3 0.4111 0.002324 63.73 9.46 54.27 81.10 1.918 2.913 0.121 0.252
#4 1.1573 0.005595 65.08 28.13 36.95 199.09 0.854 1.032 0.322 0.712
#5 1.3059 0.007224 49.77 8.02 41.75 235.40 0.671 0.658 0.276 1.118
#6 0.7477 0.006175 45.67 8.94 36.73 203.90 1.077 0.913 0.015 0.805
#7 0.2132 0.002652 54.77 19.11 35.66 296.64 0.560 0.766 0.235 0.959
#8 3.4067 0.010213 43.11 7.26 35.85 332.32 0.555 0.633 0.016 1.161
#9 2.4681 0.008955 26.25 1.65 24.60 178.56 0.611 0.307 0.021 2.396

SSA = specific surface area; Stotal = total mercury intrusion saturation; Spore =mercury intrusion saturation in pores;
Sthroat =mercury intrusion saturation in throats; RPTa = ratio of pore to throat radius; ra = average throat radius; rd
=maximum connected throat radius corresponding to displacement pressure; rm =mainstream throat radius; Pd =
displacement pressure.
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The RMIP curves of the nine studied tight sandstones are displayed in Figure 7. At the initial
period of mercury intrusion, the shape of total intrusion curves is more consistent with that of throat
intrusion curves, and this coincident trend will be more evident with decreasing permeability (Figure 7).
The total mercury intrusion saturation derived from the RMIP method ranges from 26.25% to 65.70%,
averaging 52.67% (Table 2), and the mercury intrusion saturation in throats mainly ranges from 24.60%
to 54.27% (38.74% on average), evidently higher than that in pores corresponding to 1.65%–28.13%
(13.93% on average). Owing to the relatively low mercury intrusion pressure (≈6.2 MPa), a large
proportion of pores below 0.12 μm in radius cannot be well revealed by this method.

 
Figure 7. RMIP curves of total (pores + throats), pores and throats for the studied tight rock samples in
the Xujiaweizi Rift.

As shown in Figure 8, the pore size of tight rocks obtained from N2GA method mainly ranges
from several nm to ≈200 nm (red columns). For the RMIP method, all of the tight rock samples exhibit
similar pore size distributions primarily ranging from 200 to 600 μm in dimensions (blue columns),
and the pore volumes show a sharp decrease with increasing clay mineral content (Figure 8), whereas
their throat size distributions witness considerable differences (green columns), mainly between 0.24
and 6 μm (Figure 8). The average RPTa is between 81.10 and 332.32 (Table 2), exhibiting a positive
correlation with clay mineral content. Based on Figure 8, we also found that with increasing clay
mineral contents and decreasing permeability, the throat distribution curves (black solid lines) are
narrower, and the values of throat size drop gradually. In addition, several relevant throat radius
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parameters, such as ra (average throat radius), rd (maximum connected throat radius corresponding to
displacement pressure), and rm (mainstream throat radius), are positively correlated with permeability,
as Figure 9 exhibits, which further indicates that the throat radius rather than pore radius controls the
flow properties of tight rocks.

 

Figure 8. Pore size distributions of nine tight rock samples with various contents of clay minerals and
permeability analyzed by nitrogen gas adsorption (N2GA) and RMIP experiments. The number inside
the parentheses is the content of clay minerals.
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Figure 9. Correlations between permeability and ra (average throat radius), rd (maximum connected
throat radius corresponding to displacement pressure), rm (mainstream throat radius) obtained from
the RMIP method.

5. Discussions

5.1. Classification of Pore Networks Based on Fractal Theory

Many studies have demonstrated that pore networks of clastic rocks have statistical self-similarity,
characterized by their constantness with various scales [51–53]. Pfeifer and Avnir [54] proposed an
equation for calculating surface fractal dimension using mercury intrusion data as follows:

log
(
−dVr

dr

)
∝ (2−Ds) log(r) (7)

where Vr is the accumulated mercury intrusion volume when the throat radius larger than r, and Ds

is defined as the surface fractal dimension. By plotting the dVr/dr vs. r under double logarithmic
coordinates, Ds can be determined through the slope of the fitting line.

The dVr/dr vs. r obtained from RMIP data shows evident linear relationships (Figure 10A–C),
illustrating that the pore-throat networks of studied tight rocks are generally fractal. Noticeably, the
dVr/dr vs. r curves can be divided into two segments at various throat radii for all tight rock samples, and
the fractal dimension (Ds2) at the low-pressure section is generally greater than that at the high-pressure
section (i.e., Ds1), which is consistent with studies of Lai and Wang [53]. This phenomenon is possibly
attributed to (1) the skin impact related to the rough surface, (2) the presence of microfractures, or
(3) the oversimplified assumption of cylindrical pores [53,55]. Evidently, the pore-throat networks
corresponding to these two fractal segments cover disparate mercury intrusion features.

 

Figure 10. Surface fractal structure of throats (A–C) and mercury intrusion curves of total (pores +
throats), pores and throats (D–F), derived from the RMIP experiment of three typical tight rock samples.
(A,D): Sample #1, 0.93 mD; (B,E): sample #2, 2.35 mD; (C,F): sample #4, 0.26 mD.
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In the wider throat part, the total mercury intrusion saturation goes up rapidly covering a confined
scope of capillary pressure (Figure 10D–F). For example, the mercury intrusion saturation increases by
32.51%, comprising 49.49% of total mercury intrusion saturation, from 13.12% to 45.63%, when the
intrusion pressure rises from 0.27 to 0.96 MPa in sample #1 (Figure 10D). Furthermore, the mercury
intrusion process in pores is primarily completed at this stage, and the amount of mercury intruded
into the pores in this stage accounts for 76% of total amount of mercury intruded into the pores for
sample #1. Sakhaee-Pour and Bryant [56] regarded this type of pore-throat networks as conventional
intergranular-dominant networks corresponding to large pores with wide throats (Figure 11A). As
demonstrated by the polished SEM image in Figure 11C, intergranular-dominant networks mainly
contain intergranular pores and dissolution pores with relatively larger dimensions, and slim pores
between grains are treated as throats.

 
Figure 11. Schematic diagrams showing (A) conventional pore-throat structures that larger pores are
connected by wider throats, and (B) tree-like pore structures that the narrower throats are connected to
the wider throats like tree branches. (C) SEM image of sample #4 exhibiting an intergranular-dominant
and intragranular-dominant pore network. P-pore; T-throat.

In the narrower throat part, the total mercury intrusion saturation grows almost exponentially
with the capillary pressure at relatively high pressures, displaying nearly a straight line under
semilogarithmic coordinates (Figure 10D–F). The intruded mercury in this stage is almost contributed
by the mercury intrusion in throats, with nearly no increase of mercury invaded in the pores. For
instance, the mercury intrusion saturation of throats makes up 99.28% of the total mercury intrusion
in sample #1 at this stage, i.e., there is no longer any significant discrepancy in pores and throats.
Intragranular-dominant pore networks were used to depict this region instead of the abovementioned
intergranular-dominant networks, and moreover, Sakhaee-Pour and Bryant [56] adopted a tree-like
pore network for the intragranular-dominant region. Intragranular-dominant networks mainly consist
of throats with different sizes and lengths, and the narrower throats are connected to the wider throats
like tree branches (Figure 11B). As shown in the SEM image in Figure 11C, intragranular-dominant
networks predominantly correspond to intercrystalline pores within clay minerals.

The proportions of intergranular-dominant pore networks, determined by RMIP analyses using
fractal theory, are listed in Table 3. The proportion of intergranular-dominant pore networks
of studied tight samples is between 9.44% and 42.21%, with a mean of 27.45%, implying that
intragranular-dominant pores contribute more to pore space. The proportion of intragranular-dominant
pore networks is relatively high even for samples with a low clay minerals content. For example,
the clay mineral contents of sample #1 and #7 are 2 wt.% and 3 wt.%, respectively, however, their
intragranular-dominant pore network percentages still exceed 50%, up to 50.79% and 70.1%, respectively.
This may be related to the fact that clay minerals are generally distributed in the intergranular and
dissolution pores, resulting in a considerable number of pores associated with clay minerals.
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Table 3. Lists of the contributions of intergranular-dominant pore networks to total pore space and
permeability and the contributions of various compositions to SSA calculated from Equation (8) for the
studied nine tight rocks.

Sample
ID

rip, μm

Contribution of
InterG.-dominant

Pores to Pore
Space, %

Contribution of
InterG.-dominant

Pores to
Permeability, %

Measured
SSA,
m2/g

Calculated
SSA,
m2/g

Contributions of Various Compositions
to SSA, %

Illite Chlorite I/S FM

#1 0.768 42.21 88.14 0.5460 0.2578 9.53 7.48 80.67 2.32
#2 0.718 33.99 89.63 0.8351 0.4726 8.32 18.19 72.25 1.24
#3 0.634 35.07 93.40 0.4111 0.4576 10.74 18.79 69.19 1.28
#4 0.457 33.90 70.21 1.1573 0.8787 10.07 24.29 65.00 0.64
#5 0.467 21.96 62.73 1.3059 1.8550 9.54 17.90 72.29 0.28
#6 0.419 21.47 69.71 0.7477 0.4989 9.60 66.85 22.40 1.15
#7 0.305 29.90 75.19 0.2132 0.2252 6.55 90.83 0.00 2.63
#8 0.326 19.08 67.91 3.4067 3.0836 6.69 9.81 83.35 0.15
#9 0.307 9.44 14.45 2.4681 2.6844 7.05 15.19 77.59 0.18

rip = throat radius at inflection point; InterG.-dominant = intergranular-dominant; SSA = specific surface area; I/S =
mixed-layer illite/smectite; FM = framework minerals.

The total clay minerals and various types of clay minerals are also correlated to the proportion
of intergranular-dominant pore networks, as shown in Figure 12 and as the contents of total clay
minerals, chlorite, illite, and I/S increase, the proportions of intergranular-dominant pore networks
drop. Previous studies revealed that clay minerals are commonly derived from terrigenous detritus,
namely primary clay minerals, and the chemical reaction between fluids and unstable minerals
or the transformation between clay minerals, namely authigenic clay minerals [46,57]. Primary
clay minerals are principally distributed in intergranular pores during the initial deposition stage,
while authigenic clay minerals are dispersed in intergranular pores and dissolution pores during
middle diagenesis stage. The increase of primary or authigenic clay mineral contents will obviously
promote the evolution of intergranular-dominant pore networks (intergranular or dissolution pores) to
intragranular-dominant pore networks (intercrystalline pores). We also found that chlorite is more
closely correlated to the proportion of intergranular-dominant pores compared with illite and I/S
(Figure 12B–D), illustrating that chlorite may be more effective in promoting the above pore evolution
process, and thus may make more contribution to intragranular-dominant porosity. Although the
increase of clay mineral content substantially promotes the evolution of intergranular-dominant pore
networks to intragranular-dominant pore networks, and also it changes the relative proportions of
these two types of pore networks, this does not necessarily result in an evident change in total storage
space, due to the fact that there is unclear link between clay mineral content and total porosity (Table 1).

 

Figure 12. Relationships between contents of total clay mineral (A), chlorite (B), illite (C), I/S (D), and
proportions of intergranular-dominant pores.
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The throat radius at inflection point (rip), boundary of intergranular-dominant pores and
intragranular-dominant pores, ranges from 0.305 to 0.768 μm (Table 3), indicating that intragranular-
dominant pore networks of different samples correspond to inconsistent throat size distributions
due to multiple degrees of diagenesis and different rock compositions [17,58,59]. The values of rip
are negatively correlated with contents of total clay minerals, chlorite, illite, and I/S (Figure 13), and
furthermore, chlorite has the relatively stronger control on rip (Figure 13B), while the correlations
between rip and illite, I/S are fairly poor (Figure 13C,D).This implies that chlorite is more efficient
in lowering values of rip in relative to illite and I/S, due to the fact that chlorite contributes more to
intragranular-dominant pore networks, as evidenced by Figure 12.

 

Figure 13. Throat radius at inflection point (rip) vs. contents of total clay minerals (A), chlorite (B), illite
(C), and I/S (D).

5.2. Effect of Clay Minerals on Pore Structure Properties

The positive correlation between total clay minerals and SSA is pretty good, as exhibited in
Figure 14A, indicating the strong control of clay minerals on SSA of tight rock samples. Specifically,
both illite and I/S contents exhibit fine positive correlations with SSA, with a R2 of 0.81 and 0.94
(Figure 14C,D), respectively, while there is a relatively poor positive relationship between chlorite and
SSA (R2 = 0.37, Figure 14B). In contrast to framework particles, such as quartz, feldspar, and calcite,
clay minerals generally have colossal surface area due to their lamellar and plate-like crystal structure
and small particles [19,20,60]. Thus, clay minerals are the main contributor to SSA of tight rocks, and
the greater the clay mineral content, the greater the SSA. Furthermore, due to the existence of internal
surface area, smectite usually corresponds to a total SSA of up to 800 m2/g, whereas the total SSA
of illite and chlorite are relatively low at 30 m2/g and 15 m2/g, respectively, as reported by Passey
et al. [20]. We can speculate that I/S, which is the intermediate product from smectite to illite [61],
should also possess a greater SSA than that of illite and chlorite. Thus, the contribution of various clay
minerals to the total SSA is distinct, which well interprets the differences in the correlation coefficients
between different types of clay minerals and SSA (Figure 14B–D).
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Figure 14. Positive correlations between SSA (specific surface area) derived from N2GA experiments
and contents of total clay minerals (A), chlorite (B), illite (C), I/S (D).

The total SSA can be regarded as the sum of SSAs contributed by various tight rock compositions,
and therefore, this work proposes a mathematical model to quantitatively reveal the contributions of
various clay minerals to total SSA based on the study of Wang et al. [62]. The compositions of tight
rocks are first simplified to four categories: chlorite, illite, I/S, and framework minerals, considering
that the SSAs of clay minerals are generally far greater than those of framework minerals. Then,
the mathematical model can be written as follows:⎧⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎩

n∑
i=1

(
SSAChW(Ch)i + SSAIW(I)i + SSAI/SW(I/S)i + SSAFMW(FM)i

)
= SSAi

W(Ch)i + W(I)i + W(I/S)i + W(FM)i = 1
SSACh > 0, SSAI > 0, SSAI/S > 0, SSAFM > 0

(8)

where SSACh, SSAI, SSAI/S, and SSAFM are the SSAs of chlorite, illite, I/S, and framework minerals per
unit weight, respectively; WCh, WI, WI/S, and WFM are the normalized weights of chlorite, illite, I/S, and
framework minerals, respectively; and SSAi is the total SSA of the ith tight rock samples obtained from
the N2GA experiment.

Based on the multiple linear regression method, we can obtain the optimized SSACh, SSAI, SSAI/S,
and SSABM of 7.412 m2/g, 6.143 m2/g, 15.520 m2/g, and 0.0061 m2/g, respectively, for the nine studied
tight rock samples. The estimated SSAs show fine correlation with measured SSAs, with a R2 of
up to 0.92 (Figure 15), indicating that the proposed mathematical model is feasible and reasonable.
Specifically, the contribution of I/S to total SSA is the largest, ranging from 0–83.35% with an average of
60.31% (Table 3), consistent with the good correlation between I/S and SSA in Figure 14D. The next
is chlorite and illite, corresponding to a proportion of 7.48%–90.83% and 6.55%–10.74%, averaging
29.92% and 8.68% (Table 3), respectively. Framework minerals make the least contribution to total SSA,
which is between 0.15% and 2.63%, with a mean of only 1.09% (Table 3).
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Figure 15. Correlation between measured and calculated SSAs for tight rock samples from the
Xujiaweizi Rift. The black solid line represents the best match (1:1 line), and the black dashed line is the
fitting line of measured and calculated SSAs. SSA = specific surface area.

Total clay minerals, illite, I/S, and chlorite are all positively associated with pore volumes derived
from the N2GA experiments, as evidenced by Figure 16. This is because the N2GA technique
can effectively reveal pore networks below 200 nm in diameter, which are dominantly linked with
clay minerals, as identified by SEM images. It is worth noting that the R2 of chlorite and pore
volume is slightly lower than that of illite and of smectite with their respective pore volumes
(Figure 16B–D), indicating that illite and I/S may have a more evident effect on the development of
intragranular-dominant pore networks with diameter of smaller than 200 nm [23,59].

 

Figure 16. Positive correlations between pore volume derived from N2GA experiments and contents of
total clay minerals (A), chlorite (B), illite (C), I/S (D).

Both the average throat radius (ra) and maximum connected throat radius (rd, throat radius
corresponding to displacement pressure) derived from the RMIP experiments are also negatively

273



Energies 2020, 13, 5184

correlated with three types of clay minerals (Figure 17A–F). Illite usually occurs as pore-bridging in
pore-throat space and can effectively segment pores and throats [21]. Pore-lining chlorite wraps the
surface of primary intergranular pores resulting in a significant reduction of the pore-throat radius [21].
I/S distributes in pores/throats with discrete particles and can also block the throats to some extent [21].
Hence, all of these three kinds of clay minerals can lower the value of rd. Evidently, chlorite is the most
effective one to reduce ra and rd derived from the RMIP experiments. The RMIP experiment is more
suitable for revealing pores larger than 240 nm in diameter in this study, and these pores are more
closely related to chlorite comprising relatively larger pores.

Figure 17. Negative relationships between average throat radius derived from RMIP experiments and
contents of chlorite, illite, I/S (A–C), and negative associations between maximum connected throat
radius derived from RMIP experiments and contents of chlorite, illite, I/S (D–F).

The integration of N2GA and RMIP is more advantageous in uncovering the pore volumes of
multiple scales, which can give a more reasonable result for this work (Figure 8). With the rising clay
mineral contents from #1 to #8, the pore size distribution curves exhibit an increasing trend in the
amplitude of a smaller pores section and a declining trend in that of a larger pores section but no
evident change in the coverage areas of pore size distribution curves. This again confirms the evolution
from intergranular-dominant pore networks to intragranular-dominant pore networks with increasing
clay mineral content discussed in the above section. The diminution in the proportion of larger pores
and the elevation in that of smaller pores will obviously damage the connectivity of pore networks,
resulting in a worse seepage capacity of tight rocks [53]. Compared with clay mineral cements that give
rise to the changes of the proportion of different pore networks, mechanical compaction will obviously
reduce the absolute size and volume of all pores. For instance, for samples #7, intensely mechanical
compaction results in a less proportion of larger pores (>1 μm in diameter), but the proportion of
smaller pores (<0.1 μm in diameter) is comparable with that of tight rock samples with similar clay
mineral contents (Figure 8), illustrating that the effect of mechanical compaction on smaller pores
(<0.1 μm in diameter) within clay minerals is not significant, due to the protection of rigid particle
support [63].
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5.3. Effect of Clay Minerals on Permeability

Neasham [21] has demonstrated that the presence of clay minerals can significantly block pores and
throats, which is considered to obviously reduce the permeability of the samples. Total clay minerals,
chlorite, illite, and I/S are all negatively related to permeability for studied tight rock samples, as shown
in Figure 18, and the effect of chlorite on the decrease of permeability is more evident, compared with
illite and I/S. Previous studies have demonstrated that throat size rather than pore size controls the
seepage capacity of tight reservoirs, and the permeability is primarily contributed by a small part of
relatively larger pore-throat networks [12]. In addition, chlorite generally has a stronger control on
the throat radius (Figure 17), and it makes a higher contribution to the intragranular-dominant pore
networks of tight gas reservoirs (Figure 12), and thus, its effect on permeability is more obvious.

 

Figure 18. Relationships between contents of total clay minerals (A), chlorite (B), illite (C), I/S (D),
and permeability.

Purcell et al. [64] proposed a method that was used to calculate the contribution of various scales
of throats to the permeability based on mercury intrusion data, and this equation can be written as:

Kj =

∫ Sj+1

Sj
r2
(S)dS∫ Smax

0 r2
(S)

dS
(9)

where Kj is the contribution of throat radius at rj to permeability; Sj and Sj + 1 are the mercury intrusion
saturations at rj and rj + 1, respectively; r(S) is the throat distribution functions; and dS represents the
mercury intrusion saturation from rj to rj + 1. Smax is the maximum mercury saturation.

The displacement pressure represents the minimum pressure at which the nonwetting phase
fluids begin to significantly displace the wetting phase fluids in porous materials. When the mercury
intrusion pressure is lower than displacement pressure, mercury will intrude into pores connected to
the external surface of rock samples, which cannot form a continuous flow cluster in these isolated and
discontinuous pores [65,66]. When the mercury intrusion pressure exceeds displacement pressure,
incremental pores will be filled by mercury, generating increasingly continuous flow cluster. Therefore,
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the throat radii below the maximum connected throat radius are the primary contributors to the
permeability of tight rocks.

The contribution of intergranular-dominant pore networks to the permeability of studied tight rock
samples employing Equation (9) is listed in Table 3. For all samples except #9, intergranular-dominant
pore networks rather than intragranular-dominant pore networks are the primary contributor to
permeability, with a contribution ranging from 62.73% to 93.40%, which agrees with the study of
Xi et al. [12]. We also found that with an increasing clay mineral content, the permeability of tight rocks
decreases rapidly, while the contribution of intragranular-dominant pore networks to permeability
rises speedily. The existence of excess clay minerals will bring about a quick decline of the number of
interconnected intergranular-dominant pores, and the fluid has to select the intragranular-dominant
pores as their main flow path. This will induce intragranular-dominant pores to play an increasingly
significant role in the seepage process, but the absolute permeability value of tight rocks will
decrease obviously. For example, the clay mineral content of sample #9 is up to 22 wt.%, with an
intergranular-dominant pore proportion of 9.44% (Tables 1 and 3). Although the contribution of
intragranular-dominant pore networks to permeability can reach 85.55%, its absolute permeability
is only 0.0352 mD (Tables 1 and 3). Thus, compared with intragranular-dominant pore networks,
intergranular-dominant pore networks are more crucial in generating a high permeability of tight
gas reservoirs.

Based on the above discussion, clay minerals, especially authigenic clay minerals precipitated
in intergranular pores and dissolution pores, significantly decreases the permeability of tight gas
reservoirs. Nadeau et al. [67] proposed that less than 5% of authigenic I/S can effectively block the
pore network and thus obviously reduce the reservoir permeability. Another possible consequence of
the precipitation of authigenic clay minerals is that the relatively poor pore networks will result in an
increasing risk of formation overpressure, especially for fine-grained sandstone and shale reservoirs.
Formation overpressure can help preserve pore space of tight gas reservoirs to some extent, which may
contribute to the relatively high porosity of studied tight rock samples with a burial depth of >3500 m
(Table 1).

Many permeability prediction equations have been established based on pore structure
parameters [68–70], which were obtained from PMIP (pressure-controlled mercury injection
porosimetry) and NMR methods, and these prediction equations can be summarized as the following
formula:

Log(K) = A + BLog(ϕ) + CLog(ri) (10)

where K is permeability; ϕ is porosity; and ri is throat radius corresponding to the various total mercury
saturation (i = 10%–50%). A, B, and C can be determined according to multiple linear regression.

Evidently, there is no significant correlation between total porosity and permeability for the
studied tight rocks (Figure 19A). According to the above discussions, permeability of tight rock
samples is dominantly contributed by intergranular-dominant pore networks (Table 3), and the positive
relationship between intergranular-dominant porosity (ϕinterG.), and permeability is closer (Figure 19A).
In addition, for tight rocks with various pore structures, the throat dimension corresponding to the
same mercury intrusion saturation is significantly different, and it has different control levels on
permeability. Thus, rip (throat radius at inflection point), instead of rm (maximum connected throat
radius), and ra (average throat radius) were selected to substitute ri mentioned above to estimate
permeability, due to their well positive correlations with permeability (Figure 19B). Based on the
multiple linear regression, the permeability estimation results are shown as follows:

Log(K) = 0.076 + 0.689Log(ϕinterG.) + 2.841Log(rip) R2 = 0.91 (11)

Log(K) = −0.823 + 0.349Log(ϕinterG.) + 1.293Log(rm) R2 = 0.77 (12)

Log(K) = −0.96 + 0.991Log(ϕinterG.) + 1.451Log(ra) R2 = 0.81 (13)
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Figure 19. Correlations between permeability and porosity (A) and throat radius (B) parameters.
InterG.-dominant = intergranular-dominant.

These three permeability estimation equations, Equations (11) to (13), indicate that rip is more
appropriate than ra and rm in predicting permeability, as shown in Figure 20. Evidently, rip is the throat
size boundary of intergranular-dominant and intragranular-dominant pore networks, as discussed
in Section 5.1, representing the change from conventional pore-throat structures to tree-like pore
structures of tight rocks, and the seepage capability of tight sandstones worsens rapidly. rm and ra also
can reflect throat size distribution characteristic of tight rocks to some extent, and can also be applied
to estimated permeability, with a R2 of 0.77 and 0.81, respectively. However, these two parameters fail
to reveal the critical throat size that changes pore structure and the permeability of tight rocks, and
thus, their estimation accuracy is worse than that of rip (Figure 20).

 
Figure 20. Measured permeability versus estimated permeability using rip, rm, and ra, respectively.
The 1:1 line (black dashed line) exhibits the perfect match.

6. Conclusions

(1) Pore networks in tight gas reservoirs can be divided into intergranular-dominant and
intragranular-dominant pore networks, based on surface fractal theory and mercury intrusion
features. Intergranular-dominant pore networks correspond to the conventional pore-throat
structure model that large pores are connected by wide throats, while intragranular-dominant pore
networks are characterized by a tree-like pore structure that the narrower throats are connected
to the upper-level wider throats like tree branches, and there is no significant difference between
pores and throats.
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(2) Clay minerals are the primary contributor to total specific surface area (SSA) of tight gas reservoirs,
among which I/S (mixed-layer illite/smectite) contributes to the most, followed by chlorite and
illite, and the contribution of framework minerals is the least. Different types of clay minerals
exert diverse degrees of influence on pore structures of tight gas reservoirs due to their dispersed
model and morphology, and chlorite has the most evident effect on the reduction of the throat
radius of tight rocks.

(3) For tight gas reservoirs, intragranular-dominant pore networks contribute more to the total
pore space, while intergranular-dominant pore networks control permeability. Clay minerals,
especially authigenic chlorite, can effectively promote the evolution of intergranular-dominant to
intragranular-dominant pore networks. Although the above process has little effect on the total
pore space, it can significantly decrease the absolute value of permeability.
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Abstract: Understanding the pore structure can help us acquire a deep insight into the fluid transport
properties and storage capacity of tight sandstone reservoirs. In this work, a series of methods,
including X-ray diffraction (XRD) analysis, casting thin sections, scanning electron microscope (SEM),
nuclear magnetic resonance (NMR) experiment and multifractal theory were employed to investigate
the pore structure and multifractal characteristics of tight sandstones from the Taiyuan Formation in
the southern North China Basin. The relationships between petrophysical properties, pore structure,
mineral compositions and NMR multifractal parameters were also discussed. Results show that
the tight sandstones are characterized by complex and heterogenous pore structure, with apparent
multifractal features. The main pore types include clay-dominated micropores and inter- and
intragranular dissolution pores. Multifractal parameters of sandstone samples were acquired by
NMR and applied to quantitatively describe the pore heterogeneity in higher and lower probability
density regions (with respect to small and large pore-scale pore system, respectively). The multifractal
parameter (D−10) of lower probability density areas has better correlation with the petrophysical
parameters, which is more suitable for evaluating the reservoir properties of tight sandstone.
However, the multifractal parameter (D10) of higher probability density areas is more conducive
to characterize the pore structure of tight sandstone. Additionally, the mineral compositions of
sandstone have a complex effect on multifractal characteristics of pores in different probability density
areas. The D10 increases with the decrease of quartz content and increase in clay mineral content,
whereas D−10 decreases with the increase in clay minerals and decrease of authigenic quartz content
and feldspar content.

Keywords: tight sandstone; pore structure; heterogeneity; NMR measurements; multifractal analysis

1. Introduction

Due to their huge geological reserves and wide distributions, tight sandstone gas greatly alleviates
the contradiction between the world’s increasing demand on energy and the depletion of conventional
resources [1]. In China, tight sandstone gas reservoirs are characterized as one with the porosity
and permeability less than 10% and 0.1 mD, respectively [2], and these tight reservoirs require
extensive hydraulic fracture or special gas extraction techniques to achieve commercial production [3].
In comparison with conventional sandstones, the pore structures of tight sandstones are usually
more complex and heterogeneous, because of their various pore size (nano-scale to micro-scale),
poor connectivity and irregular pore geometry [4–7]. The pore structure replaces porosity and
permeability as the critical parameter for the evaluation of reservoir properties, as it not only controls
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gas storage and transport mechanisms, but also determines the displacement efficiency and recovery
rate of hydrocarbon in the tight sandstone reservoirs [6–9]. Consequently, detailed characterizations
of pore structure are necessary procedures for understanding the producibility of tight sandstone
gas reservoirs.

A variety of analytical methods have been geared to qualitatively and quantitatively characterize
the pore structure of tight sandstone, such as casting thin sections (CAT), scanning electron microscopy
(SEM), mercury injection porosimetry (MIP), gas absorption [10,11], X-ray computed tomography
(XCT) [12] and nuclear magnetic resonance (NMR). Among them, NMR is a convenient and
non-damaging method for characterizing the pore structure and pore fluids in the rock. In NMR
experiments, proton 1H (abundant in water and hydrocarbon) can generate a dipole moment in the
presence of an external magnetic field. The signal amplitude of dipole moment is in proportion to the
number of protons within pore fluids [13,14]. Thus, NMR is able to characterize petrophysical properties,
the saturation of different types of pore fluids (movable fluids, bound fluids and hydrocarbons) and
pore size distributions (PSD) of the reservoir rocks [15].

In the past few decades, numerous studies demonstrated that fractal theory is another robust tool
for the characterization of pore structure in the porous media, including sedimentary rock, soil, concrete
and other materials [16–21]. Fractal geometry successfully builds a bridge between petrophysical
properties and microstructures of reservoir rocks, and a single fractal dimension, D, have been
introduced to describe the fractal behavior and geometric irregularity of pore structure [22–24]. As a
complex geological material, the PSD curves of tight sandstones often show “fluctuations” and “jumps”
at different pore size intervals, and fractal characteristics vary greatly among different pore size
intervals, which cannot be explained by a single fractal dimension [25]. The reason is that the single
fractal dimension can only describe the irregularity and complexity within the specific pore size
intervals. Multifractal theory is an extension of single fractal theory, which can offer more precise
information about pore structure by resolving multifractal structure into a set of intertwined fractal
subsets [26]. Nowadays, multifractal analysis has become a widely used mean to analyze the pore
structure of coal, shale, and carbonate reservoirs [25,27–31]. Nevertheless, only a little attention has
been given to the pore structure of tight sandstone [32,33]. Hence, multifractal analysis based on NMR
experiment provides a brand-new perspective on the nature of pore structure and heterogeneity in
tight sandstone reservoirs.

In this work, a case study from the Lower Permian Taiyuan Formation (P1t) tight sandstones
in the southern North China Basin was conducted to investigate pore structure features by various
methods. Multifractal analysis was implemented to quantify the heterogeneity of pore structure in
different probability density areas, based on NMR T2 distributions. Additionally, the relationships
between multifractal parameters of different probability density areas and mineralogical compositions,
pore structure parameters and petrophysical properties of tight sandstone samples were investigated.
This study provides new insights into the microscopic pore structure and heterogeneity of tight
sandstone with similar geological conditions.

2. Geological Setting

The southern North China basin (SNCB) is a large meso-cenozoic superimposed basin, located
in the southern part of the North China plate, with an area of 150,000 km2 (Figure 1) [34]. The basin
mainly consists of five secondary tectonic units from north to south, and the present tectonic pattern
shows the NW-WNW (Figure 1).
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Figure 1. Tectonic geology condition of southern North China basin (SNCB) and investigated well
location (adapted from [34]).

The continuous uplift of the entire North China platform during the Caledonian movement led to
the absence of the Upper Ordovician, Silurian and Devonian, and Lower Carboniferous strata [35].
From the Late Carboniferous to the Late Permian, affected by the regional tectonic movement,
the study area underwent the depositional process from the epicontinental sea to the continental basin
(Figure 2) [36]. The Taiyuan Formation (P1t), which is composed of black shale, coal, limestone and
sandstone, was deposited during the early Permian, with a thickness of about 30–175 m (Figure 2) [37].
Sedimentary facies of the Taiyuan Formation are mainly lagoon, tidal flat, barrier island, and carbonate
platform (Figure 2). A previous study has shown that shale and coal from Taiyuan Formation possess
high organic matter content (TOC), moderate maturity, mainly type III kerogen, and high gas generation
potential, which can serve as good source rocks for tight sandstone reservoirs, as well as the potential
reservoirs for shale gas and coal bed methane [38].
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Figure 2. Map showing the stratigraphic column of Permian successions in the SNCB (modified
from [38]) and more details of Taiyuan Formation (well wc1), including burial depth, lithology,
sedimentary facies.

3. Experiments and Methods

3.1. Samples and Experiments

A total of 5 tight sandstone samples were selected from cores obtained in wells wc1 and wpd1
(Figure 1). Cylindrical plugs, 2.5 cm in diameter and 3–4 cm in length, were cut from the cores. The core
plugs were carefully cleaned and dried, to remove contamination from remnant hydrocarbon and
drilling fluids. The permeability of samples was first measured using a calibrated instrument DX-07G,
with a steady flow of N2 based on the Chinese Core Measurement and Analysis Method Standard
(GB/T29172-2012). Secondly, the samples were placed in the brine with a salinity (~1200 mg/L), similar
to formation water under vacuum for at least 24 h, until the brine saturated state. NMR signals
were generated using the brine saturated samples. The samples were put in a pulsed magnetic field,
and then after a brief pulse, the NMR signal gradually decayed, with a characteristic relaxation time T2.
During this process, the T2 spectra under saturated conditions were recorded with a low-field NMR
instrument Rec core 2500. Magnetic field strength and resonance frequency were 1200 G and 2.38 MHz,
respectively. Thereafter, the saturated samples were centrifuged via an HR2500-2 apparatus, to obtain
an ideal irreducible water state at a rotational speed of 5000 r/min. The experimental parameters
were set as follows: the echo number 2048, the echo space 300 μs, the waiting time 6 s, and the test
temperature was 25 ◦C.

Subsequently, the samples were dried again, and divided into three sections, for analysis of pore
structure and mineralogical compositions, respectively. Thin sections, impregnated with blue epoxy
resin under vacuum, were prepared to observe the type, geometric shapes, and distribution of the pores.
In the SEM experiment, the freshly broken samples, which were polished and coated with carbon in
advance, were examined with a ZEISS SIGMA field emission scanning electron microscope equipped
with energy-dispersive X-ray spectra (EDX), to identify clay minerals’ type, the morphologies of clay
occurrence within the pore spaces and micropores associated with clay minerals [39]. The mineral
compositions of the samples were determined by XRD analysis, following the Oil and Gas Industry
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Standards (SY/T5463-2010). Samples were initially crushed to 100 mesh size, and then they were mixed
with ethanol, ground into mortar, and placed on glass slides. The measurement was carried out using
the Ultima IV X-ray diffractometer. The mineral content was quantified using Jade software.

3.2. Theory and Methods

3.2.1. NMR Theory

NMR can effectively reveal the important information about pore structure of rock, based on
the T2 transverse relaxation time [15]. The total transverse relaxation T2 time is associated with
three relaxation members: bulk relaxation T2B, surface relaxation T2S, and diffusion of pore fluid T2D,
described as [40].

1
T2

=
1

T2B
+

1
T2S

+
1

T2D
, (1)

Generally, the bulk relaxation and diffusion relaxation are usually ignored when magnetic field is
uniform. In this case, T2 can be related directly to pore size: [16].

1
T2
≈ 1

T2S
= ρ

S
V
= ρ

a
r

, (2)

where ρ (μm/s) is the transversal surface relaxation rate; S (μm2) and V (μm3) are the surface area and
fluid volume of pore space, respectively; the surface/volume ratio (S/V) is a function of pore radius r
(μm), and a is the pore shape factor (a = 3 for spherical pore, while a = 2 for tubular pore).

Thus, the T2 distribution under fully brine-saturated conditions can be converted to the curve of
pore size distribution by Equation (2), with the help of ρ. Details of this method have been shown in
the previous studies [41].

3.2.2. Multifractal Methods Based on NMR T2 Distributions

Numerous studies have introduced the algorithm of multifractal theory in detail [17,25,42,43].
In this study, the popular box counting method [31] was employed for the implement of multifractal
algorithm on the basis of the 100% water-saturated T2 distributions of the samples. T2 distributions
are split into N square boxes of size r, here r = 2m (m = 0, 1, 2 . . . ). The probability mass distribution
function Pi(r) of the ith box could be represented as

Pi(r) =
Mi(r)∑N(r)

i=1 Mi(r)
, (3)

where Mi is the pore volume in the ith box and
∑N(r)

i=1 Mi(r) is the total porosity. If porosity has a
multifractal distribution, and then Pi(r) has a power exponent relationship to r, as follows:

Pi(r) ∝ rαi , (4)

where αi is the singularity strength for boxes [23]. Furthermore, the number of boxes with a similar α
value is defined as Nα(r), by the relationship:

Nα(r) ∝ r− f (α), (5)

where f (α) is a multifractal or singularity spectrum, expressing the fractal dimension of boxes with
similar values of α [19]. Furthermore, f (α) could reach its maximum value when the following
conditions are met:

df(α)
dα(q)

= 0, (6)
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In order to accurately acquire the distribution properties, the partition function is expressed as:

X(q, r) =
∑N(r)

i=1
Pq

i (r) ∝ rτ(q), (7)

where q is a moment expressing the contribution to X(q, r) of boxes with diverse Pi(r), which is
commonly defined as [−10, 10]; When q < 0, X(q, r) represents the density probability of the area with
low concentration of porosity; when q > 0, X(q, r) denotes the density probability of the area with high
concentration of porosity [44]. Moreover, τ(q), known as mass exponent, could be depicted by:

τ(q) =−lim
r→0

log
∑N(r)

i=1 Pq
i (r)

logr
, (8)

The generalized multifractal dimension Dq, another way to characterize singularity, which can be
defined as:

Dq =
τ(q)
q− 1

, (9)

On the other hand, theα(q), f (α) can also be determined from τ(q) with the Legendre transformation,
respectively [43]:

α(q) =
dτ(q)

dq
, (10)

f (α) = qα(q) − τ(q), (11)

Generally, four sets of parameters, such as Dq, α(q), f (α) and Δα (=αmax−αmin), are commonly
applied to characterize pore structure heterogeneity. The more complex and nonhomogeneous pore
structure corresponds to the larger value of Dq and Δα.

4. Results

4.1. Mineralogical Compositions of Tight Sandstone

The XRD analysis results of samples are shown in Table 1. Overall, the studied P1t tight sandstone
samples mainly consist of quartz and clay. Therein, quartz content ranges from 58.9% to 74.1% average
as 68.42%, and clay content varies from 16.3% to 35.8%, with an average of 24.32%. The clay minerals
are dominated by the mixed illite/smectite (I/S) and illite, attended by a few kaolinites, and chlorites
(Table 1). The high content of clay minerals may result from the great heterogenous composition and
strong alteration of detrital feldspars in the tight sandstones [45]. There is only trace amount of feldspar
(0.9–8.3%, averaging 5.22%). The lack of feldspar content is possibly due to the dissolution caused
by factors such as basin subsidence, thermal events and acid produced by coal-bearing strata [46].
Other minerals, including ankerite, pyrite and calcite, can be identified only in individual samples,
and their contents are extremely low (<2.5%).

Table 1. The compositions of minerals from the P1t tight sandstone samples.

Sample
Depth

(m)

Mineralogical Composition (%) Clay Composition (%)

Quartz Feldspar Calcite Pyrite Ankerite Clay I/S I K C

1 1484.2 69 8.3 0.5 0.4 0 21.8 13.73 5.23 2.62 0.22
2 1485.1 68.2 7.5 0 1.2 0 23.1 14.32 5.08 3.23 0.47
3 1486.5 74.1 7.7 0.9 0 1 16.3 11.9 3.59 0.65 0.16
4 2769.6 58.9 1.7 0 1.1 2.5 35.8 26.49 7.88 1.07 0.36
5 2794.21 71.9 0.9 0 1.7 0.9 24.6 17.47 4.92 1.97 0.24

I/S: Illite/Smectite mixed layer; I: Illite; K: Kaolinite; C: Chlorite.
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4.2. Pore Type and Characteristics

Casting thin section and SEM image analysis results show that there are three dominant pore types
in the P1t tight sandstone samples, including micropores associated with clay minerals, secondary
intergranular and intragranular dissolution pores (Figure 3). Primary intergranular pores are rarely
observed. Quartz overgrowth and authigenic quartz grains are commonly developed in P1t tight
sandstones (Figure 3a,b,d), and pyrite crystals are also observed in some pores (Figure 3e). Secondary
dissolution pores mostly occur on detrital feldspars, as a result of partial to complete dissolution
(Figure 3a,b). These dissolution pores are typically enveloped by authigenic clay minerals derived
from the dissolution of detrital feldspars (Figure 3f). Additionally, a few dissolution pores occur on
detrital grain boundaries (Figure 3c).

 

Figure 3. Photomicrographs showing the microscopic pore structure characteristics of P1t tight
sandstone. (a) sandstones with intergranular and intragranular dissolution pores (red arrow) and
extensive quartz overgrowths; (b) intragranular dissolution pores (red arrow) and quartz overgrowths
(blue arrow); (c) dissolution pores occur on detrital grain edges (red arrow); (d) fine authigenic quartz
grains; (e) pore-filling pyrites; (f) authigenic clay minerals fill the dissolution pores; (g) slablike kaolinite
filling in the pore; (h) flaky illite filling in pore; (i) hair-like illite/smectite mixed layers filling in pore
(yellow arrow, micropores associated with clay minerals).

The pore structures of samples are severely impacted from clay cementation, because the pore
throat system is mainly filled by a large amount of authigenic clay minerals such as the slablike or booklet
kaolinite (Figure 3g), and the flaky illite and hair-like mixed illite/smectite (I/S) (Figure 3h,i). SEM image
analysis showed that abundant micropores are developed within these clay minerals (Figure 3g–i). These
micropores are continuously distributed with a multi-scale pore size (mainly < 1 μm), which provide
the necessary percolation path, connecting other relatively larger pores for tight sandstone reservoirs
to a certain extent.
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4.3. Petrophysical Properties and NMR T2 Distributions

The porosity of the five samples ranges from 1.95% to 3.41%, with an average of 2.7%,
and permeability varies from 0.037 mD to 0.494 mD (Table 2). The petrophysical properties of
samples are lower than those observed in the Chang 7 reservoir, with an average value of porosity
of 7.2% and permeability of 0.18 mD. The Chang 7 reservoir is an important tight oil reservoir from
Yanchang Formation in the Ordos basin [47]. This indicates that the samples have relatively poorer
pore structures and reservoir quality. Nevertheless, a positive exponential relationship can be observed
between porosity and permeability of samples (Figure 4).

Table 2. The petrophysical parameters and pore structure parameters of the tight sandstone samples
from NMR measurements.

Sample
ϕ K ϕm ϕb RQI FZI T2cutoff T2gm T35 T50

(%) (mD) (%) (%) (μm) (μm) (ms) (ms) (ms) (ms)

1 2.63 0.044 0.38 2.25 0.041 0.151 3.5 1.93 1.42 1.86
2 2.98 0.064 1.5 1.48 0.046 0.149 2.08 2.7 1.46 2.04
3 1.95 0.037 0.67 1.28 0.044 0.219 2.45 2.37 1.18 1.5
4 2.53 0.134 1.45 1.08 0.073 0.280 1.4 1.73 1.28 1.7
5 3.41 0.494 1.85 1.56 0.12 0.341 1.86 2.67 1.48 2.1

 
Figure 4. The correlation between porosity and permeability of P1t sandstone.

Reservoir quality index (RQI) and flow zone indicator (FZI) are two ideal macroscopic petrophysical
parameters used to evaluate the micro pore structure and reservoir properties of tight sandstone [48].
RQI and FZI were calculated by the following formulas, respectively [33]:

RQI = 0.0316 ×
√

K
ϕ

, (12)

FZI = RQI × 100−ϕ
ϕ

, (13)

where K is the permeability, mD; ϕ is the porosity, %.
As shown in Table 2, the values of RQI vary from 0.0041 μm to 0.012 μm, while FZI values range

from 0.1498 μm to 0.341 μm, averaging as 0.228 μm. These values are close to the tight oil reservoir
researched by Zhao et al., 2017, whereas they are lower than the Chang 7 tight reservoir [47].

For the fully water-saturated rock, the T2 distributions provide information about the pore size
distributions. The T2 relaxation time is in proportion to the pore size [15,49], and the signal amplitude
of T2 distributions reflect the pore fluid content and pore volume. The 100% brine-saturated T2 spectra
of five samples are shown in Figure 5. Except for sample 1 (unimodal T2 spectrum), all samples show
the bimodal characteristics of T2 spectra, and almost all pore sizes of tight sandstones present in the
range from 0.1 to 100 ms. There are no pores with the relaxation time larger than 100 ms, attributed to
the absence of residually large intergranular pores. The main peaks are distributed between 0.1 ms
and 10 ms, and their signal amplitudes are far larger than the secondary peak. The relative amplitudes
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of T2 peaks indicate that sample porosities are dominated by smaller pore sizes, and the larger porosity
are relatively few. The pores of sample 1 are all smaller pores.

 

Figure 5. The saturated NMR T2 spectra of samples.

By analyzing NMR T2 data, some NMR pore structure parameters, including movable-fluid
porosity (ϕm), bound-fluid porosity (ϕb), T2cutoff, T2gm (amplitude weighted logarithmic mean),
T35 and T50, are also summarized in Table 2. Porosity in the rock can be separated into bound-fluid
porosity (T2 < T2cutoff) and movable-fluid porosity (T2 > T2cutoff) in the cumulative T2 spectrum by
T2cutoff value (Figure 6). The bound-fluid porosity of tight sandstone usually exists in clay-dominated
micropores, which contain capillary and clay-bound water, while movable-fluid porosity tends to reside
in large pores which are connected by effective pore throat [18]. Then, the movable-fluid porosity is
determined by removing the proportion of the bound fluid from the 100% brine-saturated NMR signal,
varying from 0.38% to 1.85%. Compared to movable-fluid porosity, bound-fluid porosity is commonly
high, with the range of 1.08%–2.25%, indicating that the sandstone samples have the complex pore
structure with poor pore connectivity. T35, T50 are corresponding to the T2 value, where the samples
reach 35% and 50% brine saturation in the cumulative T2 distributions, respectively [3]. Overall,
compared to Chang 7 and Xujiahe tight sandstone reservoirs [48,50], T2cutoff, T2lm, T35, and T50 of
samples are characterized by relatively lower values, indicating a narrower pore size distribution in
the samples.

 
Figure 6. The cumulative and incremental T2 spectrum of sample 5.

4.4. Multifractal Characteristics

In this study, multifractal characteristics of pore structures were obtained from 100% brine-saturated
T2 spectra. The range of moments q is defined in the interval from −10 to 10. The generalize dimension
spectra (Dq~q) and the relationship of mass exponent τ(q) versus q are presented in Figures 7 and 8,
respectively. The Dq with respect to variable q shows an inverse S-shaped curve. Dq has a larger
variation for q < 0, while a minor variation for q > 0. Moreover, τ(q) follows a monotone increase as q
increase, and the increasing trend gradually becomes smoother with increasing q. Figure 9 represents
the multifractal spectra or singularity spectra of samples, where α(q) are also strongly correlated to the
variable q. Overall, these spectra of different samples all show two different variation trends, that reveal
that the pore size distributions of tight sandstone samples are multifractal. Therefore, the heterogeneity
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of pore volume distribution can be represented via the generalized dimension and singularity spectra
shape and its characteristic parameters, which further reveal the local differences in the whole.

Generally, the heterogeneity of the whole pore size distribution is assessed by the total width
of singularity spectra α−10–α10 and generalized dimension spectra D−10–D10 [19]. Higher values of
α−10–α10 and D−10–D10 usually suggest a more heterogeneous pore size distribution within samples,
and vice versa. The right part of the generalized dimension spectra and the singular spectra (q > 0)
corresponds to the areas with higher probability density of porosity distribution (concentrated areas).
However, the left part of the generalized dimension spectra and the singular spectra (q < 0) represent
the areas with lower probability density (sparse areas) [32,51]. Therefore, multifractality parameters
D10, D0–D10, α10, and α0–α10 can describe the pore characteristics in higher probability areas, and the
parameters D−10, D−10–D0, α−10, and α−10–α0 play the same role in lower probability areas. For the
studied sandstone samples, the porosities in higher probability density areas mainly consist of the
smaller pores, such as clay-dominated micropores, whereas the porosities in lower probability density
areas mainly refer to the larger pores, such as intergranular dissolution pores, with a relatively larger
pore size.

 
Figure 7. Generalized multifractal dimension spectra.

 

Figure 8. Generalized mass exponent τ(q) versus variable q.

 
Figure 9. Multifractal spectra of five samples.

D0 is defined as a capacity dimension or box-counting dimension. D1, as an information dimension,
is a measure of concentration degree of pore size distribution [28]. D2 is the correlation dimension,
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which explains the scaling behavior of the second sampling moments [25]. For a monofractal structure,
D0 = D1 = D2 [44]. However, as shown in Table 3, all samples show a same order of D0 > D1 > D2,
suggesting that the pore size distribution of every studied tight sandstone sample has a tendency
toward a multifractal type of scaling. Additionally, the calculated D−10, D10, D−10–D0, D0–D10 and
D−10–D10 are also listed in Table 3. For all samples, D−10 > D10 and D−10–D0 > D0–D10, indicating
that the pore distributions of higher probability areas may be more homogeneous than that of lower
probability areas.

Table 3. The generalized dimensions of samples.

Sample D−10 D0 D1 D2 D10 D−10–D0 D0–D10 D−10–D10

1 2.19 1 0.95 0.94 0.86 1.19 0.142 1.33
2 3.5 1 0.55 0.34 0.2 2.5 0.8 3.3
3 2.9 1 0.45 0.188 0.12 1.9 0.88 2.78
4 1.57 1 0.82 0.72 0.6 0.57 0.4 0.97
5 1.49 1 0.37 0.18 0.11 0.49 0.89 1.38

For singularity parameters, the similar trend, α−10 > α10 and α−10–α0 > α0–α10, are also found
in Table 4, indicating that the pore system in lower probability density areas owns more obvious
multifractal characteristics than that in a higher probability density area. As presented in Table 4,
the values of α10–α−10 are in the range of 1.15–3.69, indicating that the pore structures of samples are
highly heterogeneous. The parameter A = (α0–α10)/(α−10–α0) is referred to express the asymmetry of
singularity spectrum, and A > 1 demonstrates a strong fluctuation in pore size distribution. The values
of A for sample 1 and sample 2 are lower than 1, which exhibit more stable pore size distributions
compared to those of other samples. The multifractal analysis of tight sandstone pores shows that the
pore distribution is complicated, multifractal and heterogeneous.

Table 4. The singularity parameters of samples.

Sample α−10 α10 α0 α10–α0 α0–α−10 α10–α−10 A

1 2.38 0.83 1.17 1.21 0.34 1.55 0.12
2 3.87 0.18 1.52 2.35 1.34 3.69 0.57
3 3.15 0.1 1.7 1.45 1.6 3.05 1.1
4 1.71 0.57 1.17 0.54 0.6 1.14 1.12
5 1.62 0.1 1.3 0.32 1.2 1.52 3.74

5. Discussion

The results shown in the preceding section manifest that several multifractal parameters can be
utilized to characterize the pore heterogeneity. In this study, only two multifractal parameters (D10 and
D−10) are selected to describe multifractal characteristics and evaluate pore heterogeneity in different
probability measure areas within tight sandstones. The multifractal parameter D10 are used to account
for multifractal behaviors of pore network in higher probability density areas, while the parameter
D−10 represents the multifractal characteristics of pore network in lower probability density areas.

5.1. Relationship between Petrophysical Parameters of Tight Sandstone and Multifractal Parameters

Petrophysical property is the most direct performance of the pore structure of tight sandstone
which can significantly affect fractal characteristics of pores. Figure 10 illustrates that multifractal
parameters (D10 and D−10) show a negative correlation with permeability, RQI and FZI, but they have
no obvious relationship with porosity. Theoretically, porosity is mainly affected by the content of
pore in the rock, especially large pore, which is independent of the complexity of pore distribution.
Nevertheless, multifractal parameters mainly reflect the irregularity and complexity of pore geometry
and pore network, with a significant influence on permeability, RQI and FZI. Meanwhile, not all pores

293



Energies 2020, 13, 4067

are suitable for fractal analysis, and fractal analysis from a NMR T2 spectrum only focus on pores with
the pore size larger than dozens of nanometers or hundreds of nanometers [7], because the relaxation
mechanism of fluid is quite complex in the smaller pore. In this case, the influence of bulk relaxation
and diffusion relaxation should be considered, and T2 cannot be directly simplified to surface relaxation
T2s. Therefore, the porosity of samples as a quantity cannot effectively constrain the heterogeneity of
the pore structure [29].

Besides, D−10 shows a more sensitive response to permeability, RQI and FZI than D10, indicating
that pore structure in lower probability density areas has a significant impact on petrophysical
properties of tight sandstone reservoirs. From the T2 distributions and petrographic observations
of sandstone samples, small-scale clay-dominated micropores associated with short T2 components
(T2 < 10 ms) constitute the majority of the pore system, and only a few proportions are composed of
the large-scale dissolution pores associated with long T2 components (T2 > 10 ms). Hence, pore system
in lower probability density areas mainly consists of dissolution pores with low content; micropores
dominate pore system in higher probability density areas. The formation of dissolution pores with
larger pore scale, however, greatly improve reservoir properties. Therefore, the complexity of pore
system composed of dissolution pores play a more important role in the petrophysical properties
of sandstones.

 
Figure 10. The correlations between petrophysical parameters with multifractal parameters. (a) the
correlations between D−10, D10 with porosity; (b) the correlations between D−10, D10 with permeability;
(c) the correlations between D−10, D10 with RQI; (d) the correlations between D−10, D10 with FZI.

Furthermore, the correlation coefficients of multifractal parameters with permeability, RQI and
FZI show an increasing trend (Figure 10). This can be explained by the fact that RQI and FZI integrate
porosity and permeability, which is the better petrophysical parameters for characterizing the pore
structure of tight sandstone. Meanwhile, FZI is the combination of several microscopic pore structure
properties, e.g., pore specific surface area, morphology and tortuosity, and therefore the highest
correlation coefficient [33]. Hence, FZI is a superior indicator of the pore structure heterogeneity of
tight sandstone, especially in the lower probability density area.
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5.2. Relationship between Pore Structure of Tight Sandstone and Multifractal Parameters

The relationships between multifractal parameters and NMR pore structure parameters of tight
sandstone, including movable-fluid porosity (ϕm), bound-fluid porosity (ϕb), T2cutoff, T2gm, T35 and
T50, are also analyzed, and the correlation coefficients are summarized in Table 5. D10 is highly
associated with movable-fluid porosity, bound-fluid porosity, T2cutoff and T2gm, but it has no apparent
correlation with T35 and T50 (Figure 11). Additionally, D−10 shows few or no relationships with pore
structure parameters (Table 5). This may be because small-scale micropores in higher probability
density areas dominate the entire pore system of tight sandstone reservoirs, and thus, multifractal
parameters of higher probability density regions are more useful for pore structure characterization of
tight sandstone.

 
Figure 11. The correlations between multifractal parameter D10 and NMR pore structure parameters.
(a) the correlation between D10 with movable-fluid porosity; (b) the correlation between D10 with
bound-fluid porosity; (c) the correlation between D10 with T2cutoff; (d) the correlation between D10

with T2gm.

The T2cutoff is the efficient boundary which divides the total pore volume into movable-fluid pores
and bound-fluid pores, according to whether the fluid within them can flow or not. For the studied
sandstone samples, immovable bound-fluid mainly exists in clay-dominated micropores with poor
connectivity, while movable fluid tends to exist in those dissolution pores which are connected by
effective pore throats. T2cutoff value severely affects the proportion of different type of pores in tight
sandstones. The larger the T2cutoff value, the more bound-fluid pores, and the fewer movable-fluid
pores (Figure 12), which increase the heterogeneity of pore network in higher probability density areas.
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Figure 12. The correlations between movable-fluid porosity, bound-fluid porosity and T2cutoff. (a) the
correlation between T2cutoff with movable-fluid porosity; (b) the correlation between T2cutoff with
bound-fluid porosity.

Figure 11d illustrates that T2gm has the negative correlation with D10. The T2gm is a comprehensive
performance for the whole pore size distribution of rock, and the large T2gm value means a good pore
structure in the tight sandstone reservoirs [52]. In this study, a large amount of short T2 components
related to micropores not only dominate the whole T2 distributions of sandstone samples, but also
constitute the main peak. Therefore, T2gm mainly reflects the characteristics of main peak corresponding
to pore system in higher probability density areas. Therefore, the heterogeneity of pore network of the
high probability density areas tends to decrease as T2gm increases.

Table 5. The correlation coefficients between multifractal parameters and pore structure parameters.

ϕm (%) ϕb (%) T2cutoff (ms) T2gm (ms) T35 (ms) T50 (ms)

D10 −0.2686 0.2734 0.217 −0.7084 0.0019 −0.0139
D−10 −0.0717 0.0001 0.0678 0.2039 −0.0058 −0.0076

5.3. Effect of miNeral Compositions of Tight Sandstone on Multifractal Characteristics

Several studies have testified that mineral compositions, mineral content and contact between
minerals have a significant impact on the pore structure of rock, and the influence of each mineral on
pores in distinct lithology may also be different [5,8,30,45,53].

As shown in Figure 13a, quartz content shows the negative correlation with D10 and the weak
negative relationship with D−10. This result demonstrates that quartz plays different roles in the pore
structure of different probability density areas. Sandstone petrographic observations show that the
studied tight sandstone samples mainly consist of sedimentary quartz grains (Figure 3a,b), which act
as the main skeleton minerals of the tight sandstone to resist compaction for the preservation of pores.
In general, the higher content of quartz contributes to the higher textural maturity of sandstone and
regular pore structure, which decrease the complexity of the pore systems in higher probability density
areas. Nevertheless, the tight sandstone samples contain some authigenic quartz grains filling parts of
large dissolution pores, which lead to the irregular pore geometry in lower probability density areas
and thus larger values of D−10.

According to Figure 13b, feldspar content is well correlated to D−10, but has no correlation with
D10. The above relationships indicate that tight sandstone with high feldspar content tends to have
relatively complex and anisotropic pore structure in lower probability density areas. The content of
feldspar in tight sandstone is associated with the diagenesis process. After deposition, the Taiyuan
Formation experienced a long period of deep burial and diagenetic processes, and the chemical
environment of fluid changed since a large amount of organic acids and CO2 were generated during
the early hydrocarbon generation of the organic matter in the source rock, which causes the extensive
dissolution of chemically unstable aluminosilicates, such as feldspar. In this study, feldspar contents of
all samples are low (average 5.22%), and secondary dissolution porosities as a result of partial/complete
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dissolution of feldspars are well observed in the sandstone samples (Figure 3a,b), indicating that
feldspar experienced the strong alteration. These dissolution pores provide extra pore space for gas
storage, while feldspar dissolution is always accompanied by by-products (e.g., authigenic quartz,
kaolinite, illite) which precipitate in situ or in adjacent pores, resulting in a rather complex pore network
in lower probability density areas.

Different from quartz and feldspar, clay content shows the weak positive correlation with D10,
whereas it has a better negative relationship with D−10 (Figure 13c). This finding indicates that the
effect of clay minerals on the pore structure in different probability density areas is rather complex.
A high content of clay can not only reduce complexity of pore in lower probability density areas,
but also increases the pore heterogeneity of higher probability density areas. This may be interpreted
that tight sandstone samples have the high clay content (average 24.32%), and micropores associated
with clay minerals predominate the pore system of the high probability measure areas. The SEM
image analysis results show that a large amount of clay minerals fill in between quartz grains with
slablike, flaky, and hair-like forms (Figure 3g–i), blocking the pore throat system, causing some large
pores to be closed and semi-closed. The micropores gradually replace the large pores, and reduce
the amounts of large pores with increasing clay content, which decreases the complexity of the pore
network of lower probability density areas. However, clay-dominated micropores have different
characteristics within various types of clay minerals, which are also characterized by multi-type pores
with multi-scale pore size ranging from nanoscale to microscale, such as intracrystalline micropores
(mainly < 2 nm), within aluminosilicate layers, inter-crystalline micropores (2–50 nm) between clay
particles, and interparticle micropores (>0 nm) between aggregated clay particles [54]. These factors
complicate the pore network in higher probability density areas, resulting in higher D10.

 

Figure 13. The correlations between mineral compositions and multifractal parameters. (a) the
correlations between D−10, D10 with quartz content; (b) the correlations between D−10, D10 with
feldspar content; (c) the correlations between D−10, D10 with clay content.

6. Conclusions

In the presented research, the pore structure and its heterogeneity of the Lower Permian Taiyuan
Formation tight sandstone in the south China North basin were investigated by a series of experiments
and multifractal methods. These conclusions could be obtained:

(1) The tight sandstones from Taiyuan Formation are characterized by a high content of quartz
and clay minerals, low porosity (1.95–3.41%) and low permeability (0.037–0.494 mD). Pore types
mainly include micropores associated with clay minerals, intergranular and intragranular dissolution
pores, whereas primary pores are rarely observed. The NMR T2 distributions of samples mainly show
bimodal characteristics with less long T2 components, since clay-dominated micropores associated
with short T2 components predominate the whole pore system of the tight sandstones.

(2) The multifractal spectrum, generalized dimensions and mass exponent spectrum demonstrate
that pore structures of tight sandstone samples have multifractal characteristics. Meanwhile, the
multifractal parameters are useful to quantify the pore heterogeneity in the areas with different
probability densities.
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(3) Multifractal parameter (D−10) of lower probability density areas is more appropriate to
determine petrophysical properties. However, the multifractal parameter (D10) of higher probability
density areas is the available indicators for evaluating pore structure.

(4) Mineral compositions have various effects on pore structure in different probability density
areas. The decrease of quartz content and increase in clay mineral content contribute to high degree of
pore anisotropy of higher probability density areas, whereas the decrease in clay minerals and the
increase of quartz content and feldspar content can result in more irregular and nonhomogeneous pore
network in lower probability density areas.

(5) Overall, the pore structure in lower probability density areas consists of larger dissolution
pores, which determine the reservoir properties. Gas storage and seepage usually occur at those pores
of lower probability density areas. However, micropores dominate pore structure in higher probability
density areas, and strong complexity and heterogeneity make pores unfavorable for gas storage and
seepage there.
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Abstract: Multi-scale bedding fractures, i.e., km-scale regional bedding fractures and cm-scale
lamina-induced fractures, have been the focus of unconventional oil and gas exploration and play an
important role in resource exploration and drilling practice for tight oil and gas. It is challenging to
conduct numerical simulations of bedding fractures due to the strong heterogeneity without a proper
mechanical criterion to predict failure behaviors. This research modified the Tien–Kuo (T–K) criterion
by using four critical parameters (i.e., the maximum principal stress (σ1), minimum principal stress
(σ3), lamina angle (θ), and lamina friction coefficient (μlamina)). The modified criterion was compared
to other bedding failure criteria to make a rational finite element simulation constrained by the four
variables. This work conducted triaxial compression tests of 18 column samples with different lamina
angles to verify the modified rock failure criterion, which contributes to the simulation work on
the multi-scale bedding fractures in the statics module of the ANSYS workbench. The cm-scale
laminated rock samples and the km-scale Yanchang Formation in the Ordos Basin were included in the
multi-scale geo-models. The simulated results indicate that stress is prone to concentrate on lamina
when the lamina angle is in an effective range. The low-angle lamina always induces fractures in an
open state with bigger failure apertures, while the medium-angle lamina tends to induce fractures
in a shear sliding trend. In addition, the regional bedding fractures of the Yanchang Formation in
the Himalayan tectonic period tend to propagate under the conditions of lower maximum principal
stress, higher minimum principal stress, and larger stratigraphic dip.

Keywords: bedding fractures; failure criterion; lamina; tight oil; tight sandstone; finite element
simulation; numerical simulation; unconventional reservoir

1. Introduction

Multi-scale bedding fractures, including km-scale regional bedding fractures and cm-scale
lamina-induced fractures, are caused by lamina dissolution or induced by regional tectonic stress [1–10].
The formation of sedimentary lamina and bedding underground exerts a strong control on the following
fracture propagation [11–13], so the term lamina-induced fractures is used to indicate the cm-scale
fractures forming along the core lamina under the influence of external forces and internal rock
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mechanical properties [14]. Moreover, the lamina-induced fractures also correspond to the km-scale
regional bedding fractures, which are induced by the formation beddings. These fractures have been
the focus of conventional and unconventional oil and gas reservoir characterization including shale,
tight oil [14–23], and Carboniferous rocks [24]. The fractures have also played an important role in
methane gas emissions from coal seams [25–27]. It has been found that the open state of bedding
fractures in complicated tectonic zones could play an essential role in oil and gas diffusion, emission,
migration, and accumulation [14,17,28–33]. In addition, the lamina or bedding in the tight reservoirs
coupled with the hydraulic fractures could induce a more complicated in-situ fracture network [34].
However, the quantitative simulation work of bedding fractures, despite the qualitative description,
as mentioned above, is still lacking due to the complicated stress distribution caused by the lamina
heterogeneity. It is challenging to distinguish the lamina or bedding from surrounding rocks and
predict the failure behaviors under the effects of heterogeneity.

Multiple methods and softwares have been used to conduct numerical simulations and
make predictions on the energy resources, e.g., artificial neural networks, ant tracking algorithms,
petrophysical logging, and microseisms [35–38]. The ant tracking algorithm can be applied to detect
small faults, but it is difficult to extract detailed formation of the fractures due to the extremely low
resolution and low coherence of data [39]. Even though the microseism is often used for artificial
fracture detection and modeling in the hydraulic fracturing process of the horizontal wells, its roles are
confined to the oil-gas exploration and development period [40]. In addition, the accuracy of logging
interpretation strongly depends on the data amount, and the resolution of seismic data is too low to
conduct a precise fracture simulation. Therefore, it is necessary to find out an efficient method to make
an accurate prediction for the multi-scale fractures without the need for a great amount of data.

In this study, a finite element simulation of bedding fractures was conducted based on the dynamic
propagation condition for the tectonic bedding fractures. The finite element simulation is widely
used to predict the present geological stress and fracture index, because it can provide a platform for
researchers to focus on the geological or mechanical model, with the adjustability of the rock failure
criterion and boundary stress conditions [41–43]. In addition, this study focused on the modified
failure criterion of tectonic bedding fractures in the dynamic simulation environment.

The most challenging work for bedding fracture simulation is to build rational failure criteria in
the finite element simulation environment considering four factors, i.e., maximum stress, minimum
stress, lamina angle (or the km-scale regional stratigraphic dip), and differences between the lamina and
surrounding rock in different lamina lithofacies. Although some failure criteria have been proposed for
the bedding fractures based on the mechanical tests of laminated rock, as shown in Table 1 [6,44–47],
a coefficient should be additionally proposed to indicate the different lamina lithofacies and the
difference between the lamina and the surrounding rock in the laminated cores or the rock formations
with bedding fractures.

Table 1. Failure criteria for the bedding fractures proposed by different researchers.

Criterion Literature Source

σ1 = σ3 +
2(cj+σ3 tanφ j)

(1−tanφ j tan β) sin 2β
[44]

σ1(β)−σ3

σ1(β=90)−σ3
= k

cos4 β+k sin4 β+2nk cos2 β sin2 β
[6]

σ1 = σ3 +
(

2 sinϕ
1−sinϕ − 2S0

√
1+sinϕ
1−sinϕ

)
k

sin4 θ+k cos4 θ+2nk cos2 θ sin2 θ
[47]

In summary, the innovations of the multi-scale fracture (km-scale regional bedding fractures and
cm-scale lamina-induced fractures in cores) simulations conducted in this work are reflected in the
following aspects: (1) A modified Tien–Kuo (T–K) bedding failure criterion was proposed based on
the stress equilibrium equation along the lamina, where two critical parameters (the lamina angle (θ)
and lamina friction coefficient (μlamina)) were proposed to precisely characterize the laminated rock.
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The μlamina values were tested based on the triaxial compression tests of different lamina lithofacies.
(2) A finite element simulation was conducted based on the modified T–K criterion to study the stress
distribution in the laminated rock model composed of the independent lamina and the surrounding
rock bodies. (3) The regional bedding fractures distribution of the Upper Triassic Yanchang Formation
in the Ordos Basin was clarified based on the regional stratigraphic dip distribution, as well as the
regional laminated rock lithofacies distribution proposed in this work, and the regional stress field,
which was simulated in our prior simulation work [14].

2. Materials and Methods

2.1. Materials

The six laminated samples studied in this work were collected from the Chang 8 to Chang 6
member, the principal hydrocarbon-accumulating intervals in the Upper Triassic Yanchang Formation
of the southern Ordos Basin. These samples could represent the different petrophysical facies in the
delta-lacustrine environment. Core-1 and Core-2 are the tight siltstone- and sandstone-deposited
distributary channel facies in tractive current hydrodynamic conditions. Core-1 represents the tight
channel siltstone with the inconspicuous lamina, i.e., micro-cross-bedding lamina. Core-2 represents the
tight channel sandstone with the macro-cross-bedding lamina. Core-3 represents the tight argillaceous
siltstone with the horizontal lamina. Core-4 and Core-5 represent the tight sheet siltstone with the
obvious lamina, i.e., wavy or lenticular lamina. Core-6 represents the tight siltstone deposited in the
lacustrine turbidite fan facies with slumping-induced deformation lamina. Generally, the six laminated
cores are typical representatives for all tight sandstone oil reservoirs, especially for the tight sandstone
oil reservoir of the Ordos Basin in China.

2.2. Triaxial Compression Tests

To indicate the heterogeneity of laminated rocks and lamina lithofacies in the geo-models, we tested
18 column samples with different lamina angles from the six different laminated cores in triaxial
compression experiments. The triaxial compression tests were performed with an RTR apparatus under
a 20 MPa confining pressure. The 20 MPa approximates the underground pressure at a 2000 m depth,
so it can be used to simulate real geological conditions. Sample treatment was conducted in strict
accordance with the International Society of Rock Mechanics (ISRM) rock triaxial test requirements
and the China National Standard (GB/T 50266-99).

2.3. Finite Element Simulation

Finite element simulation was performed in the statics module of the ANSYS workbench. In this
method, the geological model is divided into different specific elements linked to nodes. In addition,
the approximate value of the node displacement could be calculated using the element functions
in the equilibrium state. Based on the computed result, we can obtain the stress and strain of
these elements [48–52]. For the geological model building work, it is generally assumed that the
stress and strain of the shallow crust rocks are linearly dependent during the period of rock elastic
deformation [53,54]. In this study, the principle of the finite element approach is composed of the
following three relationships: (1) The strain–displacement relationship; (2) strain–stress relationship;
and (3) stress–external force relationship. The principle and its detailed explanations can be found in
our previous study [17].

In this work, to calculate the boundary stress conditions for the finite element simulation,
we modified the Newberry formula to make it more suitable for the tensional and compressive stress
fields. Although the rock spatial stress computed by the Newberry formula is appropriate for the
tight reservoir simulation [55], the equation is only defined in compressive stress fields and leaves the
tensional stress field out of consideration [56–58]. Hence, the positive sign of the compressive stress
field in the Newberry formula is changed to a negative sign for the tensional stress field. In addition,
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this work constrained the calculative process of the boundary stress state, based on the assumption
that the 3D geo-model can be regarded as a point mass with the corresponding well burial history
area. In this way, we can calculate the boundary stress state by combining the regional tectonic stress,
tectonic direction, and rock density. The detailed modification of the Newberry formula and the
calculative process of the boundary stress state can also be found in our previous study [17].

3. Results

3.1. Stress Balance along the Lamina

A finite element simulation of lamina-induced fractures is conducted in the statics module of
the ANSYS workbench based on two geo-bodies, i.e., the lamina and surrounding rock. The contact
relationship was settled to the frictional model characterized by a friction coefficient representing
the difference between the two separated geo-bodies. Here, this study defined the coefficient as
the lamina friction coefficient (μlamina) in the laminated rock, where μlamina could be used to indicate
different lamina lithofacies and modify the T–K failure criterion in the finite element simulation.
The laminated rock model is shown in Figure 1, which was constructed with the laminated body
and the surrounding rock body. Two parameters were introduced into the geo-model to characterize
the laminated rock, i.e., the lamina angle (θ) and μlamina. It should be emphasized that μlamina of the
laminated rock differs from the internal friction coefficient of intact rocks. The μlamina is not only a
physical factor representing the physical sliding behavior in simulation but also a geological factor
indicating different lamina lithofacies. Therefore, the range of μlamina may vary from the traditional
internal friction coefficient. Its detailed values for different laminated rock types were tested using the
triaxial compression technologies in Section 2.2.

 
Figure 1. Laminated rock model composed of the lamina and the surrounding rock. Red arrows
indicate the decomposition of stress along the lamina surface, where θ indicates the lamina angle,
σ1 indicates the axial stress, σ3 indicates the confining pressure, Clamina indicates the lamina cohesion,
and f indicates the friction force between the lamina surface and surrounding rock.

Another critical factor for the failure criterion is the lamina angle (θ), indicating the intersection
angle between the axial stress direction and the lamina dip direction, which is the complementary angle
to the β angle (the acute angle between the direction of maximum principal stress and the discontinuity)
in previous works [6,47]. A stress equilibrium equation was built based on the decomposition of
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stress along the lamina surface (Equation (1), Figure 1). In this equation, θ indicates the lamina
angle, σ1 indicates the axial stress, σ3 indicates the confining pressure, and Clamina indicates the lamina
cohesion, which is different from the cohesion of homogeneous rock.

σ1 cosθ− σ3 sinθ = μlamina(σ3 cosθ+ σ1 sinθ) + Clamina (1)

The Mohr–Coulomb rock failure criterion (Equation (2)) is usually used to explain the propagation
condition for shear fractures. Here, an assumption was made that the propagation condition for
bedding fractures meets the Mohr–Coulomb rock failure criterion. In other words, the lamina-induced
fractures could be regarded as specially compressed fractures along the lamina surface in the intact rock.
Then, Equation (3) was achieved when we solved the simultaneous Equations (1) and (2). It describes
the relationship among the internal friction angle (ϕ) of intact rock, the lamina friction coefficient
(μlamina), and the lamina angle (θ) of laminated rock. Equation (4) describes the relationship among
the cohesion (S0), the internal friction angle (ϕ) of intact rock, and the lamina angle (θ) of laminated
rock. The final relationship (Equation (5)) was built among the cohesion (S0), the internal friction angle
(ϕ) of intact rock, the lamina angle (θ), and the lamina friction coefficient (μlamina) of laminated rock,
when Equation (3) was put into Equation (4). Thus, an important function (Equation (5)) was used to
modify the T–K criterion in the following section. Furthermore, the detailed derivation and physical
interpretations are shown in Appendix A.

σ3 = 2S0
cosϕ

1− sinϕ
+ σ3

1 + sinϕ
1− sinϕ

(2)

ϕ = arcsin
μlamina cosθ+ sinθ

(μlamina + 1) cosθ+ (1− μlamina) sinθ
(3)

S0 =
1
2
· 1− sinϕ

cosϕ
· Clamina

cosθ− μlamina sinθ
(4)

S0 =
1
2
·

cosθ−μlamina sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

cos arcsin μlamina cosθ+sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

· Clamina
cosθ− μlamina sinθ

(5)

3.2. The Failure Criterion of Bedding Fractures

Tien and Kuo (2001) proposed a common failure criterion (Equation (6)) for the intact bedded rocks,
which demonstrates the characteristics of strength anisotropy revealed by the laboratory experiments,
where k and n indicate the elastic constants of laminated rocks [6]. In addition, the T–K criterion is
based on the nonlinear Hoek–Brown criterion for the homogeneous rock with no lamina.

σ1(θ) − σ3

σ1(θ=90) − σ3
=

k
cos4 θ+ k sin4 θ+ 2nk sin2 θ cos2 θ

(6)

Zhou et al. (2017) proposed a more efficient modified T–K criterion (Equation (7)) to replace
the nonlinear Hoek–Brown criterion with the linear Mohr–Coulomb criterion, where ϕ indicates the
cohesion of surrounding rock beyond the lamina and S0 indicates the cohesion of laminated rocks [47].
The main problem for Zhou et al.’s modified criterion is that the cohesion of laminated rocks (S0) was
a constant in Equation (7), but it actually varied with the lamina angle (θ) and the lamina friction
coefficient (μlamina) when the compressed fractures primarily propagated along the lamina surface in
the laminated rocks. Thus, θ and μlamina could be used together, as two modified factors of S0 in the
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T–K criterion, to predict the simulated failure behaviors in cm-scale laminated cores to the km-scale
bedding formation.

σ1 = σ3 +

⎛⎜⎜⎜⎜⎜⎜⎝ 2 sinϕ
1− sinϕ

− 2S0

√
1 + sinϕ
1− sinϕ

⎞⎟⎟⎟⎟⎟⎟⎠ k
sin4 θ+ k cos4 θ+ 2nk cos2 θ sin2 θ

(7)

Here, Equation (5) was put into Equation (7) to modify the T–K criterion. Thus, a modified T–K
criterion is proposed by Equation (8), where ϕ indicates the surrounding rock properties and the
other parameters indicate the lamina properties. The modified criterion is composed of four critical
variables, i.e., the maximum principal stress (σ1), minimum principal stress (σ3), lamina angle (θ),
and lamina friction coefficient (μlamina), which are advantageous and could also be used in the ANSYS
finite element simulation.

σ1 − σ3 =

⎛⎜⎜⎜⎜⎜⎝ 2 sinϕ
1−sinϕ −

cosθ−μlamina sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

cos arcsin
μlamina cosθ+sinθ

(μlamina+1) cosθ+(1−μlamina) sinθ

× Clamina
cosθ−μlamina sinθ

√
1+sinϕ
1−sinϕ

⎞⎟⎟⎟⎟⎟⎠
× k

sin4 θ+k cos4 θ+2nk cos2 θ sin2 θ

(8)

3.3. Index of Bedding Fractures

Li et al. (2018) simulated the distribution of the structural fracture of the Upper Triassic Yanchang
Formation in the Ordos Basin by the ANSYS software with a simplified fracture index set. The simulation
was proposed based on the relationship between the maximum principal stress and the failure strength,
and represents the total fracture possibility based on the distance between the envelope line and the
stress state point (Equation (9)) [14]. In the bedding fracture simulation, σ′1 (the maximum normal stress
satisfied the critical rupture condition) is replaced by the failure criterion for the bedding fractures (i.e.,
Equation (8)) to indicate the index of bedding fractures, as shown in Equation (10).⎧⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎩

f =
σ1−σ′1
σ1

, σ3 > −T0

where σ′1 = σ3 +
4√

1+μ2−μT0 + μσ′3
fLF = 1, σ3 < −T0

(9)

⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩

fLF =
σ1−σ′1
σ1

, σ3 > −T0−lamina

where σ′1 = σ3 +

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
2 sinϕ

1−sinϕ −
cosθ−μlamina sinθ

(μlamina+1) cosθ+(1−μlamina) sinθ

cos arcsin
(μlamina−1) cosθ+(1+μlamina) sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

× Clamina
cosθ−μlamina sinθ

√
1+sinϕ
1−sinϕ

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠× k
sin4 θ+k cos4 θ+2nk cos2 θ sin2 θ

fLF = 1, σ3 < −T0−lamina

(10)

where T0 is the tensile strength, T0-lamina is the tensile strength of laminated sandstone; μ is the coefficient
of internal friction; fLF is the fracture index of lamina induced fractures.

4. Discussion

4.1. Comparisons of Different Failure Criteria For Bedding Fractures

To verify the modified T–K criterion, the testing data were compared to the calculated data using
three criteria, i.e., the modified T–K criterion in this study, Zhou et al.’s modified T–K criterion, and the
Jaeger criterion (Table 1). Figure 2 shows the triaxial compression test curves in the confining pressures
of 10 and 20 MPa, where the samples are the artificial laminated rock in Zhang et al. (2017) (Figure 2a,b)
and the naturally laminated rock in Zhou et al. (2017) (Figure 2c,d) [47,59]. The detailed criterion
functions are listed in Table 1, and the detailed values of each criterion’s parameters are listed in
Table 2. Detailed peak strength values are listed in Table 3, where samples a-0 to b-90 are achieved
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from Zhang et al. (2017) (Figure 2a,b), samples of c-0 to d-90 are referenced from Zhou et al. (2017)
(Figure 2c,d), and samples of ‘1-1’ to ‘6-3’ are tested in this work, as shown in Figure 3. The lamina
angle in this work was the complementary angle of the β angle in Zhou et al. (2017) [47,59].

 
Figure 2. Stress–strain curves of laminated rock tested in previous works. (a) Curves tested in
Zhang et al. (2017) [59]; samples are artificial laminated cores tested at 10 MPa confining pressure.
(b) Curves tested in Zhang et al. (2017); samples are artificial laminated cores tested at 20 MPa confining
pressure. (c) Curves tested in Zhou et al. (2017) [47]. The peak strength values of these curves are also
used to verify the modified Tien–Kuo (T–K) criterion, and the samples are the naturally laminated
cores tested at 10 MPa confining pressure. (d) Curves tested in Zhou et al. (2017). The peak strength
values of these curves are also used to verify the modified T–K criterion, and samples are the naturally
laminated cores tested at 20 MPa confining pressure.

Table 2. Parameters used to fit the function curves of the failure criteria.

Criteria n k Φ/◦ μlamina σ3/MPa Clamina/MPa S0/MPa Cj */MPa ϕj/
◦ **

The modified T–K criterion
in this study

8 0.5 63.5 0.1 10 20 - - -
3.3 1.1 63.5 0.9 20 20 - - -

Zhou et al. (2017)’s
modified T–K criterion [47]

11 3.3 63.5 - 10 - 11 - -
2.2 1.3 63.5 - 20 - 8 - -

Jaeger criterion [44] - - - - 10 - - 5 12
- - - - 20 - - 2 39.5

*: The lamina cohesion in the Jaeger criterion; **: The internal friction angle in the Jaeger criterion.

Table 3. Peak strength values of the stress–strain curves in Figures 2 and 4.

Samples Lamina Angle/◦ Peak Strength/MPa Confining Pressure/MPa

a-0 0 40.5 0
a-30 30 35 0
a-45 45 37.2 0
a-60 60 44.1 0
a-90 90 56.8 0
b-0 0 22.2 0
b-30 30 17.6 0
b-45 45 17.1 0
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Table 3. Cont.

Samples Lamina Angle/◦ Peak Strength/MPa Confining Pressure/MPa

b-60 60 20.5 0
b-90 90 32.3 0
c-0 0 85.4 10
c-30 30 23.2 10
c-60 60 59.4 10
c-90 90 94.1 10
d-0 0 168 20
d-30 30 80.4 20
d-60 60 128 20
d-90 90 205 20
1-1 80 221 20
1-2 30 220 20
1-3 60 239 20
2-1 90 222 20
2-2 5 195 20
2-3 40 124 20
3-1 75 208 20
3-2 10 189 20
3-3 45 122 20
4-1 85 300 20
4-2 3 234 20
4-3 40 175 20
5-1 70 241 20
5-2 10 218 20
5-3 30 173 20
6-1 70 146 20
6-2 10 162 20
6-3 30 121 20

As shown in Figure 2, there was a much lower peak strength for those samples with the lamina
angle of 30◦. Notably, black square points in Figure 3 indicate the compression peak strength values
tested with the 20 MPa confining pressure in Zhou et al. (2017) (Figure 2d) [47]. Black round points in
Figure 3 indicate the compressive peak strength values tested with the 10 MPa confining pressure in
Zhou et al. (2017) (Figure 2c) [47]. In Figure 3, function curve 1 indicates the peak strength values
fitted in Zhou et al. (2017)’s modified T–K criterion with a 10 MPa confining pressure [47]. Function
curve 2 indicates the peak strength values fitted in Zhou et al. (2017)’s modified T–K criterion with
a 20 MPa confining pressure [47]. Function curves 3 and 4 indicate the peak strength values fitted
in the Jaeger failure criterion with 10 and 20 MPa confining pressures, respectively [44]. In addition,
function curves 5 and 6 indicate the peak strength values fitted in our modified T–K criterion with 10
and 20 MPa confining pressures, respectively.

Generally, the modified T–K failure criterion has almost the same trend as the T–K criterion and
even agrees better with the testing data in Zhang et al. (2017), as shown in Figure 3, especially for
the medium-low-angle range (nearly 20◦–50◦) [59]. Moreover, the four variables in this criterion are
in accordance with the ANSYS parameter environment and could provide us with a better failure
criterion in the finite element simulation.

310



Energies 2020, 13, 131

 
Figure 3. Function curves of the different failure criteria for the bedding fractures, i.e., the modified
T–K criterion in this work, Zhou et al. (2017)’s modified T–K criterion, and the Jaeger criterion [44,47].
Black points indicate the peak strength values of the laminated rock in different confining pressures
tested in Zhou et al. (2017).

4.2. Lamina Friction Coefficients of Different Lamina Lithofacies

It is necessary to use the lamina friction coefficient (μlamina) to indicate the regional heterogeneity
of lamina lithofacies in the geo-simulation work. In order to test the lamina friction coefficient (μlamina)
of the different lamina rock types, we tested 18 column samples with different lamina angles from six
different laminated cores in triaxial compression experiments. Triaxial compression stress–strain curves
are shown in Figure 4. Peak strength values obviously varied between the samples with the different
lamina angles, except Core-1, which was similar to the intact core without lamina. The peak strength
values were compared to the calculated values using the modified T–K criterion (Figure 5). Black points
with the different shapes indicate the peak strength values of the six cores shown in Figures 4 and 5.
Colored dotted lines indicate the function curve of the modified T–K criterion, where the different
colors indicate the calculated data in different lamina friction coefficients (μlamina). The values of the
lamina friction coefficient (μlamina) are 0.01, 0.1, 0.2, 0.3, 0.4, 0.5, 0.6, 0.7, 0.8, 0.9, and 1. In addition,
the value of ϕ is 58◦, σ3 is 20 MPa, n is 2.20, k is 0.9, and Clamina is 20 MPa.
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Figure 4. Stress–strain curves of the six laminated core samples with different lamina angles at a
20 MPa confining pressure. (a) Core-1; (b) Core-2; (c) Core-3; (d) Core-4; (e) Core-5; (f) Core-6. Blue
lines indicate those samples in a high lamina angle range, cyan lines indicate those samples in a low
lamina angle range, and red lines indicate those samples in a medium lamina angle range.

As indicated in Figure 5, the following results could be drawn. (1) Different lamina friction
coefficients (μlamina) indicate different laminated core types. The cores more strongly characterized by
the obvious lamina, such as Core-4, Core-5, and Core-6, are typically correlated with a lower μlamina.
(2) The fitting data agreed well with the testing data, except Core-1, which is characterized by the
inconspicuous and micro-cross-bedding lamina. Here, the strength values of Core-1 are nearly located
in the same range due to the weak influence of these inconspicuous and micro-cross-bedding lamina
within Core-1. In other words, the smaller the difference between the lamina and surrounding rock,
the weaker the influence of the lamina in different angle ranges. Furthermore, the values of μlamina of
Core-4 and Core-5 are around 0.5, which are the laminated siltstone deposited by traction currents
in the delta front sedimentary environment. The value of μlamina of Core-6 is around 0.3, which is
the laminated siltstone sedimented in the lacustrine turbidite environment. The value of μlamina of
Core-3 is around 0.9, which is the laminated mudstone sedimented in a still water environment. From
the perspective of the regional finite element simulation, the μlamina, as a critical variable, should be
assigned differently according to the laminated rock types deposited in the different sedimentary
environments during Yanchang Formation in the Ordos Basin.
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Figure 5. Function curves calculated with the modified T–K criterion using different lamina coefficients
(μlamina). Black points in different shapes indicate the different laminated rocks. Notably, peak strength
values of Core-1 (with inconspicuous lamina) in the red points do not agree with the calculated
function curves.

4.3. Stress Distribution in the Laminated Rock

The laminated core model (cm-scale) in the finite element simulation is composed of two bodies,
as shown in Figure 6, where the contact part between two bodies is settled as frictional with a sliding
friction coefficient in accordance with the lamina friction coefficient in the failure criteria of this study.
The failure behavior of the laminated rock in the special lamina angle range is determined by the stress
distribution constrained by the constant value of μlamina. Therefore, it is necessary to study the stress
distribution of the laminated rock using the finite element simulation technology, especially for the
different lamina angle ranges, i.e., the low, medium, and high lamina angle ranges.

Researchers have tried to simulate the compression behavior of tight intact rock and the laminated
rock using finite element simulation technology [60,61]. To better understand the stress distribution
during the compression process, the failure distribution around the compression samples was simulated
by using the modified criterion in the ANSYS environment. The simulated samples were divided into
two parts: The surrounding rock and the lamina body, with the lamina surface acting as the sliding
surface. Additionally, the mechanical parameters of the surrounding rock used in the simulation
were different from those of the laminated rock. Here, the surrounding rock was set as siltstone,
while the laminated rock was claystone in the ANSYS software. In addition, the contact relationship,
i.e., the lamina sliding surface, was set as frictional in the ANSYS software with the fractional coefficient
value of 0.2. Another critical parameter, the lamina angle, was designed in the computer model,
as shown in Figure 6a,c,e.

Accordingly, the failure criterion was defined according to the modified T–K criterion in the ANSYS
software. Figure 6a,c,e show the simulated results, in contrast to the CT (computerized tomography) results
of fractured samples (Figure 6b,d,f) with the low, medium, and high lamina angle ranges, respectively.

By contrast, for the high lamina angle (Figure 6a,b) outside the effective lamina angle range, stress
was prone to concentrate on the surrounding rock body compared to the samples simulated in the
medium and low lamina angle ranges (Figure 6c,e). Therefore, the typical X-conjugate fractures were
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prone to propagate without associated bedding fractures. Notably, the effective lamina angle indicates
that those compressed fractures were generally induced by the lamina body on which the stress was
primarily concentrated.

Figure 6. Finite element simulation results of the bedding fractures (i.e., lamina-induced fractures) and
the computerized tomography (CT) photos of the fractured laminated samples. The color code for
the finite element simulation results of (a,c,e) indicates the fractured index based on the modified T–K
criterion. (b,d,f) show the CT photos of fractured samples, and the darker color indicates a bigger
fracture aperture.

For the medium lamina angle in the effective lamina angle range, a shear fracture propagated
between the two bedding fractures, as shown in the CT photo (Figure 6c,d), and was accompanied by
some shear fractures between the laminated bodies. The fracture aperture was smaller than that in
the core with a small lamina angle and was characterized by the shear sliding distance, as shown in
Figure 6d. In addition, stress was prone to concentrate around the rock body rather than the sample
simulated at a low lamina angle, which could be indicated by the CT photos (Figure 6a,c,d).

For the low lamina angle (Figure 6e,f) in the effective lamina angle range, the CT photo showed a
bigger fracture aperture in the darker color. In addition, the simulated fracture index of the lamina was
much higher than that of the surrounding rock, indicating a stronger propagation tendency for the
bedding fractures caused by the stress concentration on the lamina.

Overall, stress in these compression samples was prone to concentrate on the lamina when
the lamina angle was in the effective lamina angle (low- and medium-angle range). The low-angle
lamina always induces fractures in an extensively open state with a bigger failure aperture, and the
medium-angle lamina always induces fractures in a shear sliding trend. On the contrary, stress was
prone to concentrate on the surrounding rock body when the lamina angle was outside of the effective
range, and contributed less to the compressed bedding fractures in the laminated rock.

314



Energies 2020, 13, 131

4.4. Distribution of the Regional Bedding Fractures

In order to simulate the regional bedding fractures generated in a particular tectonic period
using the modified criteria, previous simulation studies of the conventional structural fractures at
the regional scale are used as the tectonic stress field [14,19,20,62]. Thus, the bedding fractures of the
Yanchang Formation in the Ordos Basin generated during the latest orogenic episode (i.e., Himalayan
episode) have been simulated by ameliorating Li et al. (2018) [14]. Specifically, as a result, the bedding
fractures were calculated (Figure 7d) based on the improved rock failure criteria for bedding fractures
(Equation (10)), the stress field simulated in Li et al. (2018) (Figure 7a,b) [14], the stratigraphic dip
distribution map (Figure 7c), and the lamina fraction coefficient in different lithofacies (Figure 7d).
Here, the stratigraphic dip at the regional scale (i.e., the intersection angle between the horizontal
direction and the dip direction at the regional scale) is equal to the lamina angle at the cm-scale, because
the maximum principal stress is in the horizontal direction during the orogenic periods, where the
stratigraphic dips of the Yanchang Formation are valued in the relatively effective range for the bedding
fracture failure criteria, as mentioned before (Figure 7c). In addition, μlamina is assigned different values
according to the different fitting results in Figure 5. The laminated siltstone sedimented in a delta front
environment (Figures 5 and 7d) is assigned 0.5, the laminated turbidite sandstone sedimented in a
lacustrine turbidite environment (Figures 5 and 7d) is assigned 0.3, and the mud sedimented in a still
water environment (Figures 5 and 7d) is assigned 0.9.

The finite element simulation environment, including the boundary condition, Himalayan tensile
stress field, geological model, and petrophysical model, remained consistent with those in Li et al.
(2018) [14]. The bedding fracture index in the Yanchang Formation was calculated based on four
variables, i.e., the maximum principal stress (σ1), minimum principal stress (σ3), lamina angle (θ),
and lamina friction coefficient (μlamina). The calculated bedding fracture distribution, as shown in
Figure 8, is broadly consistent with the structural fractured regions simulated by Li et al. (2018) [14],
such as the typical oilfield regions of “Dingbian,” “Xin’anbian,” and “Zhiluo” (Figure 7c). The difference
is that the simulated bedding fractures spread over an even larger area, which reveals that bedding
fractures are more easily induced than the conventional structural fractures (i.e., the tensile, shear,
and hybrid fractures) under the same stress condition. For the Himalayan tensile stress field of the
Yanchang Formation in the Ordos Basin, it is obvious that the bedding fractures tend to propagate
under the conditions of lower maximum principal stress, higher minimum principal stress, and
higher stratigraphic dip values (Figure 7a–d). Generally, the bedding fractures distribution simulated
in this work (Figure 7d) would be a supplement for the structural fractures simulated by Li et al.
(2018) [14], and both of the two research works contribute to the further study of the natural fracture
network underground (including the bedding fractures and the conventional structural fractures) for
the Yanchang Formation of the Ordos Basin.
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Figure 7. Calculation parameters used in the bedding fractures simulation. (a,b) Himalayan stress
field during the Yanchang Formation simulated in Li et al. (2018) [14]; (c) stratigraphic dip map
of tight reservoirs of Yanchang Formation; (d) lamina lithofacies distribution of tight reservoirs of
Yanchang Formation.
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Figure 8. Bedding fractures distribution of tight sandstone reservoirs of Yanchang Formation in Ordos
Basin during the Himalayan episode.

5. Conclusions

1. Two critical parameters were introduced to modify the T–K criterion, i.e., the lamina angle (θ)
based on the stress equilibrium equation along the lamina surface, and the lamina friction coefficient
(μlamina) related to the different laminated rock type.

2. Stress is prone to concentrate on the lamina when the lamina angle is in the effective low
and medium range. The low-angle lamina always induces fractures in the expansively open state
with the bigger failure aperture, and the medium-angle lamina always induces fractures in the shear
sliding trend. On the contrary, stress is prone to concentrate on the surrounding rock body, when the
lamina angle is outside of the effective range, and contributes less to the compressed fractures in the
laminated rock.

3. The bedding fractures of the Yanchang Formation in the Himalayan stress field were simulated
based on the new rock failure criteria proposed in this work. It is concluded that these bedding
fractures tend to propagate under the conditions of lower maximum principal stress, higher minimum
principal stress, and larger stratigraphic dip.
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Nomenclature

σ1 the maximum principal stress
σ3 the minimum principal stress
θ the lamina angle
μlamina the lamina friction coefficient
Clamina the lamina cohesion
f the friction force between the lamina surface and surrounding rock
ϕ the internal friction angle
S0 the cohesion of laminated rocks
k and n the elastic constants of laminated rocks
β the acute angle between the direction of maximum principal stress and the discontinuity
Cj the lamina cohesion in the Jaeger criterion
ϕj the internal friction angle in the Jaeger criterion
T0 the tensile strength
fLF the fracture index of lamina induced fractures
T0-lamina the tensile strength of laminated sandstone
μ the coefficient of internal friction
σ′1 the maximum normal stress satisfied the critical rupture condition

Appendix A

The stress balance in Figure 1 is based on shear strength and is expressed as follows:

σ1 cosθ− σ3 sinθ = μlamina(σ3 cosθ+ σ1 sinθ) + Clamina (A1)

where f = μlamina × (σ3cosθ + σ1sinθ) and represents the physical and frictional interactions between the lamina
and the surrounding rock, as shown in Figure 1. Clamina represents the chemical cementation between the lamina
and the surrounding rock, which is treated as a constant parameter in this simulation.

To establish an equation in contrast to the Mohr–Coulomb failure criterion (Equation (A2)), Equation (A3) is
achieved when Equation (A1) is transformed into (A2).

σ1 = 2S0
cosϕ

1− sinϕ
+

1 + sinϕ
1− sinϕ

σ3 (A2)

σ1 =
Clamina

cosθ− μlamina sinθ
+

sinθ+ μlamina cosθ
cosθ− μlamina sinθ

σ3 (A3)

It is possible to compare Equation (A2) with (A3) when the lamina-induced fractures are considered a special
product emerging when shear fractures slide along the lamina surface. Thus, an equivalent relationship between
the constant term and the coefficient term of the variables σ1 and σ3 can be expressed as Equations (A4) and (A5):

Clamina
cosθ− μlamina sinθ

= 2S0
cosϕ

1− sinϕ
(A4)

sinθ+ μlamina cosθ
cosθ− μlamina sinθ

=
1 + sinϕ
1− sinϕ

(A5)
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Then, ϕ and S0 can be expressed as Equations (A6) and (A7):

ϕ = arcsin
μlamina cosθ+ sinθ

(μlamina + 1) cosθ+ (1− μlamina) sinθ
(A6)

S0 =
(1− sinϕ)Clamina

2 cosϕ(cosθ− μlamina sinθ)
(A7)

Thus, S0 can be further expressed as Equation (A8) when Equation (A6) is put into Equation (A7).

S0 =
1
2
·

cosθ−μlamina sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

cos arcsin μlamina cosθ+sinθ
(μlamina+1) cosθ+(1−μlamina) sinθ

· Clamina
cosθ− μlamina sinθ

(A8)
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Abstract: The detailed characteristics and formation mechanisms of organic-rich clasts (ORCs)
in the Upper Paleozoic tight sandstone in the northeastern margin of the Ordos Basin were
analyzed through 818-m-long drilling cores and logging data from 28 wells. In general, compared
with soft-sediment clasts documented in other sedimentary environments, organic-rich clasts in
coal-bearing tight sandstone have not been adequately investigated in the literature. ORCs are
widely developed in various sedimentary environments of coal-bearing sandstone, including fluvial
channels, crevasse splays, tidal channels, sand flats, and subaqueous debris flow deposits. In addition
to being controlled by the water flow energy and transportation processes, the fragmentation degree
and morphology of ORCs are also related to their content of higher plants organic matter. The change
in water flow energy during transportation makes the ORCs show obvious mechanical depositional
differentiation. Four main types of ORC can be recognized in the deposits: diamictic organic-rich
clasts, floating organic-rich clasts, loaded lamellar organic-rich clasts, and thin interlayer organic-rich
clasts. The relationship between energy variation and ORCs deposition continuity is rarely studied
so far. Based on the different handling processes under the control of water flow energy changes,
we propose two ORCs formation mechanisms: the long-term altering of continuous water flow and
the short-term water flow acting triggered by sudden events.

Keywords: coal-bearing tight sandstone; organic-rich clasts; occurrence; classifications; formation
mechanisms; Ordos Basin

1. Introduction

The soft-sediment clasts (SSCs), as aggregations of the fine sediments formed at the syngenetic
sedimentary stage, are often dispersedly preserved in the water-transported sandy hosting
sediments [1,2]. SSCs are widely developed in a variety of modern and ancient sedimentary settings,
including glacial, alluvial, fluvial, estuarine, coastal, shoreline and deep-water environments [3–12].
The terms used by the researchers to characterize sedimentary features are varied, for instance clay
balls [3], armored or unarmored mud balls [4,7,13–18], mud pebbles [4], mud clasts [6,8,12,19,20],
rip-up clasts [21–25], blocks [26–28], intraformational clasts [29]. SSCs are also commonly regarded
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as the palaeoenvironmental indicators to obtain geological information on clasts transportation,
deposition and deformation processes, and regional-scale palaeoenvironmental setting [2,30]. Therefore,
numerous targeted researches have been carried out on the morphology, classification, formation
and transportation mechanism of different SSCs under particular settings [1,12]. In addition to
the above types, a special kind of soft sediment clasts is developed in coal-bearing strata, consisting
of coaly fragments, carbonaceous mud clasts and coalified plant remains, etc., typically marked by
enriching in organic matter. Here, the term “organic-rich clasts (ORCs)” is used for describing this
outstanding feature.

As early as the beginning of the last century, the organic-rich clasts in coal-bearing strata had
been observed [31]. Since then, the organic-rich clasts were widely found in the coal-bearing strata of
the major coal-bearing basins in the world, mostly distributed in the sandstone either close to or far
above the top of the coal seams [31–37]. Researchers often interpreted the significance of the organic-rich
clasts from the perspective of coal petrology, including morphology, composition, degree of thermal
evolution, time of coalification [37–39]. In recent years, coal-derived gas (especially tight sandstone
gas) has been developed on a large commercial scale [40,41]. For example, in the Upper Paleozoic
tight sandstone gas-bearing strata of the Ordos Basin in China, several tight sandstone gas fields
with a reserve of over 1 × 108 m3 have been discovered, like the Sulige gas field [42,43]. Meanwhile,
the influence of organic-rich clasts in the coal-bearing strata on tight sandstone gas reservoirs has also
received attention, involving diagenesis, property and gas accumulation [20,44,45]. Moreover, it must
also be mentioned that organic-rich clasts in sandstone (mainly terrestrial higher plant) can supply
abundant hydrocarbon [46,47]. Despite these geological implications, however, few studies have ever
focused on the formation and transportation mechanisms of organic-rich clast in the coal-bearing
sandstone strata.

Taking the Upper Paleozoic coal-bearing tight sandstone formation in the northeast margin
of the Ordos Basin as an example, the present paper has three main objectives: (1) to identify
the morphology and distribution of organic-rich clasts in different sedimentary environments; (2) to
investigate the classification and sedimentary sequence of organic-rich clasts in the coal-bearing strata;
(3) to systematically analyze the formation mechanisms of organic-rich clasts in the coal-bearing tight
sandstone. The results of this paper will be conducive to deepen the understanding of organic-rich clasts.

2. Geological Setting

The Ordos Basin, located in the western part of the Sino-Korean plate (Figure 1A), covering an area
of about 25× 104 km2, is an intracratonic basin developed from the Archaean to Early Proterozoic [48,49].
As a large polycyclic superimposed basin, the Ordos Basin underwent a multi-stage tectonic movement
during a long geological history. According to the current tectonic features of the Ordos Basin, six
tectonic units were identified, which are composed of the Yimeng uplift in the north, the Weibei
uplift in the south, the Western margin thrust belt and the Tianhuan depression in the west, the Jinxi
fault-fold belt in the east, and the Shanbei slope in the central region [50]. The study area is located in
the northeastern margin of the Ordos Basin, presenting a gentle monoclinal structure towards the west
on the whole (Figure 1B). In addition, many small folds and faults have developed on it [51].

The Upper Paleozoic strata in the Ordos Basin consist of the Upper Carboniferous Benxi Formation,
the Lower Permian Taiyuan Formation and the Shanxi Formation, the Middle Permian Lower and
Upper Shihezi Formation, and the Upper Permian Shiqianfeng Formation (Figure 1C, D and Figure 2).
Benxi Formation, Taiyuan Formation, and Shanxi Formation are coal-bearing strata, which are
the interest intervals of this study. In the Late Carboniferous-Early Permian, a set of coal-bearing
sedimentary formation deposited based on the Ordovician paleo crust of weathering with the Yinshan
paleo-land supplying sources [52]. From the Benxi Formation to the Taiyuan Formation, a barrier
coastal sedimentary system developed in the background of the epeiric sea, mainly including barrier
islands, lagoons, tidal flats, and carbonate platforms [53]. Nevertheless, the fluvial-delta sedimentary
system developed in the Shanxi Formation [54–56]. A warm and humid climate and lush vegetation
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promoted the development of organic-rich sediments composed of coal, carbonaceous mudstone and
dark mudstone, with a cumulative thickness of > 200 m [57]. Moreover, the coal-bearing sequences
are the main source rock characterized by a high content of thermally mature total organic carbon,
providing a sufficient source of gas for the tight sandstone gas reservoirs in the Upper Paleozoic [58,59].
Besides, barrier island sandstone and channel sandstones constitute the favorable reservoirs adjacent
to the source rocks [60].

 

Figure 1. (A) Location of the Ordos Basin in simplified tectonic map of China. (B) Tectonic division of
the Ordos Basin (modified after Luo et al.) [61], showing the location of the study area. (C) Schematic
geological map of the northeastern margin of the Ordos Basin showing the drilling sites. (D) Sketch
cross section through the south of study area (modified from Liao et al.) [62], position located on (B).
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Figure 2. Lithochronostratigraphical column of the Upper Paleozoic strata in the study area. Here,
we described the development characteristics of organic-rich clasts in coal-bearing sandstones in
detail through core observation, and the descriptions contain lithology, morphology, distribution, and
deformation. Thirty-six typical hand specimens were selected from the cores to prepare thin sections;
meanwhile, the microscopic feature information of ORC was captured by the ZEISS optical microscope.
Twelve whole-rock polished blocks were prepared to carry out maceral analysis. Maceral analysis
was performed under a Zeiss Axio imager microscope equipped with an oil immersion objective
and a white incident and a blue light source where >800 points were considered for each sample.
Maceral was classified by the ICCP (International Committee for Coal Petrology) System 1994 [63–65].
The lithofacies codes are named according to [66]; some codes are added and modified following [67].
Based on the facies data derived from core descriptions and logging interpretations, a series of detailed
comparative analysis was made on the organic-rich clasts, in order to find out the origins and control
factors of ORCs developed in different sedimentary environments.

3. Methodology

A total of 28 exploration wells were selected as research objects in this study, drilled from 2013 to
2017 by the China United Coalbed Methane Corporation. In total, more than 818-m-long conventional
cores were received from 28 wells, diffusely covering the developed intervals of the tight sandstone gas
reservoirs in coal-bearing formation; additionally, all the wells were logged with a set of comprehensive
wireline surveys and cuttings. The cores have been macroscopically examined and described at
1-cm scale to obtain information on lithology, sedimentary structures, and geometric features of
the organic-rich clasts. Samples have been collected from the shallow marine shelf, barrier coast and
fluvial-delta deposits in all the three coal-bearing formations, thus providing sufficient geological
information to undertake a comprehensive study of ORCs.
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4. Results

Eleven types of lithofacies related to organic-rich clasts are recognized within
the Carboniferous-Permian coal-bearing strata (Table 1). These have been divided into 5 types
of facies associations standing for different sedimentary processes and settings, which have been
identified in cores in conjunction with the interpretation of logging curves. These facies associations are
mainly interpreted as channels (fluvial channels and delta distributary channels), crevasse splays, sand
flats, tidal channels, and subaqueous debris flow deposits. The occurrence of organic-rich clasts will be
described in detail below, representing the variation of water-flow energy during sediment transport.

Table 1. Main lithofacies of the Upper Paleozoic Benxi, Taiyuan and Shanxi Formations in
the northeastern margin of the Ordos Basin.

Facies
Code

Lithofacies Description
Depositional
Environment

Example

Gm Matrix-supported
conglomerate

Mixed of gravels, sands and
detrital clays, mainly gravels,

poorly sorted and angular,
weak grading, massive

bedding, erosional base, thin
thickness

Fluvial channel,
crevasse splay

 

Gc Clast-supported
conglomerate

Mainly gravels, with little
matrix, sub-angular to

sub-rounded, moderate sorted,
graded bedding, erosional base,
ranging in thickness from a few

centimeters to 20 cm

Fluvial channel,
distributary

channel, tidal
channel

 

Sm
Medium- to

coarse-grained
sandstone

Moderate to well sorted and
rounded, massive bedding,

structureless, may be pebbly,

Fluvial channel,
distributary

channel, tidal
channel, debris
flow deposits,
crevasse splay

 

St
Fine- to

coarse-grained
sandstone

Trough cross-bedding,
moderate sorted

Fluvial channel,
distributary

channel, tidal
channel

 

Sp
Fine- to

coarse-grained
sandstone

Planar cross-bedding, well
sorted and rounded

Fluvial channel,
distributary

channel
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Table 1. Cont.

Facies
Code

Lithofacies Description
Depositional
Environment

Example

Sr
Very fine- to

coarse-grained
sandstone

Ripple cross-lamination,
moderate sorted

Fluvial channel,
distributary

channel, tidal
channel, crevasse

splay, sand flat

 

Sh
Fine- to

coarse-grained
sandstone

Parallel bedding, well sorted
and rounded

Fluvial channel,
distributary

channel, tidal
channel, debris
flow deposits

 

Si Siltstone and muddy
sandstone

Fine lamination, small ripples,
well sorted and rounded, with

more detrital clays

Abandon channel,
flood plain, mud
and mixed flat,
lagoon, shallow
marine deposits

 

Fl
Sandstone or

siltstone interbedded
with mudstone

Horizontal lamination, small
ripples, convolute bedding,

lenticular bedding,
bioturbation

Overbank,
abandoned

channel, waning
crevasse splay,

mixed flat

 

Fr Mudstone and shale

Horizontal lamination or
massive, plant fragments and

roots, bioturbation, pyrite
nodules

Flood plain, mud
flat, lagoon,

shallow marine
deposits

 

C
Coal and

carbonaceous
mudstone

Massive, well-developed cleats,
plant fragments, containing

pyrite nodules

Vegetated swamp
deposits, lagoon

 

The organic-rich clasts are widely distributed in the coal-bearing tight sandstones of Benxi
Formation, Taiyuan Formation and Shanxi Formation in the study area. The lithology of ORCs
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identified in the core includes carbonaceous clasts, carbonaceous mudstone clasts, dark mudstone
clasts, shale clasts, and plant fragments (Figure 3A–D). In terms of color, the organic-rich clasts are
mostly black or grayish black, and easy to dye the hosting sandstone. Moreover, the associated pyrite,
commonly identified in the core hand specimens, is a characteristic mineral formed from organic-rich
clasts in a local reducing microenvironment during diagenesis (Figure 3E). The shapes of ORCs are
varied, including blades, discs, plate strips, tearing chips and irregular forms. The grain size is generally
gravel size, with a maximum of more than 10 cm. Although strongly deformed, the long axes of most
ORCs are parallel or sub-parallel to the stratum (Figure 3A,B).

 

Figure 3. Typical photographs of core (A–E), thin sections (F–H) and polished blocks (I–N) of ORC
in the studied coal-bearing sandstones. Abbreviations: Cc = Carbonaceous clasts, Cm =Mudstone
clasts, Cs = Shale clasts, Sdp = Secondary dissolution pores, PPL = plane-polarized light, RL =
reflected light. (A) Scattered coaly clasts with plastic deformation (LX-32, 1890.20 m). (B) Cobble dark
mudstone clasts in the conglomerate (SM-18, 1871.10 m). (C) Shale clasts showing clear bedding (SM-21,
1694.11 m). (D) Plant leaves with clear outlines (SM-18, 1961.29 m). (E) Associated pyrite nodules of
ORC (LX-8, 1969 m). (F) Thin-bedded ORC containing fine-grained sediments (PPL, LX-44, 2063.12 m).
(G) Secondary dissolution pores of feldspars around the ORC (PPL, SM-4, 2134.1 m). (H) A strip of
ORC with secondary dissolution pores (PPL, LX-103, 1721.5 m). (I) Homogenous collotelinite (RL,
SM-19, 2116.52 m). (J) Cementing collodetrinite (RL, LX-35, 1922.54 m). (K) Blocky collotelinite and
vitrodetrinite (RL, SM-20, 2072.98 m). (L) Scattered vitrodetrinite in the matrix (RL, SM-19, 2083.1 m).
(M) Clumpy pyro-fusinite and scattered vitrinite (RL, LX-33, 1732.1 m). (N) Cutinite with yellow
fluorescence (fluorescence-mode, SM-7, 1872.80 m).
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Under the microscope, ORCs with small particle size can also be observed widely, which
usually show a characteristic of compressional deformation (Figure 3F–H). The results of microscopic
observation show that these ORCs are mainly composed of organic matter (OM), fine-grained sediments
(Figure 3F–N), and some authigenic inorganic minerals (such as pyrite). As for the organic macerals,
there are mainly vitrinite, inertinite and liptinite (Figure 3I–N). Vitrinite (type III kerogen, formed by
the gelification of plant remains) is the most abundant organic component, with light gray to gray
under the reflected light (Figure 3I–M). Most of these Vitrinite components are collotelinite (Figure 3I,K),
collodetrinite (Figure 3J) and vitrodetrinite (Figure 3I,K–M). Vitrodetrinite, especially for the muddy
ORCs, is present in the form of small discrete particles in the argillaceous matrix (Figure 3K,L). Inertinite
(type-IV kerogen, derived from terrestrial plant tissues) consists of semifusinite, fusinite (Figure 3M),
micrinite and inertodetrinite, and has bright white color under the reflected light. Liptinite (type-II
kerogen, transformed from plant organs) is relatively rare in the analyzed samples. Only some cutinite
(Figure 3N) and bituminite with obvious fluorescence characteristics are seen. Thus, it can be seen that
the organic matter found in ORCs is mainly derived from terrestrial higher plants.

4.1. Facies Association I

Description

The facies association I is composed of Gc, Sm, St, Sp, Sr, Fl, Si, Fr, and C (Figure 4A).
The sandstones are characterized by large thickness, intercalated with thin layers of siltstone and
mudstone. Sedimentary structures such as basal erosional surface, massive bedding, cross-bedding,
parallel bedding, and wavy bedding are well developed. Overall, the sandstones of facies association I
have a fining-upward trend and a bell-shaped or jugged box-shaped logging curve (Figure 4A). On
the erosion surfaces, the organic-rich clasts are most concentrated, which are poorly sorted, angular to
sub-angular, and chaotic (Figure 4B,E–G,K). In the middle parts of the sand body, the floating ORC
is scattered with long-axis tending towards bed-parallel orientations, mostly the shape of slender
and deformed (Figure 4C,J,L). The occurrence of small granule ORC is in the form of aggregates as
discontinuous or continuous laminations in the upper parts (Figure 4D,H,I). These clasts are flaky,
good sorted and rounded, coexisting with high fine-grained sediment content (Figure 4C,J,M).

Figure 4. Sedimentary characteristics of the organic-rich clasts in the fluvial channel or distributary
channel (log LX-21). (A) Schematic sedimentary succession with natural gamma-ray curve in the channel
environment, showing the occurrence of ORCs in different sedimentary locations. (B–M) Typical core
photographs of various ORCs occurring in different lithofacies. (C) The position of logA in the schematic
diagram, showing the cause of ORC formation in channel: bank collapse and basal erosion.
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Interpretation

Thick sand sediments in the facies association I are interpreted as fluvial or distributary channel
deposits (Figure 4N), while fine-grained plant remnants in flood plain and mire provide the source
for the formation of ORC, all developing in the Shanxi Formation. The ORCs in sandstone are
chiefly the products of either: (1) scouring of the bottom underlying semi-consolidated peat by
the high energy turbulent flow; (2) lateral erosion or slumping of bank sediments triggered by
the water flow (high-density turbidity or quasi-stable flow). The ORC from different parts in sandstone
underwent different sedimentation. Only a small amount of produced ORCs is similarly in-situ
deposited in the vicinity of the erosion surface or after short-distance rolling transport. However,
most of the produced ORCs are carried away and reworked by the water flow and water-transported
debris [68]. The scattered floating ORC is the result of hindered setting in a high-density turbulent flow.
After intense modification and long-distance transport, the ORC breaks up into small pieces of high
maturity and deposits as the energy of the water flow diminishes. The loaded ORC, in the form of
weakly continuous cross-lamination, is formed under the condition of transitional to high flow regime.
In the low flow regime, the fragmented ORC is shaped into the continuous lamellar aggregate.

4.2. Facies Association II

Description

This facies association is built up of Sm, Sr, Si, Fl, and C (Figure 5A). The thickness of Sm and
Sr ranges between 1 and 3 m. Sandstones have an upward-coarsening trend with sharp contacts at
the bottom, as well as a finger-shaped logging curve (Figure 5A). Massive bedding, wavy bedding, and
lenticular bedding can be observed. Also, roots can be recognized in the mudstone (Figure 5B,D,F,H,I).
The ORC in facies association II is generally subrounded, which range in size between granule
and pebble (2~64 mm; Figure 5I). The scattered clasts distribute in the massive host sandstone (Sm;
Figure 5H,I). In the upper parts, wavy lamina or thin intercalated aggregates of granule ORC are often
observed (Figure 5B,C).

 

Figure 5. Sedimentary characteristics of the organic-rich clasts in the crevasse splay (log SM-8). (A)
Schematic sedimentary succession and natural gamma-ray curve response of crevasse splay, showing
the positions of different types of ORC. (B–I) Typical photographs of lithofacies and ORC types in
the crevasse splay, including some typical sedimentary structures. (J) The location of logA in the fluvial
sedimentary model.
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Interpretation

Multilayered thin sandstone within this facies association developed by the channel burst in
the effect of flood, identified as the crevasse splay (Figure 5J). The ORCs are derived from the organic
sediments at the channel bank or the initial area in which flood flow through (Figure 5D–F). The scouring
of a high-density flood, which has a fast flow rate and high energy, is the main reason for the organic-rich
sediments turn into ORC in the special sedimentary environment. Due to the strong agitation of
high-energy flood, ORC has a high degree of fragmentation and low structural maturity, rarely resulting
in large blocks. The energy of flood decreases rapidly as a result of uncontained condition so that
the ORC is deposited along with the sandy sediments after short-distance transportation. After
the waters receded, the small ORC under the buoyant handling deposit as the thin layers.

4.3. Facies Association III

Description

The facies association III comprises Gm, Sm, Sr, Sh, Fl, Si, Fr, and C (Figure 6A). The sandstone
body is developed in a multi-period, with a cumulative thickness of more than 15 m. Massive bedding,
wavy bedding, and parallel bedding are main sedimentary structures. The GR logging curve is
finger-shaped with some fluctuation (Figure 6A). The ORC in this facies association is characterized by
variable size (granules to boulders; 2 to >256 mm) and shape, angular nature and plastic deformation.
At the bottom parts of the single sand body, the clasts are disorderly accumulated with gravel or coarse
sand matrix (Figure 6H). The floating clasts are isolated occurring in the structureless host sandstone,
with strong deformation and long-axis running parallel to bed (Figure 6B,C,E–G,I,K). The small granule
clasts are clustered in the form of wavy or parallel laminations (Figure 6J).

 

Figure 6. Sedimentary characteristics of the organic-rich clasts in the tidal channel (log LX-10).
(A) Schematic sedimentary succession and the gamma-ray response of the tidal channel, including
the positions of ORC. (B–K) Photos of typical lithofacies and ORC types in the tidal channel. (L)
Schematic sedimentary model of barrier coast, showing the location of logA.

Interpretation

Thick sandstone with ORC in the sequence is interpreted as the deposits of the tidal channel
(Figure 6L), mostly distributed in the upper Benxi and Taiyuan Formations. The formation of ORC,
whose precursors are mainly organic-rich deposits in marsh or lagoon, is controlled by tidal processes,
including basal erosion, bank erosion, and slump. With the changes in the positional relationship
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between the sun, the moon and the earth, the energy of tide has the characteristic of periodic variations.
The channel-bottom deposits are flood dominated, with irregular, poorly sorted ORC mixed with
gravel or coarse sand. Some large particles transported by tidal turbulence probably trapped and
deposited in singles within the massive sandstone, usually resulting in heavy bending and deforming
(Figure 6B,K). When the channel is ebb dominated, tidal energy gradually weakens, and the small
granule ORC transported by buoyancy tends to deposit as laminations in wavy bedding sandstone
(Figure 6J).

4.4. Facies Association IV

Description

The facies association IV is characterized by more internal structures containing Sr, Fl, Si, Fr, and
C (Figure 7A). Fine-grained sediments and coal are developed extensively, while sandy sediments
range in thickness between 0.5 and 2 m. It is quite common to see tidal bedding such as flaser bedding,
wavy bedding and lenticular bedding (Figure 7G,I–K), as well as various bioturbation structures
(Figure 7F,H). The coaly fragments and plant pieces, predominantly sub-rounded to rounded, are
common in the sandstone. The size of these clasts are in range from small pebbles to large cobbles
(4~256 mm), occasionally boulders (Figure 7C). The most common occurrence of ORC is loaded as
the wavy discontinuous lamination (Figure 7B–D).

 

Figure 7. Sedimentary characteristics of the organic-rich clasts in the sand flat (log SM-5). (A) Schematic
sedimentary succession with gamma-ray response of the sand flat, showing the occurrence of ORC.
(B–J) Photos of typical lithofacies and ORC types in the sand flat, noting the sedimentary structures
and bioturbation. (K) Location of logA in the schematic barrier coast sedimentary model.

Interpretation

Thin wavy bedding sandstone of this facies association typifies the sand flat deposit in a tidal
flat environment (Figure 7N). The thick coal seams and organic-rich mud shales (Figure 7L,M), which
develop in marsh and lagoon, supply sufficient source for ORC. Two main mechanisms exist on
the formation of ORC: basal erosion under the effect of tide and detachment due to synaeresis cracking
(Figure 7I,M), while the transport of the broken ORC from the origin site is operated by the processes
of tide currents. At the level of high tide, some large particles of ORC are trapped by sandy deposits;
whereas most ORC would break up repeatedly under the action of tide currents. With the ebb of tide,
the residual granule ORC would load and form into wavy lamellar aggregates. The circular coaly ORC,
having a grain size of >10 cm in Figure 7C, should be a cross-section of the plant stem, which probably
formed directly after depositing in the sand.
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4.5. Facies Association V

Description

The fine-to-medium sandy sediments are the major component of facies association V, while
the gravels barely exist (Figure 8A). They display bed with a succession of Sm, Sh, Si, and Fr. Massive
bedding and parallel bedding can be recognized generally. Moreover, the overall sandstone body
develops multi-cycle erosion surfaces with fining-upward. The ORCs are mainly mudstone (shale)
breccias (Figure 8C,D,F,G,I), but rarely coaly fragments and plant pieces. The intact boulder ORC
retains the horizontal bedding of shale (Figure 8C,G). These clasts are angular to sub-rounded, with
the characteristic of imbricate arrangement. The long axis of the particles is generally parallel or
sub-parallel to the bedding. On the surface of basal erosion, ORCs are accumulated in variable shape
and size (small pebbles to boulders; Figure 8C,F,H). In the middle parts of the single sandstone body,
long strip or flaky clasts are sporadically floating in structureless sandstone (Figure 8D,E,I,J). The finely
rounded pebble ORCs are deposited in weak continuous parallel laminations at the upper parts
(Figure 8B).

 

Figure 8. Sedimentary characteristics of the organic-rich clasts in the debris/turbidity flow (log LX-13).
(A) Schematic sedimentary succession of the subaqueous debris/turbidity flow, occurring with high
ORC content. (B–J) Photos of lithofacies and ORC types, noting the differences in the morphology and
amounts of ORCs in different lithofacies. (K) Location of logA in the debris/turbidity flow schematic
sedimentary model.

Interpretation

Facies association V is limited in the lower Benxi Formation, representing the deposition of
the sandy debris or turbidity flow controlled by the topography of the underlying Ordovician
weathering crust locally (Figure 8K). In this case, the ORC is probably owing to flow basal erosion
of muddy bottom or flow-triggered failure of muddy slope. The thick clast-supported Sm together
with the presence of intact boulder ORC indicates the processes of high-energy water flow. The ORCs
carried by rolling movement at the bottom of dense flow deposits first, with a typical feature of very
low textural maturity for short-distance transportation (Figure 8C,F–I). Subsequently, some of the ORCs
lifted by turbulence will overcome the limitation of buoyancy and deposit individually or in groups,
which orient in the long-axis direction (Figure 8D,E,J). The ORCs, carried by high-dense flow far and
modified strongly, deposit with the weakening of flow energy and transporting capacity (Figure 8B).

5. Discussion

5.1. Occurrence and Classification

The development of ORCs in coal-bearing sandstone is an important geological phenomenon
which cannot be ignored. The occurrence of ORCs is not only influenced by the transportation of water
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flow, but also related to their own composition [2,12,30]. The hydrodynamic conditions of the water
flow control the transportation process of ORCs (including the transportation ways, the transportation
distance and the reworking intensity), which determines the final sedimentary style of ORCs, specific
performances: (1) Some rolling transported ORCs have a short transportation distance and low degree of
re-working within the dense flow, chaotically accumulating above the erosion surface with low texture
maturity (Figure 9J–L). (2) The jumping transported ORCs are subjected to the strong hydrodynamic
forces. Some large and intact ORCs are caught in the rapidly deposited sandy sediments leading to
the severe plastic deformation (Figure 9G–I); some ORCs that “survived” from the actions of water flow
and the collisions of grains (mostly sandy sediments) are small-sized but numerous with good sorting
and roundness (Figure 9D–F); but the others are completely disintegrated during the transportation.
(3) Some suspended and lightweight ORCs are transported over long distance with relatively weak
reworking degree, and deposited as thin interlayers together with fine-grained sediments (mainly silts
and clays) under weak hydrodynamic conditions (Figure 9A–C). The composition of ORCs also has an
important influence on their susceptibility to mechanical disintegration [30]. The ORCs are mainly
composed of higher plant debris Under the action of water flow, some muddy ORCs can be completely
disintegrated into clay particles after undergoing mechanical attrition and disintegration; while higher
plant fragments only change from large to small particles.

 

Figure 9. Typical core photos and 3D sketches of 4 types of the organic-rich clasts in the coal-bearing
sandstone strata. Abbreviations: ORC-1 = Diamictic organic-rich clasts (J-K), ORC-2 = Floating
organic-rich clasts (G-I), ORC-3 = Loaded lamellar organic-rich clasts (D-F), ORC-4 = Thin interlayer
organic-rich clasts (A-C).

The classification of ORCs proposed here is based on considerations of their occurrence and
the characteristics of hosting sediments. The characteristics given in Figure 8 and Table 2 are designed
to aid in identification and interpretation with different types of ORCs. The energy of water flow
changes dynamically, resulting in its different transportation mechanism at different stages [5,12,69].
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Under a range of its processes, the vertical distribution characteristic of ORCs in coal-bearing sandstone
confirms to the law of mechanical sedimentary differentiation. As the energy and transporting capacity
of single water flow changes from strong to weak, the sedimentary sequences of ORCs can be concluded
from the bottom up as follows: diamictic organic-rich clasts (ORC-1), floating organic-rich clasts
(ORC-2), loaded lamellar organic-rich clasts (ORC-3) and thin interlayer organic-rich clasts (ORC-4,
listed in Table 2, Figure 9). From ORC-1 to ORC-4, the grain size of their hosting sandy sediments
shows a change from coarse to fine (Figure 9), which also confirms a vertical differentiation of ORCs.
However, these four types of ORCs can occur differently in different facies associations or not developed
originally in part, depending on the actual conditions in a special geological environment.

Table 2. Classification of the organic-rich clasts in the studied coal-bearing tight sandstone.

Style
Code

Style Name
Features of ORCs in

Sediment
Matrix

Transportation
Distance

Part of
Single

Sand Body

ORC-1
Diamictic

organic-rich
clasts

Shape: irregular,
lath-shaped, rip-up,

angular to sub-rounded
Distribution: chaotic

distribution
Size: particle size varies
from granule to cobble

A complete range
from gravel to clay,

poorly sorted,
massive

In-situ or
a close distance Bottom part

ORC-2
Floating

organic-rich
clasts

Shape: angular to
sub-rounded, commonly
irregular deformation as

wrapped or squeezed
Distribution: isolated or

scattered, imbrication,
long axis of clasts

parallel to sub-parallel to
bedding

Size: pebble to cobble,
particle size greater than

1 cm

Medium to
coarse-grained,

well sorted,
Clay-poor,unstratified

or structureless

A short
distance

Middle and
lower part

ORC-3

Loaded
lamellar

organic-rich
clasts

Shape: sub-rounded to
rounded, high sphericity

Distribution:
Distributed at

the bottom of the lamina,
poor continuity

Size: granule to pebble

Fine to
coarse-grained,

well sorted,
Clay-poor, parallel

bedding, cross
bedding, wavy

bedding

A moderate
distance

Middle and
upper part

ORC-4
Thin interlayer

organic-rich
clasts

Shape: sub-angular to
rounded, flakelet
Distribution: in

the form of multiple
lamellar aggregates,

wavy or horizontal, good
continuity

Size: mainly granule,
occasional

centimeter-sized clasts
are plant fragments

(such as stems or leaves)

Very Fine to fine
grained, well

sorted, clay-rich,
lamination

A long distance Top part

5.2. Formation Mechanism

The Upper Paleozoic sedimentary period in the Ordos Basin is in the background of transgression,
and ORC is generated under the water action from rivers, tides, waves, and episodically floods and
debris flows (Figure 10). The formation process of ORC underwater flow can be distinguished into
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four stages in sequence: (1) Original sedimentation of organic matter and fine-grained sediments
to form source; (2) detachment of organic-rich sediments under hydrodynamism, which includes
two main mechanisms: one is the basal erosion resulting in high-energy water flow, and the other is
the instability slope failure triggered by water flow vibration; (3) transportation and reworking by
water flow and water-transported debris; among them, the reworking is a dynamic process, including
multiple crushing, deformation (such as squeezing squashing folding pressing), sorting, rounding;
(4) allogenic re-deposition [1,2]. The initial failure products of organic-rich sediments are irregular
ORC blocks, while transportation by water flow is the determinant of the difference in ORC deposition
characteristics [1,2,30]. Based on this, we propose that the formation mechanisms of ORC could be
classified into: long-term altering of continuous water flow (such as fluvial water, tide, etc.) and
short-term water flow acting triggered by sudden events (such as flood, debris flow, etc.).

 

Figure 10. Schematic sedimentary model of the organic-rich clasts in the coal-bearing sandstone strata
in the northeastern margin of the Ordos Basin.

Regarding the first instance, the sedimentary characteristics of the residual ORC in the coal-bearing
sandstone are the results of modification by the continuous or periodic water flow within a long period.
In the process of transportation, ORCs undergo a series of dynamic processes including liquefying,
crushing, squeezing, squashing, winnowing, folding and pressing in the long-term and repeatedly,
resulting in broken-up of most pre-formed ORC into smaller fragments. The vertical differentiation
between sandy sediments and organic-rich debris is obvious, which suggests that the evolution
of water flow from high-density, high-energy to low-density; low-energy turbulence is a slow but
gradual process. In the lower flow regime, the suspended ORC often deposits as thin interlayers with
fine-grained muddy sediments, usually neglecting the role of ORC previously.

Interestingly, the modification degree of transport on ORC in the short-term water flow is less
than the first type, typically low textual maturity. The temporary water flow is often triggered by
a sudden event, which may be flood, earthquake, storm or tsunami. This water flow tends to be
high-energy, high-density and dissipates energy rapidly (often lasting only a few hours) for breaking
through the confined state, resulting in the weak re-working on ORC during transportation. In
this study, the thick-bedded diamictic ORC deposited in the early stage of the high-energy water
flow energy weakening. Where after, some ORCs were captured during the deposition of sandy
sediments, transported in skipping. Finally, the ORCs contained in the suspension transport formed
thin interlayers in a lower flow regime, but it is seldom recognized. There are two major reasons:
the basal erosion by the new sudden water flow or continuous deposition with fine-grained deposits
in the absence of new sudden water flow.
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6. Conclusions

(1) It is proposed to use the descriptive vocabulary organic-rich clasts (ORC) to collectively
represent carbonaceous fragments, carbonaceous mudstone clasts, shale clasts, dark mudstone clasts
and plant fragments developed in coal-bearing sandstones.

(2) A total of five sedimentary environments of ORC were identified, including fluvial channels,
crevasse fans, tidal channels, sand flats, and subaqueous debris flow deposits.

(3) The occurrence of ORCs in coal-bearing sandstones is not only controlled by the changes
of the water flow during transportation, but also related to the decomposition resistance of their
components. After a series of processes during water flow transport, ORCs shows the characteristic of
obvious mechanical differentiation in the vertical direction. Based on this, we propose that ORCs can
be classified into four types: diamictic organic-rich clasts, floating organic-rich clasts, loaded lamellar
organic-rich clasts, and thin interlayer organic-rich clasts.

(4) The changes in water flow energy during transportation play a controlling role in the formation
of ORCs. We have summarized two formation mechanisms of ORCs in coal-bearing sandstones,
including the long-term altering of continuous water flow and the short-term water flow acting
triggered by sudden events.
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Abstract: Multi-fractured horizontal wells (MFHW) is one of the most effective technologies to
develop tight gas reservoirs. The gas seepage from tight formations in MFHW can be divided
into three stages: early stage with high productivity, transitional stage with declined productivity,
and final stage with stable productivity. Considering the characteristics and mechanisms of porous
flows in different regions and at different stages, we derive three coupled equations, namely the
equations of porous flow from matrix to fracture, from fracture to near wellbore region, and from
new wellbore region to wellbore then an unstable productivity prediction model for a MFHW in
a tight gas reservoir is well established. Then, the reliability of this new model, which considers
the multi-fracture interference, is verified using a commercial simulator (CMG). Finally, using this
transient productivity prediction model, the sensitivity of horizontal well’s productivity to several
relevant factors is analyzed. The results illustrate that threshold pressure gradient has the most
significant influence on well productivity, followed by stress sensitivity, turbulence flow, and slippage
flow. To summarize, the proposed model has demonstrated a potential practical usage to predict the
productivity of multi-stage fractured horizontal wells and to analyze the effects of certain factors on
gas production in tight gas reservoirs.

Keywords: tight gas reservoir; multi-fractured horizontal well (MFHW); unstable productivity model;
productivity forecast; influencing factor analysis

1. Introduction

Natural gas is an indispensable energy resource which plays an important role on the world’s energy
map. As global demand continues to increase, conventional sources of natural gas will not be able to meet
the world’s requirements. Consequently, the oil industry has shifted its research focus from conventional
gas to unconventional natural gas, especially tight gas. Recently, alongside continuous developments in
petroleum geology and the boost to oil and gas industry technologies, the exploitation and development
of tight gas reservoirs has made considerable breakthrough and become the primary growth point
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for oil and gas production [1–6]. Because of its strong heterogeneity, complicated microscopic pore
structure, and poor connectivity of the effective sand bodies, the porous flow mechanism of tight
gas reservoirs is obviously distinct from those of conventional reservoirs. Moreover, because of poor
reservoir physical properties, small discharging radius, lack of or low natural productivity, high
development difficulty, and some other potential disadvantages, a MFHW with hydraulic stimulations
is extensively used for developing tight gas reservoirs [7–16].

To date, many scholars are dedicated to the transient productivity of fractured wells in
unconventional hydrocarbon reservoirs, considering the different characteristics of nonlinear flows
compared to multi-scale flows. The methods to calculate the transient productivity of fractured
horizontal wells primarily include analytical and numerical solutions, among which the analytical
solution includes the complex potential theory, conformal transformation, and the equivalent flow
resistance method [14,17,18]. Research on the transient productivity of tight gas reservoirs is increasingly
wide. Through an iterative algorithm, Zheng et al. [19] quantified the correlation between saturation
and pressure of the infinitesimal coal. They used the Corey relative permeability model to describe
relative gas/water permeability as a function of the pressure. By applying the inter-porosity flow
equation based on a pseudo-pressure, Zhenzihao et al. [20] developed a density-based rate-transient
analysis technique, using which they predicted the gas production rate and were able to assess initial
gas content in the system. This methodology is also capable of accurately forecasting gas production
rates by converting the response of the corresponding liquid (separating pressure-dependent effects),
which was performed using dimensionless depletion-driven parameters. Feng et al. [21] also developed
a model thoroughly analyzing MFHWs in heterogeneous gas reservoirs. For this purpose, they used
source functions, Green’s solution, and the element method to constrain a model in Laplace coordinates.
However, by combining the pseudo-function method and material balance to describe homogeneous
gas reservoirs, one cannot eliminate the nonlinearity of non-homogeneous gas reservoirs. To solve
this issue, they calculated material balance by taking into account heterogeneous gas reservoirs from
different regions. Jie et al. [22] created a new analytical model, which considers fracture damage
and complex gas transport mechanisms as well as the shale gas stimulated reservoir volume (SRV).
Berawala et al. [23] presented a mathematical 1D + 1D model to investigate the main controlling factors
during a continuum-flow regime in shale-gas production in the context of well-induced fractures.
Wenxi et al. [24] simulated shale gas production using a multi-stage fractured horizontal well using
another model established in their study, which was based on a trilinear flow and did not assume that
the secondary fracture length was equal to half the distance between hydraulic fractures. Jinzhou et
al. [9] calculated gas productivity for the multi-staged horizontal wells in fractured tight sandstone gas
reservoirs using a semi-analytical mathematical approach. Their model considered how flow in the
fracture network (natural fracture system) affected the outcome. This helped to create a production
forecast model of complex hydraulics with simulated impacts arising from natural fractures. As a
result, after using the Gaussian elimination method, they obtained a semi-analytical solution.

Most previous studies simplified the nonlinear flow mechanisms of tight reservoirs to some
extent. It is difficult to accurately and comprehensively reflect the actual flow state of fluid flowing
into horizontal wells. To fill this gap, considering the seepage properties of the tight gas reservoirs and
the steady-state seepage of fractured horizontal wells, we introduce the transient model of a matrix gas
discharge radius. Considering the influence of various factors of tight reservoirs on the productivity,
we also introduce the equivalent well diameter model. Under the same conditions, the pressure
distribution equation of a single fracture is equivalent to the vertical well pressure distribution equation.
Moreover, the transient productivity model describing a multi-stage fractured horizontal well is
obtained. The actual data from a gas field in China were applied to verify the productivity model.
It was demonstrated that two results obtained by the method proposed in this paper and dominant
commercial software have an error of less than 1.62%, and the single parameter sensitivity analysis
was also carried out. This paper provides a useful and feasible tool for reservoir engineers to predict,
evaluate, and optimize the productivity of multi-fractured horizontal wells in tight gas reservoirs.
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2. Reservoir Characteristics Analysis and Physical Model Assumptions

2.1. Productivity Forecast Model for Individual Horizontal Wells

As shown in Figure 1, for fractured horizontal wells, different production stages occur in different
seepage areas within different flow media. Within the control area of individual wells, gas located in
the fracture first flows to the wellbore. Next, the matrix near the wellbore area re-supplies the fracture.
Therefore, the gas in the matrix flows toward the wellbore through the fracture. Then, the matrix far
from the wellbore area supplies the matrix near the wellbore, and gas in the far wellbore area flows to
the fracture through the matrix throat near the wellbore.

 
Figure 1. Schematics for each production period of the fractured horizontal well.

To achieve an accurate productivity prediction, based on the characteristics of different production
stages of fractured horizontal wells in tight gas reservoirs, different flow media in each seepage area,
and different seepage mechanisms, it is therefore necessary to establish corresponding productivity
equations by considering the influence of factors such as: (a) threshold pressure gradient; (b) stress
sensitivity effect; (c) slippage effect; and (d) high-speed non-Darcy effect. This comprehensive model is
able to predict the productivity of the fractured horizontal wells accurately.

In the initial high-production stage, the artificial fractures are the primary flow medium, and
hence the gas seepage occurs primarily in the artificial fractures. During this stage, the high-speed
non-Darcy seepage cannot be ignored. Moreover, both stress-sensitive effects in artificial fractures
and slippage effects play important roles. In the transition period, the gas seepage area is primarily
in the proximity of the wellbore (SRV) and the flow medium is the matrix near the wellbore. In
this stage, low-speed non-Darcy seepage plays a significant role, which is primarily affected by the
threshold pressure gradient and the stress sensitive effect in the matrix. In the final stage of production,
the seepage area is far from the wellbore (outside the SRV), and the flow medium is primarily the
matrix far from the wellbore. In this stage, low-speed non-Darcy seepage plays a predominant role.
However, the influence of the threshold pressure gradient, slippage effect, and stress sensitive effect in
the matrix should be considered as well.

2.2. Physical Model Assumption

As shown in Figure 2, a fractured horizontal well with perforation completion is bored in a
horizontal, infinite, homogeneous, and equal thickness tight gas reservoir. Some basic assumptions
made for multi-stage fractured horizontal wells are as follows:

(1) This model is applicable for isothermal single-phase unstable flows and the influence of gravity
is neglected.
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(2) Fractures completely penetrate the target zone. Fractures and wellbores are arranged both
symmetrically and equidistantly, and the fractures are perpendicular to the horizontal wellbore.

(3) Gas flows evenly into fracture along the fracture wall and then into the horizontal wellbore
through the fracture.

(4) Mutual interference exists between the fractures and the pressure loss in the wellbore is neglected.
(5) Contamination of the fracture wall is neglected.
(6) Pressure loss in the horizontal wellbore is neglected.

Figure 2. The schematic of seepage field in fissures of fractured horizontal well.

3. Mathematical Model

3.1. Mathematical Model for Nonlinear Flow Mechanisms

Considering the threshold pressure gradient, stress sensitive effect, and slippage effect,
the nonlinear flow mathematical model of tight gas reservoirs can be derived through the generalized
form of Darcy’s Law [25,26].

3.1.1. Threshold Pressure Gradient Effect

Because of the differences of porosity structure characteristics, when gas receive the effect of surface
molecules force, this will in turn contribute to the threshold pressure phenomena. Consequently, gas flow
in low tight gas reservoirs obviously differs from that in conventional gas reservoirs with medium or
high permeability [27]. The threshold pressure gradient, which is associated with non-Darcy flow in
low-permeability reservoirs, is defined as the level of pressure gradient that must be attained to enable
the fluid to flow.

vg =
Kg

μg
(

dp
dy
− λ) (1)

where vg is velocity of gas, m/s; Kg is permeability measured by gas, mD; μg is gas viscosity, mPa·s; p is
the pressure in the matrix, MPa; and λ is the threshold pressure gradient factor, MPa.

3.1.2. Stress Sensitivity Effect

Pressure depletion easily causes the deformation of the pores across different scales. When affected
by the failure of the propellant, the artificial fracture is deformed or even completely closed [28,29].
The relation of permeability stress sensitivity because of matrix pore throat deformation is as follows [30]:

Km = Km0e−αF(pi−p) (2)
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where Km is permeability of matrix, mD; Km0 is the initial permeability of matrix, mD; αF is the
coefficient of stress sensitivity, MPa−1; pi is the initial formation pressure, MPa; and p is current
pressure, MPa.

3.1.3. Gas Slippage Effect

Slippage is a phenomenon in which natural gas from a reservoir bypasses crude oil and water
that is released from the capillary opening of porous oil formations and approaches to the mean free
path of the natural gas. Gas slippage can be defined as the gas movement through liquid phase of the
reservoir front. The gas slippage effect is an important factor affecting gas flow in compact porous
media [31–33]. We used the Klinkenberg equation to describe its dynamic characteristics [34,35]:

Kg = K(1 + b/p) (3)

where Kg is the permeability measured by gas, mD; b is the slippage factor, MPa; p is the average gas
reservoir pressure, MPa; and K is the permeability of a different medium, mD.

3.2. Productivity Model for Porous Flow between Matrix and Fractures

3.2.1. Steady-state Productivity Model

There are two different porous flow zones: the matrix porous flow zone and the fracture porous
flow zone. In the process of porous flow from matrix to fracture, the porous flow medium is the matrix.
Each fracture can be simplified as a linear source. The two-dimensional non-Darcy elliptic flow model
is assumed to occur in the formation; i.e., the conjugate isopiestic elliptic cylinder and hyperboloid
streamline with the well as the center and fracture endpoint as focus is achieved [36]. When a well
starts producing, an equal pressure elliptic cylinder is created in the formation (Figure 3), and the
relationship between the rectangular coordinate and elliptical coordinate is defined as follows:

x = a cos η, y = b sin η (4)

a = xF cosh ξ, b = sinhξ (5)

where x and y are Cartesian coordinates; a and b are major axis and minor axis, respectively; xF is the
half length of fracture, m; and η and ξ are elliptical coordinates, m.

 

Figure 3. Flow field of the elliptic cylinder with a constant pressure.

By combining Equations (4) and (5), an isobaric elliptical equation and hyperbolic streamline
equations can be expressed as Equation (6) and (7), and its flow field is illustrated in Figure 3:

x2

a2 +
y2

b2 = 1 (6)
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x2

(xF cos η)2 −
y2

(xF sin η)2 = 1 (7)

Combining Equations (4) and (5), the relationship between p and y under Cartesian coordinates
can be transformed to the relationship between p and ξ under elliptical coordinates.

dp
dy

=
dp
dξ
·dξ
dy

=
π

2xF cosh ξ
·dp
dξ

(8)

The average mass flow rate of the cross section of the elliptical column in y direction is as follows:

q =
45πa

32
h·vm (9)

where q is the gas flow rate, m3/s; h is the reservoir thickness, m; and vm is the gas velocity, m/s.
By combining Equations (8)–(10), a porous flow equation considering stress sensitivity, threshold

pressure gradient, and slippage effect can be expressed as follows:

Km0 exp[−α(pi − p)]
μ

·(1 + b/p)·( π
2xF cosh ξ

·dp
dξ
− λ) = ZT

p
psc

ZscTsc

32qsc

45πxFh cosh ξ
(10)

where Z is the gas compressibility factor, dimensionless; T is the reservoir temperature, K; Zsc is the
gas compressibility factor under standard conditions, dimensionless; Tsc is the standard temperature,
K; and psc is the standard pressure, MPa.

Assuming f (p) = p expα(p−pi)

μZ , the pseudo-pressure function equation is obtained.

ψ(p) =
∫ p

p0

f (δ)dδ (11)

where δ is variable, MPa; p0 is the initial pressure, MPa; and p is the current pressure, MPa.
By substituting Equation (11) into Equation (10), a simplified porous flow equation is derived

as follows:

ψ(pi) −ψ(p) =
64pscT·

∫ ξ(re)

ξ(0) dξ

45π2Km0ZscTsc(1 + b/p)h
·qsc +

2xF

π

∫ ξ(re)

ξ(0)
λ f (p) cosh ξdξ (12)

where ψ(pi) is the initial pseudo-pressure, MPa2/(mPa·s); ξ(re) is variable upper limit, dimensionless;
and ξ(0) is variable lower limit, dimensionless.

3.2.2. Transient Model of Discharge Radius in the Matrix

The discharge radius of the tight gas reservoir matrix has a non-transient effect and will expand as
the pressure wave propagates. The entire area of gas flow at each instant actually involves the whole
formation. Thus, the gas reservoir can be divided into two zones: the pressure-related zone and the
un-flushed zone. The radius of the excitation zone (i.e., the radius of the matrix’s deflation) increases
with time. The motion law of the dynamic zone and the non-excited zone can be obtained using the
material balance equation with boundary conditions.

From Equations (4) and (5), the relationship between ξ and a can be expressed as follows:

ξ = ln[(a +
√

a2 − x2
F)/xF] (13)
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Figure 4 is the schematic of elliptical flow area which illustrates the relationship between the
major axis of ellipse a and the discharge radius of matrix R(t). Note that a and R(t) can be expressed
as follows:

a = xF + R(t) (14)

 

Figure 4. Schematic of the elliptical seepage area.

Note that the discharge radius of matrix R(t) is a transient value, which increases over time t,
and the material balance equation is then used to determine R(t).

The original gas reserves in the region with radius R(t) can be calculated as follows:

M0 = π[R2(t) − r2
w]hφ

ρaT

paT
pa (15)

where M0 is the initial reserve in place, kg; rw is the well radius, m; φ is the porosity, dimensionless;
ρaT is the gas density at standard condition, kg/m3; paT is the standard pressure, MPa; and pa is the
real formation pressure, MPa.

The current reserves can be expressed using the average formation pressure p:

Mt = π[R2(t) − r2
w]hφ

ρaT

paT
p (16)

Moreover, the average formation pressure p can be calculated using the following equation:

p = pi −
p2

i − p2
w f

4pi ln[R(t)/rw]
(17)

where pw f is the bottom hole flow pressure, MPa.
Because the gas production rate is constant at QaT, the total mass of production gas is equal to

ρaTQaTt at time t. Therefore, the conservation law of matter can be expressed as follows:

M0 −Mt = ρaTQaTt (18)

Furthermore, the productivity equation of steady state seepage of tight gas reservoirs considering
the threshold pressure gradient can be obtained as follows:

QaT =
πkh

[
p2

i − p2
w f − λp(R(t) − rw)

]
μpaT ln[R(t)/rw]

(19)
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Combining Equations (16)–(19), the discharge radius equation, which considers the threshold
pressure gradient, can be obtained as follows:

R2(t) − r2
w =

4kpi

uφ
·

p2
i − p2

w f

λp[R(t) − rw]
t (20)

Moreover, taking the stress sensitivity effect into consideration, the relationship between R(t) and
t is expressed as:

R2(t) − r2
w =

4km0e−α(pi−p)pi

uφ
·
(p2

i − p2
w f ) − λp[R(t) − rw]

p2
i − p2

w f

t (21)

Placing R(t) = eξ(t) and rw = 1 into Equation (21), the relationship between ξ(t) and t can thus be
written as:

e2ξe(t) − 1 =
4km0e−α(pi−p)pi

uφ
·
(p2

i − p2
w f ) − λp[eξe(t) − 1]

p2
i − p2

w f

t (22)

p = pi −
p2

i − p2
w f

4piξe(t)
(23)

Combining Equations (12), (22), and (23), an unstable-state productivity model from matrix to
fracture can be obtained as follows:

ψ(pi) −ψ(p) =
64pscT·

∫ ξe(t)
0 dξ

45π2Km0ZscTsc(1 + b/p)h
·qsc +

2xF

π

∫ ξe(t)

0
λ f (p) cosh ξdξ (24)

3.2.3. Transient Productivity Model for Fractured Horizontal Wells

The transient productivity model for fractured horizontal wells can be obtained by introducing
the transient model of the discharge radius in the matrix. Assuming that the flow rate of gas in the
gas reservoir-fracture is qsc1 (converted to ground standard condition), the pressure at the edge of
the fracture is p1 and the corresponding pseudo-pressure is ψ(p1). Moreover, the pseudo-pressure
distribution equation of transient seepage flow in gas reservoir-fracture is expressed as [37–39]:

ψ(pi) −ψ(p1) =
64pscT·ξe(t)

45π2Km0ZscTsc(1 + b/p)h
·qsc1 +

2xF

π

∫ ξe(t)

0
λ f (p) cosh ξdξ (25)

3.3. Productivity Model for Porous Flows between the Fracture and Near the Wellbore Area

In the fracture that is near wellbore seepage, the flowing medium is the fracture itself. Because of
a high permeability of the fracture and the high velocity of gas flow in the fracture, Darcy’s equation is
not applicable, and rather the Forchheimer equation is required to describe the gas flow. Considering
the effects of high velocity turbulence, stress sensitivity, and slippage, the mathematical model of gas
seepage in rocks can be calculated using the following equations.

Because of high conductivity in artificial fractures, the gas flows quickly inside the fracture with
characteristics of a turbulent flow, which conforms to the high-speed non-Darcy seepage principle [8].
The kinematic equation is then obtained as follows:

dp
dx

=
μ

KF
vF + βgρgv2

F (26)

where KF is the permeability of fracture, mD; vF is the seepage velocity of gas in fractures, m/s; βg is
the turbulence coefficient, m−1; and ρg is the gas density, g/m3.
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The stress-sensitive equation of fractures can be expressed as follows:

KF = KF0e−αF(pi−p) (27)

where KF is the permeability of the fracture, mD; KF0 is the initial permeability of the fracture, mD; and
αF is the coefficient of stress sensitivity, MPa−1.

The velocity of gas flows in the fracture can be obtained as follows:

vF =
q2

2wFh
=

Z
P
· pscT
ZscTsc

· qsc2

2wFh
(28)

where qsc2 is the flow velocity of the linear flow zone in the fracture, m3/d; and wF is the width of
fracture, m.

Assuming that the flow rate in linear flow zone is qsc2 (converted to standard surface conditions),
the pressure at the interface between the linear flow zone and the radial flow zone (radius is h/2) is p2,
and the pseudo-pressure is ψ(p2), the pseudo-pressure distribution equation of the gas reservoir near
the wellbore unstable seepage flow is obtained as follows:

ψ(p1) −ψ(p2) =
pscT(xF − h/2)
2KF0wFhZscTsc

·qsc2 + βg
MTZp2

sc(xF − h/2) f (p)

4Rpw2
Fh2Z2

scT2
sc

·q2
sc2 (29)

where qsc2 is the flow rate in linear flow zone under standard surface conditions, m3/d.

βg
MTZp2

sc(xF−h/2) f (p)
4Rpw2

Fh2Z2
scT2

sc
·q2

sc2 is the additional pseudo-pressure drop caused by the high-speed

turbulent velocity.

3.4. Radial Porous Flow Model from Fracture to Wellbore

When gas accumulates around the wellbore at the edge of fracture, the radial flow leads to an
additional pressure drop near the wellbore. As shown in Figure 5, this phenomenon is called the radial
concentration effect.

(a) (b) 

Figure 5. Schematic of porous flow from fracture to wellbore: (a) porous flow in one fracture of a
vertical well; and (b) porous flow in one fracture of a horizontal well.

Assuming that the flow rate in radial flow zone is qsc3 (converted to standard surface conditions),
the velocity of the radial flow can be calculated as follows:

v3 =
q3

2πrwF
=

Z
p
· pscT
ZscTsc

· qsc3

2πrwF
(30)

where v3 is the velocity of radial flow in the fracture, m/s; q3 is the flow rate in the fracture under
reservoir conditions, m3/d; and qsc3 is the flow rate in the fracture under surface condition, m3/d.
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Combining Equations (25)–(30), the pseudo-pressure equation of fracture-wellbore transient flow
is obtained.

ψ(p2) −ψ(pw f ) =
pscT ln(h/2rw)

2πKF0wFZscTsc
·qsc3 + βg

MTZ(1/rw − 2/h)p2
sc

4π2RpZ2
scT2

scw2
F

·q2
sc3 (31)

3.5. Productivity Model of a Single Fracture in Horizontal Wells

The flow field of the fractured horizontal wells can be divided into two parts: (a) external seepage
field (reservoir-fracture); and (b) internal seepage field (fracture-horizontal wellbore). According to
the principle of hydropower similarity, the external seepage field will continuously supply gas to the
internal seepage field. Therefore, the interfacial pressure and rate will be equal.

Considering the slippage effect, pressure sensitive effect, threshold pressure gradient,
and high-speed non-Darcy turbulence effect, the productivity equation can be expressed by Combining
Equations (25), (29), and (31).

ψ(pi) −ψ(pw f ) =
2xF
π

∫ ξe(t)
0 λ f (p) cosh ξdξ+ pscT

ZscTsc
[

64ξe(t)
45π2Km0(1+b/p)h + xF−h/2

2KF0wFh +
ln(h/2rw)
2πKF0wF

]·qsc

+βg
MTZp2

sc
4Rpw2

FZ2
scT2

sc
[
(xF−h/2) f (p)

h2 +
(1/rw−2/h)

π2 ]·q2
sc

(32)

3.6. Equivalent Wellbore Radius Model

The productivity equation of a complex well pattern under complex conditions, e.g.,
non-Darcy, can be obtained analogous to ordinary vertical wells under Darcy seepage conditions.
Therefore, the equivalent diameter of a single fracture in a horizontal well with transverse fracturing
can be obtained by combining Equation (32) with the ordinary vertical well productivity equation
after considering the threshold pressure gradient, stress sensitivity effect, and slippage effect under
generalized Darcy percolation conditions [40].

The pressure distribution equation of normal vertical wells is obtained from the generalized Darcy
equation, stress sensitivity, and the slippage effect equation:

ψ(pi) −ψ(p) = pscT ln(Re/r)·qsc

2πKF0ZscTsc(1 + b/p)h
+ λ f (p)(Re − r) (33)

The pressure distribution equation of a normal vertical well can be expressed as follows:

ψ(pi) −ψ(pw f ) =
pscT ln(Re/requ)·qsc

2πKF0ZscTsc(1 + b/p)h
+ λ f (p)(Re − requ) (34)

Combining Equations (33) and (34), the equivalent diameter, requ, of a single fracture in the
horizontal well is obtained.

3.7. Productivity Model of Multi-fractured Horizontal Wells

Multiplied vertical fractures in a horizontal well will interfere with each other, and the degree of
mutual influence depends on the location of the fracture as well.

According to the superposition theory of the pseudo-pressure drop, MFHWs are equivalent to
multiple vertical wells using the equivalent radius model [41,42]. Thus, the seepage flow of MFHW is
transformed into the superposition of multi-fractured vertical wells. According to the pseudo-pressure
superposition principle, the pseudo-pressure of each fracture at fracture j is as follows:
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⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩

ψ(pi) −ψ(pw f 1) = Δψ(p)11(qsc1) + Δψ(p)21(qsc2) + Δψ(p)31(qsc3) + · · ·+ Δψ(p)n1(qscn)

ψ(pi) −ψ(pw f 2) = Δψ(p)12(qsc1) + Δψ(p)22(qsc2) + Δψ(p)32(qsc3) + · · ·+ Δψ(p)n2(qscn)

ψ(pi) −ψ(pw f 3) = Δψ(p)13(qsc1) + Δψ(p)23(qsc2) + Δψ(p)33(qsc3) + · · ·+ Δψ(p)n3(qscn)
...

ψ(pi) −ψ(pw f n) = Δψ(p)1n(qsc1) + Δψ(p)2n(qsc2) + Δψ(p)3n(qsc3) + · · ·+ Δψ(p)nn(qscn)

(35)

Assuming that gas seepage in the horizontal wellbore is infinite and that pressure in the horizontal
wellbore is balanced,

ψ(pw f 1) = ψ(pw f 2) = . . . = ψ(pw f n) (36)

Thus, the productivity of a fractured horizontal well is as follows:

qsc = qsc1 + qsc2 + . . .+ qsci =
n∑

i=1

qsci (37)

Rewriting Equation (35) for each fracture allows us to form a closed system equation, which can be
solved to obtain the gas productivity of a multi-stage fractured horizontal well in a tight gas reservoir.

4. Results and Analysis

4.1. Model Validation

To verify the accuracy of the transient productivity forecast model, a numerical model of MFHW
was established using CMG. By assuming the same parameters for a certain tight gas reservoir (Table 1),
the daily production rate, cumulative production of the model established in this study, and CMG
were obtained.

Table 1. Fundamental parameters of a gas field at Jilin Oilfield in China.

Parameters (Unit) Value

Initial formation pressure (MPa) 52
Bottom hole flow pressure (MPa) 44

Porosity (-) 0.06
Initial permeability of matrix (10−3μm2) 0.4

Initial permeability of fracture (10−3μm2) 5000
Viscosity (mPa·s) 0.8

z-factor (-) 1.2
Thickness of formation (m) 15

Horizontal length (m) 850
Width of fracture (m) 0.003

Spacing of fracture (m) 80
Molecular mass (g/mol) 17.28

Comprehensive compression coefficient of formation (MPa−1) 0.0023
Stress sensitivity coefficient of matrix (MPa−1) 0.3

Stress sensitivity coefficient of fracture (MPa−1) 0.3
Gas slippage factor (MPa) 2
Reservoir temperature (K) 293

Borehole radius (m) 0.1

Figure 6 shows the daily production rate and cumulative production simulated by the model
proposed in this paper and CMG, as well as the field production data. The data simulated by the
proposed model and CMG are in good agreement with the field data. Meanwhile, the curves of the
daily production rate simulated by the proposed model and CMG have a high degree of conformity and
a consistent declining trend. At the end of simulation (1500 days), cumulative production simulated
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by the proposed model and CMG is 11,222 × 104 m3 11,404 × 104 m3, respectively. The results obtained
by the two methods have an error of less than 1.62%. In this way, we demonstrated that the proposed
model is accurate enough to simulate production of a multi-stage fractured horizontal well in tight gas
reservoirs. During the field production process, the gas well is sometimes shut down. Therefore, when
production begins again, the actual production rate is slightly higher than the simulated results because
of the recovery of formation pressure facilitated by the shutdown.

 
Figure 6. Comparison of the gas production rate of the model in this study and the CMG numerical model.

Figure 7 shows the reservoir pressure distribution of the transient productivity model after 1800
days of production. The gas seepage shows an elliptical flow pattern around the fractures. With
continuous production, the pressure wave continues to spread outwards and the discharge radius
continues to expand, gradually forming an elliptical stimulated zone that considers the horizontal
wellbore as the horizontal major axis and the fractures as the vertical minor axis.

Figure 7. Reservoir pressure distribution of the multi-stage fracture well production.

In this case, we introduce a new concept called the contribution degree to evaluate the influence of
different factors to productivity growth. Contribution degree (a dimensionless quantity) is defined as
the increase in production rate caused by certain factors divided by the production rate when the factor
is neglected. The contribution degree of different factors to productivity growth at different times was
analyzed, as illustrated in Figure 8. Except for the seepage effect, all of these factors have a negative
effect on the output growth. In the early stage of production, the turbulence effect and the stress
sensitive effect have considerable influence over gas production, while the effect of a threshold pressure
gradient is insignificant. With continuous gas production, the effect of the threshold pressure gradient
becomes significant, while the turbulence and stress sensitive effects weaken. It is practical to consider
the turbulence effect due to high-speed seepage in the artificial fractures. In general, the increasing
influence of contributing factors of production is as follows: (a) threshold pressure gradient; (b) stress
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sensitivity; (c) turbulence effect; and (d) slippage effect. The slippage effect of gas only works in the
low-pressure stage, and its influence is small.

 

Figure 8. A schematic of the contribution of different factors to productivity at different periods.

4.2. The Influence of Seepage Mechanisms on Gas Production

Different threshold pressure gradients have different effects on gas well productivity. Figure 9
shows that the larger is the threshold pressure gradient, the more significant is the impact on gas well
productivity. When the threshold pressure gradient ranges from 0 to 0.6 MPa/m, it has relatively little
effect on gas production, compared with a range around 0.6–0.8 MPa/m. While the gas production is
primarily derived from fractures, there is no threshold pressure gradient in the initial stage; therefore,
the daily production rate at the beginning is almost the same as that at 46 × 104 m3/d. With a gradual
decrease of production until the stable period, or the final stage, the influence of the threshold pressure
gradient becomes increasingly significant. When the production time is 500 days, the daily gas
production (without considering the threshold pressure gradient) is 34 × 104 m3/d; however, a daily
gas production with a threshold pressure gradient of 0.8 MPa/mis 10 × 104 m3/d. At the end of the
production, the daily gas production (without considering the threshold gradient) is stable at about
33 × 104 m3/d, and the cumulative gas production is 5.2 × 108 m3. When the threshold pressure
gradient is 0.8 MPa/m, the daily gas production is about 8.2 × 104 m3/d, and the cumulative gas
production is 1.59 × 108 m3. Thus, the threshold pressure gradient has a considerable influence on
productivity in the middle and final stages and hence cannot be ignored for predicting the production
of tight gas reservoirs.

 
Figure 9. The effect of different slippage factors on productivity.

Because the pore size of the tight reservoir is extremely small, the seepage capacity of the medium
is obviously sensitive to the pressure, and the deformation of the medium has considerable influences
on the reservoir’s properties. Figure 10 shows the effect of matrix stress sensitivity on gas productivity.
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The figure indicates that the matrix stress sensitivity coefficient has negative effects on daily gas
production; the larger is the pressure sensitivity coefficient, the smaller is the impact on productivity.
When the stress sensitivity of the matrix is not considered, the gas production rate at the start is
43.7 × 104 m3/d, and the high-yield period is considerably long, reaching up to 100 days before entering
the transition stage. When production time reaches 1000 days, production gradually transforms to
the steady flow stage. At this time, the daily gas production remains stable at 8.5 × 104 m3/d, and the
cumulative gas production at the end of production can reach 1.03 × 108 m3. When the coefficient of
matrix stress sensitivity is 0.8 MPa−1, the initial production rate is only 6.5 × 104 m3/d, indicating that
the stress sensitivity coefficient has particularly considerable impacts in the initial stage. When the
production time reaches 100 days, the well productivity stabilizes at 1.8 × 104 m3/d.

 
Figure 10. The effect of different matrix stress sensitivity coefficients on productivity.

4.3. The Influence of Formation Properties on Gas Production

The matrix permeability of different tight reservoirs varies. Therefore, it is important to evaluate the
impact of matrix permeability on productivity, as illustrated in Figure 11. Below, we discuss the influence
of matrix permeability of 0.05, 0.1, 0.15, 0.2, and 0.25× 10−3 μm2 on daily and cumulative gas production.
Because gas is supplied by large fractures in the initial stage of production (without the participation of
the matrix in the seepage process), the daily gas production at the initial stage of production remains
virtually constant, i.e., 46 × 104 m3/d. At the middle and end of the production stage, gas is primarily
supplied by pores in the matrix; therefore, the influence of matrix permeability on productivity
gradually appears. As matrix permeability increases, the influence on gas wells becomes considerable.
When the matrix permeability is 0.25 × 10−3 μm2, the daily production rate is 20.3 × 104 m3/d at the
final stage of production. When the matrix permeability is 0.05 × 104 m3/d, the daily production rate
stabilizes at 9.5 × 10−3 μm2, which is reduced by 53.2% compared to permeability of 0.25 × 10−3 μm2.
Moreover, the final cumulative gas production is only 1.83 × 104 m3/d/d, which is reduced by 88.5%
compared to permeability of 0.2 × 104 m3/d. These results show that matrix permeability has
considerable effects on productivity, and the influence of the matrix permeability should be considered
in the production allocation and productivity prediction of new wells.

Figure 12 demonstrates that formation thickness has a considerable influence on gas productivity
in the initial and stable production stages. A larger formation thickness induces larger gas productions
at the initial and stable production stages. With the gradual increase in thickness, the previously
increased range of stable productivity remains the same. Figure 12 shows the changing curves for daily
production rate and cumulative production as a function of time—corresponding to different formation
thicknesses, e.g., 5, 14, 23, 32, 25, 41, and 50 m. When formation thickness is 5 m, the initial production
rate is 40 × 104 m3/d, and then is quickly reduced to the stable gas production rate. This indicates that
the gas supply capacity of artificial fractures is insufficient, and the matrix rapidly begins to supply
gas. Note that the daily gas production rate is 4.5 × 104 m3/d, and the cumulative gas production
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is 0.87 × 108 m3 at the end of production. When the formation thickness is 50 m, it is large enough
to be a sufficient gas source. Specifically, the initial stages of production can reach 41.2 × 104 m3/d,
and the stable gas production in the final stage of production can reach 13.9 × 104 m3/d; the total gas
production reaches 2.66 × 108 m3.

 
Figure 11. The effect of different matrix permeability on productivity.

 
Figure 12. The effect of different formation thicknesses on productivity.

4.4. Influence of Fracture Length on Gas Production

The primary function of artificial fractures is to increase formation conductivity, and hence
effectively improve the production capacity of reservoirs. Therefore, the length of the artificial
fracture has a direct impact on both daily gas production and stable production capacity. Figure 13
shows its impact on the daily production rate and cumulative production when the half-lengths
of artificial fractures are 50, 100, 150, 200, and 250 m. It can be seen that, at the initial stage of
production, the production rate changes little, i.e. it is almost 46 × 104 m3/d for all fracture lengths.
The high-productivity period varies proportionally to the length of the artificial fractures, which might
be caused by the fact that the length of these fractures can promote high-speed turbulence within them.
When the half-length of the artificial fracture is 50 and 250 m, the production rate at the end of the
stage is 8.7 × 104 m3/d and 10.9 × 104 m3/d, respectively. As the artificial fracture length increases, the
drainage radius and area increase; therefore, the production capacity of reservoirs and the controlled
reserves of fractured horizontal wells improve. When the gas supply is sufficient, the daily gas
production rate must be increased during the stage of stable production.
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Figure 13. The effect of different artificial fracture lengths on productivity.

In contrast to the fracture length, the artificial fracture permeability primarily affects daily
production in the early stage, but has little influence on the seepage of the matrix in the final stage.
Figure 14 shows the impact on productivity due to fractured horizontal wells, which correspond
to artificial fracture permeability of 200, 600, 1000, 1400, and 1800 × 10−3 μm2. Here, we see that
the artificial fracture permeability has a significant influence on initial gas production. When the
artificial fracture permeability is 200 ×10−3 μm2, the initial gas production rate is only 6.45 × 104 m3/d;
however the daily production rate can reach 51.38 × 104 m3/d for an artificial fracture permeability
of 1800 × 10−3μm2, i.e., an increase of 696%. This demonstrates that the higher artificial fracture
permeability induces a higher gas seepage rate and hence a higher gas production rate. Moreover,
because of the high permeability, the gas source cannot be fully supplied, which leads to a sharp
decrease in gas production. When the production time is less than 100 days, the daily production rate
drops to 18 × 104 m3/d. During the stable production period, the artificial fracture permeability has
little effect on productivity because gas is supplied by the matrix; and fractures act as channels but
cannot supply gas themselves. When the artificial permeability is 200 and 1800 × 10−3 μm2, the final gas
production rate is 2.98 and 9.28 × 104 m3/d, respectively. The cumulative production is correspondingly
0.56 × 108 m3 and 1.79 × 108 m3.

 
Figure 14. The effect of different artificial fracture permeability on productivity.

We attribute the influence of pressure on productivity as primarily due to the effect of a pressure
differential. When the bottom flow pressure is fixed, formation pressure is greater, production pressure
difference is greater, the driving force of gas seepage is greater, and the gas production rate is likewise
higher. When the formation pressure is fixed, the bottom flow pressure is greater, the production
pressure differential is smaller, and the driving force of gas is smaller, making the gas production rate
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smaller Figure 15 shows the daily and cumulative production rates when the formation pressure is 50,
55, 60, 65, and 70 MPa. The figure shows that the higher is the formation pressure, the greater is the
initial production rate, in addition to the stable production rate at the final stage. When formation
pressure is 50 MPa, the initial production rate is 31.2× 104 m3/d. The gas production rate and cumulative
gas production volume are 6.18 × 104 m3/d and 1.19 × 108 m3, respectively. When the formation
pressure is 70 MPa, the initial production considerably increases to 137.1 × 104 m3/d. The production
rate and cumulative production at the end are 26.3 × 104 m3/d and 5.15 × 108 m3, respectively.

 
Figure 15. The effect of different formation pressures on productivity.

Figure 16 shows the daily production rate and the cumulative production volume corresponding
to different bottom flow pressures, i.e., 0, 10, 30, 40, and 50 MPa. The larger is the bottom hole flow
pressure, the smaller are the initial and stable production rates. When the bottom hole flow pressure
is zero (an ideal condition that is actually impossible), the initial production rate is 203 × 104 m3/d,
and the production rate in the middle and final stage is 37 × 104 m3/d, while cumulative production
volume at the end of production is 7.2 × 108 m3. When the bottom hole flow pressure is 40 MPa, the
initial production rate is relatively small (64 × 104m3/d) at the initial stage, but production decreases
quickly and enters into the low production period almost instantly. Note that the production rate in
the middle and later stages is 12.4 × 104 m3/d, and the cumulative production volume at the end of
production is 2.4 × 108 m3.

 
Figure 16. The effect of different WBHPs on productivity.
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5. Conclusion

This paper presents a comprehensive mathematical model to predict the gas productivity of
MFHWs in tight gas reservoirs. A commercial simulator (CMG) was used to verify this new model.
Our major conclusions can be summarized as follows:

(1) The typical production process of fractured horizontal wells in tight gas reservoirs can be divided
into three stages based on different seepage areas, flow media, and different seepage characteristics.
In the initial stage, the linear and radial flow of gas in fractures shows the tell-tale characteristics
of high-speed non-Darcy seepage; in the transitional stage, the gas in the matrix flows in the
elliptical seepage area corresponding to each fracture in the near well area; and in the final stage,
gas in the matrix flows in the radial seepage area far from the well, both of which show the
characteristics of low-speed non-Darcy seepage.

(2) We establish the full cycle productivity prediction model of a multi-stage fractured horizontal
well in tight gas reservoirs based on: (a) the different seepage mechanisms of different production
stages; and (b) the seepage areas of the horizontal wells in tight gas reservoirs. This is accomplished
by considering nonlinear seepage mechanisms, such as the gas slippage effect, threshold pressure
gradient, stress sensitive effect, and the confluence of multiple interferences within these fractures.

(3) Based on the actual gas field data, we compared and analyzed the productivity prediction model
established in this study using CMG. The results obtained by the two methods have an error
of less than 1.62%. We demonstrated that the proposed model is accurate enough to simulate
production of a multi-stage fractured horizontal well in a tight gas reservoir.

(4) The significance of four influencing parameters to contribution degree of productivity was
analyzed. Except for the seepage effect, the three other factors, namely turbulence effect,
stress sensitivity, and threshold pressure gradient effect, have a negative effect on productivity.
The increasing influence of contribution factors of production is as follows: threshold pressure
gradient, stress sensitivity, turbulence effect, and slippage effect. At the end of production,
each contribution degree of these parameters is −29.3%, −15.2%, −5.4%, and 4.8%.

(5) According to the model proposed in this study, the sensitivity analysis of the productivity of
fractured horizontal wells was carried out by employing the characteristics of seepage mechanisms,
reservoir physical properties, and techniques. Different parameters have different effects on the
initial production, stable production, stable production span, and final production of gas wells.
These factors need to be comprehensively considered while optimizing any future gas field plan.
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Abstract: Pore structure has been widely observed to affect the seismic wave velocity of rocks.
Although taking lab measurements on 1.0-inch core plugs is popular, it is not representative of the
fractured-vuggy carbonates because many fractures and vugs are on a scale up to several hundred
microns (and greater) and are spatially heterogeneous. To overcome this shortage, we carried out
the lab measurements on full-diameter cores (about 6.5–7.5 cm in diameter). The micro-CT (micro
computed tomography) scanning technique is used to characterize the pore space of the carbonates
and image processing methods are applied to filter the noise and enhance the responses of the
fractures so that the constructed pore spaces are reliable. The wave velocities of P- and S-waves
are determined then and the effects of the pore structure on the velocity are analyzed. The results
show that the proposed image processing method is effective in constructing and quantitatively
characterizing the pore space of the full-diameter fractured-vuggy carbonates. The porosity of all the
collected tight carbonate samples is less than 4%. Fractures and vugs are well-developed and the
spatial distributions of them are heterogeneous causing, even the samples having similar porosity,
the pore structure characteristics of the samples being significantly different. The pores and vugs
mainly contribute to the porosity of the samples and the fractures contribute to the change in the
wave velocities more than pores and vugs.

Keywords: fracture; vug; micro CT; carbonate; pore structure; wave velocity

1. Introduction

During the past 20 years, deep buried carbonate formations have become one of the major sources
of natural gas resources in China. Unlike the carbonate formations discovered in the middle-east having
a porosity of about 8–25% buried in depths of 2000–4500 m underground, lots of the carbonate gas
formations discovered in China are buried over 5000 m in depth and consequently, these formations are
usually ‘tight’ having a porosity of less than 6% [1]. The pore structural characteristics of these deep-buried
tight carbonates are different from those buried at shallower depths and referred studies are rare. In the
seismic exploration, as well as the acoustic-logging evaluation, of the tight fractured-vuggy carbonate
formations, a widely-aware challenge is that the seismic and acoustic properties of the carbonate
formations depend, not only on the minerals and the porosity, but also the pore structural characteristics,
especially for the tight deeply buried carbonates [2–7]. This issue becomes further complicated
considering the fractures and the vugs developed in the carbonate rocks [8,9]. These challenges aroused
interest in characterizing both the pore-structures and elastic properties of the tight fractured-vuggy
carbonates in the lab before field formation evaluations.
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Thin section observation, mercury injection, gas absorption, nuclear magnetic resonance (NMR),
and micro-CT scanning are the popular methods for characterizing the pore structure in lab [10–18].
Among these methods, micro-CT scanning has a unique advantage in offering a visible spatial
distribution of the pore space, including both the fractures and vugs. Characterizing the pore space of
a rock using micro-CT scanning usually contains three major steps: segmenting the 2D pore space from
each CT-scanned 2D image, constructing the 3D pore space with all the 2D images, and extracting
pore structural parameters to quantitatively characterize the pore structure [19–22]. Histogram shape,
clustering, entropy, object attribute, spatial and local methods are the commonly used threshold
segmenting method [23,24]. Parameters widely used to characterize the pore structure are the porosity,
tortuosity, connectivity, pore radius distribution, ratio of pore radius over throat radius, fracture
orientation, etc. [25–32]. These pore structural parameters along with porosity are then usually used
to interpret the behavior of the elastic waves propagating in carbonates [33–35]. It has been shown
that the porosity–velocity relationship is related to the pore structure, especially those possessing
fractures and vugs [36–38]. Previous studies are usually carried out on 1.0-inch cores that might not be
representative for tight fractured-vuggy carbonates. Moving the lab study from 1.0-inch core plugs to
full diameter cores could provide more representative results but adds to the difficulties in acquiring
and interpreting the lab data.

One difficulty is the relatively low quality of the micro-CT scanning images. For the full-diameter
cores having a diameter of, for example, 6.5 cm, it is relatively hard for the x-ray to penetrate the
rock. This fact causes noised micro-CT images and low contrasts between the fractures and the rock
matrix. Consequently, image processing, for example, filtering and enhancement, are necessary before
segmenting and constructing the pore space of fractured-vuggy carbonates. Averaging and median
filtering are commonly used filtering methods [39–41]. For the filtering of the micro-CT images of the
fractured-vuggy carbonates, the challenge involved in denoising the images are that the method should
maintain the details of the pore structure or at least avoid blurring the image. In this consideration,
filtering methods, for example, nonlocal means and anisotropic diffusion filtering, that tried to maintain
the structural boundaries during filtering might be potentially better [42,43]. For the issue of the
low contrasts between the fractures and the matrix, image enhancement techniques are possible
solutions [44,45]. One issue involved here is that the ‘background energy’ of the figure might not be
uniform and, in this consideration, the methods that can calibrate the background energy difference
might be potentially better, for example, the top-bottom hat method [46,47].

Another aspect of difficulties is in linking the wave speeds to the porosity and pore-structural
parameters. The pore space of 1.0-inch core plugs contains limited amounts of fractures and vugs
while that of the full-diameter cores is usually composed of pores, fractures, and vugs that affect the
wave speeds of carbonates comprehensively. Thus, the cross plot of wave speeds over porosity might
be scattered [38,48]. It is not clear which pore-structural parameter is the key in linking the wave
velocity to the porosity, especially for the fractured-vuggy carbonates.

In this paper, we first develop an image-processing method to improve the quality of each the
micro-CT scanned image of the full diameter cores, construct the pore space, and extract the pore
structural characteristics. Then, these pore structural parameters are related to the wave speeds to
analyze the effect of pore structure on the wave velocity of fractured-vuggy carbonates.

2. Scanned Micro-CT Images of the Full-Diameter Carbonate Cores

We collected 18 carbonate samples, having a diameter of 6.5–7.5 cm and a length of 5.0–10.0 cm,
from a burial depth of over 5000 m in the DY Group, Sichuan Basin, Southwest China. Fractures and
vugs can be observed with naked eyes on the surface of the sample. According to the standard of
the study area, the pore spaces having a ratio of length over width higher than 10 are defined as the
fractures, the pore spaces having a diameter longer than 2.0 mm are defined as the vugs, and shorter
than 2.0 mm are defined as the pores [49]. From the naked-eye observation of the fractures and vugs
appearance on the surface of the collected carbonate cores, the samples can be roughly summarized
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into three groups: fractured-vuggy carbonates containing relatively developed fractures and vugs,
fractural carbonates possessing relatively developed fractures, and vuggy carbonates having relatively
developed vugs. The exact classification of the samples was done according to the quantitative analysis
of the pore spaces constructed from the micro-CT scanned images.

The samples are scanned using an industrial micro-nano CT instrument—phoenix v|tome|x M
manufactured by General Motors Corporation. The High power 300 kV micro-scale X-ray source was
used. The micro-CT scanning was taken with an X-ray tube voltage of 200 kV and a tube current of
180 mA. Each sample was scanned for 8 h to achieve the best physical resolution of the instrument.
A resolution of 40–50 μm/pixel was achieved and about 1100–1700 slices, depending on the lengths of
the scanned samples, having about 1680 × 1695 pixels were obtained for each sample. The resolution
and number of slices of the micro-CT scanning of all the samples are listed in Table 1. Some of the
obtained micro-CT images are shown in Figure 8. According to the observation of micro-CT scanned
images, the length of the fractures varies obviously from partly through the sample (e.g., sample
Num. 10) to fully penetrate the sample, e.g., sample Num. 12. The orientations of the fractures are
different. Some of the fractures, in the sample, e.g., Num. 16, are parallel while others intersect each
other, e.g., Num. 12. The spatial distributions and the sizes of the vugs are significantly heterogeneous.
The pores are widely distributed throughout the sample.

Table 1. The resolution, pixels per scanned image, and the amount of the scanned images, and the size
information of all the samples.

Num.
Resolution

(um/pix)
Pixels Per

Scanned Image
Number of

Scanned Images
Sample

Radius (um)
Sample

Length (um)

1 50 1450 × 1454 1600 36,300 80,000
2 50 1442 × 1448 1298 36,125 64,900
3 45 1607 × 1644 1427 36,157 64,215
4 50 1456 × 1437 1470 36,162 73,500
5 50 1402 × 1409 1400 35,137 70,000
6 50 1457 × 1485 1203 36,775 60,150
7 45 1423 × 1427 1400 32,062 63,000
8 43 1489 × 1514 1124 32,282 48,332
9 45 1384 × 1363 1400 31,140 63,000

10 40 1613 × 1641 1445 32,540 57,800
11 43 1405 × 1404 1600 30,196 68,800
12 42 1463 × 1451 1445 30,723 60,690
13 40 1682 × 1682 1465 33,640 58,600
14 41 1586 × 1583 1600 32,482 65,600
15 50 1418 × 1435 1400 35,662 70,000
16 45 1394 × 1396 1400 31,387 63,000
17 40 1548 × 1565 1742 31,130 69,680
18 46 1314 × 1340 1400 30,521 64,400

3. Difficulties in Constructing the Pore Space

If we zoom in each 2D micro-CT image, it is obvious that the speckled random noise and the
Gaussian noise are involved in the image (Figure 1a). To give a relatively straightforward view of
the noises, we used the false coloring technique to turn a grayscale image into an RGB color image
(Figure 1b,c). After that, the speckled random noise is as shown as the red dots; the Gaussian noise
makes the matrix (colored in yellow) into yellow and green messy patterns. It is important to filter the
noise before constructing the pore space, especially when image enhancement is necessary, to avoid
mistakenly considering the noise as parts of the pore space. The pepper and speckled random noise
can be removed by median filtering. However, the most commonly used averaging filtering is not
applicable for removing the Gaussian noise because it blurs the image and lowers the contrasts between
the pore space and the matrix. To avoid this issue, the Gaussian noise was filtered using nonlocal mean
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filtering. After filtering, the noise involved in the image is decreased and the image is only slightly
blurred that will not affect the acquisition of the pore space (Figure 1d).

 
Figure 1. The application of image filtering method to the micro-CT scanned image: (a) the micro-CT
scanning image, (b) the enlarged image, (c) the false-colored image, and (d) the filtered image. After the
false coloring, the pore space is in sky blue and the matrix is in yellow. The speckled random noises are
the red dots and Gaussian noises make the matrix a mix of green and yellow.

After filtering the image, another difficulty is the lower contrast between the fractures and the
matrix compared to the contrast between the vugs or pores with the matrix (Figure 2). A consequence
of this lower contrast is that, if one uses the commonly used binary thresholding segmentation, a low
threshold can segment the pores and the vugs well but it cannot segment the fractures (Figure 2b),
and a high threshold can continuously segment the fractures, but the volumes of the acquired pores
and vugs are larger than they should be and the shapes of the pores and vugs are partly distorted
(Figure 2c).

We applied three methods, including the watershed segmentation [50], histogram equalization
enhancement [44], and top-bottom hat algorithm, to enhance and acquire the fractures (Figure 3).
The watershed algorithm is self-adaptive thresholding that segments the pore space basing on the
local minimum instead of a single threshold. The acquired pore space using watershed is as shown in
Figure 3b. Although the acquired pores and vugs are clear, the watershed method cannot acquire the
fractures. After enhancing the image with the histogram equalization algorithm (Figure 3c) and filtering
the remained noise enhanced by the algorithm (Figure 3d), the acquired pore space is similar to that
segmented using a high threshold in that the fractures are acquired but the volume of the pores and
vugs are larger compared to the original figure and the shapes of the pores and vugs are distorted to
some extent. Compared to the former two methods, the top-bottom hat algorithm is better in that the
fracture is acquired and it avoids the ‘overflow’ of the pores and vugs and maintains the majority of the
shape details (Figure 3e,f). Basing on the above studies about the methods of filtering and enhancement
applied to the micro-CT images of tight fractured-vuggy carbonates, a workflow is established to
acquire and link the pore structural characteristics to the wave velocities.
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Figure 2. Binary threshold image segmentation: (a) the original figure, (b) the segmented image using a
low threshold, and (c) the segmented image using a high threshold. The fractures cannot be segmented
as shown in the subgraph (b) and the volumes of the pores and the vugs spilled out in the subgraph (c).

 

Figure 3. Different methods applied to fracture acquirement: (a) the filtered image, (b) the segmented
pore space by watershed method, (c) the segmented pore space after histogram equalization enhancement,
(d) the filtered image of the subgraph (c), (e) the segmented pore space after top-bottom hat algorithm,
(f) the filtered image of the subgraph (e).
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The image processing methods mentioned above to contour the issue of the low contrast between
the pore space and the matrix is convenient to use. However, if the contrast between the pore space
and the matrix is too low, physical method might be necessary to enhance the contrast, for example,
the difference map method [51]. The difference map method is to scan the sample twice under the
conditions of dry and saturated with fluids containing X-ray dense agent, respectively. The pore
space then can be highlighted by subtracting the dry image from the saturated image. This method is
effective, but the disadvantage is that one has to make sure that the pore space can be fully saturated
with the fluid. For the rocks having relatively high porosity, is relatively easier to saturate the pore
space. However, for tight rocks, for example, the rocks having a porosity of less than 6%, it is hard to
fully saturate the sample. For our samples, the image processing method is enough for extracting the
pore space and thus, we did not apply physical method to enhance the contrast between the pores and
the matrix.

4. Methods

The method is mainly composed of the acquisition and analysis of the three experimental
measurements: the micro-CT, helium porosity, and the pulse transmission measurements. The overall
method is shown in Figure 4. First, the collected carbonate samples were sawed into cylindrical plugs
and scanned using micro-CT instruments. The obtained 2D images of micro-CT were filtered and
enhanced to improve quality. Then, the pore space in each 2D image was acquired and the 3D pore
spaces of the samples were constructed using the software AVIZO (manufactured by Visualization
Sciences Group, FEI Co., Hillsboro, OR, USA) basing on the 2D pore space. After that, the pore
space was divided into pores, vugs, and fractures according to the geometry and the diameter of
each individual pore space. Finally, the pore structure parameters were calculated to quantify the
characteristics of the pore space and analyze its effect on wave speeds. The density and porosity
were measured with helium and the wave speeds were determined using the pulse transmission
technique. The following two subsections provide details of pore space acquisition, helium porosity
measurements, and the pulse transmission measurements.

Figure 4. Workflow chat for characterizing the pore space and analyzing its effect on wave speeds.
After sawing the samples into cylindrical plugs, the samples are scanned using micro-CT. Then, the quality
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of each acquired 2D micro-CT image is improved using image filtering and enhancement techniques.
The pore spaces of the samples are constructed and divided into pores, fractures, and vugs basing on
the geometric characteristics of each individual pore space. Finally, the pore-structural parameters are
acquired and related to the density, porosity, and wave velocities to analyze its effect on wave speeds.

4.1. Pore Space Construction and Division Method

Median filtering and nonlocal means filtering were applied to the micro-CT images first to remove
the speckled random noises and the Gaussian noises. Then, the micro-CT image was enhanced with
the top-bottom hat transformation. Finally, the processed image was filtered again to remove the
remaining noises that were also enhanced after top-bottom hat transformation.

For the division of the pore space, the total pore space was segmented into individual volumes
using the watershed algorithm and then the individual volumes were classified into pores, fractures,
and vugs according to its geometry and diameter. Usually, the fracture is identified from the pores and
vugs using the ratio of the length and width over thickness and the vugs are separated from the pores
by the diameter of the isovolumetric sphere. It should be noted that using only the ratio of length over
the thickness may mistakenly classify a throat into a fracture (Figure 5). Thus, we used both the ratio
of length over thickness and the ratio of width over thickness to avoid this issue. According to the
standard of the studies area, the volumes having both the ratios of length over thickness and width
over thickness higher than 10 were defined as fractures. The remaining volumes having an equivalent
diameter longer than 2.0 mm were defined as vugs and those having an equivalent diameter shorter
than 2.0 mm were defined as pores.

Figure 5. Illustration of the difference between a throat and a fracture in geometry. The lengths
of a throat and a fracture are both usually significantly longer than their widths and thicknesses.
The difference is that the width and the thickness of a throat are close while the width of a fracture is
usually significantly longer than the thickness of it. To avoid mistakenly acquire a throat as a fracture,
both the ratios of length over thickness and width over thickness should be large.

After dividing the total pore space into pores, vugs, and fractures the pore structural parameters
are quantified. The porosity of the whole pore space, the pores, the vugs, and the fractures were
calculated by dividing the total amount of the pixels in the whole pore space, the pores, the vugs, and the
fractures over that of the whole sample, respectively. The equivalent pore diameter was calculated by
averaging the diameters of the isovolumetric spheres of the pores and the vugs. The orientation of a
fracture was defined by the normal vector of the fracture surface.

4.2. Porosity and Wave Velocity Measurements

The porosity of the samples was determined with the single-cell He-gas filling method to offer a
reference for the micro-CT pore-space construction. The pore volume was determined using Boyle’s
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Law under room temperature and a confining pressure of 3 MPa applied to the external surface of the
sample jacket. The diameter and the length of the samples are both measured three times for each
sample using a caliper and the averaged diameter and length were used to calculate the volume of the
cylindrical samples. The porosimeter apparatus was built based on API RP40 (1998) [52] as shown in
Figure 6. Before measuring the porosity of the samples, the measurement system was calibrated using
a standard sample to calibrate the system dead volume. The total pore volume of the samples was
determined following API RP40 (1998) and the porosity was obtained by dividing the volume of the
pore space over that of the sample.

 

Figure 6. Scheme of the wave velocity measurement system. The system is mainly composed of three parts
that provide confining pressure, porosity measurement, and pulse transmission measurement, respectively.

The wave velocities of the P- and S-waves of the collected carbonate samples were determined
with the ultrasonic pulse transmission technique. The voltage step was periodically applied to the
piezoelectric ceramic to generate a pulse. The generated pulse transmits throughout the sample and
encountered the piezoelectric ceramic used to receive the pulse by converting the vibration back to
an electrical voltage. The voltage was recorded into the computer by an 8-bit digitizer and a digital
oscilloscope programmed using LabVIEW software. The sampling rate was 10.0 ns. The averaged
receiving signal was stacked over 300 times and then collected. The transit time was picked at the first
amplitude peak of the received waveform. The calibration of the transducer delay was determined
from the measurements taken on a set of cylindrical aluminum plugs (6061-T6) with different
lengths following Melendez-Martinez (2014) [53]. By plotting the transit time against cylinder length,
the excitation delay, equaling 16.16 μs for the longitudinal-mode piezoelectric discs or 8.82 μs for
the transverse mode piezoelectric plates, was obtained from the non-zero intercept of the fitting line.
The measurement was taken under a confining pressure of 70 MPa (the in-situ confining pressure).

5. Results

5.1. Pore Structure Characteristics of the Tight Carbonates

After processing each 2D micro-CT image, the processed 2D images were imported into the software
AVIZO to construct and divide the pore spaces of the samples. Taking sample Num. 10 as an example,
the total pore space (Figure 7a) was separated into individual volumes using a watershed algorithm
(Figure 7b). The colors used in Figure 7b help identify the individual volumes. These individual
volumes were classified into pores (colored in yellow), vugs (in blue), and fractures (in gray) according
to the geometry of the individual volumes as shown in Figure 7c. It can be seen in Figure 7 that the
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proposed method can effectively divide the pore spaces into pores, vugs, and fractures. The pore
structure parameters were acquired basing on the characteristics of the constructed spaces of pores,
vugs, and fractures.

 

Figure 7. Illustration of (a) the acquired pore space, (b) segmented individual volumes with watershed
method, and (c) divided pores, vugs, and fractures according to the geometry of individual volumes.

The structural characteristics of the tight carbonate samples vary significantly, although the values
of the porosity of the samples are close being less than 4%. The results of six samples are shown in
the 6th and 7th columns of Figure 8 and the rest are shown in Appendix A. Inside the pore space,
bubble-like pores and vugs and sheet-like fractures are observed. The pores are separately distributed,
and the fractures are intersected and widely distributed inside the core. Fractured-vuggy, fractured,
and vuggy carbonates are observed. For the fractured-vuggy carbonates, both the fractures and the
vugs are well developed inside the sample. Although, the fractional volumes of the fractures are
relatively low compared to the sum of those of the vugs and pores, the fractures penetrating the
samples and each other connecting the pore spaces. For the fractured carbonates of the collected
samples, the pore space is mainly composed of the fractures and the total porosity of them are all less
than 2%.
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Num. Type Sample Image
Cross 

Section
Longitudina

l Section
Constructed 
Pore Space

Divided Pore 
Space

Figure 8. Examples of the sample, cross section, and longitudinal section of the CT scanning image,
constructed pore space, and divided pore space of the carbonate samples. ‘FV’, ‘F’, and ‘V’ represent
fractured-vuggy carbonate, fractured carbonate, and vuggy carbonate, respectively. The total pore
spaces of the carbonate samples are in blue as shown in the sixth column. The pore space after division
is shown in the seventh column with the fractures colored in gray, vugs in blue, and pores in yellow.
The rest of the constructed and divided pore spaces of the samples are provided in the supplementary
file. The subgraphs are too small that a scale would be hard to see if it is directly marked on the
subgraph. Thus, instead of a scale, we provide the physical size including the radius and the length of
all the samples in Table 1.

The acquired pore structural parameters are listed in Table 2. The micro-CT porosity of the collected
samples ranges from about 1% to 4%. The averaged equivalent pore diameter ranges from about
100 to 400 μm. The vugs are the main contribution of the large pores. The volumetric fractions of pores,
vugs, and fractures vary significantly with the samples be 5.16–57.63%, 0–75.22%, and 1.77–94.01%,
respectively. The majority of the samples contain both the vugs and fractures. The orientations of the
fractures change a lot from being parallel to intersect with each other. The intersection of the fractures
with pores and vugs form the main flow channel of the tight carbonates.
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Table 2. Pore structural parameters obtained from the constructed pore space. ‘VF’ represents volume
fraction. The VF of pores, vugs, or fractures equals the ratio of the volume of them over that of the
total pore space, respectively. The orientation of the fractures parallel or perpendicular to the ends of
the core plug is defined as 0◦ or 90◦, respectively. The VR of oriented fractures equals the ratio of the
volume of the fractures oriented in a certain angle range, for example, 0–30◦, over that of all fractures.

Num.

CT
Porosity

VF of
Pores

VF of
Vugs

VF of
Fractures

Averaged Equivalent
Pore Diameter

VF of Oriented Fractures
0–30◦ 30–60◦ 60–90◦

% % % % μm % % %

1 2.41 24.61 17.79 57.60 413.25 58.80 13.85 27.34
2 1.18 53.49 27.40 19.11 332.85 14.59 40.52 44.89
3 2.31 31.20 25.07 43.73 398.99 51.75 20.18 28.07
4 3.29 14.82 63.99 21.19 699.49 52.99 27.49 19.52
5 2.14 28.68 30.93 40.39 586.22 42.63 23.77 33.59
6 3.27 30.39 44.93 24.68 341.34 28.11 25.60 46.30
7 2.27 29.98 7.51 62.50 392.12 27.85 21.88 50.27
8 3.17 15.09 32.18 52.73 248.23 84.32 15.68 0.00
9 2.78 29.70 27.47 42.83 217.91 30.44 33.29 36.28
10 4.06 20.92 50.33 28.75 317.20 11.41 33.09 55.50
11 1.37 45.82 31.92 22.27 293.2 28.79 48.56 22.65
12 2.24 43.97 19.66 36.37 232.04 48.53 20.16 31.31
13 3.56 24.51 73.72 1.77 278.98 21.52 45.11 33.37
14 1.67 57.63 35.46 6.91 380.38 31.93 17.61 50.46
15 3.01 15.93 75.22 8.84 316.76 48.20 29.90 21.90
16 1.62 5.16 0.82 94.01 244.98 89.05 10.95 0.00
17 1.39 14.86 0.70 84.44 417.90 59.04 1.56 39.40
18 1.27 46.92 0.00 53.08 254.17 13.78 15.70 70.52

5.2. Porosity and Wave Velocities of the Tight Carbonates

The He gas porosity and wave speeds of both the P- and S-waves of the tight carbonate samples are
shown in Figures 9 and 10. The samples are collected at a burial depth of over 5000 m and, thus, the porosity
of the tight carbonate samples is less than 5%. The porosity acquired from the micro-CT scanning is
close to that obtained from He gas filling demonstrating that the acquired pore space from micro-CT is
reasonable (Figure 9). The difference in the acquired porosity between the micro-CT and He gas filling
might be caused by the isolated pores or the resolution of the micro-CT that pores less than 40 μm are too
small to be detected. The wave speeds are measured under an in-situ confining pressure of about 70 MPa.
The P- and S-wave velocities of the collected samples range from about 5.6 to 6.7 km/s and 2.6 to 3.2 km/s,
respectively. The ratio of Vp over Vs ranges from 1.95 to 2.41. The cross plots of the wave velocities of both
P- and S-waves against the He gas porosity are scattered (Figure 10).

Figure 9. Cross plot of the micro-CT porosity against He gas filling porosity. It can be seen that the
porosity acquired from micro-CT is close to that from He gas.
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Figure 10. Cross plots of (a) P-wave and (b) S-wave speeds against He gas porosity. The data referring
to both P- and S-waves are scattered.

6. Discussion

The pore structure of the tight carbonates is involved to help analyze and explain the relationship
between the porosity and the wave speeds of both P- and S-waves. Seen from the constructed pore
space of the tight carbonates, the pore spaces of the tight carbonate samples vary significantly and
fractures and vugs are well developed causing the relationship between the porosity and the wave
speeds to be scattered.

The pores and vugs possess the majority of the pore space for most of the samples, except those
fractured tight carbonates. Thus, the porosity of the samples is positively related to the sum of the
volume fraction of the vugs and pores (Figure 11). The existence of vugs and pores improves the
porosity of the tight carbonate samples. However, considering the wave speeds, the fractures are
key compared to the pores and the vugs because the vugs are distributed heterogeneously in the
samples, and some of them are on or near the sidewall of the core plugs that might not affect the path
of the waves.

 

Figure 11. The cross plot of the sum of the volume fractions (VF) of vugs and pores against the He
gas porosity.

If a fracture is perpendicular to the wave path, the wave has to transit through the fracture
and consequently, its speed is slower. However, a fracture can merely affect the wave speed if it is
parallel to the wave path. This kind of fracture adds to the total porosity but will not reduce the wave
speed. Thus, the heterogeneity in the spatial distribution of the vugs and the fractures with high
orientation angles are the main causes of the scatterings in the porosity and wave velocity relationship.
On this consideration, the wave speeds of both the P- and S-waves are related to the porosity of the
fractures as shown in Figure 12. Removing the samples with a limited amount of low-oriented fractures
(the fractures having their surface perpendicular or nearly perpendicular to the direction of wave
propagation), the wave velocity of the remaining samples is negatively related to the fracture porosity
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indicating that the wave velocity of the tight carbonate samples is more sensitive to the fractures,
especially those intersecting its wave path. The Pearson coefficient of S-wave velocity with fracture
porosity is about two times that of the P-wave velocity with fracture porosity indicating that the S-wave
is more sensitive to the fracture porosity compared to the P-wave.

 

Figure 12. The cross plots of (a) P- and (b) S-wave porosity against fracture porosity. For the convenience
in referring the dots to the micro-CT images, the number of the samples are marked on the figure.
The red solid and black empty dots represent the data collected from the samples possessing fractures
with low and high orientation angles, respectively. Decreasing trends of the wave speeds with porosity
are observed for both P- and S-waves in the samples mainly containing low orientation fractures.

7. Conclusions

Carbonate rocks, buried at depths deeper than 5 km, are usually tight. Characterizing the pore
structure characteristics of the tight carbonates are key in evaluating its physical properties. To be
representative, micro-CT scanning and pulse transmission measurements were carried out on
full-diameter drilling cores instead of 1.0-inch core plugs. The two main challenges in constructing the
pore space of a full-diameter carbonate core sample basing on micro-CT are the noisy image and the
low contrast between the fractures and the matrix. The proposed micro-CT workflow can effectively
construct the pore space and divide the pore space into pores, vugs, and fractures so that the pore
structural parameters can be quantitatively acquired.

Both the micro-CT acquired and He gas-filling measured porosity show that the porosity of the
collected tight carbonate samples is less than 5%. Although the values of the porosity of the tight
carbonates are similar, the pore structure varies significantly from sample to sample. The majority of the
samples possess well-developed fractures and vugs. The spatial distribution of fractures, vugs, and pores
is strongly heterogeneous. Both parallel and intersected fractures are observed in the constructed pore
space. The porosity of the samples is positively related to the volume fraction of the vugs and pores.
Due to the complex pore structure of the tight carbonates, the relationships between the porosity and the
wave speeds of both P- and S-waves are scattered. The wave velocity is related to the fracture porosity
for the samples having the majority of the fractures aligned perpendicular to the wave path.

The micro-CT scanning taken on full-diameter core plugs do not contain any information about
the pores having a diameter of less than 50 microns. A combination of the study on full-diameter core
plugs and those on smaller samples or other pore structure measurements, for example, SEM, NMR,
and mercury injection, is an interesting further work.
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Appendix A. Constructed and Divided Pore Spaces of the Rest Tight Carbonates

The constructed pore spaces and the pores, vugs, and fractures acquired by dividing the pore spaces
of six samples are listed in Figure 8. The results referring to the remaining samples are shown in Table A1.

Table A1. Photos, cross and longitudinal sections of the CT scanning image, constructed pore spaces,
and divided pore spaces of the remaining carbonate samples. This figure together with Figure 8 provides
the constructed and divided pores spaces of all the collected tight carbonate samples. ‘FV’, ‘F’, and ‘V’
represent fractured-vuggy carbonate, fractured carbonate, and vuggy carbonate, respectively. In the last
column, the fractures, vugs, and pores are colored in gray, blue, and yellow, respectively. The subgraphs
are too small that a scale would be hard to see if it is directly marked on the subgraph. Thus, instead of
a scale, we provide the physical size including the radius and the length of all the samples in Table 1.

Num. Type
Sample
Image

Cross
Section

Longitudinal
Section

Constructed
Pore Space

Divided
Pore Space

1 FV

2 FV

3 FV

4 FV

5 FV

6 FV

7 FV

8 FV
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Table A1. Cont.

Num. Type
Sample
Image

Cross
Section

Longitudinal
Section

Constructed
Pore Space

Divided
Pore Space

9 FV

11 FV

15 V

17 F
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Abstract: This paper presents an integrated petrophysical characterization of a representative set of
complex carbonate reservoir rock samples with a porosity of less than 3% and permeability of less than
1 mD. Laboratory methods used in this study included both bulk measurements and multiscale void
space characterization. Bulk techniques included gas volumetric nuclear magnetic resonance (NMR),
liquid saturation (LS), porosity, pressure-pulse decay (PDP), and pseudo-steady-state permeability
(PSS). Imaging consisted of thin-section petrography, computed X-ray macro- and microtomography,
and scanning electron microscopy (SEM). Mercury injection capillary pressure (MICP) porosimetry
was a proxy technique between bulk measurements and imaging. The target set of rock samples
included whole cores, core plugs, mini cores, rock chips, and crushed rock. The research yielded
several findings for the target rock samples. NMR was the most appropriate technique for total
porosity determination. MICP porosity matched both NMR and imaging results and highlighted
the different effects of solvent extraction on throat size distribution. PDP core-plug gas permeability
measurements were consistent but overestimated in comparison to PSS results, with the difference
reaching two orders of magnitude. SEM proved to be the only feasible method for void-scale imaging
with a spatial resolution up to 5 nm. The results confirmed the presence of natural voids of two major
types. The first type was organic matter (OM)-hosted pores, with dimensions of less than 500 nm.
The second type was sporadic voids in the mineral matrix (biogenic clasts), rarely larger than 250 nm.
Comparisons between whole-core and core-plug reservoir properties showed substantial differences
in both porosity (by a factor of 2) and permeability (up to 4 orders of magnitude) caused by spatial
heterogeneity and scaling.

Keywords: reservoir properties; void space structure; porosity; permeability; complex rocks; NMR;
MICP; CT; SEM

1. Introduction

Worldwide, oil reserves estimated in traditional reservoirs are in a consistent decline, while
triggering complications and enhancements of technologies of hydrocarbon exploration and
characterization. One of the promising solutions to maintain production at current levels is the
development of hard-to-recover reserves, including low-permeable (tight) carbonate reservoirs [1,2].

The correct determination of reservoir properties for the case remains challenging for oil and gas
companies despite an increase in their interest in developing such formations and deposits [3–5]. Both
porosity and permeability contribute significantly to resource assessment and reserves’ estimation of a
target asset.
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Tight carbonate rocks feature low porosity and permeability, the absence of structural, and
stratigraphic control of the distribution of oil-containing intervals, which do not allow distinguishing
them from well-logging data. All mentioned factors lead to a low oil recovery factor (<10–20%).
Therefore, one critical task is the development of methods for estimating the reservoir properties of
tight rocks.

Conventional methods for petrophysical core analysis were established during the 1970–1980s,
when the development of conventional reserves had reached its peak [3]. Notably, the measured
porosity varied in the range of 10–30% and permeability 10–200 mD.

The main obstacles to the proper determination of the reservoir properties (porosity and
permeability) of tight reservoir rocks are their low porosity (<3–5%), and low permeability (<1 mD), as
well as a high degree of heterogeneity of void space structure (VSS). However, conventional laboratory
methods were developed for the characterization of conventional highly porous and permeable
reservoir rocks, such as well-sorted sandstones. Complex reservoirs reside at the edge of their
operating envelope in terms of porosity and permeability [6]. For example, conventional Dean–Stark
extraction tends to overestimate water saturation in tight reservoirs, and reliable results require
new approaches [7]. Indeed, conventional porosity techniques may overestimate and implicitly add
uncertainty to the results of both geological and hydrodynamic modeling of field-scale processes [8].

In other words, the target formations fall out of the operational domain for conventional methods.
Therefore, companies (operators and oilfield service divisions) tend to develop or adopt new techniques
and equipment for such measurements.

At the current stage, laboratory petrophysical methods targeting tight reservoirs fall into two
groups. The first group includes bulk methods, delivering a single integral property value (the result
of determination) for a target rock sample. The second group improves the understanding of bulk
values by direct (explicit) imaging of the void space structure, as well as mineral and organic matrix.

The petrophysical properties of the target rocks suggest a complicated inhomogeneous
microstructure. The dimensions of voids fall below the micrometer scale. They require novel methods
for evaluating the reservoir properties and high-resolution imaging, which obtains three-dimensional
(3D) images of the void space structure with resolution up to 50 nm [9,10].

Multiple publications characterize the porosity [11,12], the porous structure, and permeability
of tight sands, shales, and carbonates [13–15]. Based on published papers, we summarized
conventional methods (basic in core analysis) and unconventional methods (widely applied for
tight rock characterization) (Table 1).

Table 1. Methods applied for reservoir properties’ laboratory assessment.

Measured Parameter Conventional Method Unconventional Method

Porosity
Gravimetric or Liquid Saturation

(LS)
Pulse-Decay (PDP)

Nuclear Magnetic Resonance (NMR)
Mercury Injection Capillary Pressure (MICP)

Gas adsorption

Permeability Steady-State
Pulse-Decay (PDP)

Pulse-Decay Permeametry (PDP)
Pseudo-Steady-State (PSS)

Oscillating Pulse Technique (OPT)
Gas Research Institute (GRI)

Void Space Structure Thin-sections
Mercury Injection Capillary Pressure (MICP)

X-ray Computed Tomography (CT)
Scanning Electron Microscopy (SEM)

Multiscale research studies on tight reservoirs suggest utilizing novel laboratory methods for
characterizing the reservoir properties and the void space structure [16–20]. Nuclear magnetic
resonance (NMR) and mercury injection capillary pressure (MICP) methods have been introduced as
primary tools for defining the porosity and pore size, whereas the X-ray computed tomography (CT)
and SEM (or FIB-SEM) often visualize the void space of tight sands and carbonates.
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First of all, the use of NMR relaxometry in the study of low-porous sand and clay rocks falls
into a separate group [21,22]. In the presence of clays or at low porosity, the most commonly used T2
cutoff values ultimately give inaccurate estimates of permeability due to reservoir heterogeneity. X-ray
tomography (CT) in a modern petrophysical laboratory is becoming an increasingly popular method
in the study of rocks, complementing routine, and special core analysis [23]. X-ray microtomography
often joins mercury porosimetry to study shale and tight rocks [24,25]. Different industries have
implemented scanning electron microscopy (SEM) for more than 55 years. One of the key aims has been
to characterize various industrial materials at micro- and nanoscales [26]. Today’s increased interest
from petroleum engineers to detailed characterization of tight reservoirs has raised interest in the
application of SEM for shale investigations at very high magnifications [27]. Various microstructural
techniques, including X-ray CT, petrographical microscopy, and SEM, identify and characterize macro-
to nanoscale voids in tight carbonate rocks.

However, the application of the listed unconventional methods is complicated. Firstly, published
case studies mainly cover only a few methods for characterizing the reservoir properties. The majority
of publications present success stories with excellent and reliable results, even in cases of low- and
ultra-low permeable reservoir rocks [8,16,17,19]. Therefore, recommended workflows often do not
include failure scenarios and do not highlight the limitations of conventional methods. Secondly, all
existing workflows present case studies for a particular type of reservoir (tight sands and tight shales)
and rarely provide the application of the same procedure to different rock types. Therefore, it remains
a challenge for us to construct an experimental workflow, which would combine the most mentioned
methods in the publications and obtain real-time data for the ultra-low-permeable rock.

In this work, we applied a number of advanced laboratory methods for the characterization of an
ultra-low-permeable carbonate Tlaynchy-Tamakian Formation. We employed an integrated analysis to
investigate the advantages and limitations of the methods for estimating porosity and permeability.
The study eventually discusses an optimal suite of methods for gathering quality datasets.

2. Materials and Methods

2.1. Materials

The study covered a representative collection of rock samples of an organic-rich carbonate
Tlyanchy-Tamakian Formation of an Upper Devonian Frasnian age. The formation resides in the
Volga-Ural and Timan-Pechora basins in the European part of Russia (Figure 1). Previous extensive
studies characterized the formation in terms of geochemical properties, including oil generation
potential [28–31]. The formation is one of the promising sources of oil in the basin [32,33]. Assessments
of oil resources in the formation vary from hundreds of millions to billions of tons [30,31,34]. However,
the highly heterogeneous rock texture and complex structure of voids essentially constrain the recovery
of oil and gas.

The target collection of rock samples related to mostly carbonate, carbonate-siliceous thin-layered
rocks with a moderate total organic carbon (TOC) content up to 10 wt.%. Carbonates were predominantly
represented by organic-rich wackestones, and, in some cases, by packstones and crystalline limestones.
Target rock samples came from a well located in the south of the Perm region of the Volga-Ural Province,
Russian Federation (Figure 1). The entire collection of rock samples provided by the operator included
32 whole cores and more than 300 drilled core plugs corresponding to three main horizons—overlay
Trudolubian (D3tr), main Tlyanchy-Tamakian (D3tch), and underlay Sargaevian (D3srg) unit (Figure 2).
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Figure 1. The geographic location of the target formation (modified after [35]).
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Figure 2. Tlyanchy-Tamakian Formation in the regional stratigraphic chart.

Together with the core samples, the operator supplied the basic petrophysical information on
the core material, so-called an a priori dataset. It included the porosity and permeability data for
the entire collection of whole cores and core plugs using an automated gas permeameter Ekogeos
DarcyMeter (Russia). The pressure pulse-decay or pulse-decay permeameter (PDP) technique with
nitrogen provided all the measurements.

Received data showed porosity <1.6% (Figure 3) and permeability <1 mD (Figure 4). The reservoir
properties ranged as follows: carbonate content 60–99%; clay content 0–10%; TOC content 0.5–10 wt.%.
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Figure 3 shows a clear difference in the porosity levels of the whole cores and core plugs. We see the
main reason in the different volumes of investigation boosted by a high degree of heterogeneity of the
target formation in a wellbore scale. Based on the porosity data for the core plugs, we selected the core
plugs based on the porosity threshold of 1.2% (to the left from the histogram peak in Figure 3b).

(a) (b)

Figure 3. The porosity of received collection: (a) Ø100 × 200 mm whole cores; (b) Ø30 × 30 mm core
plugs (courtesy of LUKOIL LLC, a priori data).

(a) (b)

Figure 4. Permeability of received collection: (a) Ø100 × 200 mm whole cores; (b) Ø30 × 30 mm core
plugs (courtesy of LUKOIL LLC, a priori data).

We studied a subset of samples corresponding to the Tlyanchy-Tamakian horizon, 27 m thickness.
The horizon was split into upper and lower units. The target collection of core samples included 2
whole cores and 27 core plugs with accompanying rock chips. We selected the samples based on the
porosity (Figure 3) and permeability (Figure 4), and the availability of the rock chips.

The samples represented distinct lithological types and were organic-rich mixed rocks
predominantly composed of carbonate and siliceous components. According to the rock texture
and mineral composition, we distinguished four groups of rock types using the modified Dunham
classification [36]: organic-rich wackestone, crystalline limestone with detritus, carbonaceous silicites
with biogenic detritus, and grainstone.
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2.1.1. Whole Core Samples

The whole cores #545 and #551 represented the Upper-D3tch and Lower-D3tch rocks correspondingly.
Each core had a length of 200 and a diameter of 100 mm (isolated from environmental exposure using
layers of foil and paraffin [37]).

Samples showed high heterogeneity and anisotropy due to intense thin-bed layering (Appendix A,
Figure A1). Various imprints of shells (presumably brachiopods) contributed to both rock heterogeneity
and anisotropy.

CT on whole cores was used to locate homogeneous areas with a certain amount of organic matter
and separate the parts with artificial fractures and other imperfections. Multiscale characterization of
the void space structure persuaded us to separate the whole core into a set of subsamples (Figure 5).

Figure 5. Schematic diagram of the whole-core breakdown into subsamples.

2.1.2. Core Plugs and Mini Cores

The rock sample set included 33 samples in total: 27 core plugs (Ø30 × 30 mm) initially provided
by the operator, 4 additionally drilled core plugs (Ø30 × 30 mm), and 2 mini cores (Ø3 × 3 mm)
drilled out the whole cores. The collection of plugs had a high level of heterogeneity; shell inclusions
(traces) made the core fragile and sensitive to destructive methods. Each core plug went through
measurements by gas porosimetry, liquid saturation, NMR, and μCT (on mini-cores).

2.1.3. Rock Chips and Caps

Each core plug came with corresponding rock chips of an irregular shape with average dimensions
of 20–50 mm and rock caps of Ø30 × 15 mm (received while drilling the whole core). The rock
chips participated in the experiment, including Darcypress pseudo-steady-state decay, Rock-Eval
pyrolysis, MICP, and SEM. Darcypress required square or round shaped fragments of the core with
an approximate size of 1 cm3. SEM and MICP used rock chips of a smaller size. While SEM did not
require a specific size/shape, MICP tests consisted of measurements on 4 different fractions: mesh sizes
of 1–2; 2–4; 4–8; and 8–16 mm.
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2.1.4. Petrographic Thin Sections

We prepared a set of 27 thin sections (20 × 20 mm) for rock typing. Initially, the thin sections
had a standard thickness of 30 μm; then we thinned them to 10–20 μm to maximize of textural
information output.

2.2. Methods & Techniques

We used a suite of modern methods and equipment to study the reservoir properties and
microstructure of the target rock samples. Bulk methods include gas porosimetry, nuclear magnetic
resonance (NMR), and Darcypress. Microstructural methods stand for visualizing techniques such as
thin-section optical microscopy, CT, μCT, and SEM. A separate method is MICP, which belongs to the
transition group, i.e., provides porosity measurement and describes the void space structure as well.
Appendix B described common shared techniques.

2.2.1. Conventional Gas Porosity and Permeability of Plugs

Porosity and permeability measurements were conducted using an automated gas
permeameter-porosimeter Geologika PIK-PP (Russia) [38]. The tests used nitrogen as a probe gas,
while permeability measurements were obtained using the PDP technique. The confining pressure
was 3.4 MPa. The stabilization criteria for pressure decay were 0.1%/min. Data reliability required
performing the tests three times and calculating an average value. We calibrated the unit with supplied
artificial samples with known parameters.

2.2.2. Nuclear Magnetic Resonance

We employed nuclear magnetic resonance relaxometry (NMR) to determine the porosity of
the target rock samples. A low-field NMR unit, Oxford Instruments Geospec 2/53 (UK), estimated
saturation and porosity at each step of the experimental workflow. NMR analysis involves measuring
the polarization and relaxation of hydrogen atoms in a magnetic field of 0.05 T and a radiofrequency
of 2.28 MHz [39–41]. Analysis and interpretation of the results employed principles characteristic of
NMR application in petrophysics [42]. The instrument’s calibration used reference samples supplied
by green imaging technologies (GIT) with known parameters, including NMR, liquid volume, length of
90 and 180 ◦ pulse, etc. T2-relaxation curve measurements resulted from the Carr-Purcell-Meybum-Gill
(CPMG) pulse sequence with the time-echo (TE = 2τ) set to 0.1 ms. Preliminary tests justified the
number of trains (accumulation) in the pulse sequence (90◦–τ–180◦–2τ–180◦– . . . –180◦) and estimated
the highest signal-to-noise ratio (SNR), as well as the minimum number of scans—128. Data reduction,
analysis, and interpretation involved using a GIT Systems Advanced 7.5.1 software.

2.2.3. Darcypress Permeability

The Cydarex DarcyPress analyzer’s design allowed us to measure the permeability of shale or
other rock samples in an extensive range of permeabilities from 10−6 mD to several Darcy units [43].
We ran the setup in a pseudo-steady-state (PSS) mode. Sample preparation included molding a small
rock sample with a diameter of less than 1 cm into epoxy resin, and cutting a disk with a thickness
of 2–5 mm. The permeability measurement procedure of the DarcyPress analyzer is similar to the
standard measurement procedure for transient state measurements [44]. To characterize the target
samples, we followed both single- and multi-step pseudo-steady-state procedures. The CYDAR 2017
software enabled data reduction, analysis, and interpretation.

2.2.4. Mercury Injection Porosimetry

The mercury injection capillary pressure (MICP) porosimetry characterized the void space
structure and determined pore throat size distributions [45,46]. For this purpose, we measured
Hg intrusion–extrusion versus pressure at 25 ◦C in the laboratory. Experimental activities involved
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Micromeritics AutoPore V 9605 and AutoPore IV 9520 instruments driven by Micromeritics MicroActive
AutoPore V 9600 2.03.00 software.

Sample preparation included rock crushing in fractions of 8–16, 4–8, 2–4, and 1–2 mm fractions,
followed by drying in a vacuum cabinet in a vacuum level of 1 mm Hg at a temperature of 110 ◦C.
Before and after experiments, the rock samples resided in a desiccator to avoid capturing moisture
from the environment.

Before and after each series of measurements, we ran blank (empty-penetrometer) tests. The Hg
pressure table included more than 100-gauge pressure points evenly distributed in a range of 0–60 kpsi
(0–414 MPa), filling voids with throats down to 3 nm. The Hg pressure equilibration time was equal to
the recommended value of 10 s. We applied both blank and material compressibility corrections [47] to
the raw data to achieve the highest quality of interpretation.

Experimental data reduction included Akima spline interpolation [48] of the corresponding
intrusion curves, followed by the calculation of pore size distributions (PSDs) [49]. Additional outputs
included total intrusion volume (TIV), median pore diameter (MPD), and volume (MPV) [45].

We validated the quality of the data using test measurements on the standard reference
silica-alumina sample (part number 004-16822-00, lot A-501-52).

2.2.5. Computed Tomography Scan Imaging

We imaged the microstructure of the target rock samples in 3D using both computed tomography (CT)
and micro-CT [50,51]. For this purpose, we used the GE phoenix v|tome|x L240, versatile high-resolution
microfocus system for 2D and 3D computed tomography, and 2D non-destructive X-ray inspection.

The device includes a combination of unipolar 240 microfocus and 180 kV high-power nanofocus
X-ray tubes, and handles large samples up to 500 × 1300 mm. We used an accelerating voltage of
70–200 kV and a current of 140–580 μA depending on the size of the sample, yielding a voxel size of
3–117 μm. Scanning of the whole cores required the application of a 0.5-mm-thick tin filter. A detector
based on a 2024 × 2024 px photodiode array with an element size of 0.2 × 0.2 mm in combination with
a CsI scintillator captured the target X-ray projections. We acquired the raw data using GE datos|x
acquisition 2.6.1-RTM software. Reconstruction of a set of 1000–2400 2D radiographic projections into
3D X-ray density images involved the application of GE datos|x reconstruction 2.6.1-RTM software and
processed the models using FEI PerGeos 1.5 software [52].

2.2.6. Scanning Electron Microscopy

For high-resolution 2D imaging and micromorphological characterization, we used scanning
electron microscopy (SEM). The Thermo Fisher Scientific I Quattro S instrument analyzed small (2–5 mm)
rock specimens chipped from each sample. The instrument allowed us to perform investigations
with an electron beam current range from 1 pA to 200 nA with accelerating voltage 200 V to 30 kV.
The minimum spatial resolution was 1 nm (at 30 kV).

Sample preparation included multi-step polishing—starting with grinding paper to polishing
cloth with 1-μm diamond suspension. We then attached the polished samples to a holder with carbon
tape, coated them with gold (coating thickness of less than 20 nm), and loaded these into the instrument.

Scanning involved secondary electrons (SE) and backscattered electrons (BSE), magnification
×500–250k, acceleration voltage 10–15 kV, and working distance 9–11 mm with approximately 1–2 nm
maximum pixel size [53]. The resulting images had dimensions of 1536 × 1094 px.

3. Results

3.1. Porosity and Permeability

Table 2 shows the porosity data from gas porosimetry, liquid saturation, and NMR, as well as
gas-injection and Darcypress permeability. Because of the limited amount of the core material, as well
as the specific probe requirements for each method, we observed the gaps in the received dataset
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at multiple depths. It complicated the integrated analysis of reservoir properties and disabled a
direct comparison of the utilized methods. Nevertheless, Table 2 describes each technique in terms of
measuring range and average numbers for the target rock samples.

Table 2. Porosity and permeability of the core plugs (including a priori Darcymeter data) and core chips.

Sample
ID

DarcyMeter
Porosity (%)

PIK-PP
Porosity

(%)

NMR
Porosity

(%)

Liquid
Porosity

(%)

DarcyMeter
Permeability

(mD)

PIK-PP
Permeability

(mD)

Darcypress
Permeability

(mD)

545 0.74 0.62 1.20 1.08 9.02 × 10−1 6.20 × 10−2 9.07 × 10−4

551 1.31 0.84 2.30 1.22 2.30 1.13 × 10−2 4.00 × 10−4

696 1.23 0.22 2.10 3.85 × 10−3 3.00×103

697 1.17 0.17 1.50 2.51 × 10−3 2.00 × 10−3

700 2.24 0.83 1.50 7.18

701 1.77 1.70 5.35 × 10−2

703 0.92 1.80 0.83 8.48 × 10−3 2.36 × 10−3

705 1.30 0.35 1.10 3.61 × 10−3 1.00 × 10−3

707 2.63 1.10 1.97 × 10−2

708 1.72 1.50 2.24 × 10−2 2.49 × 10−2

709 0.74 9.30 × 10−1 2.74 × 10−2

710 0.24 1.10 1.05

711 1.35 1.40 1.04 5.19 × 10−2 4.32 × 10−3

712 1.04 0.57 0.91 2.19 × 10−2 1.20 × 10−2

714 1.92 0.73 1.70 8.48 × 10−1 2.73 × 10−1

717 1.38 2.30 7.56 × 10−3

719 2.12 0.61 0.88 2.55 1.43

721 0.75 2.40 1.19 3.17 × 10−3 4.82 × 10−3

728 0.77 0.22 1.60 3.58 × 10−1 1.68 × 10−1 3.19 × 10−3

740 0.30 1.60 0.81 2.01 × 10−3 1.65 × 10−2

747 1.73 0.33 1.20 2.40 × 10−2 9.00 × 10−3

748 1.60 2.90 1.29 2.38 × 10−2 2.52 × 10−3

752 1.31 2.87 3.20 × 10−2

753 1.75 0.40 2.00 3.49 × 10−2 1.60 × 10−2

755 1.03 0.33 1.30 8.86 × 10−3 1.00 × 10−3

762 1.49 2.50 9.15 × 10−2

763 2.61 3.21 × 10−3

766 1.10 2.20 8.46 × 10−2

768 1.43 3.85 × 10−3 1.56 × 10−2

Min. 0.24 0.17 0.88 0.81 2.01 × 10−3 1.00 × 10−3 4.00 × 10−4

Avg. 1.37 0.49 1.67 1.06 4.69 × 10−1 7.06 × 10−1 1.74 × 10−2

Max. 2.63 0.84 2.90 1.29 2.87 7.18 9.15 × 10−2

During the study, we faced another essential issue—the necessity for core cleaning or solvent
extraction. To identify the role of extraction in the core analysis workflow, we repeated some of the
tests (particularly NMR for identifying the porosity and Darcypress for permeability) before and after
the extraction (Figure 6). The obtained results show the core cleaning did not adversely affect either
NMR porosity or permeability. The permeability of the cleaned core radically increased for only three
samples, which can be explained by the presence of artificial fractures that occurred during sample
preparation (Figure 6b). TOC was around 5 wt.% and less than 10 wt.% for the target rock samples [54].
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Thus, we continue the core analysis and interpretation of the results for the core in a non-extracted
(non-cleaned) state.
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Figure 6. NMR porosity (a) and pseudo-steady-state permeability (PSS) (Darcypress) permeability
(b) for the as-received versus extracted samples.

In addition to the core plugs and chips, two whole core plugs passed through to the proposed
laboratory workflow (Figure 5).

3.2. Microstructural Characterization

According to the Dunham classification of carbonate rocks [36], sample #545 was a crystalline
limestone with detritus (Figure 7) because it was composed of predominantly crystalline calcite
(sometimes with biogenic structure) and calcite remains of tentaculite shells. Sample #551 was an
organic-rich wackestone (Figure 7) because the matrix held the immersed calcite detritus.

Figure 7. Petrographical analysis of thin-sections located at the closest depth to samples #545 and #551.
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Our experience and observations showed that the petrographical description of the formation
distinguished lithotypes, but did not provide reliable information on the void space structure [55,56].
Following down along the scale bar, we attempted to characterize the void space using whole-core CT
and mini-plug micro-CT. We found that, similarly to the petrographic analysis of thin-sections, CT did
not reveal natural voids and, thus, turned out to be a meaningless tool for the target rock (Figure 8).

Figure 8. Visualization of 3D X-ray density models resulting from whole-core CT of the target
rock samples.

The whole-core CT enabled the assessment of the degree of sample preservation, including the
characteristics of artificial (technogenic) fractures, single large inclusions of relatively less dense organic
matter, and the spatial inhomogeneity of the X-ray density. The studied rock samples featured a low
contrast of the X-ray density of the rock-forming minerals. The mineral composition of the target rock
samples made the three-dimensional tomographic models much less contrasting in X-ray density than
they looked as real samples in daylight or petrographic thin sections.

We obtained similar results and drew the same conclusion from an analysis of mini-core micro-CT
data. Micro-CT at a voxel size down to 3 μm did not fully resolve the natural-genesis void space
within the density models. We separated distinct pores without revealing the connection between
them (Figure 9).

(a) (b) (c)

Figure 9. Representative micro-CT slices of mini-cores taken from the whole core #551: (a) detritus
(tentaculites) in calcite matrix with organic matter—organic-rich wackestone; (b) contact of organic-rich
wackestone (dark) and crystalline limestone (light); (c) crystalline limestone.
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The micro-CT results only complemented the description of rock heterogeneity and a spatial
distribution of the potential organic matter (OM) inclusions. The analysis of mini-core micro-CT data
revealed several structural and textural features at the microscale. In general, the studied rock samples
represented various combinations of a relatively dense finely-crystalline mass of limestone and a
relatively less dense carbonate-siliceous mass (Figure 9). However, the identified features did not
pertain to the void space structure; therefore, their detailed description fell out of the paper’s scope.

The void space structure characterization at the highest resolution involved SEM imaging.
Magnification of ×10k allowed us to identify pores due to its tiny size. Pores with specific dimensions
of less than 1 μm, in the majority of cases, resided in the OM. In rare (individual) cases, the mineral
matrix also contained voids (Figures 10 and 11). SEM images for samples #545 (Figure 10) and #551
(Figure 11) illustrated the multiscale variation with the maximum magnification on the last picture in
the sequence.

Figure 10. SEM images for samples #545-1 and #545-2 (white arrows indicate voids).

Figure 11. SEM images for sample #551-1 (white arrows indicate voids).

Sample #545 was composed of predominantly crystalline limestone with biogenic texture (Figure 7).
The OM filled the space between calcite crystals with tiny rare voids less than 1 μm (Figure 10). Sample
#551 encompassed a significant number of crystals immersed in a calcite matrix with OM (Figure 7).
SEM images showed that there were two major types of voids (Figure 11). The first type had specific
dimensions of less than 500 nm and resided in the OM. The second type was sporadic voids in the
mineral matrix (biogenic clasts), with the size rarely larger than 250 nm.
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3.3. Pore Size Distributions

PSDs derived from MICP data reduction for both whole cores showed the actual independence
of the differential properties of the void space structure on the rock fraction size (Figures 12 and 13).
Sample #545 (taken from the upper formation interval) showed almost identical PSDs before and
after extraction, while sample #551 (taken from the lower BF interval) demonstrated the substantial
difference in void space structure while maintaining the size range.

(a)

(b)

Figure 12. Mercury injection capillary pressure (MICP) pore size distributions (PSDs) for the whole
core #545 depend on the rock fraction size (a) before and (b) after extraction.
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(a)

(a)

Figure 13. MICP PSDs for the whole core #551 depend on the rock fraction size before and after extraction.

For both samples, the pore throat size spanned in the range of 10–100 nm. The whole core #545
(from the upper formation interval) showed a unimodal distribution with a median of around 50 nm.
In comparison, the sample #551 from the lower formation unit showed a bimodal distribution with
modes at approximately 50 and 8 nm correspondingly.

4. Discussion

The study included a full-featured characterization of the tight carbonate reservoir rock with
a complex void space structure. The laboratory workflow included state-of-the-art techniques for
unconventional core analysis. However, our experience showed that given a limited amount of core
material, the solution was non-trivial, and the results required careful analysis and understanding of
data quality.

Here we discuss the obtained results in the form of a connected story ending with definite scientific
conclusions. We start from the quality of porosity and permeability data. Notably, we go through the
relationships between porosity and/or permeability obtained using different methods. Eventually, we
come up with a suite of laboratory methods required to understand the reservoir properties of the
target rock.
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4.1. Limitations of Pressure Pulse-Decay Technique to Measure Core-Plug Gas Porosity and Permeability

At the initial stage, we compared the gas porosity (Figure 3) and permeability (Figure 4) between
the obtained data and the (a priori) dataset provided by the operator. The comparison (Figure 14)
revealed two features. Firstly, PIK-PP gas porosity weakly correlated with a priori data (r2 = 0.54).
Generally, a priori values were 2–3 times higher than those in the obtained laboratory results. Secondly,
the comparison of permeability demonstrated a particular correlation. Nevertheless, the PIK-PP setup
underestimated both gas porosity and permeability in comparison to the a priori dataset.

(a) (b)

Figure 14. Gas volumetric (VM) porosity (a) and gas permeability (b) cross plots for core plugs show a
comparison between the obtained data and the legacy dataset.

Both comparisons showed that the PIK-PP device (and potentially, its analogs) was not applicable
for investigating the target rock samples. The most probable reason for this was the technical limitations
of the method in terms of measuring porosity and permeability. The minimum limit of permeability
for the PIK-PP device was 0.1 mD [38]. Therefore, the range of the observed values suggested that
the porosity of the samples fell close to a lower detection limit of the device—0.6% for porosity.
The mismatch in permeability (r2 = 0.94 in log-log scale) was much lower than that in porosity
(Figure 14b). The behavior was related to the physical process of permeability measurement, that is,
pressure drop versus time observation. Unlike porosity, permeability resulted from the reduction of a
pressure decline curve. Thus, determining permeability was much more robust in terms of stabilization
time since it did not require pressure monitoring until the end of gas propagation.

The observed results did not confirm the applicability of the PDP technique, implemented in
both PIK-PP and DarcyMeter instruments for the target rock samples. Nevertheless, the quality
determination of permeability required a set of certified low-permeable samples for calibration. To date,
a technology for the manufacturing of calibration samples is in a development stage with no commercial
offerings [57].

The lack of applicable routine core analysis methods required the application of advanced
petrophysical techniques for characterizing porosity and permeability. Techniques describing the void
space structure complemented the bulk methods and included μCT and SEM, NMR, and MICP.

4.2. NMR Delivers the Highest Porosity

The advanced part of the presented petrophysical research included liquid-saturation NMR
for getting core-plug porosity, as well as Darcypress for defining the permeability of rock samples
embedded in epoxy resin disks. Cross plots between NMR, LS, and a priori gas porosity demonstrated
several features (Figure 15).

Firstly, we considered LS porosity and a priori gas porosity to be the same within the uncertainty
of the method. The LS, also referred to as the gravimetric method, provided reliable results for rocks
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with a distinct number of open pores. In our case, the pore space mainly consisted of hard-to-saturate
tiny pores. Thus, the amount of liquid remaining on the rock surface had a significant impact on the
weighing results and led to an overestimation of the total porosity.

Secondly, a comparison of NMR vs. a priori showed no clear correlation between NMR and a
priori (gas porosity). We explained the behavior by low reliability of the a priori gas porosity.

In summary, we considered that PIK-PP (and its analogs based on the standard PDP techniques)
provided uncertain gas porosity. The NMR delivered the highest porosity values.
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Figure 15. Liquid saturation (LS) (a) and NMR porosity (b) cross plots showing comparison with a
priori data for core plugs.

Fourthly, LS results were similar to the ones by gas porosity. A potential explanation of such
behavior was the initially low open porosity, which complicated the porosity characterization for both
of these methods. Due to the limited data on LS and the invasiveness of the technique, we considered
its results as complementary information.

Thirdly, NMR delivered the highest porosity values (Figure 16). We explained this observation
by the technical ability of NMR to detect a wide range of pores—from nano-sized pores filled with
high-viscous components to large voids occupied by mobile (free) fluids. Voids captured by low-field
NMR typically had dimensions in the range of 10 nm–10 μm [58,59]. Moreover, unlike gas and
liquid-station techniques, NMR delivered total porosity, including isolated hydrocarbon-filled voids
and organic-hosted pores.
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Figure 16. Comparison of NMR vs. pulse-pressure decay (PDP)-gas volumetric porosity (a) and LS
results (b) on core plugs.
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4.3. Pseudo-Steady-State Technique Delivers the Lowest Permeability

To understand which laboratory method provided reliable permeability data, we compared the
Darcypress results for non-extracted samples and a priori gas permeability (Figure 17). The cross plot
showed the difference in permeability ranges in which the maximum value reached by Darcypress
did not exceed 0.1 mD. Previously, the Darcypress instrument proved to provide reliable permeability
data in the range from 1 nD to several Darcies [43]. The observed difference in permeability by two
orders of magnitude suggested that at least a priori gas permeability data was unreliable for target
rock samples. The same fact also implied the low quality of data provided by the PIK-PP unit.
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Figure 17. A cross plot of gas permeability by Darcypress versus a priori data.

In this case, core-plug dimensions were nearly 3 times larger than those for rock chips for
Darcypress analysis. This fact may explain the difference in results. The difference in specimen
preparation could also impact the quality of permeability measurements. A high number of artificial
fractures (cracks) induced by core plugging may have led to an overestimation of rock permeability.

General recommendations for the characterization of tight-rock permeability included the method
developed by the Gas Research Institute (GRI) [60]. Previously, we attempted to measure the
matrix permeability of the target rock samples using a commercially available Core Lab SMP-200
instrument. However, our experience showed that matrix permeability varied in the range from nano-
to pico-Darcy [54] and did not explain the reservoir properties observed by the bulk methods.

In summary, the PSS technique implemented in the Darcypress instrument seemed to deliver
the most reliable and precise permeability data. Further research on low permeability determination
requires the application of reference samples possessing nano- and micro-Darcy range permeability [57].

4.4. Standard Solvent-Cleaning Protocols Adversely Affect Reservoir Properties

A principal question for petrophysical laboratory core analysis is the requirement of core extraction
or solvent cleaning. Generally, the core of conventional reservoirs rock should be extracted before
reservoir properties’ determination [6]. In the case of complex tight reservoirs, that requirement is
often questionable for several reasons. One of the reasons is the excessively long time required to
extract rock samples fully. Here we try to understand the effect of core solvent cleaning on the target
rock samples.

We observed non-essential changes in reservoir properties after the core extraction (Figure 6).
Firstly, NMR porosity before extraction corresponded to that after extraction within the range of 1–2%,
with 50% of data pointing to evidence of a porosity increase, and the remaining 50% telling the opposite.
The growth of porosity was mainly driven by the removal of OM from the void space with micro- and
nanometer-size pores.
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Secondly, the Darcypress permeability remained the same (before and after extraction) for 50% of
the tested samples. Core extraction also led to core disintegration and the development of artificial
fractures due to core fragility and thin-layered structure. The artificial fractures (Appendix A, Figure A2)
boosted permeability.

Thirdly, we observed that the extraction tended to decrease the porosity and permeability for
selected rock samples (highlighted points in Figure 6), which was an unexpected behavior. Our literature
research delivered few results on this topic, but we may consider several options. The first is the
precipitation of organic solvents and components in voids during the extraction [61]. The second
is an alteration of the void space structure due to its exposure to the solvent and corresponding
physical–chemical interactions between the mineral–organic matrix and the solvent or damage to the
minerals [62]. Removal of solid-phase OM led to creating empty pores and overestimating the total
porosity [63]. A complete understanding of this behavior requires further research efforts involving
Rock-Eval pyrolysis on core samples before and after extraction. For this reason, in this study, we tended
to skip core cleaning and remove this step from the applied core analysis workflow.

4.5. Void Space Structure Characterization Explains Low Reservoir Properties

To understand the quality of the obtained reservoir properties, we characterized a void space
structure using three levels of visualization—2D petrography for thin-sections, whole-core 3D CT,
mini-core 3D μCT, and 2D SEM of core chips with maximal spatial resolution.

Optical microscopy was appropriate only for typing but did not provide essential information
on the void space structure for two reasons. The first reason was the nanoscale size of voids limited
their visibility (half of the light wavelength). The second reason was the thin-section manufacturing
procedure. Moreover, thin-section preparation became complicated when injecting epoxy into nano-
and micropores [64]. SEM allowed us to overcome these restrictions during studying micro- and
nanoscale voids in tight rocks.

The low X-ray density contrast of both CT and μCT data suggested that one can achieve the
complete resolution of individual minerals and their associations using a dual-energy CT [65,66].
A voxel size of 116–122 μm did not provide a proper spatial resolution to visualize VSS elements for
the target whole cores. Moreover, reliable detection of a void object in a digital rock model required it
to have a Feret diameter of at least 2–3 vx corresponding (at the obtained voxel size) to 232–366 μm,
or about a third of a millimeter. However, with an open porosity of the samples of 1–2% (Table 2),
we could not justify the presence of such large voids distributed uniformly throughout the volume of
the sample.

Generally, the voxel size around 2–3 μm did not allow to resolve spatially and, therefore, visualize
and quantify the elements of the void space structure for the studied rock samples. The reason
was that a correct segmentation of a void object in a digital model requires at least 2–3 vx in each
Ferret dimension that, at the obtained voxel size, corresponds to a characteristic void size of 8–12 μm.
Moreover, the MICP results for samples #545 and #551 showed that the pore throats had typical
dimensions of less than the first hundreds of nanometers. Thus, micro-CT, even with a voxel size of
0.5 μm corresponding to the spatial resolution of 1.5–2 μm, would not be able to image the void space
structure of the target rock samples (Figure 9).

Images obtained with SEM demonstrated that mainly sporadic small (<3 μm) pores in organic
matter and mineral matrix were present in the investigated samples (Figures 10 and 11). Recent
studies on the application of nanoscale-resolution 3D imaging show that a relatively small number of
connected pores with pore diameter greater than 150 nm sustain most of the hydrocarbon production [8].
Thus, SEM enabled quality 2D imaging of micro- and nanoscale voids in the target rock samples.
In summary, our results showed that SEM was the only reliable method among all tested that resolved
micro- and nanovoids in the studied rocks samples.

MICP data highlighted the different effects of solvent extraction on pore size distributions (PSDs).
The observed difference in the PSD reaction to solvent extraction between the lower and upper formation
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depth intervals implied heterogeneity in the void space structure. For sample #545 (upper interval),
we saw an extension of PSDs in a pore-throat range of less than 100 nm (Figure 12). For sample #551,
the extraction led to a radical change of the void space structure (Figure 13). Extraction vanished
pore throats with sizes in the range 9–50 nm, and the liberated void volume redistributed into two
ranges: 3–8 and 50–200 nm. We explained this by a relatively high content of solid OM in the lower
interval. We assumed that OM blocked the void space and thereby led to an underestimation of the
effective pore-throat size in the mineral matrix. The solvent extraction at least partially removed
OM from the voids in the mineral matrix and thereby boosted their effective size and volume.
In summary, we established that the sample cleaning alters the void space structure differently for
different depth intervals. This effect was essential for understanding the measured porosity and
permeability properties of tight carbonates similar to the target formation and should be accounted for
during planning petrophysical core analysis.

In summary, the results of the VSS study showed that SEM was one of the few laboratory methods
capable of imaging voids in the target rock samples. Sporadic micrometer-to-nanometer pores imaged
in 2D by SEM explained the low porosity range. The narrow pore-throat distributions by MICP
with peaks at around 70 nm justified the low permeability range. MICP also revealed a complex
rock response to solvent cleaning, in which distinct rock units may exhibit a different change in pore
space structure.

4.6. Reservoir Properties of Whole Cores

We summarized both the a priori and obtained porosity and permeability data collected for the
target whole cores (Table 3). The a priori dataset included both gas porosity and permeability measured
on whole cores (Section 2.1), while our results related to core plugs and rock chips. Nevertheless, we
attempted to integrate both datasets. Initially, we managed to drill 2 core plugs from each whole core.
One core plug was characterized in terms of gas porosity and permeability, and another core plug
was saturated with kerosene and characterized in terms of NMR and liquid saturation techniques.
The remaining parts of the whole cores were distributed in accordance with the sample preparation
scheme (Figure 5).

Table 3. Porosity and permeability of the whole core samples.

Fluid, Technique, Sample Form-Factor & Property
Whole Core

#545 #551

Gas Whole-Core Porosity (a priori) (%) 0.74 1.31

Kerosene NMR Core-Plug Porosity (%) 1.20 2.30

Hg MICP Crushed-Rock Porosity (%) 1.60 1.80

Gas Volumetric Core-Plug Porosity (%) 0.62 0.84

Kerosene Liquid-Staturation Core-Plug Porosity (%) 1.08 1.22

Gas PDP Whole-Core Permeability (a priori) (mD) 9.02 × 10−1 2.30

Gas PDP Core-Plug Permeability (mD) 6.20 × 10−2 1.13 × 10−2

Gas PSS Rock-Chip Permeability (mD) 9.07 × 10−4 4.00 × 10−4

Both NMR and MICP delivered the highest porosity values among all methods. In the case of
sample #545, MICP porosity was larger (1.6%) than that by NMR (1.2%). For sample #551, the trend
was opposite—1.8% by MICP versus 2.3% by NMR. We explained the behavior by a high percentage of
nanopores (Figure 12). At the same time, NMR was not able to resolve voids with specific dimensions
of less than 10 nm [59]. We explained the increased NMR porosity for sample #551 by the presence of
viscous hydrocarbon components and OM-hosted pores captured by low-field NMR. In contrast to
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NMR, MICP relied on Hg intrusion into pores via throats. In our case, Hg could not penetrate a part of
the void space due to potential pore-throat blockage by the viscous components.

Pulse-decay based instruments tended to underestimate the gas porosity for both whole cores.
Particularly, the comparison showed a substantial difference between the obtained gas porosity (0.84%)
and the corresponding a priori data (1.31%) for sample #551 (Table 3). We explained the difference due
to several reasons. Firstly, a priori data resulted from whole-core measurements (Section 2.1), while the
obtained results related to the core plug. However, [67] suggested a large variability in properties in
the length-scale between ones and tens of centimeters. Secondly, a priori whole-core measurements
may have been affected by the presence of larger pores and vugs, which could be physically destroyed
during plugging. Therefore, the porosity difference of 0.47% presumably illustrated the effects of
heterogeneity and scaling.

The gas permeability of both whole cores ranged as follows: whole cores yielded the highest
values, while rock chips—the lowest values. The highest permeability difference reached 4 orders of
magnitude. We assumed that the discrepancy of 1–2 orders of magnitude between PDP results was
probably caused by the effects of scaling and rock heterogeneity. Section 4.3 explained the difference
between the PDP and PSS results.

5. Conclusions

In the presented study, we implemented an integrated approach to characterize the
ultralow-permeable carbonate reservoir rocks of the Tlyanchy-Tamakian Formation, Volga-Ural
oil-gas province in Russia.

The suite of laboratory methods included both bulk measurements and multiscale void space
characterization. Bulk techniques included gas volumetric, NMR, LS porosity and PDP, and PSS
permeability, while imaging consisted of thin-section petrography, CT and μCT, and SEM. MICP was a
proxy technique between bulk measurements and imaging. The target set of rock samples included
whole cores, core plugs, mini cores, rock chips, and crushed rock.

The study resulted in the following significant findings for the target rock samples:

1. The gas volumetric core-plug gas-porosity results did not confirm the applicability of the PDP
technique for the target rock samples. NMR delivered the highest porosity values due to its
physical principle of non-invasive sensing. NMR–LS, NMR–gas porosity comparisons showed
that NMR was the most appropriate technique for total porosity determination;

2. MICP porosity matched both NMR and imaging results and highlighted the different effects
of solvent extraction on the throat size distribution of the target rock samples. The first was
vanishing pore throats with sizes in the range 9–50 nm, followed by a redistribution of the
liberated void volume into two ranges: 3–8 and 50–200 nm. The second was a partial removal of
OM from voids in the mineral matrix, thereby boosting their effective size and volume;

3. PDP core-plug gas permeability measurements were consistent but overestimated in comparison
to PSS results. We observed the difference reaching two orders of magnitude;

4. petrographic thin-section analysis, as well as CT and μCT, did not resolve the void space structure
of the target rock samples. SEM proved to be the only feasible method for void-scale imaging with
a spatial resolution up to 5 nm. The results confirmed the presence of natural voids of two major
types. The first type was OM-hosted pores, with dimensions of less than 500 nm. The second
type was sporadic voids in the mineral matrix (biogenic clasts), rarely larger than 250 nm;

5. comparisons between whole-core and core-plug reservoir properties showed substantial
differences in both porosity (by a factor of 2) and permeability (up to 4 orders of magnitude)
caused by spatial heterogeneity and scaling.

The observed experimental features are essential for understanding the measured porosity and
permeability properties of tight carbonates similar to the target formation and are critical during the
planning of petrophysical core analysis.
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Figure A1. 3D view photo of the whole core #545.

Figure A2. Fractures occurred after extraction on an example of the Darcypress probes.

Appendix B. Common Shared Techniques

The core analysis workflows employed the main recommendations for rock analysis [6].
We determined the open porosity of the target rock samples using the standard liquid saturation

or gravimetric method. The technique consisted of saturating a rock sample with a liquid (usually
kerosene or water) and determining its volume by immersion in the saturating fluid utilizing precise
laboratory scales A&D GH-202GH with an AD1653 gravimetric console.
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The core saturation procedure consisted of vacuuming the samples, capillary imbibition, and
injection of a saturating fluid under a pressure of 15 MPa using an automatic saturating unit
Geologika PIK-SK.

Core crushing and probe preparation employed the crushing machine ASCS Scientific Jaw Crusher
JC-300-ST-Q. We separated the core fractions by mesh size using the vibratory sieve shaker RETSCH
AS 450 control.

Core cleaning (extraction) included cleaning the rock samples (core plugs and core chips) with
chloroform in a Soxhlet apparatus. We controlled the extraction quality by both visual inspection with
a UV lamp and by measuring the TOC content on rock specimens every 24 h. The time of extraction
averaged 150 h.

After extraction, we dried the rock samples at a temperature of 70 ◦C in the laboratory heating
oven Memmert VO400 until attaining a constant weight.

The Wildcat Technology HAWK RW instrument provided Rock-Eval pyrolysis measurements for
source rock geochemical analysis and data interpretation [68].

Optical microscopy is the most common and universal method for studying mineral composition
and textural features of sedimentary rocks. We imaged a set of thin sections (10–20 μm) using the
Carl Zeiss Imager A2m polarizing microscope with transmitted light (12 V halogen lamp, 100 W).
The resulting spatial resolution depended on many factors related to sample preparation. However,
we managed to achieve the image pixel size of about 10 μm.
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Abstract: Analysis of natural fractures is essential for understanding the heterogeneity of basement
reservoirs with carbonate rocks since natural fractures significantly control key attributes such as
porosity and permeability. Based on the observations and analyses of outcrops, cores, borehole image
logs, and thin sections from the Mesoproterozoic to Lower Paleozoic in the Jizhong Sub-Basin, natural
fractures are found to be abundant in genetic types (tectonic, pressure-solution, and dissolution)
in these reservoirs. Tectonic fractures are dominant in such reservoirs, and lithology, mechanical
stratigraphy, and faults are major influencing factors for the development of fractures. Dolostones
with higher dolomite content are more likely to have tectonic fractures than limestones with higher
calcite content. Most tectonic fractures are developed inside mechanical units and terminate at the unit
interface at nearly perpendicular or high angles. Also, where a thinner mechanical unit is observed,
tectonic fractures are more frequent with a small height. Furthermore, the dominant direction
of tectonic fractures is sub-parallel to the fault direction or oblique at a small angle. In addition,
integrating diverse characteristics of opening-mode fractures and well-testing data with oil production
shows that, in perforated intervals where dolostone and limestone are interstratified or dolostone is the
main lithologic composition, fractures are developed well, and the oil production is higher. Moreover,
fractures with a larger dip angle have bigger apertures and contribute more to oil production.
Collectively, this investigation provides a future reference for understanding the importance of
natural fractures and their impact on oil production in the carbonate basement reservoirs.

Keywords: natural fracture; influencing factor; oil production; carbonate rock; basement reservoir;
Jizhong Sub-basin

1. Introduction

Basement reservoirs usually refer to traps that accumulate oil and gas in topographic uplifts
of basement rocks under unconformities, which are covered by younger sediments [1–4]. Based on
their location in topographic uplifts, these reservoirs are divided into weathering crusts and inner
reservoirs [5–7]. Basement rocks include metamorphic rocks and some volcanic and carbonate
rocks [4,8–10].
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As an important type of unconventional petroleum system for further exploration and
development, basement reservoirs are receiving increasing attention worldwide, and hydrocarbons are
being exploited from them in areas such as China, North Africa, the USA, and Southeast Asia [1,2,11,12].
Considering recent advancements in production technology and demand for more resources, research
to extract oil and gas from the deep inner reservoirs of basements is growing as well [6,13,14]. In the
Bohai Bay Basin, basement reservoirs are the primary type of petroleum traps, particularly in the
Jizhong Sub-Basin, which is considered as one of the structural units in the Bohai Bay Basin, where 29
out of 43 oil and gas fields are basement reservoirs or related to basement rocks [15]. Volumetric
calculations showed proven reserves of 526.83 million tons (3861.66 million bbl) of original oil in place
(OOIP) in basement reservoirs, accounting for 51.66% of the total OOIP in the Jizhong Sub-Basin [9].
Carbonate rocks are the primary basement rocks in the Jizhong Sub-basin [16].

Previous studies have shown that primary pores are less in these basement reservoirs,
and secondary pores dominate the storage space, mainly composed of dissolution pores and
natural fractures [17–19]. Since basement rocks have experienced multiple periods of tectonism
and diagenesis, various natural fractures are generally developed, causing significant heterogeneity
in such reservoirs [13,20,21]. Like other types of fractured reservoirs, natural fractures are the main
flow pathways for hydrocarbons in basement reservoirs [8,12,22,23]. Moreover, natural fractures are a
significant component of storage space for petroleum accumulation in these reservoirs as well [24–26],
where fractures at different scales can connect pores to control the quality of the reservoir [3,13,27,28].

Despite the vital role that natural fractures play in the reservoir quality as explained above, limited
studies are carried out to delineate their significance entirely in basement reservoirs with carbonate
rocks. The development of fractures, the main factors affecting their existence, and their contribution
to the performance are unclear in such reservoirs and demand further investigation.

This study’s primary purpose is to characterize natural fractures and understand their role in oil
production in the deep inner reservoirs of carbonate basements in the Jizhong Sub-Basin of the Bohai
Bay Basin. Therefore, outcrops, cores, borehole image logs, and thin sections were used in a detailed
analysis for fracture characterizations, including orientation, dip angle, height, length, density, aperture,
and filling. Based on these, lithology, mechanical stratigraphy, and faults were also analyzed to reveal
how they would affect the growth mechanism of fractures. Moreover, the significance of opening-mode
fractures on oil production was presented as well. These efforts will enable us to understand the
heterogeneity of petrophysical properties and reservoir performances in these basements.

2. Geological Setting

2.1. Location and Structure

The Bohai Bay Basin, which is in the eastern part of China, is a Cenozoic rift basin developed
in the basement of the North China Platform [9,29,30] (Figure 1a). The Jizhong Sub-Basin in the
northwest is one of the sub-basins in the Bohai Bay Basin. It is distributed in an NNE–SSW direction
and covers an area of 32,000 km2 (12,355 mile2) [31,32] (Figure 1b). A number of NNE–SSW-oriented
depressions, uplifts, and slopes have been developed within the sub-basin. Additionally, two transfer
zones—Xushui-Anxin-Wenan and Wuji-Shenxian-Hengshui—are developed in the Jizhong Sub-Basin,
near E–W and NW–SE strikes, respectively (Figure 1b). The two transfer zones have divided the
sub-basin into three regions: northeast, center, and southwest. The extensional faults formed by
multistage tectonic movements are developed in this sub-basin, while grabens and half-grabens,
from these faults, have created various topographic uplift structures in this sub-basin [33,34] (Figure 2).
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Figure 1. (a) Location of the Jizhong Sub-Basin in the Bohai Bay Basin in China (modified from Zhao et al.,
2015) [9]. (b) Map showing the faults, structural units, transfer zones, wells, and outcrops in the Jizhong
Sub-Basin (modified from Chang et al., 2016) [35]. The fault data was modified from the Huabei Oilfield
database. A-A’ is the Xushui-Anxin-Wenan transfer zone, and B-B’ is the Wuji-Shenxian-Hengshui
transfer zone. C-C’ represents the position of the cross-section in Figure 2.

 

Figure 2. A geological cross-section in the Jizhong Sub-Basin, showing the structural pattern of the
strata (modified according to He et al., 2017) [36]. The position of the cross-section is shown by C-C’ in
Figure 1.
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2.2. Stratigraphy

Basement rocks in the Jizhong Sub-Basin are developed in the Archean, Proterozoic, Paleozoic,
and Mesozoic from bottom to top (Figures 2 and 3) [19,37]. The Archean and Paleoproterozoic are
composed of metamorphic rocks, while the Changcheng, Jixian, and Qingbaikou systems, which are
developed in the Mesoproterozoic and Neoproterozoic, are a set of sediments made up of marine
carbonate rocks. The Lower Paleozoic develops the Cambrian and Ordovician, which are typical
sediments dominated by carbonate rocks of neritic platform facies. The Carboniferous and Permian
in the Upper Paleozoic are clastic rocks of continental and transitional facies, where coal-bearing
strata are relatively abundant. The Mesozoic is mainly Jurassic and Cretaceous, which are continental
clastic rocks containing volcanic rocks. Due to the erosion and intermittent deposition caused by
multistage structural uplifts, the Jizhong Sub-Basin strata are absent from the Silurian, Devonian,
Early Carboniferous, and Triassic periods [29]. The Cenozoic strata consist of a set of interbedded
depositions that are mainly sandstone and mudstone of lacustrine and deltaic facies [38].

The target layer in this study is the basements of carbonate rocks in the Mesoproterozoic,
Neoproterozoic, and Lower Paleozoic periods. These basement rocks have undergone complex
sedimentation, diagenesis, and tectonism, forming various reservoirs with proven economic
hydrocarbon accumulations [39]. Source rocks are mainly dark mudstones of lacustrine facies
in the Paleogene, along with coal and dark mudstones of transitional facies in the Carboniferous and
Permian periods [40]. These source rocks are often adjacent to the basements, where hydrocarbons
have migrated into the reservoir through faults and unconformities [34,41]. It should be noted that
these coal and dark mudstones are also good regional caprocks for the carbonate basement reservoirs
in this sub-basin. Additionally, many interlayers with high argillaceous content exhibit high-quality
caprocks in the inner reservoirs of these basements [36,42]. As a result, combinations of source rocks,
reservoirs, and caprocks have created a suitable petroleum system in the carbonate basements of the
Jizhong Sub-Basin and have provided great potential for oil and gas exploration and development in
this area [9].

2.3. Reservoir

The carbonate rocks that constitute the basement reservoirs in the Mesoproterozoic and
Neoproterozoic are mainly dolostone, while in the Lower Paleozoic are dominated by limestone [38].
In these reservoirs, a network of pores and natural fractures have provided the storage space for the
economic accumulation of hydrocarbons [17–19]. The pores are mainly secondary and are formed by
dissolution, and natural fractures are more frequent and have multiple genetic types. These storage
spaces provide favorable conditions for oil and gas accumulation and migration in these reservoirs.
The carbonate rocks have an average matrix porosity lower than 12%, while the porosity analysis
from cores has shown that samples with a porosity higher than 3% account for more than 70% of all
samples [29,43]. The permeability of these basement reservoirs is relatively high, and samples with an
air permeability greater than 1 mD account for more than 60% of all measured samples [43].
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Figure 3. The stratigraphic column of the Jizhong Sub-Basin, showing the major petroleum systems
(source rocks, reservoirs, and cap rocks) (modified according to Wu et al., 2011, and Liu et al.,
2017) [19,37]. The gray mark in the system is the target layer of this study.

3. Dataset and Methodology

In this investigation, we collected data and samples from outcrops, cores, thin sections, and borehole
image logs in the basement reservoirs of carbonate rocks in the Mesoproterozoic to Lower Paleozoic in
the Jizhong Sub-Basin of the Bohai Bay Basin in eastern China. The outcrops and subsurface targets
are from the same formation and have experienced similar tectonic movements and diageneses [39,44].
Cores and borehole image logs from 19 wells from these basement reservoirs were analyzed as well.
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The length of the cores is 123.8 m (406.2 ft). Thin sections are 119 pieces coming from cores. In addition,
other useful information such as lithology, fault, perforated interval, and oil production, were collected
from the Renqiu Oilfield database and relevant literature. We combined these different sources of data
to comprehensively analyze and study the natural fractures in deep inner reservoirs of these basements
from macro to micro-scale.

Natural fracture characteristics, including height, length, orientation, dip angle, density, fracture
zone, spacing, aperture, and filling, were examined closely from the sources mentioned above.
The fracture density in this study refers to the linear density that was measured based on the number
of fractures per unit length. The fracture zone is defined as multiple sets of tectonic fractures that are
developed in rocks and usually are interwoven into a network, which makes it difficult to measure
and count individually. These parameters in outcrops and cores were identified and measured on-site,
while in borehole image logs, they were manually picked and interpreted [45,46]. It should be pointed
out that in the cores, there are some unnatural fractures caused by the drilling activity and pressure
release. Usually, the surface of fractures produced during the drilling activity is uneven, and these
fractures do not have obvious directionality. However, the natural fracture surface is relatively flat
or even smooth and has a strong directionality. Moreover, because there was no underground fluid
flowing through, the surface of fractures produced during the drilling activity and formed by pressure
release is very new. Based on these characteristics, we distinguished such unnatural fractures from
natural fractures in the observation and statistics of fractures in cores, in order to minimize their
influence on the real data.

Natural fractures in borehole image logs usually appear as sinusoidal curves, making it possible
to quantify their orientation, dip angle, density, and aperture [47,48]. Moreover, in borehole image logs
with water-based mud, opening-mode fractures are usually filled with mud filtrate or low-resistance
minerals and appear as dark sinusoidal curves, while filled fractures with high resistance minerals
(such as dolomite and calcite) often present as light or white sinusoidal curves [49]. Thin sections with
a thickness of 30 μm were made with blue-dye resin to highlight natural fractures and pores, and some
of them were impregnated with alizarin red to distinguish calcite and dolomite [50]. These thin sections
are divided into two types, vertical and parallel to the wellbore. The specific directions of each thin
sections are marked in the captions of Figures. Fractures in these thin sections were observed and
measured by the Olycia g3 software from Olympus, Japan [51].

By studying the variation law of the characteristics and intensity of natural fractures, the factors
controlling fracture development in these reservoirs were determined. Furthermore, by comparing
the lithology, fracture characteristics, and oil production in six perforated intervals, we evaluated the
role of natural fractures on oil production and proposed ideas to optimize development plans in the
carbonate basement reservoirs to enhance production. It should be noted that, in this analysis, the
fracture density refers to the linear density of opening-mode fractures, and oil production refers to the
daily production of oil during the well-testing stage.

4. Results

4.1. Fracture Characteristics

This study distinguished three genetic types of natural fractures, including tectonic, pressure-
solution, and dissolution fractures, in the basement reservoirs of carbonate rocks in the Jizhong
Sub-Basin [39,52,53]. Among these, tectonic fractures have a higher development degree than others
and are the dominant type in these reservoirs.

4.1.1. Tectonic Fractures

Tectonic fractures in the outcrops appear in sets, and their occurrences are stable (Figure 4).
Statistical analysis of outcrops confirms that tectonic fractures are developed in three major sets of
NNE–SSW, NW–SE, and near E–W strikes, while less developed in other directions (Figure 5). On the
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cross-section, tectonic fractures may pass through the rock formation interface and have a height of
several meters (Figure 4a). Other tectonic fractures within the rock formation with a height of less than
a few tens of centimeters were also observed (Figure 4b). On the horizontal plane, tectonic fractures
show mutual crosscutting relations, and their lengths vary considerably, from several centimeters to
meters (Figure 4c). The dip angles of these fractures are mainly high (>60◦) and near-horizontal (<15◦).
Ultimately, the number of tectonic fractures with oblique dip angles (15◦–60◦) was found less than 20%
of the total (1326).

Based on core observations, tectonic fractures usually exhibit a fracture plane with steps (Figure 6a).
In mudstones and argillaceous carbonate rocks, these fractures demonstrate clear striaes along the
direction of fractures propagation, with a very smooth surface (Figure 6b). Borehole image log
interpretation indicates that tectonic fractures appear as sinusoidal curves and are randomly distributed
(Figure 7a). Some tectonic fractures are intertwined to form a fracture network (Figure 7b). The dip
angels of these fractures are concentrated in the range of 60◦ to 85◦, followed by those with angles less
than 30◦. In particular, the dip angels of fractures in mudstones are mainly less than 20◦. The linear
density of tectonic fractures in a single well varies notably, ranging from 1.2 m−1 to 8.6 m−1. Furthermore,
borehole image logs confirm the existence of fracture sets similar to those in the outcrops, mainly in the
NNE–SSW, NW–SE, and near E–W strikes. More than 65% of tectonic fractures are opening-mode ones
in which minerals are not filled, while others are entirely or partially filled by calcite, hydrocarbons,
and clay minerals (Figures 6c and 7c).

 

Figure 4. Tectonic fractures in outcrops. (a) Fractures are developed with a height of several meters on
the cross-section. (b) Fractures are developed within the rock formation with a height of a few tens
of centimeters. (c) Fractures show mutual crosscutting relations on the horizontal plane where Set C
arrests Set D.
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Figure 5. Orientations of tectonic fractures in outcrops of carbonate rocks in the Jizhong Sub-Basin
(n = 1105).

 

Figure 6. Tectonic fractures in cores. (a) Fractures in Well R6, depth 5583.18 m (18,317.52 ft). (b) Fractures
in Well R14, depth 4010.37 m (13,157.38 ft). The dip angle of this fracture is 6◦. (c) Fractures in Well R7,
depth 4301.19 m (14,111.52 ft). Calcite entirely filled fractures.

The inspection of thin sections reveals that tectonic fractures are widely distributed in these
carbonate rocks (Figure 8). Two sets of tectonic fractures can cut through or arrest each other
(Figure 8b,c), and multiple sets are interwoven to form a network (Figure 8d). The development of
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these fractures does not exhibit any relationship with the bedding plane of carbonate rocks. If early
developed fractures are filled with minerals such as calcite, pyrite, clay, or hydrocarbons, they will
not provide effective storage space and seepage channels for the reservoir and become ineffective
(Figure 8d–f) [54,55]. In this regard, the same fracture could be filled multiple times with different
minerals (Figure 8e,f). More than 60% of tectonic fractures in thin sections are open and do not show
any mineral fillings. The apertures of these fractures vary, while most of them are less than 100 μm and
are concentrated below 60 μm.

Figure 7. Tectonic fractures in borehole image logs. (a) Tectonic fractures are conductive in Well R8.
The red sinusoidal curves represent recognized fractures. (b) Tectonic fractures that are not filled link
together like a network in Well R15. (c) Tectonic fractures in Well R3. The yellow sinusoidal curves
represent the fractures filled by minerals.

4.1.2. Pressure-Solution Fractures

Pressure-solution fractures are formed during structural and diagenetic processes due to pressure
solution [56]. The pressure-solution fractures in these reservoirs are composed of bed-parallel fractures
and stylolites. The bed-parallel fractures are formed along the depositional interface under various
geological conditions, with distinguishable characteristics such as bending, discontinuity, and branching
(Figures 9a–c and 10a) [57]. These fractures exhibit small dip angles and are nearly parallel to the
depositional interface. There are normally insoluble mineral residues recognized in them, such as clay
minerals, while they can also be filled with hydrocarbons or other minerals. Stylolites are generally
irregularly wavy or serrated, parallel or sub-parallel to the horizontal plane, with a small number
intersecting the horizontal plane at a small angle (Figures 9c,d and 10b). Iron argillaceous minerals
and hydrocarbons can fill some of these fractures. These pressure-solution fractures are poor in lateral
continuity, and their apertures in the thin sections are commonly less than 35 μm.

4.1.3. Dissolution Fractures

Dissolution fractures are formed through long-term underground fluid, including the new fracture
formed after the dissolution transformed the earlier fracture and the fracture formed when the
dissolution connected a lot of pores [58,59]. When dissolution fractures are formed from earlier
ones, their fracture walls are rough and uneven, and their apertures are larger than the previous
stage fractures (Figure 11a). Although newly dissolved pores are preserved inside or at the edges
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of the original fractures and the shape of the initial sets are changed after the dissolution process,
the original distribution of these fractures can still be discerned. Dissolution fractures that are formed
when multiple pores are connected like a string of beads will become an effective storage space for
hydrocarbons in the reservoir (Figure 11b). Besides, fractures filled with minerals can also become
dissolution fractures when unstable filling minerals like calcite entirely or partially are dissolved
via acidic water leaching or groundwater scouring (Figure 11c,d). Overall, dissolution fractures are
irregular in shape, often in the pattern of snake-like and anastomosing (Figures 10c and 11) [60].
The apertures of dissolution fractures measured in thin sections vary significantly and are between
40 μm and 80 μm and sometimes become relatively large (up to 200 μm).

 

Figure 8. Tectonic fractures in thin sections. (a) Fractures in Well R2, depth 5039.60 m (16,534.12 ft).
(b) Fractures in Well R2, depth 5039.35 m (16,533.30 ft). Group B terminated Group A. (c) Fractures
in Well R5, depth 5916.02 m (19,409.51 ft). Group D terminated Group C. (d) Fractures are filled with
calcite in Well R9, depth 4548.10 m (14,921.59 ft). (e) Fractures in Well R5, depth 5728.31 m (18,793.67 ft).
E shows hydrocarbons, and F is calcite. (f) Fractures in Well R8, depth 4703.26 m (15,430.64 ft). G is
dolomite, and H is calcite. The directions of these thin sections are vertical to the wellbore.
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Figure 9. Pressure-solution fractures in thin sections. (a) Bed-parallel fractures in Well R2, depth 5041.27 m
(16,539.60 ft). (b) Bed-parallel fractures in Well R8, depth 4861.80 m (15,950.79 ft). (c) Fractures in Well
R8, depth 4862.12 m (15,951.84 ft). A is the bed-parallel fracture. B is the stylolite. (d) Stylolite in Well
R9, depth 4548.53 m (14,923.00 ft). The directions of these thin sections are parallel to the wellbore.

Figure 10. Fractures in borehole image logs. (a) Bed-parallel fractures in Well R15. (b) Stylolites in Well
R1. (c) Dissolution fractures in Well R16. The arrows mark the identified fractures.
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Figure 11. Dissolution fractures in thin sections. (a) Fractures in Well R12, depth 3105.18 m (10,187.60 ft).
(b) Fractures in Well R12, depth 3112.35 m (10,211.12 ft). (c) Fractures in Well R17, depth 2764.60 m
(9070.21 ft). (d) Fractures in Well R17, depth 2764.00 m (9068.24 ft). The directions of these thin sections
are vertical to the wellbore. The minerals dissolved in these filled fractures are calcite.

4.2. Factors Influencing Fracture Development

4.2.1. Lithology

The lithology in the basement reservoirs of carbonate rocks includes dolostone, limestone, and a
small amount of mudstone [39]. The development of tectonic fractures is divided into two categories:
(1) only one or several sets of tectonic fractures that are developed in the rocks, and they are often regular
and can be accurately measured and counted (Figure 7a); and (2) multiple sets of tectonic fractures that
are interwoven into a network, which makes it difficult to measure and count each fracture, creating a
fracture zone (Figure 7b). Observations and statistical analysis of different lithologies depict that
the fracture zone is developed in both dolostone and limestone, but barely in mudstone (Figure 12).
Based on borehole image logs, the ratio of the fracture zone thickness to the rock thickness in dolostone
is 18.1%, while in limestone, it is 12.5%. Moreover, the linear density of tectonic fractures in the borehole
image logs, excluding the fracture zone, was also analyzed (Figure 12). Hereof, the average linear
density of tectonic fractures in dolostone is found the largest, which can reach 6.8 m−1, followed by
limestone, and finally mudstone, 4.1 m−1 and 1.3 m−1, respectively. Also, in the outcrops, tectonic
fractures are more developed in dolostone than limestone, while tectonic fractures in mudstone have
the least development degree (Figure 13). All of these indicate that lithology controls the abundance of
tectonic fractures in the target layers.

Lithology controlling fracture development is essentially due to the rock composition, particle size,
and particle arrangement [61,62]. Both dolomite and calcite are the major minerals in carbonate rocks,
but the Young’s modulus of dolomite (8.71 × 104–14.18 × 104 MPa) is higher than calcite (5.69 × 104–8.82
× 104 MPa) [63–65]. Therefore, under the same stress conditions, dolostone with higher dolomite
content is more likely to develop tectonic fractures than limestone with higher calcite content. However,
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the abundance of these minerals (calcite and dolomite) in the mudstone is very low, hence tectonic
fractures are developed poorly. Based on thin sections, limestone is more likely to host dissolution
fractures than dolostone and mudstone due to its higher calcite content [66].

 

Figure 12. Schematic diagram comparing the fracture zone frequency and fracture linear densities of
tectonic fractures in different lithologies. The fracture zone frequency refers to the ratio of the fracture
zone thickness to the rock thickness based on borehole image logs.

 
Figure 13. Tectonic fractures in different lithologies of carbonate rocks in the outcrops.

4.2.2. Mechanical Stratigraphy

Mechanical stratigraphy subdivides stratified rock into discrete mechanical units consisting of one
or more stratified rock units with consistent or similar rock mechanical properties such as brittleness,
tensile strength, elastic stiffness, and fracture mechanics properties [49,67,68]. These mechanical units
are generally, but not always, one layer with uniform lithology, which is not exactly the same as
the lithologic layer. Further analysis in these basements reveals that mechanical stratigraphy which
controls tectonic fractures can work in two ways: (1) the interface of the mechanical unit controls the
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growth and termination of tectonic fractures, and (2) the thickness of the mechanical unit controls the
development degree and height of tectonic fractures.

Tectonic fractures in the outcrops mainly are developed inside the mechanical unit, and most of
them cut through the entire mechanical unit and end at the interface of two separate mechanical units
(Figure 14). These fractures are nearly perpendicular to or are inclined at a high angle to the interface of
mechanical units. As the mechanical unit thickness increases, the height of tectonic fractures increases
as well. Based on core observations, tectonic fractures only are developed in the same mechanical
unit and terminated at the interface when lithological variations dictate a different mechanical unit
(Figure 15). Moreover, tectonic fractures of the same set are developed at approximately equal intervals
in the same mechanical unit. The outcrop observations show that in the mechanical units that are
limited in thickness, the mean spacing of tectonic fractures displays a strong linear relationship with
the thickness of mechanical units, which means the mean spacing of tectonic fractures increases as
the thickness of mechanical units increases (Figure 16) [45,69,70]. Consequently, the stress regime has
caused tectonic fractures in the thinner mechanical unit to be more frequent and with smaller heights,
unlike thicker mechanical units.

 

Figure 14. The outcrop section shows tectonic fractures in different mechanical units. I to V refer to
the number of mechanical units. The linear density of tectonic fractures is 4.3 m−1 in I, 10.6 m−1 in II,
9.3 m−1 in III, 3.6 m−1 in IV, and 6.7 m−1 in V.
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Figure 15. Tectonic fractures in the cores of Well R15, depth 2598.08 m (8523.88 ft). The fractures are
mainly developed in layer A and end at the interface between separate layers A and B.

Figure 16. The relationship between the mean fracture spacing and the thickness of mechanical units
from 52 data points on outcrops.

4.2.3. Fault

Since the Paleozoic, the Jizhong Sub-basin has experienced three large-scale tectonic movements:
Indosinian, Yanshan, and Himalayan movements, to form a typical multi-period structural superimposed
sub-basin [39]. The sub-basin mainly has caused two-set extensional fault systems of NNE-SSW and
NW-SE strikes, in addition to some near E–W strikes [34,42] (Figure 17). The characteristics of these
faults indicate that the faults with NNE–SSW strikes are major ones that control the orientations of deep
tectonic belts, and the faults with NW–SE and near E–W strikes are the lateral faults which segment the
tectonic belts and control the formation and scale of deep reservoirs [44]. Interpretations of borehole
image logs explain that tectonic fractures in these reservoirs are mainly NNE–SSW, NW–SE, and near
E–W strikes overall. Nevertheless, in different locations of the sub-basin, fracture directions vary notably
(Figure 17). In the northeastern and southwestern regions of this sub-basin, the dominant direction
of tectonic fractures is the NNE–SSW strikes, while in the central part and near the transfer zones,
the dominant direction of these tectonic fractures becomes more complicated where all the three sets
(NNE–SSW, NW–SE and near E–W strikes) can appear.
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Figure 17. The relationship between fault and fracture strikes. (a) Location of the Jizhong Sub-Basin
in the Bohai Bay Basin in China (modified from Zhao et al., 2015) [9]. (b) Faults and tectonic fracture
orientations in the carbonate rocks of the Jizhong Sub-basin. The fault data was modified from the
Huabei Oilfield database. The data regarding fracture orientations is derived from the borehole image
logs of 14 wells.

The main reason is that the NNE–SSW strike faults are the only one set that is developed in the
northeastern and southwestern regions of this sub-basin and all the NNE–SSW, NW–SE, and near E–W
strike faults are developed in the central area of the sub-basin. The orientation of the fractures and
faults is consistent, and the dominant direction of these fractures is sub-parallel to the direction of
faults or oblique at a smaller angle. Therefore, one can conclude that tectonic fractures in this sub-basin
are associated with faults, and these faults have a significant influence on the fracture direction.

5. Discussion

The basement reservoirs of carbonate rocks that are discovered in the Jizhong Sub-Basin in the
Bohai Bay Basin are mainly dolostones and limestones from the Mesoproterozoic, Neoproterozoic,
and Lower Paleozoic periods [38]. Reservoir properties determine the oil and gas accumulation in
these reservoirs [17,71,72]. Initial structures and pores of carbonate rocks in these basements are mostly
transformed by recrystallization, dolomitization, and tectonism, and has formed the interconnected
composite reservoir system consisting of pores and fractures [18,19]. Qiao et al. (2002) studied the
relationship between the porosity and burial depth of 32 carbonate basement reservoirs in the Bohai Bay
Basin [73]. They found that the porosity does not decrease significantly with the increase of burial depth,
while the average porosity generally varies between 5% and 6%, with a negligible change. This infers
that because the height variation is not significant in these reservoirs, pores are less affected by the
buried depth, and a relatively larger amount of porosity can stay intact to provide a suitable reservoir
quality [71]. Moreover, a single basement reservoir has a relatively uniform pressure system and small
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changes in fluid properties, and the lithology distribution in the reservoir is relatively stable [9,18,19,38].
However, the above research results show that the development of fractures in these reservoirs has
strong heterogeneity. Observations from outcrops, cores, borehole image logs, and thin sections show
that these fractures are usually connected (Figures 4 and 6–8). We speculate that the development
of opening-mode fractures improves the effectiveness of the storage space, thereby influencing the
reservoir’s effective permeability and oil production in these carbonate basement reservoirs.

Through a comprehensive analysis of lithology, opening-mode fractures, and well-testing data,
we found that geological characteristics and oil production in the carbonate basement reservoirs vary
regionally within the reservoir unit. Considering Well R10, which is drilled in a typical basement inner
reservoir with a total of 6 perforated intervals at a depth of 4095–4142 m (13,435.0–13,589.2 ft), significant
differences in oil production from each perforated interval is reported (Figure 18). Among them,
the V and VI perforated intervals displayed higher oil production, 16.62 and 45.58 tons per day
(124.30 barrels and 340.95 barrels per day), respectively, making them the main oil production section
of Well R10. These intervals are followed by the II and III perforated intervals, with oil production
of 4.94 tons and 6.53 tons per day (36.93 barrels and 48.88 barrels per day), respectively. Finally,
perforated intervals I and IV are dry layers without any oil production. The lithologic comparison of
different perforated intervals indicates that the I and IV perforated intervals without any oil production
are mainly limestones, especially the I perforated interval, which is only limestones. In this regard,
other perforated intervals with oil production have different degrees of dolostone content where in the
V and VI perforated intervals with the largest quantities of oil production, dolostone and limestone are
interstratified (Figure 18).

 

Figure 18. Schematic diagram showing the lithology combination, fracture density, perforated interval,
and oil production in Well R10. Oil production refers to the daily production of oil in the well-testing
stage. Lithology and fracture data were derived from the borehole image logs, and the data pertaining
to perforated intervals and oil production were collected from the Huabei Oilfield database. I to VI
refer to the name of perforated intervals, which correspond to the names also shown separately in
Figure 19. Unit t·d−1 refers to the average number of tons of oil produced per day.
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Figure 19. Tectonic fractures in the borehole image logs from Well R10. I to VI represent a part of
each perforated interval, respectively. Perforated interval numbers are similar to Figure 18. Red lines
represent tectonic fractures that appear as sinusoidal curves.

Fracture interpretations from borehole image logs reveal that opening-mode fractures are well
developed at a depth of 4095 m to 4142 m (13,435.0 ft to 13,589.2 ft) in the Well R10, and the average
fracture linear density can reach 6.78 m−1. Besides, the development degree and dip angle of these
fractures in different perforated intervals demonstrate a large discrepancy (Figure 19). In this aspect,
comparing the oil production with the fracture linear density of each perforated intervals, a positive
correlation can be found, which means higher fracture linear density can lead to better oil production
(Figures 18 and 19). Considering II, III, V, and VI perforated intervals with higher oil production,
opening-mode fractures are developed better, and their dip angles are usually greater than 45◦
(Figure 19II–VI). However, opening-mode fractures are developed less in the I and IV perforated
intervals where layers are dry (Figure 19I,IV). In particular, the dip angles of these fractures in IV
perforated interval are lower than 45◦, and some are even near horizontal.

Geological characteristics of these perforated intervals reveal that the primary reason for different
oil production is the varying degree of regional development of opening-mode fractures. Specifically,
oil production grows with the increasing of fractures density (Figure 20). In the intervals where the
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dolostone and limestone are interstratified or dolostone makes up the primary lithology, fractures are
generally more developed, thus the oil production is higher. However, in the intervals with higher
quantities of limestone, the development of opening-mode fractures is relatively poor, and the oil
production is lower as well. In addition, tectonic fractures are the dominant type of natural fractures in
these basement reservoirs, and their effectiveness varies with the dip angles where tectonic fractures
with smaller dip angles exhibit smaller aperture because of the overburden stress. This has caused their
connectivity to become relatively poor, thus, their contribution becomes less to oil production [50,74,75].
Also, when the dip angle of tectonic fractures becomes larger, aperture increases and their contribution
to oil production enhances. Therefore, it is deduced that tectonic fractures play a major role in the
quality of basement reservoirs with carbonate rocks in the Jizhong Sub-basin, and their development
has a significant impact on the oil production from these reservoirs.

 

Figure 20. The relationship between the average oil production and the average fractures density
in the perforated intervals. The average oil production refers to the daily production of oil in the
well-testing stage in every meter perforated interval. The average fracture density is the linear density
of opening-mode fractures in the perforated interval from the borehole image logs. Unit t·d−1·m−1

refers to the average number of tons of oil produced per day in one-meter perforated interval.

6. Conclusions

This study indicates that natural fractures are abundant in genetic types, including tectonic,
pressure-solution, and dissolution ones, in the carbonate basement reservoirs in the Jizhong Sub-Basin,
where tectonic fractures are the dominant type. Macroscopic fractures vary in height and length from
several centimeters to meters, with a wide range of linear densities and dip angles. These fractures
are found in three sets of NNE–SSW, NW–SE, and near E–W strikes. The apertures of microscopic
fractures are concentrated below 60 μm, and more than 60% of them are opening-mode ones without
mineral fillings.

Dolostones with higher dolomite content are more likely to develop tectonic fractures than
limestones with higher calcite content, and tectonic fractures have the least development intensity
in the mudstone. Most tectonic fractures are developed inside the mechanical units and end almost
perpendicularly or with a higher angle to the mechanical unit interface. In a thinner mechanical unit,
these fractures are more frequent and have a smaller height. The dominant orientation of fractures
changes regularly and is sub-parallel to faults or oblique at a small angle.

The analysis of opening-mode fractures and well-testing data in perforated intervals reveals that
oil production is related to fracture characteristics. In intervals where dolostone and limestone are
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interstratified or dolostone is the main lithologic composition, fractures are generally more developed,
and oil production is higher, unlike intervals where limestone is the main constituent. Moreover,
tectonic fractures with larger dip angles present a bigger aperture and contribute more to oil production.
Finally, it is concluded that natural fractures are the main controlling factor of oil production to create
favorable reservoir conditions in these basements. This study provides reference and future guidance
for a better understanding of natural fractures and reservoir heterogeneity in the basement reservoirs
of carbonate rocks.
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Abstract: Multi-phase tectonic movements and complex geological structures limit the exploration
and hotspot prediction of coalbed methane (CBM) in structurally complex areas. This scientific
problem is still not fully understood, particularly in the Bumu region, Southwest China. The present
paper analyses the occurrence characteristics and distribution of CBM based on the comprehensive
analysis of CBM data. In combination with the analysis of the regional tectonics setting, geological
structure features and tectonic evolution. The control action of multi-phase tectonic movements
on CBM occurrence are further discussed. Results show that the Indosinian local deformation,
Yanshanian intense deformation, and Himalayan secondary derived deformation formed the current
tectonic framework of Enhong synclinorium. The intense tectonic compression and dextral shear
action in the Yanshanian and Himalayan movements caused the complex geological structures in
Bumu region, composed of the Enhong syncline, associated reverse faults and late derived normal
fault. The CBM distribution is complex, which has the central and western NNE-trending high gas
content zones along the syncline hinge zone and the reverse faults. The geological structure controls
on CBM enrichment are definite and important. Based on geological structure features and responses
of gas content, methane concentration, and gas content gradient, the gas controlling patterns of
geological structure are determined and can be classified into five types: the reverse fault sealing,
syncline sealing, monoclinal enrichment, normal fault dispersion, and buried floor fault dispersion
types. The structural compression above the neutral surface plays an important role in the syncline
sealing process, which is indicated by an increase in gas content gradient. The EW-trending tectonic
intense compression and dextral shear action in the Himalayan movement avoided the negative
inversion of NNE-trending Yanshanian compressive structure and its destruction of CBM reservoir.
However, the chronic uplift and derived normal fault during Himalayan period caused the constant
dissipation of CBM.

Keywords: coalbed methane; geological structure; gas controlling pattern; neutral surface; tectonic
movement; Bumu region

1. Introduction

Coalbed methane (CBM) resources are abundant in China, where early-stage large-scale CBM
development is undertaken actively [1]. However, the complex geological settings of CBM need further
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investigation in order to achieve large-scale commercial production efficiently [1,2]. The coal-bearing
basins in China experienced multi-phase tectonic movements in geologic history and developed
complex geological structures [3]. Geological structure plays an important role in the process of CBM
generation, occurrence, migration, and enrichment in coal seams [4–11]. Especially, the influence on
CBM occurrence from the geological structure modification of the coal reservoir physical properties,
such as porosity, adsorption, and permeability [12–20]. Research has been focused on the variation of
gas content with geological structure; generally, fold and fault. CBM resources within depth less than
2000 m in China are estimated to be 36.81 trillion m3, of which more than 84% occur in nine large-scale
basins, such as the Junggar, Tianshan, Tuha, Santanghu, Ordos, Qinshui, Erenhot, Hailar, and western
Guizhou–eastern Yunnan basins [1]. Most of these basins exhibit the syncline or synclinorium structure.
Syncline structure is a favorable area in terms of CBM reservoir formation, mainly due to the increase
in coal seam buried depth and gas content [7,21]. On the other hand, the compression above the
neutral surface and the extension below the neutral surface of the syncline are also important for the
CBM occurrence [22–24]. However, there is still a lack of effective methods for determining the neutral
surface and its effects on CBM. The influence of fault structure on CBM is generally summarized as
gas contents are usually higher near the reverse faults and lower adjacent to the normal faults [1,25].
The normal faults can also increase the gas content in closed and occluded types [9]. The early faults
are mainly modified and reversed during the late tectonic movement, especially the early compression
and late extension. The evolution of fault and the effects of geological structure on other gas-bearing
characteristics, such as the gas composition, gas pressure, and gas content gradient, are still not
well understood.

The Enhong synclinorium is located in the eastern Yunnan region, Southwest China, with abundant
coal resources (Figure 1) [26]. The coal-bearing stratum is the Upper Permian Changxing Formation
(P3c) and Longtan Formation (P3l). The estimated coal-bearing area is about 485 km2. The geological
coal reserves with burial depth less than 2000 m is 5.25 × 109 tons, which makes this synclinorium one
of the largest coking coal producing areas in China [27]. The amount of CBM resources with burial
depth less than 2000 m is 6.13 × 1010 m3, and 82% of the volume is located at a depth less than 1000 m,
showing a good prospect for CBM exploitation [28]. 12 CBM wells have been drilled in the research
area. However, the Enhong synclinorium is characterized by the complex geological structure, which is
composed of various scales and orientations of dense folds and faults. The complex structure restricts
the exploration and commercial exploitation of CBM. Considering the complexity of the geological
structure, as well as the insufficient and uneven CBM data for the whole region, this work takes the
Bumu region as the research area because of the rich geological and CBM data available, which is
located in the central part of the Enhong synclinorium.

This article presents the occurrence characteristics and distribution of CBM based on the
comprehensive analysis of those CBM data. Multi-phase tectonic movements in structurally complex
CBM fields are determined according to the analysis of the regional tectonics setting, geological
structure features and structural evolution. The gas controlling patterns of geological structure are
jointly proposed by the multiple CBM parameters analysis. The multi-phase tectonic movements
controls on CBM occurrence are further discussed. The results of this study provide new insights and
improved understanding of the influence of fold neutral surface and fault sealing on CBM, which may
have significant implications for CBM exploitation in structurally complex areas.
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Figure 1. Tectonic location of the study area.1-Weining-Ziyun-Nandan fault, 2-Anninghe-Lvzhijiang
fault, 3-Luoci-Yimen fault, 4-Puduhe-Dianchi fault, 5-Xiaojiang fault, 6-E’shan-Tonghai fault, 7-Huanian
fault, 8-Red river fault, 9-Mi’le-Shizong fault, 10-Nanpanjiang fault, 11-Youjiang fault.

2. Geological Setting

2.1. Regional Structure

The research area is tectonically located in the southwestern margin of the Yangtze plate (Figure 1).
It occurs at the boundary between the Tethys-Himalaya tectonic domain and the circum Pacific tectonic
domain [29,30]. This tectonic unit is bordered by the NE-trending Mi’le-Shizong fault in the south,
the NS-trending Xiaojiang fault in the west and the NW-trending Youjiang fault in the northeast [31,32].

The Bumu region is located in the central part of the Enhong synclinorium, which is the main
geological structure in this area (Figure 2). The Enhong synclinorium, with a length of 53 km and
width of 6–12 km, is located between the NE-trending Fuyuan-Mi’le fault and the NS-trending
Pingguan-Agang fault [33]. The Enhong synclinorium is mainly composed of Enhong syncline and
many secondary anticlines and synclines, which extend in the direction of NE, NNE, NS, and NNW
from the southwest to the northeast of the Enhong synclinorium. The deformation strength of
the fold decreases gradually from west to east and from north to south, with the stratigraphic dip
angle of about 10–25◦. Meanwhile, the NE-plunging Enhong synclinorium is strongly destroyed by
numerous multilevel multidirectional faults (Figure 2). The secondary derived drag folds, derived faults,
and associated faults developed well in the northwestern limb of Enhong synclinorium. The derived
brachy drag folds in the south are mainly arranged in echelons to the right row, and the axial traces
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form an acute angle with the Fuyuan-Mi’le fault, indicating that the deformation mechanism of the
folds is derived from the right-lateral slipping of the Fuyuan-Mi’le fault (Figure 2). The NE-trending
secondary associated folds are strongly deformed and extend near the fault zone of Fuyuan-Mi’le fault.
The secondary faults in the northwestern limb are mostly the NNE-trending derived faults and the
NE-trending associated branch faults of the Fuyuan-Mi’le fault.

 

Figure 2. Geological sketch map and structural cross section of Enhong synclinorium.

434



Energies 2020, 13, 6003

The NS- and NNW-trending folds developed well in the north part of the southeastern limb of the
Enhong synclinorium (Figure 2). The secondary faults in the southeastern limb are commonly the
NS-trending associated faults and the NE-, EW-, and NW-trending strike-slip normal derived faults,
which are mostly arranged as an echelon pattern and are restricted by the Pingguan-Agang fault at a
large angle. Especially the arcuate fault zone, composed by the right-lateral strike-slip normal faults,
is formed near the eastern part of the Bumu region. Additionally, the latter small oblique strike-slip
faults, mainly the NNW-trending left-lateral strike-slip faults and NEE-trending right-lateral strike-slip
faults, cut across the major structure and complicate geological structure.

2.2. Coal-Bearing Strata and Coal Seam

The basement of the Yangtze plate in this area is the Mesoproterozoic Kunyang Group.
The sedimentary stratum are Siluric, Devonian, Carboniferous, Permian, Triassic, Paleogene, Neogene,
and Quaternary [29]. The exposure strata in the research area are mainly the limestone of Yongningzhen
Formation (T1y) and the siltstone and sandstone of Feixianguan Formation (T1f). The buried strata,
exposed by drilling, are Kayitou Formation (T1k), Changxing Formation (P3c), Longtan Formation
(P3l) and Emeishan basalt Formation (P3β) (Figure 3a). The Changxing Formation (P3c) and Longtan
Formation (P3l) are the major coal-bearing strata. They were measured between 214.33 m to 278.55 m
in thickness and consist of 28 to 46 coal seams (Figure 3a). The total thickness of the coal seams ranges
from 20.23 m to 35.54 m with an average thickness of 30.22 m. The minable coal seams are the coal
seams Nos. 4, 7–9, 12, 13, 15, 16, and 18–24, with an average thickness of 19.57 m, and the Ro,max

ranges from 1.07% to 1.15% (Table 1). The thickness, coal quality, and lateral stability of coal seams in
the upper segment of Longtan Formation (P3l2) are favorable for the exploitation of coal and CBM.
The No. 9 coal seam, with a thickness of 1.22–5.80 m and an average thickness of 3.28 m, is stable and
the unique regional minable coal seam in the research area.

Table 1. Characteristic and gas content of main coal seam in the Bumu region.

Stratum
Coal
Seam

Thickness
(m)

Ro,max

(%)

Coal Maceral
(%) Vdaf

(%)

Gas Composition (%) Gas
Content

(m3/t)V I L CH4 C2+ N2

P3c 4 1.06 1.08 67.9 9.4 22.7 30.92 63.33 5.31 30.07 9.25
P3l2 7 1.18 – 71.0 6.7 22.3 28.85 66.70 9.60 22.07 11.06
P3l2 8 0.90 1.09 69.0 5.0 26.0 28.40 – – – –
P3l2 9 3.28 1.10 64.9 10.9 24.2 29.74 66.93 9.54 22.72 11.21
P3l2 12 1.75 1.08 66.4 9.8 23.8 27.71 59.91 13.48 24.65 9.15
P3l2 13 0.73 – 66.3 9.6 24.1 25.78 71.33 7.46 20.19 13.17
P3l2 15 1.64 1.07 66.2 8.7 25.1 27.37 65.86 11.73 20.95 14.00
P3l1 16 1.43 1.08 66.6 9.5 23.9 26.89 67.92 10.98 19.17 10.64
P3l1 18 0.87 1.09 66.6 11.1 22.3 26.96 65.74 10.83 21.48 13.52
P3l1 19 0.98 1.08 64.8 14.2 21.0 25.35 – – – –
P3l1 20 0.83 1.07 68.2 10.1 21.7 25.53 71.32 12.37 15.03 12.34
P3l1 21 1.40 1.11 63.1 11.2 25.7 26.41 73.93 11.12 13.50 12.31
P3l1 22 1.32 – 68.1 7.9 24.0 26.19 71.85 14.75 12.45 12.58
P3l1 23 1.26 1.15 62.6 12.7 24.7 26.41 46.57 3.63 48.52 7.94
P3l1 24 1.11 1.09 67.2 12.5 20.3 26.50 – – – –

Note: Ro,max—maximum vitrinite reflectance, Vdaf—volatile yield (dry ash-free base), V—vitrinite, I—inertinite,
L—liptinite.
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Figure 3. Stratigraphic column of coal-bearing strata (a), structural outline map (b) and structural cross
sections (c,d) of Bumu region.

3. Material and Experimental Methodology

The geological structures and structural features in Bumu region were analyzed and determined
according to the field and drilling geological surveys. The structural features, distribution law, structural

436



Energies 2020, 13, 6003

pattern, and mechanical causes of numerous multilevel folds and faults of Enhong synclinorium
in the region were systematically studied based on the theory of modern structural geology and
geomechanical analysis. In combination with the analysis of regional tectonic setting, the multi-phase
tectonic evolution and deformation mechanism in the research area were discussed and determined.

The CBM gas content and gas components of 108 coal samples from different coal seams in
Bumu region were measured according to the desorption method and gas chromatography method
that following Chinese National Standards GB/T 19559-2008 and GB/T 13610-2003, respectively
(Table 1). The No. 9 coal seam has the most CBM data, obtained from 27 boreholes (Table 2).
The maximum vitrinite reflectance measurement, coal maceral composition analysis, and proximate
analysis were performed following the Chinese National Standards GB/T6948-2008, GB/T8899-1998,
and GB/T212-2008, respectively (Table 1). These CBM data form the basis for the discussion of the
occurrence characteristics and distribution of CBM in Bumu region. Based on the response and
variation of CBM gas content, gas component and gas content gradient to the different types and
periods geological structures, the control action of different geological structures, fold neutral surface
action and fault sealing in multi-phase tectonic movements on CBM occurrence were further discussed.

Table 2. List of gas-bearing property parameters and structure position of No. 9 coal seam.

Borehole
Depth

(m)

Gas
Content

(m3/t)

CH4

Concentration
(%)

Gas Content
Gradient

(m3/t/100 m)
Structure Position

Gas
Controlling

Pattern *

0103 472.92 15.30 75.37 3.24 Hanging wall of F8–10 I
103 503.85 13.41 72.54 2.66 Hanging wall of F8–10 I
301 531.76 19.27 83.40 3.62 Footwall of F2–6 I

301-1 402.67 15.30 73.90 3.80 Hanging wall of F2–6 I
404 587.74 13.61 91.09 2.32 Footwall of F2–6 I

0101 489.24 9.72 71.66 1.99 Hinge zone of syncline II
101 578.86 10.50 67.03 1.81 Hinge zone of syncline II
1202 564.99 15.03 78.98 2.66 Hinge zone of syncline II
403 564.77 10.97 67.95 1.94 Hinge zone of syncline II
504 688.21 14.65 92.02 2.13 Hinge zone of syncline II
505 683.71 9.11 90.86 1.33 Hinge zone of syncline II
602 838.12 10.93 92.02 1.30 Hinge zone of syncline II
501 687.98 7.31 61.62 1.06 NWW limb of syncline III
502 767.14 9.10 53.76 1.19 NWW limb of syncline III
503 731.10 11.71 51.58 1.60 NWW limb of syncline III
1201 435.25 11.20 71.97 2.57 NWW limb of syncline III
2301 490.30 10.25 66.81 2.09 NWW limb of syncline III
EH01 265.07 7.79 89.85 2.94 SEE limb of syncline III
0102 468.32 8.39 70.19 1.79 Footwall of F16 IV
102 509.22 9.59 75.82 1.88 Footwall of F16 IV
1203 574.00 10.31 49.67 1.80 Footwall of F16 IV
2302 566.00 9.81 57.13 1.73 Footwall of F16 IV
303 554.54 9.38 57.55 1.69 Footwall of F16 IV
401 688.09 11.50 63.74 1.67 Hanging wall of f1 V
402 646.40 9.70 42.16 1.50 Footwall of f3 V

4501 715.42 9.91 31.72 1.39 Hanging wall of F2 V
4503 623.72 11.1 45.65 1.78 Footwall of f4 V

* Gas controlling pattern: I—reverse fault sealing type, II—syncline sealing type, III—monoclinal enrichment type,
IV—normal fault dispersion type, V—buried floor fault dispersion type.

4. Geological Structure and Tectonic Evolution

The geological structures in Bumu region are mainly the Enhong syncline, reverse, and normal
faults (Figure 3b). The Enhong syncline is the main geological structure, which controls the overall
distribution, orientation, and burial depth of coal seams (Figure 3c,d). The Enhong syncline is an open
NNE-plunging symmetrical syncline, with the hinge line plunges in the direction of NE17◦ and the
plunge angle of 15–30◦. The coal seams are generally distributed in NE and NW direction, with a dip
angle of about 5–20◦ in the south and about 15–30◦ in the north.
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Geological survey has discovered 20 faults, developed well in this area with the directions
of NNE, NE, and NW (Figure 3b). The faults are mainly reverse faults, with a few normal faults.
The reverse faults are mostly in NNE direction and the normal faults are mostly in NE and NW
directions. The imbricate large reverse faults of F2–5, F2–6, F8–10, and F5, with the fault throw of 40–55 m,
are located in the NWW limb of Enhong syncline (Figure 3c). The normal faults are limited by the
NNE-trending reverse faults and that indicates the normal faults are formed later. Normal faults
generally extend unsteadily, especially the F16 fault, as the southern section of the arcuate strike-slip
normal derived faults, extends in NE–NEE direction. There are seven faults, F2–6, F8–10, F16, f1, f2, f3,
and f4 in No. 9 coal seam.

Since the formation of coal measures in the Late Permian, the study area has mainly experienced
Indosinian movement, Yanshanian movement, and Himalayan movement. Affected by the NW-trending
basement fault on the northeast, the NW-trending folds and reverse faults were formed beside the
basement faults under the NS-trending tectonic compression in the Indosinian [34]. In other areas
of the Enhong synclinorium, including the Bumu region, the influence of the Indosinian movement
was very weak and the Indosinian geological structure was rare. During the late Jurassic and early
Cretaceous, the subduction of the Pacific plate and the compression of the South China block led to
the intense Yanshanian tectonic movement [35]. The intense tectonic compression in the direction of
NW–SE caused formation of the Enhong syncline, Fuyuan-Mi’le fault, Pingguan-Agang fault, and the
associated branch faults. In the Bumu region, the NNE-trending large reverse fault of F2–6 and F8–10,
as well as small buried reverse fault of f1, f2, f3, and f4 were formed (Figure 3). The former Indosinian
NW-trending structures ware modified intensely and the Yanshanian NE-trending structures were
formed rarely in the northeast of the Enhong synclinorium. During the Eocene, the northward
subduction of the Indian plate and the westward subduction of the Pacific plate for the Eurasian plate
caused the Himalayan movement, EW-trending tectonic compression and dextral shear action [36–38].
It caused a right-lateral shear slip and property transformation of the Fuyuan-Mi’le fault and the
Pingguan-Agang fault. Meanwhile, the formation of the NNE-trending secondary derived drag folds
and derived compression-shear faults in the NW limb, combined with the NE- and EW-trending
strike-slip normal derived faults in the SE limb complicated and formed the current tectonic framework
of the Enhong synclinorium. The derived normal fault of F16 were formed in the southeast of the Bumu
region. The Indosinian NW-trending structures in the northeast, the Yanshanian NNE-trending Enhong
syncline, large boundary, and associated branch reverse faults, combined with the Himalayan secondary
derived faults and drag folds, formed the current tectonic framework of the Enhong synclinorium.

5. Gas Occurrence Features

5.1. Gas Composition

In the Bumu region, the composition of CBM is complex, mainly composed of CH4, N2, CO2,
and heavy hydrocarbon gases. The heavy hydrocarbon gases (C2+) include ethane and propane in
the research area. The concentration of CH4 varies greatly and ranges from 9.17% to 95.32%, with an
average value of 65.60%. The N2 and CO2 account for 21.76% and 1.61%, respectively. The concentration
of heavy hydrocarbon gas is abnormally high, 0.30–25.51%, and the average value is up to 10.47%.
The CBM δ13C1 ranges from −51.69‰ to −43.43‰ with an average of −46.57‰, indicating that CBM
is mainly the pyrolysis product of humic organic matter and possibly the secondary biogenic gas in the
shallow coal seam [39]. The local high concentration of heavy hydrocarbon gas is mainly the complete
result of the coal maceral, microbial degradation, and coal pore structure [29,33].

There is no apparent linear relationship between the CBM composition and coal burial depth,
indicating that the geological influence factors of CBM are complex. The concentrations of methane,
heavy hydrocarbon and alkane gas generally tend to increase with coal burial depth (Figure 4a–c),
while the N2 concentration decreases with the increase in coal burial depth (Figure 4d).
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Figure 4. The gas-bearing property parameters vary with the coal burial depth. (a) methane
concentration, (b) heavy hydrocarbon gas concentration, (c) alkane concentration, (d) N2 concentration,
(e) gas content, and (f) gas content gradient.

In the Bumu region, the methane concentration of CBM decrease while as the N2 and heavy
hydrocarbon gas concentration increase. The dissipation of methane, as well as its mutual exchange
and mixture with surface atmosphere are mostly the main geological cause. It indicates that the CBM
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occurrence space in the study area has relatively low sealing capacity, which may have resulted from
destruction of fault in the CBM reservoir. This is consistent with the complicated geological structure
in the Bumu region.

5.2. Gas Content and Its Distribution

In the Bumu region, the gas content of coal seam ranges from 6.94 to 19.27 m3/t and is mainly
between 8 and 13 m3/t. The average value of gas content is 11.19 m3/t. Generally, the CBM content
tends to increase linearly with coal burial depth and the gas content gradient tends to decrease with
coal burial depth following the power function [40]. With the increase in the coal burial depth, the gas
content gradient exhibits an overall decreasing trend, but there is no significant positive correlation
with the gas content in the Bumu region (Figure 4e,f). The overall relatively low methane concentrations
and gas contents of coal seam indicate the widely distributed open and semi-open reservoir space
of CBM in the study area. The influence of geological structure on the sealing of CBM reservoir is
important and will be discussed in greater detail later in this paper. The gas content of different coal
seams fluctuate significantly with stratigraphic sequence and these observations were previously
interpreted as a result of multiple unattached CBM-bearing systems in the vertical section [41,42].
Therefore, this study selects the No. 9 main coal seam with stable development and largely available
gas data as the research object to discuss the gas distribution features (Table 2, Figure 5).

Gas content of No. 9 coal seam in the Bumu region is relatively high, ranging from 7.31 to
19.27 m3/t and with an average value of 11.29 m3/t. The distribution pattern of gas content is complex
and has an overall banding distribution in the direction of NNE. The CBM enrichment region, with the
gas content higher than 10 m3/t and about half of the study area, is distributed along the hinge zone of
the Enhong syncline. The gas contents of the two limbs of syncline decrease and form two low gas
content zones in the northwest and southeast of the study area. At the same time, the development
of fault structures complicates the geological structure and the occurrence of CBM in the study area,
resulting in the further differentiation of CBM content distribution, particularly in the west (Figure 5).
With the gas content of 10 m3/t as the boundary, the central NNE-trending high gas content zone,
western NNE-trending high gas content zone, northwest, and southeast low gas content zones can be
further divided as follows.

(1) Central NNE-trending high gas content zone, with a length of 6500 m in the NNE direction and a
width about 1500 m. The gas content is 10.25–15.30 m3/t, with an average of 12.11 m3/t. Meanwhile,
two secondary high gas content zones have been formed in the southwest and northeast, with
the gas content generally higher than 13 m3/t and 11 m3/t, respectively. The distribution of gas
content gradient is similar to that of gas content, and there is an overall trend that the gas content
gradient decreases from the southwest to the northeast, in the direction of the Enhong syncline
plunging. However, the methane concentration of CBM is high in the southwest and northeast
while is low in the central region.

(2) In the western NNE-trending high gas content zone, the gas content, gas content gradient,
and methane concentration vary greatly and distribute complexly. The gas content is
9.70–19.27 m3/t and the highest gas content zone forms in the study area. The gas content
gradient is 1.50–3.62 m3/t/100 m and the methane concentration is 42.16–83.40%.

(3) In the northwest low gas content zone, the gas content, gas content gradient, and methane
concentration are all low, with the mean value of 8.77 m3/t, 1.21 m3/t/100 m and 49.03%,
respectively. Such a situation is very unfavourable for the CBM accumulation.

(4) In the southeast low gas content zone, the gas content is 7.79–9.81 m3/t, with its contour lines
extending in NNE direction and decreasing in SEE direction. In general, the contour lines of gas
content gradient and methane concentration also extend in NNE direction, while decreasing in
NWW direction.
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Figure 5. Contour maps of No. 9 coal seam floor, structural sketch and gas-bearing property
parameters. (a) coal seam floor and structural sketch; (b) gas content; (c) methane concentration; (d) gas
content gradient.
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6. Gas Controlling Pattern of Geological Structure

In the Bumu region, as a complex geologic structural area with well-developed syncline, normal
fault and reverse fault structures, geologic structures play an important role in the occurrence and
distribution of CBM, especially the effects of multi-phase tectonic movements after the formation of
coal seam. A systematic study on the structural characteristics, tectonic evolution, and CBM occurrence
shows that the gas distribution pattern is mainly controlled by the development of geological structures.
The development of the Enhong syncline leads to the deep burial and structural compression of the
coal seam in the syncline hinge zone, which could allow gas enrichment and shows that the central
NNE-trending high gas content zone spreads along the Enhong syncline axis and an overall decreasing
trend from the hinge zone of the Enhong syncline, in the central NNE-trending high gas content zone,
to its limbs in the northwest and southeast low gas content zones. The development of different types
of fault structures further complicates the geological structure and CBM content distribution in the
study area, especially in the western NNE-trending high gas content zone.

According to the variation of gas content, gas content gradient, and methane concentration in
different structure parts, the effects of different geological structures on CBM occurrence are determined
as the following five types: reverse fault sealing type, syncline sealing type, monoclinal enrichment
type, normal fault dispersion type, and buried floor fault dispersion type (Figure 6).

  

 

Figure 6. Scatter diagram of gas-bearing property parameters of 5 gas controlling pattern. (a) plot of
methane concentration to gas content gradient; (b) plot of methane concentration to gas content; (c) plot
of gas content to gas content gradient. Gas controlling pattern: I—reverse fault sealing type, II—syncline
sealing type, III—monoclinal enrichment type, IV—normal fault dispersion type, V—buried floor fault
dispersion type.
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(1) Reverse fault sealing type: No. 9 coal seam from boreholes Nos. 0103, 103, 301, 301-1, and 404
is characterized by the high value of gas content, methane concentration, and gas content gradient,
which is generally higher than 12 m3/t, 70% and 2.6 m3/t/100 m, respectively. The mean values of those
properties in the test boreholes are 15.38 m3/t, 79.26% and 3.13 m3/t/100 m, respectively. Those boreholes
are located near the large reverse fault of F2–6 and F8–10, which are formed during the Yanshanian
period. Compared with the Yanshanian reverse faults in the North China plate that are mostly reversed
to the normal faults in the later period [7], the Yanshanian large reverse fault, even underwent the
strike-slip structural modification during the Himalayan period, still have good seal capacity and are
beneficial for the preservation of CBM.

(2) Synclinal sealing type: No. 9 coal seam is characterized by the high gas content, methane
concentration and the medium gas content gradient, which is generally higher than 10 m3/t, 70%,
and about 2.0 m3/t/100 m, respectively (Table 2). The CBM of No. 9 coal seam from boreholes Nos. 0101,
101, 1202, 403, 504, 505, and 602, located in the hinge zone of the Enhong syncline, has a mean value
of 11.56 m3/t, 80.07% and 1.88 m3/t/100 m, respectively. The development of syncline leads to the
increase in coal seam burial depth, which is conducive to the accumulation of CBM and the increase in
gas content from limb to hinge zone. In contrast, the gas content gradient tends to decrease with the
increase in the burial depth [40]. Therefore, the increase in the gas content gradient of coal seam in the
Enhong syncline hinge zone, compared to the limbs, is strong evidence that the structural compression
above the neutral surface is conducive to the accumulation of CBM.

(3) Monoclinal enrichment type: No. 9 coal seam located in syncline limbs, such as Nos. 501,
502, 503, 1201, 2301, and EH01 boreholes, is characterized by the medium gas content, methane
concentration and the low gas content gradient, which is generally lower than 12 m3/t, 70% and about
1.8 m3/t/100 m, respectively (Table 2). The gas content gradient varies greatly, ranges from 1.06 to
2.94 m3/t/100 m, which is caused by its decrease with the increase in burial depth.

(4) Normal fault dispersion type: No. 9 coal seam located in the footwall of F1 normal fault,
such as Nos. 0102, 102, 1203, 2302, and 303 boreholes, is characterized by the low gas content,
methane concentration, and gas content gradient, which is generally lower than 10 m3/t, 70%,
and about 1.8 m3/t/100 m, respectively (Table 2). The right-lateral slipping of the Pingguan-Agang
fault derives the F16 normal fault during the Himalayan period. The extensional fault destroys the
CBM reservoir and provides seepage channels for CBM dissipation as well as its mutual exchange
with the surface atmosphere.

(5) Buried floor fault dispersion type: No. 9 coal seam located near the buried f1, f3, and f4

reverse faults is characterized by the low gas content, methane concentration, and gas content gradient,
which is generally lower than 10 m3/t, 60%, and about 1.8 m3/t/100 m, respectively (Table 2). The scale
and displacement of these buried floor faults are small, which fail to form a good sealing property for
CBM. In addition, the faults penetrate the Emeishan basalt formation underlying the coal-bearing strata,
and it has been reported that natural gas can be migrated and be stored in the Emeishan basalt [43,44].
The well-developed fractures in the basalt also serve as an escaping path and as a reservoir of CBM,
respectively [40]. These fractures destroy the sealing of the fault and cause the dispersion of CBM.

For No. 9 coal seam in the Bumu region, methane concentration is sensitive to the sealing of
CBM reservoir and is generally larger than 70% in reverse fault and syncline sealing types (Figure 6).
Gas content and gas content gradient vary greatly with burial depth resulted from the different
geological structure control action (Figure 7).

Gas content gradient can indicate the influence of geological structure on CBM reservoir from the
buried depth, which is lower than 1.8 m3/t/100 m in normal and buried floor fault dispersions while is
higher than 2.4 m3/t/100 m in reverse fault sealing type (Figures 6 and 7). Gas content is an important
parameter for the enrichment of CBM, which is higher than 12 m3/t in reverse fault type and around
12 m3/t in syncline sealing type.
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Figure 7. Gas content (a) and gas content gradient (b) vary with coal burial depth. Gas controlling
pattern: I—reverse fault sealing type, II—syncline sealing type, III—monoclinal enrichment type,
IV—normal fault dispersion type, V—buried floor fault dispersion type.

The tectonic movement was dominated by the continuous subsidence movements after the
coal-bearing strata deposited in the Late Permian until the Late Jurassic. According to the previous
numerical simulation research about the burial and thermal histories of coal seams based on the
analysis of vitrinite reflectance and homogenization temperature of fluid inclusion, the largest ancient
burial depth of the coal seams can reach 3800 m in the research areas [45–47]. Under the effect of
paleotemperature, the coal seams experienced deep metamorphism and reached the fat coal stage,
accompanied with the massive CBM generation [45,46]. The influence of the Indosinian movement
was very weak and the Indosinian geological structure was rare in the Bumu region. The intense
tectonic compression and the formation of compressive structures during the Yanshanian movement,
as well as the peak-period of gas generation, are conducive to CBM enrichment. The gas-controlling
pattern is manifested as the reverse fault sealing, syncline sealing, and monoclinal enrichment of CBM,
which are the main controlling factors to the central and western NNE-trending high gas content
zones. The tectonic intense compression and dextral shear action in the Himalayan movement avoided
the inversion of compressive structure to extensional structure and the destruction of CBM reservoir,
which are common in the North China plate [48]. However, the chronic uplift and derived normal fault
during the Himalayan period caused the constant dissipation of CBM. The normal fault dispersion
and buried floor fault dispersion are the main reasons for the northwest and southeast low gas content
zones in the Bumu region.

7. Conclusions

Based on the largely available geological and CBM data, a comprehensive analysis is performed
on the Bumu region, one of the hotspots of CBM development in Southwest China. This study has
drawn several conclusions, as follows:

(1) The Indosinian local deformation, Yanshanian intense deformation, and Himalayan secondary
derived deformation formed the current tectonic framework of Enhong synclinorium. The intense
tectonic compression and dextral shear action in the Yanshanian and Himalayan movements
caused the complex geological structures in Bumu region, which are composed of the Enhong
syncline, associated reverse faults and late derived normal fault.

(2) The methane concentration of CBM decreases while the nitrogen and heavy hydrocarbon gas
concentrations increase in Bumu region. The relatively low methane concentration and gas
content imply the open to semi-open reservoir space of CBM. The CBM distribution is complex,
which has the central and western NNE-trending high gas content zones along the syncline hinge
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zone and the reverse faults. The geological structure controls on CBM enrichment are definite
and important.

(3) Based on geological structure features and responses of gas content, methane concentration and
gas content gradient, the gas controlling pattern of geological structure are determined and can
be classified into five types: the reverse fault sealing, syncline sealing, monoclinal enrichment,
normal fault dispersion, and buried floor fault dispersion types.

(4) The structural compression above the neutral surface plays an important role in the syncline
sealing process, which is indicated by the increase in gas content gradient. The EW-trending
tectonic intense compression and dextral shear action in the Himalayan movement avoided the
negative inversion of NNE-trending Yanshanian compressive structure and its destruction of
CBM reservoir. However, the chronic uplift and derived normal fault during Himalayan period
caused the constant dissipation of CBM.
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Abstract: The accurate determination of methane adsorption isotherms in coals is crucial for both
the evaluation of underground coalbed methane (CBM) reserves and design of development strategies
for enhancing CBM recovery. However, the experimental measurement of high-pressure methane
adsorption isotherms is extremely tedious and time-consuming. This paper proposed the use
of an ensemble machine learning (ML) method, namely the gradient boosting decision tree (GBDT),
in order to accurately estimate methane adsorption isotherms based on coal properties in the Qinshui
basin, China. The GBDT method was trained to correlate the adsorption amount with coal properties
(ash, fixed carbon, moisture, vitrinite, and vitrinite reflectance) and experimental conditions (pressure,
equilibrium moisture, and temperature). The results show that the estimated adsorption amounts
agree well with the experimental ones, which prove the accuracy and robustness of the GBDT method.
A comparison of the GBDT with two commonly used ML methods, namely the artificial neural
network (ANN) and support vector machine (SVM), confirms the superiority of GBDT in terms
of generalization capability and robustness. Furthermore, relative importance scanning and univariate
analysis based on the constructed GBDT model were conducted, which showed that the fixed carbon
and ash contents are primary factors that significantly affect the adsorption isotherms for the coal
samples in this study.

Keywords: methane adsorption isotherm; coal properties; machine learning; gradient boosting
decision tree; estimation model

1. Introduction

As an unconventional hydrocarbon resource, coalbed methane (CBM) has been unlocked
for commercial development in the USA, China, Australia, Canada, and India [1]. The recovery
of CBM from coal seams has multiple favorable effects, such as the reduction of greenhouse gas release
into the atmosphere, enhancement of underground coal mining safety, and addition to natural gas
supply [2,3]. It is commonly believed that the majority of methane exists within coal seams via physical
adsorption [4,5]. The accurate characterization of methane adsorption isotherms in coals is crucial
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for the successful development of CBM resources, because the isotherm determines the in situ level
of gas saturation, which significantly affects CBM production rates [6].

To date, experimental methods that were commonly used for measuring high-pressure methane
adsorption isotherms have included the manometric, the gravimetric, and the volumetric methods [7].
Although these methods differ in the means by which the adsorption amount is determined, they all
require indispensable procedures that typically include sample preparation, adsorption equilibrium,
and data deduction. Such tedious experimental procedures are not only time-consuming, but they
also may result in varying sources of uncertainties. Previous studies [8,9] showed that adsorption
isotherms on a same sample measured in different laboratories may exhibit noticeable discrepancies,
which may be attributed to uncertainties that stem from e.g., the determination of reference/pump and
void volume [10,11], the choice of equation of state (EoS) [8] and impurities in the measurement gas [9].
As such, it is pointed out by [12] that extremely tedious procedures, including through the calibration
of the instrument, careful operations, and check of the repeatability, are needed in order to ensure
the accuracy and consistency in adsorption isotherm measurements.

When compared with the measurement of adsorption isotherms, determinations of coal properties
(e.g., proximate analysis, maceral group identification, vitrinite reflectance measurement) are much
easier and faster. Numerous studies have shown that the methane adsorption capacity on coals is
potentially affected by the coal properties (e.g., ash, fixed carbon and inherent moisture contents,
maceral group, vitrinite reflectance) and experimental conditions (e.g., sample particle size, equilibrium
moisture, and temperature) [13–15]. As such, it is reasonable and should be viable to estimate/predict
the adsorption isotherm while using mathematical regression techniques that are based on these
influencing factors. Feng et al. [16] quantitively correlated the Langmuir volume (VL) with vitrinite
reflectance, proximate parameters, vitrinite content, and temperature while using the alternating
conditional expectation (ACE) algorithm. More recently, Chattaraj et al. [1] applied the multiple
regression analysis method to develop a predictive model for VL based on proximate and ultimate
parameters. It should be noted that only VL was estimated in Feng et al. and Chattarj et al.; neither study
considered the estimation of Langmuir pressure (PL), which determines the curvature of an adsorption
isotherm. In other words, the models that were proposed by [1,16] can only predict the maximum
adsorption capacity instead of the adsorption isotherms. The difficulty in the accurate estimation of PL

may be due to the uncertainties in its correlations with coal properties. For example, Laxminarayana and
Crosdale [17] and Dutta et al. [18] found that Langmuir pressure decreases with the increase in vitrinite
reflectance for Australian and Indian coals. However, Busch et al.’s [13] statistics on ≈1000 coal
samples show a very scattered pattern between PL and vitrinite reflectance. Zhang et al. [19] proposed
the use of deep neural network (DNN) in order to predict CO2 adsorption on porous carbon based
on surface area, micropore, and mesopore volumes. However, gas adsorption behavior on coals is more
complicated than on porous carbons due to the higher degree of chemical and physical complexity
of coals.

Having addressed these issues, it should be of practical significance to accurately estimate
the adsorption isotherm from parameters that are easy and fast to determine in order to reduce
the time-consuming and expensive work of adsorption isotherm measurement. This paper proposed
the use of the gradient boosting decision trees (GBDT) [20,21] in order to accurately estimate adsorption
isotherms that are based on coal properties (ash, fixed carbon, moisture, vitrinite, and vitrinite
reflectance) and experimental condition (equilibrium moisture and temperature) for coal samples
acquired from the Qinshui basin. The GBDT is an ensemble method that combines a number of base
estimators (decision trees) with the gradient boosting algorithm in order to improve the robustness over
a single estimator. The GBDT has empirically proven to be highly efficient and promising for solving
various regression and classification problems in the field of energy and petroleum engineering [22,23].
However, to the best knowledge of the authors, the application of GBDT in estimating the adsorption
isotherm has not yet been reported. The superiority of the GBDT in terms of accuracy and robustness
was then confirmed by comparison with the back-propagation artificial neural network (BP-ANN) and
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support vector machine (SVM). Sensitivity analysis was then conducted while using the constructed
GBDT model to analyze the effect of each input variable on the adsorption isotherm.

2. Materials and Methods

2.1. Geological Background of the Study Area

The study area is the Anze block in the southern Qinshui basin, North China (Figure 1),
where commercial developments of CBM resources have been ongoing since more than two decades
ago. The Qinshui Basin is a large compound synclinal basin surrounded by the uplifts of Wutai
Mountain, Taihang Mountain, Zhongtiao Mountain, and Huo Mountain [24]. The study area consists
of the Pennsylvanian Benxi and Taiyuan formations, Permian Shanxi, Xiashihezi, Shangshihezi and
Shiqianfeng formations, and Triassic to Quaternary deposits. The primary CBM-bearing formations
are No. 3 coal seam in the Shanxi formation and No. 15 coal seam of the Taiyuan formation (Figure 2).
The No. 3 and No. 5 coals are characterized with high metamorphism. The coal ranks are in the range
of low volatile bituminous to anthracite with Ro,m high up to 4.5% [25]. Maceral compositions are
dominated by vitrinite and subordinate inertinite, while liptinite is microscopically unrecognizable.
The Lithotypes are primarily semi-bright and bright coals.

 
Figure 1. Illustration of the study area where coal samples were retrieved. Reprint with permission [24];
2011, Elsevier Ltd.

2.2. Samples and Experiments

A number of 165 coal samples were acquired while using the downhole coring technique from
72 CBM wellbores in No. 3 and No. 5 coal seams. After being transported to the laboratory in sealed
tanks, the coal samples were subjected to proximate analysis, vitrinite reflectance, and adsorption
isotherm measurements in order to develop a database that is used for machine learning. Proximate
analysis was conducted following the Chinese standard GB/T 212-2008 [26]. The maceral group was
identified at 50×magnification under plane polarized reflected light with a fluorescence illuminator,
following the Chinese standard GB/T 8899-2013 [27]. Vitrinite reflectance (Romax) was measured
according to Chinese standard GB/T 6948-2008 [28] at a magnification of 500 × oil immersions.
More details on the analysis procedure are given in [29]. Methane adsorption isotherms were measured
on 60–80 mesh moisture-equilibrium coal powders while using the manometric method [7]. For each
sample, the experimental temperature was set to be identical with the in situ temperature where the
sample was retrieved. Each adsorption isotherm is comprised of eight equilibrium pressures (ranging
from ≈0.5 to ≈8.5 MPa) with corresponding adsorption amounts, which results in a total number of 8 ×
165 = 1320 data points in the database. Table 1 summarizes experimental data for the samples.
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Figure 2. Stratigraphy of the coal-bearing strata in the study area. Reprint with permission [24]; 2011,
Elsevier Ltd.

Table 1. Summary of the experimental data.

Property Maximum Minimum Average

Ash (a.d.), % 49.59 4.85 18.70
Moisture (a.r.), % 2.20 0.34 1.10

Fixed carbon (d.a.f.), % 93.08 78.15 87.74
Vitrinite (m.m.f), % 97.80 47.50 80.77

Vitrinite reflectance, % 3.18 1.67 2.39
Equilibrium moisture, % 33.90 6.00 14.22

Temperature, ◦C 45.0 24.0 33.71
Langmuir volume, m3/t 37.26 12.53 24.25

Langmuir pressure, MPa 2.90 1.52 2.03

Note: a.r.—as received; a.d.—air dry; d.a.f—dry ash free; m.m.f—mineral matter free.
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2.3. Basics of GBDT

The basic philosophy behind the GBDT is to use an ensemble of classification and regression
trees (CARTs) to fit the training data samples through minimizing a regularized objective function.
Each CART is comprised of a number of leaf nodes and each leaf node is associated with a binary decision
rule structure and a continuous score. In GBDT, a number of CARTs are developed in a sequential
manner in order to form an accurate ensemble model. For the completeness of this paper, the
GBDT algorithm is briefly addressed, as follows. Readers are referred to [20,21] for more details
on the GBDT algorithm.

For a given data set with d dimensions and n examples D =
{
(xi, yi)

}
,
(
Xi ∈ Rd, yi ∈ R, i = 1, 2, . . . , n

)
,

the output F is predicted as the sum of K additive functions, which is written as

F(x) =
M∑

m=0

βmh(x; {Rlm}Ll ) (1)

where h represents a tree with a number of L nodes; Rlm represents partitioned region that is defined
by the terminal node l of the mth tree;

{
βm

}M
0 are expansion coefficients that are jointly fit with {Rlm}Ll to

the training data set by minimizing a regularized objective function:

L =
n∑
i

ψ(yi, F(xi)) (2)

where ψ is a differentiable loss function, which was assigned as the squared error in this study.
The minimization of the loss function is achieved by iteratively adding leaf nodes that result

in the steepest decent [21], which is mathematically expressed as:

γlm = argmin
γ

∑
xi∈Rlm

ψ(yi, Fm−1(xi) + γ) (3)

Fm(x) = Fm−1(x) + υγlml(xi ∈ Rlm) (4)

where υ is the shrinkage factor in the range of (0, 1] that controls the learning rate of the training process.
Empirically, small values of υ are beneficial in conserving the model and, thus, help in increasing
the generalization capability [22].

2.4. Construction of the GBDT Estimation Model

2.4.1. Input Features

For constructing a reliable regression model, a first key step is to properly identify input features
(or independent variables) [30]. A most popular method for identifying the input features is to conduct
univariate correlation regression, and features with high degree of correlation (e.g., in terms of high
correlation coefficient) with the output are fed into the estimation model [31,32]. The primary drawback
of this method is that feature(s) with weak, but certain, underlying correlations with the output may
be excluded from the model, which may tend to decrease the modeling accuracy. Beker et al. [33]
argued that all features with either explicit (strong) or implicit (weak) correlations with the output
variables should be included in a machine learning model in order to attain high modeling accuracy.
In this regard, we assigned features as the input of the model that have been demonstrated empirically
to exert potential effects on the adsorption amount, and that are less expensive and more rapid to be
experimentally measured than the adsorption isotherm. Section 3 will discuss the effect of the inclusion
of these “less significant” features on the model accuracy.

In this study, the adsorption isotherm is represented with a series of discrete (adsorption amount
versus equilibrium pressure) data points (Figure 3). Thus, the estimation of adsorption isotherm is,
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in fact, transformed to the estimation of adsorption amounts at given equilibrium pressures. In this
way, the equilibrium pressure is an essential input variable for the construction of the estimation
model. An alternative option to estimate the adsorption isotherm would be to use an adsorption
model (e.g., the Langmuir type model) to represent the isotherm and then correlate the adsorption
model parameters (e.g., Langmuir volume and Langmuir pressure) with certain input features.
However, our preliminary evaluation of this alternative option turned out to fail in accurately
reproducing the adsorption isotherm, which is probably due to the weak correlation of Langmuir
pressure with input features, such as coal properties and experimental conditions, as mentioned earlier.

Figure 3. An example of the experimentally measured adsorption isotherm represented with discrete
equilibrium points. Pi and Yi represent the equilibrium pressure and the corresponding adsorption
amount for the ith equilibrium points.

For the coal samples that were used in this study, coal properties that exhibit strong control on
methane adsorption capacity are ash (Figure 4a) and fixed carbon (Figure 4b) (with R2 ≥ 0.6), which,
therefore, are assigned as the input features. The vitrinite reflectance (Figure 4c) exhibits a generally
linear positive effect on the adsorption although the correlation is relatively loose (R2 = 0.36), which is
also included in the input feature bank. Other factors, including inherent and equilibrium moisture,
vitrinite content, and experimental temperature, which show weak correlations (with R2 ≤ 0.1) with
the adsorption capacity (Figure 4d through 3g), are also included in the model construction given
numerous documentations of their potential effect on adsorption isotherm (e.g., [1,4,15–18]).

As mentioned earlier, our goal is to develop an estimation model that is based on data that
are less expensive and less time-consuming to obtain, so that the adsorption isotherms can be
fast estimated with reasonable accuracies. Therefore, other coal properties that may exert potential
influence on methane adsorption isotherms, such as micro-pore surface area/volume [34–36] and surface
functional groups [13,37] of coals, are not considered because such information requires experimental
endeavors that inevitably bring in additional expenses. Besides, the experimental determination of the
pore characteristics is rather complicated while using techniques, such as gas (N2/CO2) adsorption [38],
focused ion beam scanning electron microscopy (FIB-SEM, [39]) and small-angle neutron scattering
(SANS, [40]), which require special experimental apparatus and they may be even more time-consuming
than the measurement of adsorption isotherms.

As a short summary, the input features for constructing the estimation model for the adsorption
isotherm are: coal properties (including ash, fixed carbon, inherent moisture, vitrinite, and vitrinite
reflectance) and experimental conditions (equilibrium pressure, equilibrium moisture, and temperature).

2.4.2. Determination of Optimal GBDT Hyperparameters

Prior to conducting GBDT regressions, the whole database comprising of 165 samples and
adsorption isotherms is randomly divided into three sub-sets, namely the training (99 samples, 60%),
validation (33 samples, 20%), and testing (33 samples, 20%) sets (Figure 5). The training set was used
for training the GBDT network, while the validation set was for monitoring the performance and
for determining the optimal model parameters (which is to be addressed in the following paragraph).
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The testing set was assumed to be “unseen” during the model construction process and used for testing
the generalization capability of the constructed regression model. It should be noted again that
each adsorption isotherm is represented with eight (adsorption amount versus equilibrium pressure)
discrete data points, and, thus, the training, validation, and testing sets are, in effect, constituted with
a number of 99 × 8 = 792, 33 × 8 = 264, and 33 × 8 = 264 data points, respectively (Figure 5).

 
(a) (b) 

 

(c) (d) 

 

(e) (f) 

 

 

(g)  

Figure 4. Correlation analysis of input features with the adsorption capacity represented with Langmuir
volume. (a) ash (a.r.); (b) fixed carbon (d.a.f.); (c) vitrinite reflectance; (d) inherent moisture (a.r.);
(e) equilibrium moisture; (f) vitrinite (m.m.f) and (g) temperature.
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Figure 5. Illustration of the database structure and division of the database into the training, validation
and testing sets. P—equilibrium pressure; A—ash; FC—fixed carbon; V—vitrinite; Romax—vitrinite
reflectance; IM—inherent moisture; EM—equilibrium moisture; T—temperature; Y—adsorption
amount. Subscript j denotes the jth sample; Superscript I on “P” and “Y” denote the ith equilibrium
point on the adsorption isotherm.

The empirical results from [41,42] demonstrate that the accuracy and generalization capability
of the GBDT can be significantly influenced by three parameters, namely the number of estimators,
the shrinkage factor, and the maximal tree depth. As such, these parameters should be optimized
in order to ensure the accuracy and robustness of the GBDT. In this study, the optimal values for the three
parameters were determined through the exhaustive grid search method [43]. That is, all possible
combinations of the parameter values were run sequentially, and the optimal parameterization was
determined to be the one that results in the lowest root mean squared error (RMSE) for the validation
set. Previous studies [41,42] suggested that a satisfactory performance of GBDT can be obtained
with relatively small shrinkage factors (<0.1) and low-level tree complexity (with tree depth<6).
As such, the shrinkage factor was varied from 0.005 to 0.105 with a step of 0.01, and the maximum
tree depth was varied from two to seven with a step of 1 in this study. The optimal number of trees is
a problem-dependent hyperparameter, which was set to vary from 500 to 5000 with a step of 500.

2.4.3. Evaluation Matrices

The performance of the GBDT estimation was quantitatively evaluated through four metrics,
namely average absolute error (AAE), average relative error (ARE), root mean square error (RMSE),
and determination coefficient (R2). The definitions for these metrics are:

AAE =
1
N

N∑
i=1

∣∣∣yi − fi
∣∣∣ (5)

ARE =
1
N

N∑
i=1

∣∣∣∣∣ yi − fi
yi

∣∣∣∣∣ (6)

RMSE =
1
N

N∑
i=1

(yi − fi)
2 (7)
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R2 =

∑N
i=1(yi − fi)

2∑N
i=1(yi − y)2 (8)

where y and f are the measured and estimated adsorption amounts, respectively; y is the mean value
of the measured adsorption amount; and, N is the number of data points.

2.5. Comparison with BP-ANN and SVM

The BP-ANN and SVM are powerful supervised machine learning algorithms that have been
successfully applied in solving nonlinear regression problems in a variety of fields [32,44–46]. A most
popular version of the BP-ANN is the multilayer perception network (MLPN), which is comprised
of one input layer, one or more hidden layer, and one output layer. The training of a MLPN is, in essence,
an iterative process of updating the weights and biases of the nodes by using the back propagation
algorithm in order to minimize an error function. The basic philosophy behind the SVM is to convert
the nonlinear regression problem in the true space into linear approximations in a higher dimensional
feature space by minimizing a regularized loss function. Mathematical details on the BP-ANN and
SVM have been extensively addressed previously (see e.g., [24,39]), which, therefore, are not repeated
in this paper.

The LIBSVM pakage [47] and the neural network module that were implemented in the Matlab
(V2019) were used for conducting SVM and BP-ANN regressions, respectively. The data points and
input variables are identical with that in the GBDT regression. A BP-ANN with three layers (one
input, one hidden, and on output layer) has proven to be capable of approximating any continuous
function with any accuracy [32], which, therefore, was adopted in this study. It should be noted that (i)
the performance of a BP-ANN can be significantly influenced by the number of neurons in the hidden
layer [44] and (ii) for an SVM with a kernel of radial basis function (RBF, which is most frequently used
for regression), the regression accuracy is associated with regulation and error goal parameters [48,49].
In order to attain a fair comparison, parameters that may affect the BP-ANN and SVM performance
were tuned and optimized while using the exhaustive grid search, in a similar manner with the GBDT.
Table 2 shows the optimal key model parameters for the BP-ANN and SVM.

Table 2. Modeling parameters for the back-propagation artificial neural network (BP-ANN) and
support vector machine (SVM).

Method Property Value

BP-ANN

No. of hidden layers 1
No. of nodes in each hidden layer 20

Activation function for hidden layer(s) Tangent
Activation function for output layer Linear

SVM
Activation function RBF

Regulation parameter 86
Error goal parameter 0.005

3. Results

3.1. Performance of the GBDT Estimation Model

The optimal hyperparameter values for the GBDT, as determined with the exhaustive grid search
method, were 0.01 for the shrinkage factor, 3 for the tree depth, and 1500 for the number of trees,
respectively. Figure 6 depicts the GBDT estimation results for the training, validation, and testing sets.
It is shown in Figure 6a that all of the training data points are grouped closely around the 45-degree
line. Table 3 demonstrates extremely low error matrices (an AAE of 0.33 m3/t, an ARE of 2.31%,
and a RMSE of 0.42 m3/t) and a remarkably high R2 of 0.993 for the training set. These evaluation
matrices prove that the GBDT is capable of accurately reproducing the adsorption amount that is based
on the input variables. For the validation and testing set, although the cross plots of the measured
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versus estimated values show a more scattered pattern than the training set, the majority of the data
points are distributed around the 45-degree line and the deviations are within small ranges (Figure 6b,c).
The AAE, ARE, RMSE, and determination coefficient (R2) are calculated to be 0.83 m3/t, 5.97%, 1.00 m3/t,
and 0.950 for the validation, and 0.85 m3/t, 6.35%, 1.06 m3/t, and 0.946 for the testing sets, respectively.
The error matrices for the validation and testing are quite comparable, suggesting strong robustness
of the constructed model (Table 3). In this regard, the GBDT model can be considered to have a strong
generalization capability, as indicated by the relatively low error matrices and high R2.

  

(a) (b) (c) 

Figure 6. Cross plot of the gradient boosting decision trees (GBDT) estimated versus measured
adsorption amount for the (a) training (b) validation; and, (c) testing sets. Open circles are data points;
red lines are 45-degree lines.

Table 3. Error statistics of the GBDT, BP-ANN, and SVM models.

Data Set Error Matrices GBDT ANN SVM

Training set AAE, m3/t 0.33 0.21 0.71
ARE, % 2.31 1.62 5.58

RMSE, m3/t 0.42 0.28 1.01
R2, fraction 0.993 0.997 0.959

Validation set AAE, m3/t 0.83 1.14 1.11
ARE, % 5.97 8.10 9.12

RMSE, m3/t 1.00 1.45 1.57
R2, fraction 0.950 0.895 0.877

Testing set AAE, m3/t 0.85 1.26 0.96
ARE, % 6.35 9.25 7.81

RMSE, m3/t 1.06 1.81 1.23
R2, fraction 0.946 0.842 0.927

Whole set AAE, m3/t 0.53 0.61 0.84
ARE, % 3.85 4.44 6.74

RMSE, m3/t 0.73 1.06 1.19
R2, fraction 0.977 0.952 0.940

The comparison between the estimated and measured adsorption isotherms for typical samples
in the testing set was conducted in order to further demonstrate the accuracy of the GBDT model
in reproducing the adsorption isotherm for an individual coal sample. The methane adsorption
capacity on the coal samples is predominantly controlled by the ash and fixed carbon contents,
as mentioned in Section 2.4.1. Therefore, four typical samples—one with the highest ash content,
one with the lowest ash content, one with the highest fixed carbon content and one with the lowest fixed
carbon content—among all samples in the testing set were selected for illustrating the model accuracy.

For the two samples with respective ash contents of 9.6% and 39.96% and one sample with low
fixed carbon content (83.88%), the estimated adsorption isotherms are in excellent agreement with
the measured ones, as can be seen from Figure 7. For the sample with high fixed carbon content (91.54%),

458



Energies 2020, 13, 5369

the adsorption equilibrium points at lower pressures (≤≈4.0 MPa) agrees well with the measured
ones, whereas certain deviations exist for the equilibrium points at higher pressures (>≈4.0MPa).
The maximum error occurs at an equilibrium pressure of ≈8.0 MPa, with the estimated and measured
adsorption amounts being 23.71 and 25.23 m3/t, respectively. Such discrepancy, as we note, can be
considered to be acceptable given the uncertainties that are associated with sample preparation, data
acquisition, and measurement operations [12]. Previous reproducibility tests [50,51] showed that
discrepancies in the adsorption isotherm measurement may reach high, up to 10–15% on a same
coal sample, which are even higher than the GBDT estimation results. It should also be pointed
out that the estimated adsorption amount follows a monotonically increasing trend with increasing
pressure (which is basic characteristics for methane adsorption isotherms on coals), although no specific
constraint was applied in the training process to compel such monotonicity. These results confirm
the reliability of the constructed GBDT model in estimating the methane adsorption isotherms on coals
with reasonable accuracies.

 
(a) (b) 

Figure 7. Comparison of the estimated with measured adsorption isotherms for samples with
(a) ash contents of 9.6% and 39.96%, respectively, and (b) fixed carbon contents of 83.88% and
91.54%, respectively.

3.2. Comparison with BP-ANN and SVM

Figure 8 shows the cross plots of BP-ANN estimated with measured adsorption amounts
for the training, validation, and testing sets. All of the data points are generally located on the 45-degree
line, which suggests that BP-ANN has an extraordinary capability to accurately correlate the output
with input variables for the training set, as can be seen from Figure 8a. Table 3 demonstrates that
the BP-ANN outperforms the GBDT in terms of error matrices for the training set. However, Figure 8b,c
demonstrate that a noticeable number of data points deviate severely from the 45-degree line for both
the validation and testing sets, resulting in higher errors (AAE, ARE, and RMSE) and lower R2 than
the GBDT (Table 3). These observations suggest that the generalization capability of BP-ANN is highly
questionable and severe over-fitting issue occurs. As such, the BP-ANN should not be considered to be
suitable for accurately estimating the adsorption isotherms.

  
(a) (b) (c) 

Figure 8. Cross plot of the BP-ANN estimated versus measured adsorption amounts for the (a) training,
(b) validation, and (c) testing sets. Open circles are data points; red lines are 45-degree lines.
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Figure 9 depicts the estimation results of SVM regression. As shown, there is a noticeable number
of data points that severely deviate from the 45-degree line for the training, validation, and testing sets.
Thus, it is concluded that the SVM is neither capable of accurately learning the underlying correlations
between the output and input variables nor capable of giving reasonable predictions. Comparisons
of the evaluation matrices for the SVM with those for the GBDT and BP-ANN (Table 3) suggest that
the SVM has better generalization capability than the BP-ANN, but performs worse than the GBDT.

  
(a) (b) (c) 

Figure 9. Cross plot of the SVM estimated versus measured adsorption amounts for the (a) training,
(b) validation, and (c) testing sets. Open circles are data points; red lines are 45-degree lines.
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Figure 10. Relative importance of the input variables to the adsorption isotherm.

Figure 11. Dependence of vitrinite reflectance on fixed carbon of the coal samples.
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(a) (b) 

 
(c) (d) 

 
(e) (f) 

 

 

(g)  

Figure 12. Calculated adsorption isotherms using the constructed GBDT model with reference to
varying (a) fixed carbon (d.a.f), (b) ash (a.d.), (c) inherent moisture (a.r.), (d) equilibrium moisture,
(e) temperature, (f) vitrinite (m.m.f), and (g) vitrinite reflectance.
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4. Discussion

4.1. Analyses of Effects of Input Features on Adsorption Isotherms

4.1.1. Relative Importance of Input Features

Once the estimation model has been constructed, it should be of practical meaning to quantify
the effect of each input feature on the adsorption isotherm. In this section, the relative importance
of each input variable is quantified while using the mean decrease impurity importance (MDI) [52,53].
A most significant advantage of the MDI over conventional Pearson or Spearman coefficients is that
the MDI does not require a priory assumption of linear or monotonic dependence of the output on
the input features, which, therefore, should be more accurate in quantifying the effects of each input
feature [54]. Figure 10 shows that fixed carbon and ash are three key factors that control the adsorption
amount. The equilibrium moisture has a relative importance of ≈8.8%, while the remaining factors
(temperature, vitrinite, vitrinite reflectance, and inherent moisture) have relative importance of less than
3.0%, which suggests the very minor or even negligible influences of these factors on the adsorption
amount. Here, it is noted the effect of vitrinite reflectance is significantly diluted when compared with
the correlation analysis in Section 2.3, which is possibly due to the collinearity between the vitrinite
reflectance and fixed carbon for the coal samples (Figure 11). The existence of collinearity may result
in the abnormal response of the output to one or several of the collinear inputs [55]. Fixed carbon
demonstrates an obviously stronger correlation on the adsorption capacity than vitrinite reflectance
does and, thus, the effect of the vitrinite reflectance has a high risk of being overridden by the fixed
carbon considering their collinearity, as can be seen from Figure 4b,c.

4.1.2. Univariate Analyses

The univariate analysis was conducted using the constructed GBDT model to further demonstrate
how the adsorption isotherms are affected by the input features. The base value was set to be
20%, 1.0%, 88%, 80%, 2.5%, 15%, and 35°C for ash, inherent moisture, fixed carbon, vitrinite,
vitrinite reflectance, equilibrium moisture, and temperature, respectively. These values were set
as approximately the averaged ones that are shown in Table 1. Each input variable was tuned at four
values (that are within the range of all the coal samples in this study) and the corresponding adsorption
isotherms (at pressures of 1 to 8 MPa with a step of 1 Mpa) were sequentially calculated, which are
shown in Figure 12.

• Fixed carbon

Figure 12a depicts the adsorption isotherm with reference to varying fixed carbon. It is well
demonstrated that the isotherm tends to move upwards as fixed carbon increases. Previous studies [16,56]
observed that the methane adsorption capacity follows a first decreasing and then increasing trend
with increasing fixed carbon, with the minimum occurring at ≈60–80%. This parabolic trend may be
attributed to the variations in the micro-pore surface areas that are associated with the coalification jump
that occurs approximately in the range of 75–85% fixed carbon [17]. More recently, Chattaraj et al. [1]
showed that, for Indian coals with fixed carbon content of >75%, methane adsorption capacity is
in positive linear correlation with fixed carbon. It is interesting to note that the coal samples used
in this study have a generally high fix carbon contents of >77%, which suggests that our findings are
in line with these previous studies.

• Ash

Figure 12b illustrates that the adsorption isotherm exhibits an obvious negative correlation with
ash at all pressures. It is well understood that an increase in ash content tends to decrease the adsorption
isotherm on coals, because (i) ash has no affinity to methane adsorption [7,18] and (ii) ash-rich samples
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are generally associated with lower micro porosities [57] and, therefore, provide less adsorption space
to accommodate gas molecules.

• Moisture

Variations in adsorption isotherms caused by inherent and equilibrium moistures are obviously less
significant than that by fixed carbon or ash, which is consistent with the ranking of relative importance,
as shown in Figure 12c,d. Additionally, it is noticeable that the adsorption capacity does not follow
a monotonous decreasing trend with the increase in either inherent or equilibrium moistures. It has
been extensively addressed in previous studies [14,58,59] that a coal sample in the moisture-equilibrium
state has a significantly lower adsorption capability than in the dry state. This is due to the occupation
of some adsorption sites on the coal surface by water molecules because coals have a preferential
affinity to water over methane [7]. However, for a coal sample that is already in a moisture-equilibrated
state, a further increment in moisture content does not affect the adsorption capacity to gas [14,60].
Besides, as stated in [7,13], the moisture content may be predominated by the coal rank. Thus, the effect
of moisture content on the adsorption isotherm may possibly be overridden by the coal rank indicators
such as fixed carbon for the coal samples in this study.

• Temperature

Figure 12e shows that there is no significant change in the adsorption isotherm with elevating
temperature. Most previous studies [61,62] conclude that the elevation in temperature may result
in a noticeable reduction in methane adsorption capacity, because the sorptive surface coverage at
a specific gas pressure decreases with increasing temperature, as derived from thermodynamics [7].
However, Crosdale et al.’s [60] experiments on moist coals showed no significant dependence
of adsorption capacity on temperatures. More recently, Guan et al. [63] showed that the adsorption
capacities for both methane and CO2 remained constant as the temperatures were elevated from 323
to 343 K. Our observations are consistent with [60], which may be attributed to the compensation
by water molecule release for the reduction in the sorptive surface coverage caused by temperature
elevation [6].

• Vitrinite

To date, there are still controversies regarding the effect of vitrinite content on the methane
adsorption capacity. Some studies [1,4,17] showed that vitrinite-rich (bright) coals have a higher
methane adsorption capacity than the inertinite-rich (dull) ones with equivalent ranks, which may be
attributed to the existence of more micro-pores in vitrinite that is favorable to accommodation of gas
molecules [64]. Dutta et al. [18] and Feng et al. [16] stated that methane adsorption capacity follows
a “U-shaped” trend with vitrinite content. Other authors [13,65,66] found no obvious correlation
between the adsorption capacity and vitrinite content, which holds valid for the coal samples in this
study (Figure 12f).

• Vitrinite reflectance

Vitrinite reflectance is a commonly used indicator of the coal rank (maturity), which numerous
previous studies [15,16,18] have demonstrated to be closely correlated with the methane adsorption
capacities in coals. For the coal samples that were investigated in this study, the vitrinite reflectance
exerts a negligible effect on the adsorption isotherm (Figure 12g). This is in line with [67], who argued
that the vitrinite reflectance alone cannot control the maximum sorption capacities and simple lithotype
analysis is insufficient for evaluating the effects of coal type. One explanation for this observation is
that the influence of vitrinite reflectance on methane adsorption capacity is caused by the variations
in macromolecular [68] and pore [56] structures during the coalification process as coal maturity
increases. Besides, it is again noted that there exists a dependence of vitirnite reflectance on the fixed
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carbon for the coals in this study (Figure 11). Thus, the effect of vitrinite reflectance may be overridden
by that of the fixed carbon from the standpoint of statistical regressions.

The univariate analyses based on the GBDT model are in well accordance with numerous previous
studies, which further confirms the validity of the constructed model, as can be seen from the above
discussion. It can be also concluded that the GBDT has a remarkably capability of “automatically”
identifying the true important features and properly finding the underlying correlations between
the output and each input feature, even though both of the features with collinearity and features
exerting minor/negligible effects on the output were included in the model.

4.2. Influence of Input Features on the Model Accuracy

The constructed model includes not only features with convincing control on the adsorption
capacity (equilibrium pressure, ash content, fixed carbon content, and vitrinite reflectance), but also
features showing minor or negligible relevance with the output (vitrinite content, inherent moisture,
equilibrium moisture, and temperature), as mentioned earlier in Section 2.4.1. To demonstrate
the influence of input feature selection on the model accuracy, several estimation models with different
scenarios of input features (Table 4) were separately constructed, following the same procedure
described in Section 2.4.2.

Table 4. Input feature scenarios for analyzing the estimation accuracy.

Scenario No. Input Features *

1 P, A, Ro, FC
2 P, A, Ro, FC, EM
3 P, A, Ro, FC, IM
4 P, A, Ro, FC, V
5 P, A, Ro, FC, T
6 P, A, Ro, FC, EM, IM
7 P, A, Ro, FC, EM, V
8 P, A, Ro, FC, EM, T
9 P, A, Ro, FC, EM, IM, V
10 P, A, Ro, FC, EM, IM, T
11 P, A, Ro, FC, EM, V, T
12 P, A, Ro, FC, EM, IM, V, T

* Abbreviations: P—equilibrium pressure; A—ash; FC—fixed carbon; IM—inherent moisture; Ro—vitrinite
reflectance; EM—equilibrium moisture; V—vitrinite; T—temperature.

We began the analysis by including only equilibrium pressure and three coal property parameters
(fixed carbon, ash and vitrinite reflectance) that show relatively strong correlations with adsorption
capacity (Figure 4) in order to estimate the adsorption isotherm (Scenario#1 in Table 4). It can be seen
from Figure 13 that this scenario produces an estimation result with the lowest accuracy in terms of all
the evaluation matrices, suggesting that using only these four key features are not sufficient for accurate
estimation of the isotherm. With these four parameters held in the model, we then added one of the
remaining less significant features (inherent moisture, equilibrium moisture, vitrinite, temperature) at
a time into the model. It is shown (Figure 13) that the inclusion of equilibrium moisture in the model
(Scenarios#2) results in a most noticeable reduction in the estimation error than that of any of the
other features (Scenarios#3, #4, and #5). In order to honor the contribution of equilibrium moisture to
estimation accuracy improvement, we fixed equilibrium moisture together with the aforementioned
four key parameters in the input feature bank; the feature bank was then expanded by adding one
(Scenarios#6, #7, and #8) or two (Scenarios#9, #10, and #11) out of the remaining features sequentially
in order to further examine the effect of input feature scenarios on the estimation results. It is depicted
in Figure 13 that the estimation accuracy exhibits a general decreasing trend with more input features
being included in the model. The model that incorporates all available input features (the one addressed
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in Section 3.1, which is assigned as Scenario#12 in this section) demonstrates the highest estimation
accuracy among all of the scenarios investigated.

 
(a) (b) 

 
(c) (d) 

Figure 13. Error matrices of (a) average absolute error (AAE), (b) average relative error (ARE), (c) root
mean squared error (RMSE) and (d) R2 for different input feature scenarios.

All available features that may potentially affect the isotherm should be incorporated
in the construction of the estimation model for the adsorption isotherm, as indicated from
the above results. The exclusion of insignificant features identified with correlation coefficient
is highly questionable and tends to decrease the estimation accuracy. This finding is well supported
by Beker et al. [33]. It is reiterated that the GBDT is highly robust to interferences from insignificant
features and it has a strong capability to properly find the underlying correlations between the input
features and the adsorption amount.

It should be noted that feeding more input features into the estimation model requires more
efforts to obtain the associated feature information. Generally, the proximate analysis parameters
(ash, fixed carbon, and inherent moisture contents) are less expensive and easier to be experimentally
measured than the maceral analysis parameters (e.g., vitrinite content). Therefore, it should be
of practical significance to use as less maceral features as possible while ensuring relatively high
modeling accuracies. Scenarios#7, #8, # 9, and #11 result in high modeling accuracies when compared
with Scenario #12, as can be seen from Figure 13. Among these four scenarios, only Scenario#8 does
not include the vitrinite, which is a required input feature for all of the remaining scenarios (Table 4).
As such, Scenario#8 may be the most “cost-effective” ones when considering the less input features
and reasonably high modeling accuracy.

5. Conclusions

This paper proposed the use of a machine learning algorithm, namely GBDT, in order to
estimate methane adsorption isotherm on coals that are based on coal properties (ash, fixed carbon,
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inherent moisture, and vitrinite contents and vitrinite reflectance), equilibrium moisture content and
temperature. Laboratory tests, including proximate analysis, maceral group identification, vitrinite
reflectance determination, and adsorption isotherm measurements, were conducted on 165 coal
samples retrieved from the Qinshui basin in China in order to develop a database for regression. It has
been demonstrated that the GBDT is capable of not only reproducing the adsorption isotherms with
reasonable accuracies, but also properly recovering the underlying relation between the input and
output variables. As a comparison, the BP-ANN is associated with the over-fitting problem, whereas
the SVM has difficulties in accurately estimating the adsorption isotherms in both the training and
testing stages. Such observations confirmed the superiority of the GBDT over other ML tools in solving
the specific regression problem in this study. Furthermore, the relative importance scanning and
univariate analysis based on the constructed GBDT model showed that the adsorption isotherms are
primarily controlled by the fixed carbon and ash contents for the coals that were investigated in this
study. Other factors, including vitrinite, inherent and equilibrium moistures, vitrinite reflectance,
and temperature, exert minor or even negligible effects on the adsorption isotherm.
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Abstract: Solid-free drilling fluid is a matter of cardinal significance in the course of Coal bed Methane
(CBM) reservoir drilling. This study evaluated the performance of solid-free CBM drilling fluid
in central Hunan. Three types of surfactants, namely TX-10 (nonionic), HSB1618 (zwitterionic)
and penetrant T (anionic), were added in basic fluid at various concentrations of 0.05, 0.10 and
0.15% (m/m). This study comprised of drilling fluid rheology, sample mineral analysis, sample nuclear
magnetic resonance (NMR) scanning, sample wettability, and sample surface micro characteristics
tests. The results show that TX-10 and HSB1618 enhance the rheological properties of drilling
fluid, such as yield point and gel strength. Penetrant T has opposite effect on it. It was found that
the minimum American Petroleum Institute (API) filtration is only 0.3 mL. This study adopted a
new method using laser particle size analyzer to evaluate suspension performance. Based on the
surface micro characteristics of the sample and the NMR scanning tests, it is found that the residual
amount of basic fluid +HSB1618 in the sample is the smallest. The wettability modification curve
indicates that three surfactants decrease the sample’s hydrophobicity. With the increase of surfactant
concentration, all above parameters change regularly. The basic fluid + 0.10% HSB1618 has the
strongest hydrophobicity for sample at pH = 10. This study obtained a set of solid-free drilling fluid
system, which provides better suspension capacity and large contact angle and reduces residue of
drilling fluid in CBM reservoir. Ultimately, it can accelerate the desorption of coal gas and reduce
damage to the reservoir.

Keywords: CBM; surfactant; solid-free drilling fluid; CBM reservoir wettability

1. Introduction

Compared with conventional oil and natural gas, Coal bed Methane (CBM) is a kind of highly
efficient and clean energy which has obvious advantages in safety, economy and environmental
protection [1,2]. China is rich in CBM reserves, although having less than Russia and Canada. However,
due to the complex geological conditions of domestic CBM reservoirs and development technology
is somewhat behind, China’s CBM exploration and development is still in the initial stage [3–6].
The deep layer in the middle Hunan area is dominated by conventional natural gas exploration, but the
development of CBM plays an important role in the shallow gas development [7–9].

In CBM development, it is very important to use proper drilling fluid system for safe, efficient and
environmental protection drilling. First of all, solid phase particles in drilling fluid tend to block the
fractures and pores of the CBM reservoir, and then block the gas production channel. To reduce the
intrusion of solid phase particles into CBM reservoir, it is advisable to drill with solid-free drilling fluid
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with good suspension performance [10–12]. It has the characteristics of low density, good suspension
performance and small filtration and maximize the control of solid intrusion which can reduce reservoir
leakage and damage and is a perfect for low density drilling fluid system [13–15]. Secondly, the reservoir
is easy to absorb or adsorb liquids and gases. When drilling fluid invasions into CBM reservoir, it is
easy to change its surface wettability, thus affecting the desorption and percolation of CBM, and thereby
affecting CBM productivity [16–20].

Foam drilling fluid has a special network structure, which can carry cuttings well. Cai et al. [21]
improved the foaming volume of foamed drilling fluid up to 50% by using chemically treated nano-SiO2

dispersions. By studying the foam’s properties, Su et al. [22] found that the appropriate temperature was
40–100 ◦C and that the foaming performance of hard foam could maintain within 120 ◦C. Fractures and
minerals affect the permeability of CBM reservoirs [23–28]. Cui et al. [29] combined FESEM with
X-ray mu-CT together with EDS to quantify the mineral and fracture characteristics. Coal reservoir
characteristics may be related to coal rank and maceral as well as mineral content [30]. Yang et al. [31]
used NMR tests and got the scattergram of coal pore size at a variety of strain rates. It was found
that the crest value in the fractures rose and the crest value for the meso-macropores declined with
the fortify of strain rates. The T2 spectrum obtained by NMR can be converted to the pore throat
distribution. Adebayo et al. [32] mentioned T2 is connected with the surface relaxivity and the pores
surface to volume ratio.

Huang et al. [33] mentioned that SWIA could adjust the core wettability. Li et al. [34] and Shen
et al. [35] mentioned that the surfactant can increase the wettability of coal, and further enhance
the desorption of methane; it can advance the recovery factor in theory and critical desorption
pressure of CBM. Drilling fluid and coal surface contact, its pH value directly affects the wettability,
further influencing the permeability of CBM. Through a lot of experiments to study the influence of
drilling fluid pH value on the coal wettability, Zheng et al. [36] found that wettability and drilling fluid
pH value is related, first reduced, then increased, and finally reduced. The above research results have
played an important role in accelerating the development of CBM drilling fluid. However, there is a
lack of special evaluation on the rheological, wettability of drilling fluid and the amount of additives
for the practical characteristics of CBM drilling, and the relevant research lacks a systematic approach
and depth.

Therefore, this study takes this as the starting point to analyze the rock-carrying capacity of the
solid-free drilling fluid and study the influence of surfactant concentration and pH in the solid-free
drilling fluid on the wettability of the CBM reservoir in central Hunan. This study optimizes the
indoor evaluation method of the suspension performance of the solid-free drilling fluid, optimizes the
formulation of the solid-free drilling fluid for the central Hunan CBM reservoir, and reveals the
wettability mechanism of the central Hunan CBM reservoir when the solid-free drilling fluid penetrates.
It is of great significance to optimize the formulation of the solid-free drilling fluid during the
development of CBM in central Hunan, which further contributes to the rational development of CBM
resources and the improvement of CBM productivity in central Hunan.

2. Experimental Method

2.1. Materials

2.1.1. CBM Reservoir Sample

The reserves of CBM resources are 2.8 billion m3 and the abundance of resource reserves is
0.43 m3/km2 in the Lengshuijiang mining area in central Hunan. The development prospect is broad.
CBM reservoir sample of Lengshuijiang mining area was selected and made into ϕ20 mm × 10 mm
standard sample which has the same bedding direction and similar structure. Rock powder was
obtained by crushing some samples and passing a 200-mesh sieve.
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2.1.2. Surfactant

The mass fraction of nonionic surfactant TX-10 is 99%, which formed by condensation of
nonylphenol and ethylene oxide in the presence of a catalyst. Its molecular formula is C15H24O.
(C2H4O)n, where when n changes, the product has different properties and different applications.
Its melting point is 44–46 ◦C, boiling point is 250 ◦C, density is 1.06 g/mL, and flash point is 535 ◦F.
It does not exist in an ionic state in water and has good stability, which is not easy to be affected
by strong electrolyte, acid and alkali. At the same time, good compatibility with other surfactants.
The mass fraction of zwitterionic surfactant HSB1618 is 40% which has both ionic properties and
excellent resistance to calcium and magnesium ions. Its free amine content is ≤2%, sodium chloride
content is ≤7%, and organochlorine content is 0. The mass fraction of anionic surfactant penetrant T is
40% which is cheap and not resistant to strong acids and bases, reductants and metal salts. The pH
value of 1% aqueous solution is 7.0–9.5. It works best when the temperature is less than 40 ◦C and the
pH value is 5–10. Its active part tends to dissociate into negative ions in water, and there is a large
organic anion that can interact with alkali to form salt.

2.2. Solid-Free Drilling Fluid

On the basis of previous research, the basic fluid of the solid-free drilling fluid was obtained as
Table 1.

Table 1. The basic fluid composition.

Components KCl Na2CO3 XC PAC

The mass fraction 3% 0.1% 0.2% 0.15%

Function Inhibitor Alkalinity regulator Viscosities Filtration loss
reducer, Inhibitor

Foam stabilizer

2.3. XRD

X-ray diffraction tests were carried out on reservoir samples in accordance with the SY/T5163–2010,
and quantitative analysis of mineral composition was conducted using D8 Advance x-ray diffractometer
of Bruker Company in Bremen, Germany. The contents of hard and brittle minerals and clay minerals
were determined to study the microscopic mechanisms affecting the adsorption properties and
wettability of samples.

2.4. Rheological Properties Test

The rheological properties test was conducted according to API standards. The time required
to flow up to 500 mL of drilling fluid was measured by the funnel viscometer produced by Qingdao
Tongchun Petroleum Instrument Co., Ltd. (QTPI) (Qingdao, China), which is the viscosity of drilling
fluid (FV).

The ZNN-SD6 rotary viscometer produced by QTPI was used to obtain the drilling fluid viscosity
and shear stress. The drilling fluid was placed in a circular space between two concentric cylinders.
The outer cylinder rotates at a constant speed through variable transmission, and the outer cylinder
produces a torque through the action of the measured drilling fluid on the inner cylinder, which makes
the inner cylinder connected with the torsion spring rotate at a corresponding angle. According to
Newton’s law, the size of the angle is proportional to the viscosity of the drilling fluid, so the
measurement of the viscosity turns to the measurement of the inner cylinder angle. By the sensor
display value, readings at the different rpm values, i.e., 600, 300, 200, 100, 6 and 3 were measured,
including gel strengths. The apparent viscosity (AV), yield point (YP) and plastic viscosity (PV) can be
obtained by Equations (1)–(3).

AV = 0.5ϕ600 (1)
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PV = ϕ600 −ϕ300 (2)

YP = 0.511(2ϕ300 −ϕ600) (3)

where ϕ600 is a 600-rpm dial reading of the viscometer; ϕ300 is a 300-rpm dial reading of the viscometer.

2.5. Filtration Test

According to the API standard, the filtration test was conducted using the ZNS-5A medium
pressure filter press assembly produced by QTPI. First, 500 mL drilling fluid was injected into the
cylindrical drilling fluid cup and the lid was tightened; then, the air source was connected to adjust the
pressure to 0.69 MPa; and finally, the air valve was opened to let the air source enter the drilling fluid
cup. The filtration area of the instrument was 45.60 ± 0.60 cm2 (1 ± 0.1 in2). The time of filtration and
the amount of filtration (FAPI) after filtration were measured. Meanwhile, the quality of filter cake was
observed to measure the effect of borehole wall protection.

2.6. Laser Particle Size Analysis Test

Added 2 g of rock powder over 200 mesh sieve into 200 g solid-free drilling fluid, then stirred for
5 min and stood for 30 min, and extracted 20 mL of upper liquid. Distilled water was selected as the
dispersion medium, and the particle size distribution of suspended rock powder in the liquid was
analyzed by Rise-2002 laser particle size analyzer produced by Jinan Rise Science & Technology Co.,
Ltd. (Jinan, China), so as to further evaluate the suspension performance of the solid-free drilling fluid.

2.7. Wettability Test

Different solid-free drilling fluids were configured by varying the surfactant concentration and
drilling fluid pH. The samples were soaked in different drilling fluids for 48 h and dried naturally
for 24 h. JCY series contact angle instrument produced by Shanghai Fangrui Instrument Co., Ltd.
(Shanghai, China) was used to measure the dynamic contact angle of distilled water on the samples
within 0~12 s and obtain the contact angle photos. Then, the wetting modification effect of the solid-free
drilling fluid on the samples was analyzed by comparing with the samples that were not soaked or
soaked in water.

2.8. Microscope Test

The soaked sample was naturally dried for 24 h, and the adsorption state of drilling fluid on the
sample surface was observed with SQ500MF high-power integrated video microscope produced by
Shanghai victory & Shuangquan tech. (Shanghai, China). The magnification factor is 100, and the
distribution state of different drilling fluids on the sample surface was observed by comparing with
the sample soaked in water to further analyze the adsorption principle.

2.9. NMR Scanning Test

The soaked sample was wrapped in PTFE tape to reduce water evaporation. NMR scanning with
MacroMR12-150H-I NMR scanner produced by Suzhou Niumag Analytical Instrument Corporation
was used to obtain T2 spectrum and signal imaging. The T2 spectrum was converted into the pore size
distribution to compare the pore size distribution of each sample under the saturated state.

According to the basic principle of NMR scanning imaging, the relaxation characteristics of fluid
in porous media can be expressed by Equation (4). According to Equation (4), the relaxation time of
NMR T2 is in direct proportion to the pore size (D = 2 r). If C = 2Fsρ2, the Equation (5) can be obtained.
The T2 spectrum of rock can be converted into pore size distribution curve by Equation (5).

1
T2
≈ ρ2

s
v
= Fs

ρ2

r
(4)
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D = CT2 (5)

where T2 is NMR transverse relaxation time, ms; ρ2 is rock transverse surface relaxation strength
coefficient, nm/ms; S is total pore surface area of rock, nm2; V is pore volume of rock, nm3; r is pore
radius, nm; Fs is geometric shape factor (spherical pores, Fs = 3; Cylindrical pores, Fs = 2); D is pore
diameter of the rock, nm; C is rock conversion coefficient, nm/ms.

3. Results and Discussions

3.1. Mineral Analysis

XRD test results of samples are shown in Figure 1. The results show that the mineral content in
the sample is 25% montmorillonite, 20% pyrophyllite, 16% illite, 13% quartz, 12% kaolin, 11% pyrite
and 3% anatase. Clay minerals are mainly montmorillonite and illite with content up to 53.

Figure 1. The mineral analysis of coal bed methane (CBM) reservoir sample.

3.2. Statistical Analysis of Rheological Properties

The rheological parameters of the solid-free drilling fluid with different concentrations of TX-10,
HSB1618 and penetrant T are shown in Table 2. The apparent viscosity of basic fluid + HSB1618 is the
largest, indicating the maximum consistency. When the surfactant concentration is 0.10%, the API
filtration of basic fluid +HSB1618 is also the minimum. On the contrary, the apparent viscosity of basic
fluid + penetrant T is the smallest, the filtration is the largest, and the performance parameters of basic
fluid + TX-10 are in the middle. The funnel viscosity and apparent viscosity of several drilling fluids
have the same rule. No matter what kind of surfactant is added, the API filtration is small and the filter
cake is thin and tough, which is an ideal drilling fluid parameter and has good wall protection effect.

Table 2. The rheological properties of solid-free drilling fluid.

Drilling Fluid Basic Fluid + TX-10 Basic Fluid + HSB1618 Basic Fluid + Penetrant T

CSurfactant/% 0.05 0.10 0.15 0.05 0.10 0.15 0.05 0.10 0.15

FV/s 22 24 36 25 35 42 21 18 17
FAPI/mL 2.2 1.9 1.8 2.6 0.8 0.3 0.8 3.0 5.2

AV/MPa·s 9.8 14.8 14.9 11.2 14.7 16.2 8.9 5.9 5.7
PV/MPa·s 6.4 10.2 10.1 7.9 9.1 9.3 5.8 4.2 3.6

YP/Pa 3.44 4.61 4.95 3.41 5.76 7.04 3.21 1.81 2.07
pH 9.0 9.0 9.0 9.5 9.5 9.5 8.5 8.5 8.5

ρ/g·cm−3 0.87 0.80 0.77 0.81 0.78 0.75 1.0 1.0 1.0

The horizontal displacement of CBM reservoir is long, and cuttings are not easy to be carried
during drilling, so the rheological property of drilling fluid should be adjusted to make it have good
suspension and rock carrying capacity. The yield point of the solid-free drilling fluid with different
concentrations of surfactants is shown in Figure 2. As can be seen from the figure, the yield point
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of basic fluid + penetrant T is very small, while basic fluid +HSB1618 and basic fluid + TX-10 have
higher yield point. The difference increases with the concentration of surfactant and is very small
when the concentration is 0.05%. As the concentration of surfactant increases, the yield point of basic
fluid + HSB1618 and basic fluid + TX-10 increases, while basic fluid + penetrant T has an obvious
downward trend. In conclusion, the results show that the basal fluid +HSB1618 has higher yield point,
better rock-carrying and hole-cleaning capacity.

Figure 2. The yield point of solid-free drilling fluid.

The gel strengths of the solid-free drilling fluid with different concentrations of surfactants is
shown in Figure 3. It can be seen from the figure that when the concentration of surfactant is 0.10%
and 0.15%, the gel 10 min and the gel 10 sec of basic fluid + TX-10 and basic fluid + HSB1618 have
sufficient range, while the gel strengths of basic fluid + penetrant T is very small, and the difference
between the gel 10 min and the gel 10 sec is very small. With the increase of surfactant concentration,
the gel strengths of basic fluid + TX-10 and basic fluid +HSB1618 increased, while that of basic fluid
+ penetrant T decreased. At the concentration of 0.05%, the gel strengths of basic fluid + HSB1618
is less than that of basic fluid + TX-10. With the increase of the concentration, the gel strengths of
basic fluid + HSB1618 is gradually greater than that of basic fluid + TX-10. The results show that the
basic fluid + TX-10 and the basic fluid + HSB1618 have good suspension performance at the surfactant
concentration of 0.10% and 0.15%, which can effectively reduce the formation of cuttings bed in the
horizontal section of CBM reservoir drilling.

Figure 3. The gel strength of solid-free drilling fluid.
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The plastic viscosity of the solid-free drilling fluid with different concentrations of surfactants
is shown in Figure 4. The plastic viscosity reflects the internal friction between suspended particles
and liquid phase as well as continuous liquid phase in the dynamic equilibrium of the destruction
and recovery of network structure in drilling fluid under laminar flow. The main factor affecting
the plastic viscosity is the content of solid phase, the higher the content of solid phase, the greater
the plastic viscosity. In addition, clay dispersion and polymer viscosifier also have an impact on
the plastic viscosity, because they can affect the volume fraction or liquid viscosity. In these drilling
fluids, basic fluid + TX-10 and basic fluid + HSB1618 have higher plastic viscosities than basic fluid +
penetrant T. Surfactants TX-10 and HSB1618 act as viscosifier in drilling fluids, and penetrant T acts
as viscosity reducers. With the increase of surfactant concentration, the plastic viscosity of the basic
fluid + TX-10 and the basic fluid + HSB1618 increases, and the basic fluid + penetrant T decreases.
The change of surfactant and its concentration change the plastic viscosity of drilling fluid by changing
the liquid viscosity.

 
Figure 4. The plastic viscosity of solid-free drilling fluid.

3.3. Micro Analysis of Drilling Fluid Suspension Performance

According to the experimental data of laser particle size analysis, the particle size ranges of
basic fluid + TX-10, basic fluid + HSB1618 and basic fluid + penetrant T are 22.664–637.059 μm,
29.703–1118.3 μm and 0.049–2.603 μm, respectively. Basic fluid +HSB1618 suspended rock powder
has the largest particle size, followed by basic fluid + TX-10, and basic fluid + penetrant T is the
smallest. The particle size of the first 20 differentials is select to draw a graph, and the particle size
analysis of the suspended rock powder in the solid-free drilling fluid is shown in Figure 5. With the
increase of surfactant concentration, the differentials of rock powder suspended by basic fluid + TX-10
and basic fluid + HSB1618 increases, while the basic fluid + penetrant T does not change much.
The maximum differential particle size of basic fluid + 0.15% TX-10, basic fluid + 0.15%HSB1618 and
basic fluid+ 0.15% penetrant T suspension is 164.744, 309.681 and 0.327 μm, respectively. The maximum
differential particle size of basic fluid + 0.05%HSB1618, basic fluid + 0.10%HSB1618 and basic fluid
+ 0.15%HSB1618 are 150.539, 258.582, 309.681 μm, respectively. Basic fluid + HSB1618 has better
suspension capacity, firstly because of its large consistency and gel strengths, and secondly because of
the ionization of carboxyl, phenolic hydroxyl group and other functional groups on the rock powder
surface, which makes the surface negatively charged. The compression of the double electric layer
increases the electrostatic repulsion after HSB1618 is added, which is beneficial to the suspension of
rock powder.
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Figure 5. The particle size of the suspended rock powder in (a) basic fluid + TX-10, (b) basic fluid +
HSB1618 and (c) basic fluid + penetrant T.

3.4. Adsorption Mechanism of Drilling Fluid

Drilling fluid with 0.10% (a) TX-10, (b) HSB1618, (c) penetrant T added to the basic fluid is shown
in Figure 6. It can be seen from the figure that, when the concentration of surfactant is 0.10%, basic fluid
+ TX-10 and basic fluid +HSB1618 are rich in foam, while basic fluid + penetrant T has poor foamability.
The foaming volume of the 200 mL of drilling fluid is 250, 240 and 200 mL, respectively. The basic fluid
+ TX-10 foam is loose while the basic fluid + HSB1618 foam is fine and uniform.
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Figure 6. The basic fluid is added with 0.10% (a) TX-10, (b) HSB1618 and (c) penetrant T.

CBM reservoirs are highly absorbent which can absorb various liquids and gases. After different
drilling fluids (a) water, (b) basic fluid + 0.10%TX-10, (c) basic fluid + 0.10%HSB1618, (d) basic fluid +
0.10%penetrant T, the microscopic diagram of sample surface is shown in Figure 7. According to the
figure, there is no significant change on the sample surface after soaking in water, and fracture can
be clearly seen on the surface. The basic fluid + 0.10% TX-10 is block or strip on the sample surface
with uneven distribution. The basic fluid + 0.10%HSB1618 is evenly spread on the surface of sample,
showing a thin layer, while the basic fluid + 0.10%penetrant T has a small adsorption capacity on
the sample surface, and is distributed in a granular or strip form with uneven distribution. In the
dense adsorption layer of basic fluid + 0.10%HSB1618, the hydrophilic group of HSB1618 points to the
aqueous phase, and the sample surface is changed from hydrophobic to hydrophilic.

  

  

Figure 7. The microscopic photos of sample surface soaked by different drilling fluids: (a) water,
(b) basic fluid + 0.10% TX-10, (c) basic fluid + 0.10%HSB1618 and (d) basic fluid + 0.10 penetrant T.

Penetrant T is an anionic surfactant with negative charge, while the carboxyl and phenolic
hydroxyl group on the CBM reservoir surface ionizes, making the sample surface also negatively
charged. The adsorption capacity of anionic surfactant on CBM reservoir surface is minimal due
to electrostatic interaction. HSB1618 is a zwitterionic surfactant consisting of anionic and cationic
surfactants, in which the cationic part is adsorbed by electrostatic interaction. TX-10 is a nonionic
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surfactant that has no charge and cannot be adsorbed on the sample surface by electrostatic interaction.
However, the hydrophobic non-polar groups such as aliphatic hydrocarbon and aromatic hydrocarbon
on the sample surface make it hydrophobic. The main forces between nonionic surfactant and sample
surface are hydrophobic and dispersive forces. In the case of minimal adsorption of penetrant T,
basic fluid + penetrant T has better wetting effect, because penetrant T has high permeability, fast and
uniform permeability, which can quickly fill pores on the sample surface to play a wetting role.

3.5. Application of NMR Pore Throat Distribution Curve

The NMR T2 spectrum of each sample obtained by MRI scanning was converted into pore throat
distribution, as shown in Figure 8. The pore throats of the samples are concentrated in the interval
0.01~0.1 μm, and the curves presented a bimodal shape, with the right peak being lower, that is,
the proportion of large pore throats is small.

Figure 8. Pore throat distribution of samples soaked by different drilling fluids.

By comparing the distribution of NMR pore throat of samples soaked by different drilling fluids,
it is found that the average pore throat of samples soaked by drilling fluids is greater than that of
samples soaked by water. As the surfactant in the drilling fluid is hydrophilic, the pore fluid of
samples soaked in the drilling fluid is larger than that soaked in water, resulting in a slightly larger
pore throat radius. The pore throat frequency distribution of the sample soaked by basic fluid +
TX-10 is the highest, and the 0.026-μm pore throat frequency distribution reaches the highest, 7.7%.
The hydrophilicity of different surfactants is different, and the pore throat distribution of the samples
soaked by three kinds of drilling fluid is different. This difference is also related to the difference in
drilling fluid NMR results and samples.

3.6. Transverse and Longitudinal Section Imaging

NMR scan imaging of samples soaked by different drilling fluids is shown in Figure 9. In terms of
adsorption degree and residual amount, the cross-sectional imaging showed that the more red parts,
the more liquid. The adsorption degree and residual amount in the sample ranged from large to small
as basic fluid + TX-10, water, basic fluid + penetrant T and basic fluid + HSB1618. During immersion,
the samples were placed longitudinally. In terms of saturation changes at different longitudinal
positions, the cross-sectional imaging showed that the longitudinal saturation change from large to
small was basic fluid + TX-10, basic fluid + penetrant T, basic fluid + HSB1618 and the water.
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Sample soaked by basic fluid + HSB1618 
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Sample soaked by basic fluid + penetrant T 
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Figure 9. Cont.
481



Energies 2020, 13, 4857

Sample soaked by water 

Axi 

   

Sag 

   

Figure 9. NMR imaging of samples soaked by different drilling fluids.

The basic fluid + HSB1618 should be selected based on the comprehensive comparison of
adsorption degree, residual amount and saturation changes at different positions in the longitudinal
direction. At the same time, because of the strong heterogeneity of samples, the difference of each
sample has an impact on the results. In the drilling process of CBM reservoir in Central Hunan, 3%KCl
+ 0.1%Na2CO3 + 0.1%HSB1618 + 0.2%XC + 0.1%PAC can reduce the residual drilling fluid in CBM
reservoir and further reduce the damage to the reservoir.

3.7. Effect of Solid-Free Drilling Fluid Additive on Wettability of CBM Reservoir

The dynamic and static contact angles of the solid-free drilling fluid to the sample are shown
in Figures 10 and 11. It can be seen from the figure that the contact angle of the unsoaked sample is
the largest and does not change with time. The contact angle changes very little after water soaking,
which indicates that the wettability of water to sample is very weak. The contact angle of sample
decreases after soaked in three kinds of solid-free drilling fluids, and the trend of dynamic contact
angle decrease significantly, indicating that the three kinds of drilling fluids can greatly increase the
moisture of sample. The wetting ability of drilling fluid added with 0.10% surfactant is different to
some extent. The wetting ability of drilling fluid added with 0.10% surfactant is as follows: basic fluid
+ penetrant T, basic fluid + HSB1618 and basic fluid + TX-10.

Figure 10. The contact angle variation of solid-free drilling fluid to sample.
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Figure 11. The contact angle of (a) original sample and sample soaked by different drilling fluids
(b) water, (c) basic fluid + 0.10% TX-10, (d) basic fluid + 0.10%HSB1618 and (e) basic fluid + 0.10
penetrant T.

The curve of contact angle of sample with different concentrations (a) TX-10, (b) HSB1618 and
(c) penetrant T added to the basic fluid is shown in Figure 12. According to the figure, with the
increase of surfactant concentration, the wettability of the three drilling fluids to sample increases to
different degrees, in which the wettability of basic fluid + TX-10 and basic fluid +HSB1618 increases
significantly. The wettability of basic fluid + 0.05% TX-10 and basic fluid + 0.05%HSB1618 is similar
to that of water, while basic fluid + 0.05% penetrant T can significantly increase the wettability of
sample. When the surfactant concentration is 0.15%, the dynamic contact angle of the three drilling
fluids fluctuates greatly, which greatly improves the moisture of the sample.

 

Figure 12. The contact angle variation of different concentrations (a) TX-10, (b) HSB1618 and
(c) penetrant T added in basic fluid to sample.

3.8. Effect of Solid-Free Drilling Fluid pH on Wettability of CBM Reservoir

According to the rheological properties and wetting effect of drilling fluid, HSB1618, the surfactant
with the best effect, is selected and the pH of drilling fluid is changed at the optimal concentration
of 0.10%. The change of contact angle of drilling fluid pH to sample is shown in Figure 13. It can be
seen from the figure that the contact angle increases between pH 8–10, that is, the hydrophilicity of
sample decreases. pH 10–12 shows a decreasing trend, that is, the hydrophilicity of sample increase.
The contact angle is the smallest at pH 12, and the wetting effect of the drilling fluid on the sample is
maximized. The contact angle is the largest at pH = 10, and the hydrophobicity of the drilling fluid
to the sample is minimal. The change of hydrophilicity of sample is because the change of drilling
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fluid pH affects the ionization degree of carboxyl and phenol hydroxyl group on sample surface,
further changes the sample surface potential, and finally affects the wettability.

Figure 13. The contact angle variation of solid-free drilling fluid pH to sample.

4. Conclusions

The performance of solid-free CBM drilling fluid in central Hunan have been examined. The results
show that TX-10 and HSB1618 enhance the rheological properties of drilling fluid, such as yield point
and gel strength. It was found that the minimum API filtration is only 0.3 mL. Experimental results
show that the suspended cuttings capacity is successively from large to small: basic fluid + HSB1618,
basic fluid + TX-10 and basic fluid + penetrant T in the drilling process of CBM reservoir in central
Hunan. With the increase of surfactant concentration, the suspended cuttings capacity of basic fluid
+ HSB1618 and basic fluid + TX-10 increase. The residual amount of basic fluid + HSB1618 in the
sample is the smallest. The longitudinal saturation changes from large to small was basic fluid + TX-10,
basic fluid + penetrant T, basic fluid + HSB1618 and the water.

With the increase of surfactant concentration, the wettability of the three drilling fluids to samples
increases in different degrees. When the surfactant concentration is 0.15%, the dynamic contact angle of
the three drilling fluids fluctuates greatly, which greatly improves the water wettability of the samples.
The basic fluid + permeant T has the best ability to improve the wettability of the reservoir surface in
the drilling process of CBM reservoir in central Hunan. The hydrophilicity of samples decrease when
the basic fluid + HSB1618 is at pH 8–10, while that of samples increase at pH 10–12.

In the process of CBM development in central Hunan, the solid-free drilling fluid formula 3%KCl
+ 0.1%Na2CO3 + 0.1%HSB1618 + 0.2%XC + 0.1%PAC has strong suspension performance and large
moistening contact angle, which is helpful for the flowback of drilling fluid, and can reduce the residual
amount of drilling fluid in CBM reservoir, and finally reduce the damage to reservoir. Only three kinds
of surfactants are discussed in this paper, and the application of cationic surfactants in solid-free drilling
fluid can be studied in the future. In the follow-up studies, it is planned to carry out comparative
studies of CBM reservoirs in multiple regions and study the acoustic and mechanical properties of
reservoir samples before and after the action of solid-free drilling fluid.
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Abstract: Gas hydrate saturation is an important index for evaluating gas hydrate reservoirs, and well
logs are an effective method for estimating gas hydrate saturation. To use well logs better to estimate
gas hydrate saturation, and to establish the deep internal connections and laws of the data, we
propose a method of using deep learning technology to estimate gas hydrate saturation from well
logs. Considering that well logs have sequential characteristics, we used the long short-term memory
(LSTM) recurrent neural network to predict the gas hydrate saturation from the well logs of two
sites in the Shenhu area, South China Sea. By constructing an LSTM recurrent layer and two fully
connected layers at one site, we used resistivity and acoustic velocity logs that were sensitive to gas
hydrate as input. We used the gas hydrate saturation calculated by the chloride concentration of the
pore water as output to train the LSTM network. We achieved a good training result. Applying the
trained LSTM recurrent neural network to another site in the same area achieved good prediction of
gas hydrate saturation, showing the unique advantages of deep learning technology in gas hydrate
saturation estimation.

Keywords: gas hydrate; saturation; deep learning; recurrent neural network

1. Introduction

Gas hydrate is an ice-like crystalline solid, formed by water molecules and methane molecules
under low temperature and high pressure. It is mainly distributed in seabed sediments on continental
margins and permafrost regions. Gas hydrate can cause seabed geo-hazards and atmospheric
environmental problems [1], but is also a clean energy with huge reserves [2]. Gas hydrate saturation
is an important index for evaluating gas hydrate reservoirs. Well logs are widely used to estimate
gas hydrate saturation due to their fast speed and low cost. The common methods for estimating
the saturation of gas hydrate by using well logs mainly include resistivity methods and velocity
methods [3]. Resistivity-based methods use resistivity logs to estimate gas hydrate saturation according
to Archie’s law [4,5], while velocity-based methods use the theoretical or empirical relationship
between gas hydrate saturation and velocity to estimate gas hydrate saturation by using velocity logs.
The frequently used relationships between gas hydrate saturation and velocity include time-average
equations [6], the effective medium theory [7,8], and three-phase Biot-type equations [9,10].

The close relationship between gas hydrate saturation and well log machine learning technology
provides a new idea for using well logs to estimate gas hydrate saturation. Singh et al. [11,12] used
different combinations of well logs to predict gas hydrate saturation through unsupervised and
supervised machine learning algorithms. They obtained a higher accuracy of gas hydrate saturation
than in classic resistivity and velocity methods, showing the advantages of machine learning technology
in gas hydrate saturation predictions. As the most vigorous branch of machine learning, deep learning
technology can achieve more accurate prediction and classification than traditional technology. This is
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because it builds a deep neural network model with multiple hidden layers and uses a lot of data to
train the model to learn complex and effective information. Therefore, to use well logs better to estimate
gas hydrate saturation and to establish the deep internal connections and laws of the data, we propose
a method of estimating gas hydrate saturation from well logs by using deep learning technology.

The concept of deep learning first proposed by Hilton et al. [13] has been successfully applied in
image, audio, and natural language processing, and its unique advantages have attracted increasing
attention from geoscientists. Deep learning technology is being gradually applied to well log
interpretation and reservoir prediction, such as in rock facies classification [14–19] and the prediction
of shale content [20] and porosity [21]. Well logs are sequence samples, so to estimate the gas hydrate
saturation, we adopted the long short-term memory (LSTM) recurrent neural network, which is suitable
for processing sequential data to apply to the well logs that are sensitive to gas hydrate. This method
brought good application results in the Shenhu area, South China Sea. It demonstrated the unique
advantages of deep learning technology in gas hydrate saturation estimates, and laid the foundation
for its further application in gas hydrate research.

2. Long Short-Term Memory (LSTM) Recurrent Neural Network

2.1. Recurrent Neural Network (RNN)

A recurrent neural network (RNN) is a neural network model with memory function that can
discover the interrelationships between samples. It is especially used to process data with sequential
characteristics. Unlike other network structures, an RNN introduces the idea of self-loop, which can
input the output of the previous and next samples into the model for operation (Figure 1). The feature
information processed by the model contains not only the information of the sequence data before
the current sample, but also the information of the current sample itself. However, an RNN cannot
effectively deal with long-term dependency problems (neurons that are far away in the hidden layer)
because in the process of using the stochastic gradient descent method to train the RNN, the partial
derivative of the loss function to the weight matrix will tend toward zero or infinity as the number
of input sequence samples increases. This will bring problems of gradient vanishing or gradient
exploding, limiting its wide application.

Figure 1. Unfolded form of recurrent neural network [22].

2.2. LSTM Recurrent Neural Network

The LSTM network is a special recurrent neural network proposed by Hochreiter and Schmidhuber
in 1997 [23]. It improves and perfects the loop body repeated in a chain in the conventional RNN.
By adding a forget gate layer, an input gate layer, and an output gate layer in the network cell,
continuous write, read, and reset operations on memory cells can be performed [24]. This enables
LSTM to have long-term learning capabilities, and effectively solves the problems of gradient vanishing
and gradient exploding, making it one of the most successful RNN networks. Figure 2 shows the basic
network structure of LSTM, while Figure 3 shows the structure of an LSTM neuron.
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Figure 2. The basic network structure of the long short-term memory (LSTM) network [22].

Figure 3. The structure of an LSTM neuron [22]: (a) the forget gate layer, (b) the input gate layer, (c) the
cell status, and (d) the output gate layer.

The forget gate layer of the LSTM network determines which information needs to be discarded
(Figure 3). The expression is:

ft = σ
(
W f · [ht−1, xt] + b f

)
(1)

The input gate layer determines which new information is stored in the cell state (Figure 3b).
The expression is:

it = σ(Wi · [ht−1, xt] + bi) (2)

C̃t = tanh(WC · [ht−1, xt] + bC) (3)

Then, the current cell status (Figure 3c) is updated to:

Ct = ft ·Ct−1 + it · C̃t (4)

The cell state of LSTM runs through the whole process, so that information is transmitted in
a fixed and unchanging way. The output gate layer determines the information that needs to be output
at that moment (Figure 3d). The expression is:

ht = σ(Wo · [ht−1, xt] + bo) · tanh(Ct) (5)

where xt is the input vector of the LSTM neuron; ft is the activation vector of the forget gate layer;
it is the activation vector of the input gate layer; ht is the output vector of the LSTM neuron; Ct is the
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neuron cell state vector; W is weight matrix; b is the bias term; σ is the sigmoid function; (tanh) is the
hyperbolic tangent function; the subscript t indicates different moments.

3. Gas Hydrate Saturation Estimate

3.1. Geological Background

The Shenhu area is in the Pearl River Mouth Basin, in the middle of the northern slope of the South
China Sea (Figure 4), and it is a key area for gas hydrate exploration. The water depth is 500–1500 m,
the seabed topography is complicated, and the topographic slope varies greatly [25]. Since the late
Miocene, with its gravity flow having developed and its high deposition rate, several kilometers of
Mesozoic and Cenozoic sediments have accumulated to form enough organic matter to provide a source
for gas hydrates [26]. In previous geological surveys of the area, many geophysical and geochemical
markers indicating the existence of gas hydrates were discovered. In 2007, the Guangzhou Marine
Geological Survey conducted the first gas hydrate drilling expedition in this area, and successfully
drilled gas hydrate samples.

.

Figure 4. The Pearl River Mouth Basin in the northern slope of the South China Sea; the Shenhu area is
shown by the red rectangle.

3.2. Well Logs

Eight sites were drilled in the expedition area in 2007 (Figure 4). Gas hydrates were found in the
cores of sites SH2, SH3, and SH7, but no hydrates were found at sites SH1 and SH5. The other three
sites, namely, SH4, SH6, and SH9, were drilled for logging without cores.

Figure 5 shows the well logs of site SH2. The cores at this site confirmed that the gas hydrate-bearing
sediments were in the range of 190–220 m, and the hydrate saturation could reach 47.3% [27].

In the well logs of site SH2, the resistivity and acoustic velocity in the gas hydrate-bearing
formations showed apparent high value anomalies, while the density and gamma showed no obvious
changes. The well logs of site SH7 (Figure 6) showed that the depth of the gas hydrate-bearing
formation was approximately 152–177 m, and the hydrate saturation could reach 43% [27]. The well
log characteristics of the gas hydrate-bearing formation at site SH7 were completely consistent with
those at site SH2.

Gas hydrate causes the chloride concentration of the formation pore water to decrease, so the
saturation of gas hydrate can be calculated by measuring the chloride concentration of pore water
from cores [28] using:

Sh =
1
ρh

(
1− Clpw

Clsw

)
(6)
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where ρh = 0.924 is the value of the density of pure gas hydrate in g/cm3. Here, Clsw is the in
situ baseline pore water chloride concentration and Clpw is the measured chloride concentration in
core water after gas hydrate dissociation. The baseline chloride concentration can be determined by
smoothly fitting the chloride data above and below the gas hydrate zone [3].

Figure 5. Well logs at site SH2.

Figure 6. Well logs at site SH7.

Because the chloride concentration of the formation pore water was relatively less disturbed,
and the chloride concentration measured by the cores was more accurate, the gas hydrate saturation
calculated by the pore water chloride concentration had a higher accuracy [28]. Figure 7 shows the
gas hydrate saturations calculated by using the chloride concentration measured by cores in the gas
hydrate-bearing formation at sites SH2 and SH7. There were 41 gas hydrate-bearing cores at site SH2,
and 21 cores containing gas hydrate at site SH7 [3,29].
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Figure 7. Gas hydrate saturations calculated by the chloride concentration of the pore water from the
cores at sites SH2 and SH7.

3.3. Data Preparation

To use the LSTM recurrent neural network to estimate the gas hydrate saturation, site SH2 was
used as a training well to train the LSTM recurrent neural network, while site SH7 was used as
a verification well to verify the accuracy of the network model. In site SH2, the resistivity and acoustic
velocity, which are more sensitive to gas hydrate, were used as the input of the network model. The gas
hydrate saturations calculated by the chloride concentration of the pore water in the cores were used
as the output to train the LSTM recurrent neural network.

Because there were only 41 gas hydrate saturation values calculated from the chloride concentration
at site SH2, too little training data would seriously affect the training effect of the LSTM recurrent
neural network model. Therefore, the interpolation of the gas hydrate saturation was performed at the
sampling interval of the well logs to obtain 1400 sample datasets in the range of 191–219 m (Figure 8)
where the resistivity and the acoustic velocity were the input of the network model, and the interpolated
gas hydrate saturation were output. Before the dataset was input to the LSTM recurrent neural network
for training, 1000 consecutive samples were selected as the training dataset, with the remaining samples
used as the test dataset. To eliminate the dimensional influence between the parameters, and to ensure
that each parameter was within a reasonable distribution range, data standardization processing was
required. The expression is:

zi =
xi − μi

δi
(7)

where zi refers to the log parameters after standardization, xi refers to the input log parameters, μi and
δi are the mean and standard deviation of the parameters, respectively.

3.4. The Prediction Framework of the LSTM Recurrent Neural Network

We constructed an LSTM network prediction model that included an LSTM recurrent layer and
two dense layers (Figure 9), where xi is the standardized input sequence sample of the resistivity and
p-wave velocity; yi is the output saturation sample; LSTMi is the LSTM neuron that makes up the
LSTM recurrent layer, which has the exact structure in Figure 3; oi is the output of the LSTM neuron;
Ci and hi have the same meanings as in Equations (1)–(5). Because the actual data were not particularly
complicated, to improve the calculation efficiency, the number of nodes of the two fully connected
layers was set to 20 and 10, respectively. The optimization algorithm adopted the Adam algorithm,
and the dropout regularization method was used to prevent over-fitting.
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Figure 8. Training dataset of the network model.

Figure 9. The prediction framework of LSTM recurrent neural network.

The training process of the LSTM recurrent neural network was similar to that of a conventional
fully connected neural network, namely: (1) Use feedforward propagation to input training data into
the network, calculate the output of the LSTM unit, and then extract features through the two fully
connected layers. This trains it layer by layer to the output layer to obtain the predicted estimate of
this sample. (2) Back-calculate the error term of each neuron. The backward propagation of the error
term of the LSTM recurrent neural network includes two directions: the first is the back propagation
along time, that is, starting from the current t time, calculating the error term at each time; the second
is propagating the error term to the upper layer. (3) Use the Adam optimization algorithm based on
gradient descent to adjust the model parameters by calculating the gradient of each weight according
to the corresponding error item, so that the prediction is close to the optimization target. (4) Through
the above iterations, train until it meets the required optimization target, then the LSTM recurrent
neural network prediction model that meets the error requirements is established.
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3.5. Results

Figure 10 shows the training results of the LSTM recurrent neural network using site SH2. The red
dotted line shows the predicted saturation of the gas hydrate of the network model, and the blue
curve shows the true value input into the model. The calculation shows that the correlation coefficient
between the predicted value and the true value was 0.9605, and the root mean square error was
0.0208. The LSTM recurrent neural network achieved a good training effect, so it could be used for the
prediction of gas hydrate saturation at site SH7.

Figure 10. Training results of the LSTM recurrent neural network at site SH2.

We selected the resistivity and acoustic velocity logs of 155–167 m at site SH7, standardized the
data, and input the data into the previously trained LSTM recurrent neural network to obtain the
prediction of the gas hydrate saturation (Figure 11). The black curve in Figure 11 shows the predicted
value, and the black asterisks show the gas hydrate saturations calculated by the chloride concentration
of the pore water at site SH7. The overall change trend of the predicted value of gas hydrate saturation
obtained by the LSTM recurrent neural network was reasonable, and the prediction was basically
consistent with the 21 measured values of site SH7. We picked out the corresponding 21 predicted
values of gas hydrate saturation, and calculated the correlation coefficient and root mean square error
between the predicted value and the true value. We obtained 0.7085 and 0.1208. We therefore achieved
a relatively accurate prediction of gas hydrate saturation using the LSTM recurrent neural network.

Figure 11. Prediction of the gas hydrate saturation at site SH7.
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4. Discussion

The design of the network structure is key to improving the accuracy of a network model. We used
an LSTM network prediction model that included one LSTM recurrent layer and two fully connected
layers. The number of nodes in the two fully connected layers was 20 and 10, respectively. We did
this because the complexity of the actual data was relatively low and because we wanted to improve
calculation efficiency. In addition to selecting parameters based on experience, the optimal network
structure could also be selected by using the training dataset for repeated experiments. There are many
ways to use dropout regularization in LSTM network training [30], either in the loop of LSTM or in the
final fully connected layer. We chose to put dropout regularization in the fully connected layer.

The analysis of the cores in the Shenhu area showed that the gas hydrate-bearing sediments
consisted of silt (70%), sand (<10%), and clays (15%–30%) [31]. Because the well logs of gas
hydrate-bearing sediments were the comprehensive responses of lithology and gas hydrates, the log
characteristics of gas hydrate-bearing sediments, with varying lithologies, were different. Therefore,
the LSTM network trained by well logs is only suitable for gas hydrate saturation predictions of
gas hydrate-bearing sediments with small lithological differences, such as adjacent sites in the same
exploration area. For sites that are further apart, or located in other exploration areas, the predictions
may have large errors.

5. Conclusions

Based on the successful application of machine learning technology in gas hydrate saturation
using well logs, we proposed a method for estimating gas hydrate saturation from well logs using deep
learning technology to establish the deep internal connections and laws of the data. Considering that
well logs are sequence samples, this method designed the LSTM recurrent neural network to be suitable
for processing sequential data, took the resistivity and acoustic velocity logs that are more sensitive
to gas hydrates as input, took the gas hydrate saturation calculated by the chloride concentration as
the output, and trained the LSTM recurrent neural network to accurately predict the saturation of
gas hydrate. This method had higher accuracy prediction of gas hydrate saturation than traditional
machine learning methods and achieved good application results in the two studied sites in the Shenhu
area, South China Sea. It demonstrated the unique advantages of deep learning technology in gas
hydrate saturation estimates, and laid the foundation for its further application in gas hydrate research.
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Abstract: Simulation of the seismic wave propagation in natural gas hydrate (NGH) is of great
importance. To finely portray the propagation of seismic wave in NGH, attenuation properties
of the earth’s medium which causes reduced amplitude and dispersion need to be considered.
The traditional viscoacoustic wave equations described by integer-order derivatives can only nearly
describe the seismic attenuation. Differently, the fractional time derivative seismic wave-equation,
which was rigorously derived from the Kjartansson’s constant-Q model, could be used to accurately
describe the attenuation behavior in realistic media. We propose a new fractional finite-difference
method, which is more accurate and faster with the short memory length. Numerical experiments
are performed to show the feasibility of the proposed simulation scheme for NGH, which will be
useful for next stage of seismic imaging of NGH.

Keywords: natural gas hydrate; seismic modeling; fractional derivatives; numerical simulation

1. Introduction

Seismic exploration is a main technique in natural gas hydrate (NGH) survey. To gain a better
estimation of the NGH content, we need to understand the characteristics of the seismic wave
propagation in NGH. Traditional seismic modeling and inversion techniques are usually built on
perfectly elastic medium model. However, the real underground medium usually has attenuation
properties, which will cause amplitude loss and phase distortion of seismic waves. In particular,
gas hydrate layer often shows abnormal velocity and attenuation characteristics due to hydrate filling.
Ignoring the attenuation of the medium will make the numerical simulation and inversion results
different from the real situation [1–3], which will result in the inability to obtain the true and accurate
structural features of the underground. Studying the numerical simulation method of viscoacoustic
seismic wave will help to obtain the actual propagation of underground seismic wave. Moreover,
using the viscoacoustic wave equation for migration and inversion can effectively compensate the
loss of amplitude, accelerate the convergence rate, and make the inversion results closer to the actual
underground geological characteristics [4].

At present, many methods have been proposed for viscoacoustic seismic wave simulation [5–7].
Aki et al. [8] achieves viscoacoustic wave simulation by introducing complex velocity in the frequency
domain, but the calculation is huge. Another method to construct viscoacoustic models is by combining
mechanical elements [5,9–11], such as standard linear solid model (SLS) and Maxwell model, which are
approximately constant-Q model and require a large amount of memory and computational time [5,7].
In addition to the above integer-order method, the fractional-order wave equation can better describe
the amplitude loss and phase distortion of seismic waves. Carcione et al. [12] proposed a fractional
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time derivative wave equation using the stress-strain relationship proposed by Kjartansson [13].
The equation can accurately describe the constant-Q behavior, but the fractional time derivative will
introduce huge memory consumption [14,15]. In order to reduce memory consumption, Chen and
Holm [16] proposed using fractional Laplacian to simulate irregular attenuation behavior. Carcione [17]
uses fractional Laplacian to give a new wave equation, which effectively reduces memory and describes
amplitude attenuation and velocity dispersion in a single term. Song et al. [18] proposed an asymptotic
local finite difference based on the truncated difference stencil and applied the method to the fractional
wave equation pointed out by Carcione [17]. Zhu and Harris [3] proposed a nearly constant-Q
(NCQ) wave equation by approximating the fractional time derivative wave equation. The amplitude
attenuation and velocity dispersion are described by two decoupled fractional Laplacians in the NCQ
equation, which are helpful to compensate the attenuation loss in the inverse problem. Sun et al. [4,19]
further numerically simulated the equation proposed by Zhu and Harris using low-rank one-step wave
approximation [20,21]. Yao et al. [22] developed a local-spectral approach to implement the fractional
Laplacian in the viscoacoustic wave equation. Wang et al. [23] improved the numerical discretization
of the temporal derivatives in the NCQ equation. Xu et al. [24] adopted radial basis collocation method
to solve the NCQ equation. The NCQ equation avoids solving the fractional time derivative and
therefore saves the amount of calculation and memory, but it is actually an approximate modification
of the fractional time derivative wave equation and has a certain loss of accuracy. In this paper we use
the fractional time derivative wave equation to simulate the wave field. In recent years, many scholars
have proposed different methods for solving fractional time derivatives [25,26], which have promoted
its development.

In the previous researches, the realization of the fractional time derivative was approximated by
the original Grunwald–Letnikov finite difference method. In this paper, a more unified definition of
fractional derivatives is proposed to calculate the fractional time derivative. The rigorous form is the
limit of the original finite difference when time step approaches zero. This method is more stable at
different memory lengths and has higher accuracy when the memory length is short. We first give
a review of the derivation of the fractional time derivative wave equation. Then, we introduce the
more unified definition of fractional derivatives with finite difference method and apply this method
to calculate the fractional time derivative. Finally, some numerical examples on NGH model illustrate
the accuracy and stability of this new method.

2. Materials and Methods

2.1. Definitions of Fractional Derivatives

2.1.1. Grunwald–Letnikov Fractional-Order Derivative

The definition of Grunwald–Letnikov (G-L) fractional-order derivative is an extension of the
definition of the limit of integer-order derivative to real-order. Let α > 0, the Grunwald–Letnikov
α-th order fractional derivative of the function f (t) with respect to t and the terminal value a is given
by [12,27,28]

, (1)

where ω(α)k = (−1)k
(
α
k

)
=

(−1)kΓ(α+1)
Γ(k+1)Γ(α−k+1) , Γ(·) denotes gamma function given below and α represents

the order of the fractional operator. Binomial coefficients can be generalized to real arguments by
means of the gamma function

Γ(x) =
∫ ∞

0
tx−1e−tdt, x > 0. (2)

For which it is well-known that Γ(1) = 1 and Γ(x + 1) = xΓ(x), for any x > 0.

500



Energies 2020, 13, 5901

It is clear that if α = 1, GL
a Dαt f (t) =

f (t)− f (t−h)
h ; and if α = 2, GL

a Dαt f (t) =
f (t)−2 f (t−h)+ f (t−2h)

h2 .
They correspond to the first-order difference quotient and second-order difference quotient, respectively.

2.1.2. Riemann–Liouville Fractional-Order Derivative

The Riemann–Liouville (R-L) integral of non-integer order α > 0 for f (t) in suitable space
(e.g., Lp(a, b)) is defined by

a+Iαt f (t) =
1

Γ(α)

∫ t

a

f (τ)

(t− τ)1−α dτ. (3)

The Riemann–Liouville derivative with the lower integration limit a would be

RL
a+Dαt f (t) =

1
Γ(1− α)

d
dt

∫ t

a

f (τ)
(t− τ)α dτ, (4)

which is called the Riemann–Liouville fractional derivative of order α.

2.1.3. Caputo’s Fractional-Order Derivative

The Caputo’s derivative of fractional order α > 0 is defined by

C
a+Dαt f (t) =

1
Γ(m− α)

∫ t

a

f (m)(τ)

(t− τ)α+1−m dτ, (5)

where m = �α� is the smallest integer such that m > α, f (m) denotes the classical derivative of
integer order m.

2.1.4. The Riesz Fractional-Order Derivative

The kernel k(t) of the Riesz fractional-order derivative is given by

k(t) =
|t|−(α+1)

2Γ(−α) cos(β)
, α > −1, (6)

where β = (π/2)α. Clearly, if α = 1, the kernel would be k(t) = −|t|−2

π . With the above kernel, the α-th
order Riesz fractional derivative of function f (t) is defined by

Dα f (t) = f (t) ∗ k(t) =
1

2Γ(α) cos(πα2 )

∫ ∞

−∞
|t− τ|−α−1 f (τ)dτ, (7)

where the notation “∗” denotes the convolution operator. Equation (7) can be regarded as the two-sided
fractional derivatives. With above definitions, suppose t ∈ [a, b], for the order of α > 0, the Riesz
fractional derivative can be written as

∂α f (t)
∂|t|α = −Cα(aDαt f (t) + tDαb f (t)), (8)

where Cα = 1
2 cos(πα/2) , α � 1, aDαt and tDtDαb denotes the left- and right-side Riemann–Liouville

derivatives given by (9) and (10), respectively:

aDαt f (t) =
1

Γ(1− α)
d
dt

∫ t

a

f (τ)
(t− τ)α dτ, (9)

tDαb f (t) = − 1
Γ(1− α)

d
dt

∫ b

t

f (τ)
(τ− t)α

dτ. (10)
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In which, we assume that α ∈ (0, 1). If α is greater than 1, e.g., α ∈ (1, 2], the definitions can be
made correspondingly as

aDαt f (t) =
1

Γ(2− α)
d2

dt2

∫ t

a

f (τ)

(t− τ)α−1
dτ, (11)

tDαb f (t) =
1

Γ(2− α)
d2

dt2

∫ b

t

f (τ)

(τ− t)α−1
dτ. (12)

2.1.5. Relations between the above Fractional-Order Derivatives

For α ∈ (m− 1, m), f (t) ∈ Cm−1([a, t]), and f (m) is continuous on [a, t], there holds

RL
a Dαt f (t) = GL

a+Dαt f (t) =
m−1∑
k=0

f (k)(a)(x− a)k−α

Γ(k + 1− α) +
1

Γ(m− α)
∫ t

a

f (m)(ξ)(x− a)k−α

(x− ξ)α−m+1
dξ, (13)

i.e., the definition of R-L is equal to that of G-L for smooth functions.
Clearly, we can see from (13) that the three definitions can be identical if f (t) is smooth enough

and satisfies zero initial conditions of f (k)(a) = 0 (k = 0, 1, · · · , m− 1).
It also indicates from the three definitions that R-L is suitable for general functions, G-L is easy

to be utilized for discretization, and Caputo’s is often related with continuous processes depending
on time.

With above preparations, we now turn to the gas hydrate model establishment and the related
seismic wave modeling in fractional-order form.

2.2. Establishing Velocity and Quality Factor Model of Hydrate Layer

Gas hydrate layer often shows abnormal velocity and attenuation characteristics due to hydrate
filling. Accurately establishing the velocity and quality factor model is very important for the simulation
of the seismic wave field of gas hydrate. White [29] first proposed the concept of a mesoscopic scale
theoretical model. The so-called mesoscopic scale is an intermediate scale that is much larger than
rock particles but much smaller than the wavelength. The object of White’s theoretical research is
the non-uniform infiltration phenomenon of immiscible multiphase fluids infiltrating into the porous
medium. Many scholars have found through analysis that the mesoscopic scale porous model can
better explain the attenuation of the seismic frequency band [30]. Therefore, the White theory is chosen
to model the velocity and quality factor of the hydrate layer.

The calculation steps for the velocity and quality factor of the hydrate formation are as follows.
First, through the effective medium model [31], the elastic modulus of the solid phase and dry
rock skeleton can be calculated from the elastic modulus of each mineral component of the rock,
and then the velocity and quality factor of the saturated fluid rock can be calculated by the White
theory [29,32]. Through the above method, the velocity and quality factor of stratums with different
mineral components and hydrate saturation can be calculated. Therefore, seismic wave field simulations
can be performed on different hydrate stratums, which is very helpful for studying the law of seismic
wave propagation in hydrate stratums.

2.3. Viscoacoustic Wave Equation

To simulate seismic wave propagation of the gas hydrate stratums, in anelastic media, the stress
σ(t) can be expressed as a convolution of the variation of the strain ε(t) and the relaxation function
ϕ(t) in the following form:

σ(t) = ϕ(t) ∗ .
ε(t), (14)

where the symbol “∗” refers to the convolution operator.
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Kjartansson [13] gives a relaxation function, which exactly describes the constant Q characteristic
and is widely used in many seismic applications. The relaxation function is written as [3,12]

ϕ(t) =
M0

Γ(1− 2γ)

(
t
t0

)−2γ

H(t), (15)

where γ = arctan(1/Q)/π is a dimensionless parameter and we can know that 0 < γ < 1/2 by the
range of Q(Q > 0); M0 = ρc2

0 cos2(πγ/2) is a bulk modulus, Γ is the Euler’s Gamma function, H(t) is
the Heaviside step function and t0 is a reference time, e.g., t0 = 1/ω0, and c0 is the phase velocity at
reference frequency ω0.

Combining the first-order conservation equation ∂
∂t v = 1

ρ0
∇σ (v is the phase velocity, ∇ denotes

the gradient operator) with the strain-velocity equation ∂
∂tε = ∇ · v (here ∇· denotes the divergence

operator), along with Equations (14) and (15), the fractional time derivative wave equation with
uniform density ρ can be derived as

∂2−2γσ

∂t2−2γ = c0
2ω
−2γ
0 cos2(πγ/2)∇2σ. (16)

The above Equation (16) was rigorously derived from Kjartansson’s constant Q model [13],
hence it could accurately describe the attenuation behavior in realistic media. The Equation (16)
reduces to the classical acoustic equation when γ→ 0 (corresponding to Q→∞ ). When γ→ 1

2
(corresponding to Q→ 0), this equation describes the propagation of the seismic wave in infinite
attenuation medium. When 0 < γ < 1

2 , this equation describes the propagation of the seismic wave in
attenuating medium. Moreover, in discrete calculation, a short-term memory principle shown in [33]
is applied. The fractional time wave equation describes the loss mechanisms only by two parameters,
i.e., the phase velocity c0 and the quality Q. Therefore, the method based on the above equation is
more accurate and simpler than the other nearly constant Q methods, such as the methods based on
SLS model or complex velocity [3,17].

In Zhu and Harris [3], the authors approximated the time fractional wave equation, and expressed
the amplitude attenuation and velocity dispersion with two independent fractional Laplacians to obtain
an approximately constant Q wave equation. The separated amplitude attenuation and frequency
dispersion term are beneficial to compensate for attenuation loss in the inverse problem. The fractional
Laplacian form of the wave equation reads as

∂v(r,t)
∂t = 1

ρ0(r)
∇σ(r, t) + S,

∂
∂tε(r, t) = ∇ · v(r, t),

σ(r, t) = M0(r)
[
η(r)(−∇2)

γ(r)
+ τ(r) ∂∂t (−∇2)

γ(r)−1/2
]
ε(r, t),

(17)

where S denotes the source, σ(r, t) and ε(r, t) are the stress and strain fields at position r at time t, η(r) and

τ(r) are two coefficients vary in space and are in the form of η(r) = −c2γ(r)
0 (r)ω−2γ(r)

0 cos(πγ(r)) and

τ(r) = −c2γ(r)−1
0 (r)ω−2γ(r)

0 cos(πγ(r)), respectively, and all other parameters are defined the same as
above. In calculation, the spatial fractional Laplace operator adopts fast Fourier transform method.
Separating the amplitude attenuation term and dispersion term are beneficial to compensate attenuation
loss in the inverse problem. However, γ(r) changes with space and is taken as the average of the entire
space in the Fourier transform, which does not conform to the actual situation.
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2.4. Methods

2.4.1. Fractional-Order Derivatives Approximation

The critical matter of modeling wave propagation by using the Equation (16) is the method for
computing the fractional time derivative. There are different techniques for approximating different
fractional derivatives. The spatial derivatives ∇2σ can be calculated by the fast Fourier transform
or the finite difference. Carcione et al. [12] computed the fractional time derivative by the original
Grunwald–Letnikov finite difference method with second-order accuracy, which is in the following form:

∂β f (t)
∂tβ

= f (β)h (t) ≈ 1
hβ

J∑
j=0

(−1) j
(
β
j

)
f
(
t +

(
β

2
− j

)
h
)
, (18)

where β is the order of fractional derivative with β = 2− 2γ and hence 1 < β < 2, h is the time sampling

step and J = t/h− 1,
(
β
j

)
is the fractional binomial coefficients, which can be expressed in terms of

Euler’s Gamma function as(
β
j

)
=
β(β− 1)(β− 2) · · · (β− j + 1)

j!
=

Γ(β+ 1)
j!Γ(β− j + 1)

=
Γ(β+ 1)

Γ( j + 1)Γ(β− j + 1)
. (19)

Calculation of the fractional derivative using Equation (18) requires storing all the previous values
of f . Therefore, the original method will consume a lot of memory and computation, even though we
can truncate the memory length in some situations.

If the function f (t) has m + 1-order continuous derivative on interval [a, t] and the integer m satisfies
m < β < m+ 1, the limit (as h→ 0) of the Equation (18) can be obtained using the R-L fractional derivative:

aDβt f (t) = lim
h→0

f (β)h (t)

=
m∑

k=0

f (k)(a)(t−a)−β+k

Γ(−β+k+1) + 1
Γ(−β+m+1)

∫ t
a (t− τ)m−β f (m+1)(τ)dτ

(20)

In this study, we focus on the finite difference discretization of the fractional time derivative ∂
βσ
∂tβ

for 1 < β < 2. Then the fractional derivative can be defined as following a more unified form:

∂β f (t)
∂tβ

� lim
h→0

f (β)h (t)

= c1 (t−a)−β f (t0)
Γ(1−β) + c2 (t−a)1−β f ′(t0)

Γ(2−β) + 1
Γ(2−β)

t∫
a
(t− τ)1−β f (2)(τ)dτ,

(21)

where the symbol “�”denotes definition, c1 and c2 are constants of 0 or 1. When c1 = c2 = 1, (21) is
equivalent to R-L fractional derivative and G-L fractional derivative. When c1 = c2 = 0, (21) is
equivalent to the Caputo fractional derivative.

2.4.2. Finite Difference Method for Integer-Order Derivatives

Define the transfer operator Th, and difference operators ∇h, Δh and δh (respectively refers to the
backward difference, forward difference and central difference), where h ∈ R is the time sampling
stepsize. The operator Th acts on the function f (t), t ∈ R, gives

Th f (t) = f (t + h),
∇h f (t) = f (t) − f (t− h),
Δh f (t) = f (t + h) − f (t),
δh f (t) = f (t + 1

2 h) − f (t− 1
2 h).

(22)
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Assume that f (t) is sufficiently smooth, we have that the m-order derivative of f (t) can be
approximated by f (m)(t) = Dm f (t), m ∈ N, satisfying

Dm f (t) = h−m∇m
h f (t) + O(h) = h−m(I − T−h)

m
f (t) + O(h)

or
Dm f (t) = h−mδm

h f (t) + O(h2) = h−m(Th/2 − T−h/2)
m

f (t) + O(h2)

for backward and central difference, respectively; in which, I is the identity. The power m of the two
difference operators ∇h and δh can be expanded as

∇m
h =

m∑
j=0

(−1) j
(

m
j

)
T− jh

and

δm
h =

m∑
j=0

(−1) j
(

m
j

)
T(m/2− j)h

respectively. The above integer-order derivative forms can be extended to fractional cases, i.e., for any
β ∈ R, the fractional-order operator can be related by

∇βh =
∞∑

j=0
(−1) j

(
β
j

)
T− jh,

δ
β
h =

∞∑
j=0

(−1) j
(
β
j

)
T(β/2− j)h.

(23)

2.4.3. Fractional Differencing Scheme

With the above preparation, we present some details about how to calculate the fractional-order
time derivatives. Equation (20) is in the limit case where h approaches 0, which is more rigorous and
accurate than Equation (18). Jia and Li [34] using the rigorous form to compute the spatial fractional
derivative in the fractional advection-dispersion equation. Here, we consider the time fractional
derivative discretization. We discretize time domain by (i = 0, 1, 2, · · · , L) in interval [a, t] (t0 = a).
The positive integer L (L = (ti − t0)/h) is the memory length. Since 1 < β < 2, so m = 1. Using the
discretization scheme (23) to calculate the fractional time derivative, the Equation (21) can be discretized
as follows:

∂β f (t)
∂tβ
|t=tL = c1 (tL−t0)

−β f (t0)
Γ(1−β) + c2 (tL−t0)

1−β f ′(t0)
Γ(2−β) + 1

Γ(2−β)
tL∫

t0

(tL − τ)1−β f (2)(τ)dτ

= c1 (tL−t0)
−β f (t0)

Γ(1−β) + c2 (tL−t0)
1−β( f (t1)− f (t0))
Γ(2−β)h +

h−β
Γ(3−β)

L−1∑
j=0

[( j + 1)2−β − ( j)2−β]
(

f (tL− j+1) − 2 f (tL− j) + f (tL− j−1)
)
+ RL

h ,

(24)

where RL
h is the truncation error of magnitude O(h). It is obvious that the fractional derivative at time t

depends on the past value between [a, t]. Recalling that we need to numerically solve the Equation
(16). Using above fractional difference scheme, an explicit difference scheme for the stress σ(t) can be
obtained as follows:

σ(tL+1) =
Γ(3−β)

h−β c2
0ω
−2γ
0 cos2(πγ/2)∇2σ(tL) + 2σ(tL) − σ(tL−1)

−L−1∑
j=1

[( j + 1)2−β − ( j)2−β](σ(tL− j+1) − 2σ(tL− j) + σ(tL− j−1))

−c1 (2−β)(1−β)(tL−t0)
−βσ(t0)

h−β − c2 (2−β)(tL−t0)
1−β[σ(t1)−σ(t0)]

h1−β + S(tL).

(25)
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In which, S(tL) denotes the seismic source at time tL, which can be chosen by users, e.g., the Ricker

wavelet. Equation (25) does not need to compute the term
(
β
j

)
, and hence the speed of calculation is

accelerated. Spatial derivatives are calculated by the fast Fourier transform with staggered grid.
In the following, we will call the simulation method based on the Equation (18),

i.e., Grunwald–Letnikov finite difference method, as the “original method”, the simulation method
based on the Equation (24) as the “new method”, where we choose c1 = c2 = 0.

2.5. Proposition

In the above fractional differencing scheme, the memory length L is variable and is a fixed number
in each differencing calculation. This is particularly important for efficient simulation. Otherwise,
the memory length t − a will be a function of the variable t. According to Equations (18) and (24),
when L is large, the calculation time with difference scheme (24) will be less than that of difference
scheme of (18). However, as the value of L increases, its influence on the derivative will decrease.
Therefore, proper choice of the memory length L will balance the accuracy of calculation and the time
cost. In addition, the fractional differencing scheme (24) is stable, since the residual Ri

h related to
discrete step h is bounded by the infinitesimal equivalent value of h2, and the fact that for any 1 < α < 2,

(x + 1)α − xα =
∞∑

k=1

α(α−1)···(α−k+1)
k!

1
xk−α

= α 1
x1−α +

α(α−1)
2

1
x2−α +

∞∑
k=3

α(α−1)···(α−k+1)
k!

1
xk−α .

(26)

The above expression is bounded. In next section, we will show how these values of memory
length influence the results.

3. Results

3.1. Different Q Media

First, we investigate the accuracy of the solution of fractional time wave equation using different
discrete algorithms in uniform media. The media is discretized on a grid of 151 × 151 points with
the same spatial sampling interval 2 m in x- and z-directions and the time step is 0.05 ms. The phase
velocity c0 is 2200 m/s at a reference frequency f0 = ω0/(2π) = 1500 Hz. The source is a Ricker
wavelet with the central frequency of 100 Hz located at the center of the model. Figures 1–4 show
the seismograms calculated by the original method and the new method with different values of
Q = 5, 10, 30, 100 and different memory lengths of L = 9, 14, 24, 34, 44. When Q and L are both
small, the deviation of the seismograms calculated by the original method is large. In order not to affect
the display effect of other curves, these seismograms are not displayed. The results are also partially
magnified for clear presentation of details. The solution calculated by the original method with a long
memory length is excellently consistent with the analytical solution [12]. However, when the memory
length is smaller, a degraded numerical solution will be obtained. We choose the solution calculated
by the original method with all previous values as the reference solution. From Figures 1–4, when L
is relatively small, it can be seen that the seismograms calculated by the original method has a large
deviation from the reference curve, and the amplitude cannot return to 0 after the propagation of
wavelet, which will seriously disturb the wavefield. In particular, when Q is relatively small, this error
will be more remarkable. However, the new method is relatively stable when L is small and is closer to
the reference curve. Figure 5 shows the comparison of the snapshots and seismograms calculated by
different methods at Q = 10 and L = 34. Receivers are at the same depth as the source. The snapshot
and seismogram calculated by the original method have obvious false disturbances, and pseudo
hyperbolic fluctuations occur in the seismogram. The original method is inaccurate at a small memory
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length L. We access the accuracy of numerical solutions by the root-mean-square (rms) error, which is
defined by

errrms =
nt∑

i=1

(dp
i − dh

i )
2
/

nt∑
i=1

(dp
i )

2
,

where dp
i denotes the reference solution calculated by the original method with all previous values

and dh
i denotes the calculated value using the difference method with limited memory length L.

The relationship between the rms error and the number of memory length for different values of Q
is shown in Figure 6a. The error decreases with the increasing value of L, and the smaller value of
Q results in a larger error. The new method has higher accuracy and stability at a small value of L.
Table 1 shows the simulation time that is used to solve the fractional time derivative wave equation
by different methods. The new method is faster at the same memory length, whose calculation time
is about 20% of the original method (round numbers of CPU time is used). Under the same error
requirements, we can choose a smaller memory length using the new method, which can further save
a lot of calculation time.

 
(a) (b) 

Figure 1. (a) Comparisons of seismograms at Q = 100 and 30 m away from the source. The first number
‘1’ represents the original method, and the first number ‘2’ represents the new method. The second
number represents the memory length L. (b) Zoomed part of (a).

 
(a) (b) 

Figure 2. (a) Comparisons of seismograms at Q = 30 and 30 m away from the source. The first number
‘1’ represents the original method, and the first number ‘2’ represents the new method. The second
number represents the memory length L. (b) Zoomed part of (a).
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(a) (b) 

Figure 3. (a) Comparisons of seismograms at Q = 10 and 30 m away from the source. The first number
‘1’ represents the original method, and the first number ‘2’ represents the new method. The second
number represents the memory length L. (b) Zoomed part of (a).

Figure 4. Comparisons of seismograms at Q = 5 and 30 m away from the source. The first number
‘1’ represents the original method, and the first number ‘2’ represents the new method. The second
number represents the memory length L.

 
(a) (b) 

Figure 5. Cont.
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(c) (d) 

Figure 5. Calculation results of Q = 10, L = 34: (a) and (b) are the snapshots (0.05 s) and seismogram
calculated by the original method, respectively; (c) and (d) are the snapshots (0.05 s) and seismogram
calculated by the new method, respectively.

 
(a) (b) 

Figure 6. (a) The relationship between the error and the number of memory length for different values
of Q: solid lines represent the original method; dotted lines represent the new method. (b) Four
snapshot parts calculated by the new methods: (1) Q = 100; (2) Q = 30; (3) Q = 10; (4) Q = 5; Snapshots
are recorded at 0.05 s.

Table 1. Simulation time with different memory lengths of L.

Memory Lengths L = 9 L = 14 L = 24 L = 34 L = 44

CPU Time (s) Original method 286 440 760 1097 1413
New method 57 88 152 219 282

Figure 6b (1)–(4) shows the snapshots calculated by the new method at Q = 100, 30, 10, 5,
respectively. As the value of Q decreases, we can see that the amplitude gradually decreases, and the
phase gradually delays.

3.2. Layered Model

To verify the accuracy and stability of the new method in the media with large contrast in velocity
and Q, we construct a two-layers model. The velocity and the Q of the top layer are 1200 m/s and 30,
respectively. In the bottom layer, the velocity and the Q are 2200 m/s and 300, respectively. The interface
is at a depth of 120 m. The media is discretized on a grid of 151 × 151 points with the same spatial
sampling interval 2 m in x- and z-directions. The time step is 0.05 ms. A Ricker wavelet with the central
frequency of 100 Hz is located at the center of the model (150, 150 m). Receivers are at the same depth as
the source. Figure 7 shows the traces at x = 150 m extracted from seismograms calculated by the original
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method and the new method with different memory length L = 9, 14, 24. Similarly, we chose the
solution calculated by the original method with all previous values as the reference solution. Using the
original method with the memory length L = 14 leads to a significant deviation between the numerical
solution and the reference curve. However, the solution calculated by the new method with a smaller
memory length L = 9 is excellently consistent with the reference curve. Figure 8a,b show the snapshot
and seismogram calculated by the original method with memory length L = 14. Figure 9a,b show the
snapshot and seismogram calculated by the new method with memory length L = 9. Figure 10a,b
show snapshots and seismograms calculated by the original method with all previous values of the
length L. Obvious false disturbances can be observed in the Figure 8a,b, which differ greatly from
the reference solution Figure 10a,b. Figure 9a,b are almost identical to Figure 10a,b. These numerical
examples demonstrate that the solution calculated by the new method is more accurate and stable in
such a large contrast velocity and Q model. For the two-layers model, the computation time of the new
method is also about 20% of the original method at the same memory length. By the new method,
we can choose a smaller memory length and get a better solution, thereby we can further save memory
resources and cost of computation.

Figure 7. Comparison of seismograms in a two-layers model. The first number ‘1’ represents the
original method, and the first number ‘2’ represents the new method. The second number represents
the memory length L.

 
(a) (b) 

Figure 8. (a) Snapshot (0.05 s) and (b) seismogram calculated by the original method with memory
length L = 14.
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(a) (b) 

Figure 9. (a) Snapshot (0.05 s) and (b) seismogram calculated by the new method with memory
length L = 9.

 
(a) (b) 

Figure 10. (a) Snapshot (0.05 s) and (b) seismogram calculated by the original method with L equaling
all previous values.

3.3. Simulations on Velocity and Quality Factor Model of Hydrate Layer

The elastic modulus of each mineral component and fluid we used is shown in Table 2. We assume
that the rock solid phase is composed of 60% clay and 40% quartz, and the pores can contain different
proportions of water, natural gas hydrate, and methane gas. The curve of velocity and inverse quality
factor with hydrate saturation is calculated by white theory as shown in Figure 11. The seismic
frequency used in the calculation is 35 Hz.

511



Energies 2020, 13, 5901

Table 2. Parameters of each rock component.

Rock Parameters Values

Clay bulk modulus (Pa) 20.9 × 109

Clay shear modulus (Pa) 6.85 × 109

Clay density (kg/m3) 2580
Quartz bulk modulus (Pa) 36.6 × 109

Quartz shear modulus (Pa) 45 × 109

Quartz density (kg/m3) 2650
Sea water bulk modulus (Pa) 2.55 × 109

Density of sea water (kg/m3) 1050
Seawater viscosity coefficient (Pa·s) 0.0018
Methane bulk modulus (Pa) 0.01 × 109

Methane gas density (kg/m3) 100
Methane viscosity coefficient (Pa·s) 0.00002
Hydrate bulk modulus (Pa) 5.6 × 109

Hydrate shear modulus (Pa) 2.4 × 109

Hydrate density (kg/m3) 920
Permeability (m2) 100 × 10−14

Interparticle connection coefficient 9

 
(a) (b) 

Figure 11. The curve of velocity (a) and inverse quality factor (b) with hydrate saturation.

The calculation result of White theory shows that longitudinal wave velocity increases with
the increase of hydrate saturation. When the hydrate saturation is small, the longitudinal wave
attenuation increases rapidly to the maximum with the increase of saturation, and then the longitudinal
wave attenuation decreases rapidly. Priest et al. [35] used hydrate resonance column (Gas hydrate
resonant column) device to measure the attenuation value of 13 sandstone samples containing
hydrate. The measurement results show that in the range of hydrate saturation less than 3–5%,
the longitudinal wave attenuation increases rapidly to the maximum value with the increase of
saturation, and then the longitudinal wave attenuation decreases rapidly, and then shows a slow
increase trend. Therefore, it shows that there is a certain consistency between the White theoretical
model and the experimental measurement results. In all subsequent seismic wave simulations
of hydrate stratum, White theory is used to establish the velocity and quality factor models of
hydrate stratum.

3.4. Layered NGH Model

Now we consider seismic simulations of NGH model using fractional-order differencing of the
constant-Q viscoacoustic wave equation. The amplitude of seismic wave propagation in hydrate layer
always is very weak, which is called the amplitude blank zone. In order to simulate this phenomenon,
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we assume that the saturation of hydrate varies with porosity, and the ratio of hydrate saturation to
porosity is constant. We also assume that when the depth increases, the porosity of the rock generally
decreases as the pressure increases, and the hydrate saturation also decreases as the porosity decreases.

The first layered NGH model is a high hydrate saturation model and the pores of the underlying
layer are filled with free gas. The model parameters are given in Table 3. The velocity model and
the quality factor Q are shown in Figure 12a,b, respectively. From which we can see that there are
high-speed and high-Q anomalies in the hydrate layer. The seismic simulations with fractional-order
differencing is shown in Figures 13 and 14. It can be seen that bottom-simulating reflector (BSR) features
are obvious, and its polarity is reversed, and the amplitude is significantly increased. Above the BSR,
an amplitude blank zone can be seen in the hydrate layer. The reflection of the upper layer of gas
hydrate is relatively weak.

Table 3. High hydrate saturation model with gas bearing layer.

Stratum Serial Number Depth (m) Porosity Hydrate Saturation Gas Saturation

1 (Seawater) 1300 - - -
2 (General sediment) 200 0.5 0 0
3 (Hydrate) 50 0.5 0.4 0
4 (Hydrate) 50 0.45 0.36 0
5 (Hydrate) 50 0.4 0.32 0
6 (Hydrate) 50 0.35 0.28 0
7 (Hydrate) 50 0.35 0.28 0
8 (Free gas) 100 0.42 0 0.01
9 (General sediment) 200 0.42 0 0

 
(a) (b) 

Figure 12. (a) Velocity model; (b) Quality factor Q.
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(a) (b) 

Figure 13. (a) Seismic snapshot; (b) Seismic record.

Figure 14. One section of the seismic record.

The second layered NGH model is a low hydrate saturation model and the pores of the underlying
layer are also filled with free gas. The model parameters are given in Table 4. The velocity model and
the quality factor Q are shown in Figure 15a,b, respectively. From which we can see that there are
high-speed and low-Q anomalies in the hydrate layer. The seismic simulations with fractional-order
differencing is shown in Figure 16, Figure 17. The amplitude of BSR is weaker than that of the first
NGH model, but it is still obvious, and its polarity is reversed. There also exists an amplitude blank
zone above the BSR and the relatively weak reflection of the upper layer of gas hydrate.

Table 4. Low hydrate saturation model with gas bearing layer.

Stratum Serial Number Depth (m) Porosity Hydrate Saturation Gas Saturation

1 (Seawater) 1300 - - -
2 (General sediment) 200 0.5 0 0
3 (Hydrate) 50 0.5 0.1429 0
4 (Hydrate) 50 0.45 0.1286 0
5 (Hydrate) 50 0.4 0.114 0
6 (Hydrate) 50 0.35 0.1 0
7 (Hydrate) 50 0.35 0.1 0
8 (Free gas) 100 0.42 0 0.01
9 (General sediment) 200 0.42 0 0
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(a) (b) 

Figure 15. (a) Velocity model; (b) Quality factor Q.

 
(a) (b) 

Figure 16. (a) Seismic snapshot; (b) Seismic record.

Figure 17. One section of the seismic record.
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We also perform numerical experiments on the layered NGH model without gas bearing layer
for high hydrate saturation model and low hydrate saturation model, respectively. For the former
one, the models, seismic wave propagation and the section of the seismic records are shown in
Figures 18–20, respectively; for the later one, the models, seismic wave propagation and the section of
the seismic records are shown in Figures 21–23, respectively. Weak BSR can be seen in high hydrate
saturation model, but it is almost invisible in low hydrate saturation model. Through the above
layered NGH model test, when the underlying layer contains free gas, the BSR phenomenon is more
obvious. When the underlying layer does not contain free gas, the BSR phenomenon is relatively
weak. However, as the hydrate saturation increases, the BSR phenomenon becomes more obvious.

 
(a) (b) 

Figure 18. (a) Velocity model; (b) Quality factor Q.

 
(a) (b) 

Figure 19. (a) Seismic snapshot; (b) Seismic record.
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Figure 20. One section of the seismic record.

  
(a) (b) 

Figure 21. (a) Velocity model; (b) Quality factor Q.

 
(a) (b) 

Figure 22. (a) Seismic snapshot; (b) Seismic record.
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Figure 23. One section of the seismic record.

3.5. Complex Seabed NGH Model

We consider using the White theory to model the hydrate formation, and then the fractional wave
equation method is used to simulate the seismic wave of the established hydrate mode. The relationship
between the content and elastic parameters of each rock component and the seismic wave velocity,
attenuation characteristics, and seismic wave propagation law of the rock as a whole, lays a theoretical
foundation for the use of seismic exploration to identify natural gas hydrates and estimate the hydrate
content. The geological structure of the seabed is usually complex, and a large number of gas
hydrates are distributed on the sea floor. The main identification mark of natural gas hydrate is
bottom-simulating reflector (BSR). The position of BSR is usually consistent with the bottom interface
of gas hydrate, which reflects that the fluctuation of bottom interface of gas hydrate is similar to that of
seabed. We have established a complex seabed model containing natural gas hydrate, and there are
a lot of “gas chimney” under the hydrate. The velocity and quality factor models are shown in the
Figure 24a,b, respectively.

 
(a) 

 
(b) 

Figure 24. (a) The seismic velocity model; (b) The quality factor model.

Using the fractional Laplace operator wave Equation (17) to simulate wave field in hydrate
formation, meanwhile the time derivative adopts finite difference, and the space derivative adopts the
staggered grid fast Fourier transform method. In calculation, the first two first-order conservation
equations in Equation (17) apply PML absorbing boundary conditions, and do not perform absorbing
boundary processing on the equations containing Laplace operator. The snapshots of wave propagation
and the seismic record are shown in Figures 25 and 26, respectively. As shown in Figure 25,

518



Energies 2020, 13, 5901

BSR phenomenon can be clearly observed. Its main characteristics are the polarity reversal and the
significantly increase in amplitude, especially at the junction of the hydrate bottom interface and the
gas chimney. The same phenomenon can be seen in the seismic record Figure 26.

a
 b

Figure 25. (a) Seismic snapshots at 1.2 s; (b) Seismic snapshots at 1.5 s.

Figure 26. The seismic record.

4. Discussion and Future Research

In order to better find gas hydrate accumulation areas through seismic exploration and estimate
the scale of gas hydrate resources and hydrate content, it is necessary to in-depth study of the law
and characteristics of seismic wave propagation in gas hydrate-bearing formations and establish the
relationship of hydrate formation between seismic attributes and seismic response. For complex
oceanary geological conditions, the mathematical analytical solution of seismic wave propagation
is difficult to find. Numerical simulation based on the assumption of known underground physical
parameters and medium models, uses computers and various numerical simulation methods to obtain
seismic waves. The approximate solution of the field is a relatively simple and efficient method.

When the underlying stratum contains free gas, the BSR phenomenon is more obvious, with a
significant increase in amplitude and polarity reversal. At the same time, a reflective blank zone in the
hydrate layer can be seen above the BSR. When the underlying formation does not contain free gas,
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the BSR phenomenon is relatively weak. As the hydrate saturation increases, the BSR phenomenon
becomes more obvious. On the basis of phenomena, such as BSR and amplitude blank zone, hydrates
can be further identified, and the hydrate content can be estimated based on the characteristics of speed
and quality factor. The fractional time derivative wave equation can accurately describe the constant-Q
behavior, but the fractional time derivative will introduce huge memory consumption. We proposed
a new finite-difference method, which can save memory resources and cost of computation. But for
large-scale models, the amount of calculation is still relatively large. It is necessary to further study the
fast algorithm of fractional time derivative. In addition, the current gas hydrate model is still relatively
rough. Establish a more sophisticated model hydrate is still of great importance.

In this study, we only consider the forward simulation of the seismic propagation behavior in NGH.
Next stage, we will consider the seismic imaging. The basic idea is performing a least-squares error
minimization problem, i.e., if we denote d the simulated data by aforementioned seismic simulation
steps with fractional differencing, dobs the observed data, m the velocity model, and L the forward
operator that acts on m to generate d, then we will solve the following regularized minimization problem

J(m) =
1
2
‖dobs − d‖22 + α ·Ω(m) =

1
2
‖d− Lm‖22 + α ·Ω(m)→ min (27)

where Ω(m) denotes the a priori knowledge of the model, α > 0 is the regularization parameter.
The above optimization problem requires forward simulation and gradient or Hessian information
calculation, e.g., least-squares migration (LSM) or full waveform inversion (FWI) can be developed.
Of course, some advanced regularization techniques either physics-based or learned with artificial
neural network (ANN) should be fully employed [36–38]. It is well-understanding that the easy way
of seismic imaging is using reverse time migration (RTM) [39], however performing RTM requires a
big deal of computation. We will continue to report our research in this field in future works.

5. Conclusions

We have introduced a more rigorous form of definition of fractional derivative to calculate the
fractional time derivative of the viscoasoustic wave equation, which is more accurate and simpler than
the other nearly constant-Q methods for describing the propagation of viscoasoustic wave. The rigorous
form is the limit of the original definition when time step approaching zero. We discretize the rigorous
form and bring it into the fractional time derivative wave equation to obtain the explicit expression of
viscoelastic wave extrapolation. The computation time of the new method is merely about 20% of the
original method at the same memory length. Some numerical examples demonstrate that the solution
calculated by the new method is more accurate and stable in the uniform model or the large contrast
velocity and Q model. By the new method, we can choose a smaller memory length at an acceptable
accuracy; thereby, we can save memory resources and computation time. For the wavefield simulation
of gas hydrate layer, White theory is selected to establish velocity and quality factor models, and then
the fractional wave equation is used to simulate the propagation of seismic waves in the hydrate model.
Finally, the connection between the elastic parameters and content of each component of the rock in
the hydrate layer, the seismic wave speed, attenuation characteristics, and the law of seismic wave
propagation are established. The above contents provide theoretical foundation for identifying gas
hydrate and estimating hydrate content by seismic exploration.
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Abstract: The Hong-Che Fault Zone is one of the important oil and gas enrichment zones in the
Junggar Basin, especially in the Carboniferous. In recent five years, it has been proven that the
Carboniferous volcanic rock has 140 million tons of oil reserves, and has built the Carboniferous
volcanic reservoir with a capacity of million tons. Practice has proven that the volcanic rocks in this
area have great potential for oil and gas exploration and development. To date, Carboniferous volcanic
reservoirs have been discovered in well areas such as Che 32, Che 47, Che 91, Chefeng 3, Che 210,
and Che 471. The study of drilling, logging, and seismic data shows that the Carboniferous volcanic
reservoirs in the Hong-Che Fault Zone are mainly distributed in the hanging wall of the fault zone,
and oil and gas have mainly accumulated in the high part of the structure. The reservoirs are
controlled by faults and lithofacies in the plane and are vertically distributed within 400 m from
the top of the Carboniferous. The Carboniferous of the Hong-Che Fault Zone has experienced
weathering leaching and has developed a weathering crust. The vertical zonation characteristics
of the weathering crust at the top of the Carboniferous in the area of the Che 210 well are obvious.
The soil layer, leached zone, disintegration zone, and parent rock developed from top to bottom.
Among these reservoirs, the reservoirs with the best physical properties are mainly developed in
the leached zone. Based on a comprehensive analysis of the Carboniferous oil and gas reservoirs in
areas of the Chefeng 3 and Che 210 wells, it is believed that the formation of volcanic reservoirs in the
Hong-Che Fault Zone was mainly controlled by structures and was also controlled by lithofacies,
unconformity surfaces, and physical properties.

Keywords: junggar basin; hong-che fault zone; carboniferous; volcanic reservoir; main controlling
factors of hydrocarbon accumulation

1. Introduction

Volcanic reservoirs are widely distributed in more than 300 basins or blocks in over 20 countries
and five continents and are becoming an important new area for global oil and gas resource exploration
and development [1–5] (Table 1).

According to the characteristics of volcanic oil and gas reservoirs, which have already been
discovered around the world, these strata have strong epochal and regional characteristics and
mainly include Archean, Carboniferous, Permian, Cretaceous, and Paleogene strata. In addition,
they are mainly distributed in the circum-Pacific, Mediterranean and Central Asian regions [6].
The circum-Pacific region is the main area of distribution of volcanic oil and gas reservoirs,
which includes the United States, Mexico, and Cuba in North America; Venezuela, Brazil, and Argentina
in South America; and China, Japan, and Indonesia in Asia. These areas are followed in importance
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by the Mediterranean region and Central Asia. Some volcanic oil and gas reservoirs have also been
found on the African continent, such as in Egypt, Libya, Morocco in North Africa and Angola in South
Africa [7].

Table 1. Production statistics of global volcanic oil and gas fields.

Country Field Name Basin Type

Output

Reservoir Rock
Oil (t/d)

Gas
(104m3/d)

Cuba Cristales South Cuba oil 3425 basaltic tuff
Brazil Igarape Cuia Amazonas oil 68–3425 dolerite sill

Vietnam 15-2-RD 1X Cuu Long oil 1370 altered granite
Argentina YPF Palmar Largo Noroeste oil, gas 550 3.4 vuggy basalt
Georgia Samgori oil 411 laumontite tuff

United States West Rozel North Basin oil 296 basalt, agglomerate
Venezuela Totumo Maracaibo oil 288 igneous rocks
Argentina Vega Grande Neuquen oil, gas 224 1.1 fractured andesite

New Zealand Kora Taranaki oil 160 andesite tuffs, volcaniclastics
Japan Yoshii-Kashiwazaki Niigata gas 49.5 rhyolite
Brazil Barra Bonita Parana gas 19.98 flood basalt, dolerite sill

Australia Scotia Bowen-Surat gas 17.8 fractured andesite

Indonesia Jatibarang NW Java oil, gas 85 fractured basalt, andesitic tuff,
tuff breccia

Mexico Furbero Vera Cruz oil 9 gabbro
Azerbaijan Muradkhanly western oil 12–64 andesite and basalt

Data Source: This table is modified from [1,7].

At present, volcanic reservoirs have been found in 14 sedimentary basins in China (Table 2) [8].
There are three main sets of volcanic strata that developed in the sedimentary basins of China:
Carboniferous-Permian, Jurassic-Cretaceous, and Paleogene-Neogene [7]. In terms of spatial locations,
the volcanic reservoirs in China can be divided into two parts: Eastern part and western part.
The volcanic rocks in eastern China (such as the Bohai Bay Basin) mainly developed in rifted basins,
which were controlled by an intracontinental rift environment that was caused by subduction of the
Pacific plate under the Chinese mainland since the Mesozoic and Cenozoic [9–11]. The development of
volcanic rocks in the western basins, as represented by the Junggar Basin, was closely related to the
formation and closure of the Paleo-Asian and Paleo-Tethys Oceans and the orogeny that was induced
by them [12–14].

Table 2. Distribution of volcanic rock oil and gas reservoirs in China.

Basin Region Reservoir Name Strata Reservoir Rock

Bohai Bay

Jiyang Depression
Binnan oilfield Paleogene Basalt, andesitic basalt

Linpan lin 9 fault
block

Paleogene,
Neogene Tuff

Shanghe 3 District Paleogene,
Neogene Basalt, diabase

Jizhong Depression Caojiawu Gas
Reservoir Paleogene Diabase

Huanghua Depression Fenghuadian Upper Jurassic Andesite

Liaohe Depression Rehetai-Oulituozi Paleogene Trachyte

Niuxintuo Mesozoic Rhyolite, andesite, breccia,
and tuff

Sichuan West Sichuan Zhougongshan Upper Permian Basalt

Junggar Northwestern Margin
Karamay Oilfield

District 5, 8 Carboniferous Basalt

Hong-Che area Carboniferous,
Permian

Basalt, andesite, and volcanic
breccia
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Table 2. Cont.

Basin Region Reservoir Name Strata Reservoir Rock

Central Part
Shixi area Carboniferous,

Permian
Basalt, andesite, diabase,

breccia, and tuff

Kalameili area Carboniferous Basalt, andesite, breccia, and
tuff

Eastern part Wucaiwan area Carboniferous Basalt, andesite, rhyolite,
volcanic breccia, tuff

Subei Dongtai Depression Biandong structure Paleogene Basalt

Songliao

Xujiaweizi Fault
Depression Xingcheng Cretaceous Rhyolite

Changling Fault
Depression Haerjin structure Cretaceous Rhyolite

Erlian Manite Depression Abei Jurassic Andesite

Santanghu Malang Depression Haerjiawu
Formation Carboniferous Andesite

Hailar Beier depression Budate Group
buried hill Triassic Altered basalt and andesite

Data Source: This table is modified from [8].

Since the first discovery of volcanic reservoirs in the San Joaquin Basin, California, USA in 1887,
more than 300 volcanic-related reservoirs or oil-gas occurrences have been discovered worldwide [2,7].
The research and understanding of volcanic oil and gas exploration can be categorized into three stages:
Accidental discovery stage, local exploration stage, and comprehensive exploration stage. Up to now,
extensive volcanic reservoir exploration has been conducted worldwide, and many volcanic reservoirs
have been discovered. Volcanic rocks have changed from being an initial “forbidden zone” for oil
and gas exploration to a “target zone”. Volcanic reservoirs in the sedimentary basins of China were
first discovered in the northwestern margin of the Junggar Basin in 1957. At present, the exploration
and development of volcanic reservoirs in the sedimentary basins of China is being comprehensively
carried out, and great progress and breakthroughs have been made.

From a global perspective, nearly all types of igneous rocks, from basic rocks to acidic
rocks and from lava to pyroclastic rocks, may have the potential to form effective reservoirs.
Compared with conventional reservoirs, the formation of volcanic rock storage conditions is more
random, which requires specific analysis based on the actual geology of specific regions [5]. At present,
the proven oil and gas reserves in volcanic rocks account for only approximately 1% of the total proven
global oil and gas reserves but have great exploration potential [4].

The Junggar Basin is a large-scale composite superimposed basin, which has undergone a complex
tectonic evolution process. In the Late Carboniferous to Early Permian, the Paleo-Asian Ocean was
completely closed, and the northern Xinjiang was in a post-collisional extensional environment.
Large-scale mantle-derived magmatism took place in northern Xinjiang, which included the Junggar
region. Volcanic rocks were widely distributed on the uplift structures of the basin [15]. Volcanic rocks
in the high parts of structures have undergone long-term weathering, leaching, and dissolution,
as well as transformations caused by later tectonic activities, have developed rich secondary pores and
fractures, and have become high-quality reservoirs. During the process of oil and gas exploration that
has extended to the deep layers of the basin, Carboniferous volcanic rocks have become an important
new exploration target. The volcanic eruptions in the Junggar basin are mainly transitional facies
between sea and land, with multiple eruptions, mostly small volcanoes, and the complexity of volcanic
lithology increases. Most of the volcanic eruptions in foreign countries are marine facies, erupting on
the seabed, and the scale of volcanoes is large.

The Hong-Che Fault Zone is located at the southern end of a fault system at the northwestern
margin of the Junggar Basin. It is one of the long-term direction areas for oil and gas migration
and is rich in oil and gas resources. The Carboniferous in the Hong-Che Fault Zone is an important
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hydrocarbon enrichment zone in the northwestern margin where various types of oil and gas reservoirs
have developed, which have reserves of considerable scale and excellent exploration potential.
The distribution system of faults in the Hong-Che Fault Zone is complex, and the lithology and
lithofacies of the Carboniferous volcanic rocks are heterogeneous. The distribution of volcanic
reservoirs is affected by lithology, and the whole region is oil-bearing but is locally enriched, and the
differences are relatively large. At present, there is a lack of systematic research on the formation of
volcanic reservoirs in this area, and the distribution laws of oil and gas and the main controlling factors
for hydrocarbon accumulations are not clear. Therefore, it is necessary to summarize the characteristics,
reservoir forming mechanisms, and main controlling factors of volcanic reservoirs, which is of great
practical significance for predicting favorable volcanic reservoir zones and effectively developing
volcanic reservoirs in this area. This knowledge can also provide a theoretical basis for the next
exploration and development of Carboniferous volcanic rock-based oil and gas in the Junggar Basin.

2. Geological Setting

The northwestern marginal fault system of the Junggar Basin is located in the middle of the
Central Asian Orogenic Belt (CAOB) (Figure 1), which is in the coupling region between the Junggar
Basin and West Junggar Block. Its formation and evolution were mainly affected by the activity of the
West Junggar Orogenic Belt to the west [16]. From north to south, it is divided into the Wu-Xia, Ke-Bai,
and Hong-Che Fault Zones [17–20]. The Hong-Che Fault Zone is located at the southern end of the
fault system, which is located at the northwestern margin of the Junggar Basin (Figure 1). It strikes
nearly north-south and has a length of approximately 80 km and width of approximately 10–20 km.
It is adjacent to the Ke-Bai Fault Zone to the north, Chepaizi Uplift to the west, Sikeshu Depression to
the south, and the Zhongguai Uplift and Shawan Depression to the east and extends over an area of
approximately 1500 km2 [21,22].

 

Figure 1. Sketch maps. (a) The tectonic location of the Junggar Basin in the CAOB. (b) Division of
tectonic units in the Junggar Basin. (c) The major faults in and around the Hong-Che Fault Zone
(modified after [23]).
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Studies have shown that the West Junggar region was in a post orogenic extensional environment
during the Late Carboniferous to Early Permian [24–27]. The Late Carboniferous-Early Permian
volcanic rocks in the West Junggar area and surrounding areas are mainly basalts and rhyolites with
less neutral components, which form a typical “bimodal” series. A-type granites are well developed.
This tectonic rock association and geochemical characteristics indicate that they formed in an extensional
environment of crustal thinning. It is comprehensively judged that the study area has a post orogenic
extensional background. During this period, the basin was mainly composed of grabens and half
grabens, which were controlled by normal faults with a dual structure of “lower faults and upper
depressions” [16,27]. Since the Permian, it has experienced five tectonic stages: Early Permian post
orogenic extension, strong Middle-Late Permian compression and thrusting, inherited Triassic thrust
superimposition, overall Jurassic-Cretaceous oscillation, and Cenozoic intracontinental foreland [16,28].

According to the drilling and seismic data, the Carboniferous, Permian, Triassic, Jurassic,
Cretaceous, Paleogene, Neogene, and Quaternary all developed from bottom to top in the study area
(Figure 2). The Lower Permian Jiamuhe Formation (P1j), Fengcheng Formation (P1f), Middle Permian
Xiazijie Formation (P2x), Lower Wuerhe Formation (P2w), and Upper Permian Upper Wuerhe Formation
(P3w) developed from bottom to top. The Baikouquan Formation (T1b), Karamay Formation (T2k),
and Baijiantan Formation (T3b) developed from bottom to top in the Triassic. The Jurassic mainly
includes the Badaowan Formation (J1b), Sangonghe Formation (J1s), Xishanyao Formation (J2x),
Toutunhe Formation (J2t), and Qigu Formation (J3q). The Tugulu Group (K1tg) developed in the
Cretaceous. Since the study area has been located at a high position of structures from the Permian to
the end of the Jurassic and has been in a state of continuous uplift for a long period, the Permian and
Triassic are missing in most areas of the fault zone. From east to west, the Jurassic and Cretaceous
overlapped and were deposited on top of the Carboniferous bedrock. Due to the influence of the
late Hercynian, Indosinian, Yanshanian, and Himalayan movements, the unconformity surfaces of
the lower boundaries of the Upper Wuerhe Formation (P3w), Jurassic, Cretaceous, and Neogene are
developed in the study area.
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Figure 2. Stratigraphic characteristics of the Hong-Che Fault Zone (modified from [29]).

3. Data and Methods

The research data includes three-dimensional seismic data of the Hong-Che Fault Zone,
well logging, core and casting thin section data of exploration wells. The target layer of study
is the Carboniferous volcanic rocks. Through the interpretation of seismic data, we analyze the
structural characteristics of the reservoir. Based on the analysis of typical oil and gas reservoirs in the
Chefeng 3 and Che 210 well blocks, the main controlling factors and hydrocarbon accumulation model
of Carboniferous volcanic rocks in the Hong-Che Fault Zone are obtained.

3.1. Structural Characteristics

During the Middle-Late Permian, a strong compressional orogenic activity occurred in the western
mountains of the Junggar Basin and the Hong-Che Fault Zone was characterized by a large-scale thrust
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nappe due to compression. The structural type of the Hong-Che Fault Zone mainly consists of a thrust
nappe structure. This fault zone is generally characterized by the development of multiple N-S thrust
faults and fault terrace belts uplifted from east to west [30,31]. The fault combination is mainly an
imbricate thrust fault combination (Figure 3).

 

Figure 3. Uninterpreted (top) and interpreted (bottom) seismic profiles across the Hong-Che Fault
Zone. The location of the profile is marked in Figure 1c (modified from [23]).

The strike direction of the thrust fault is nearly north-south and its dip is westward. The dip angle
of the upper part is 50–70◦ and the dip angle of the lower part is 20–30◦ [17]. The fault strata date is
from the Carboniferous to the upper Jurassic boundary. The Hongche Fault has a variable strike and
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extends approximately 120 km in an arc shape along the plane and can be divided into three sections:
South, middle, and north. Among them, the north section tends to trend NNE, the middle section
trends nearly NS, and the south section trends NW [23].

3.2. Characteristics of Volcanic Reservoirs

Drilling has shown that the Carboniferous lithology of Hong-Che Fault Zone is dominated by
igneous rocks with small amounts of sedimentary rocks [32]. Igneous rocks can be divided into
igneous extrusive rocks and igneous intrusive rocks depending on the type of volcanism. Based on
the volcanism products, the Carboniferous igneous rocks in the study area can be divided into five
types: Volcanic lava, pyroclastic lava, pyroclastic rock, sedimentary pyroclastic rock, and pyroclastic
sedimentary rock (Table 3). The volcanic lavas include basalt and andesite and pyroclastic rocks
include tuff and volcanic breccia.

Table 3. Lithology statistics of Carboniferous in the Hong-Che Fault Zone.

Major Category Volcanism Manner Rock Type
Number of

Samples
Thin Section Lithology

Sedimentary rock Sedimentary rocks 37

Sandstone
Sandy conglomerate

Conglomerate
Mudstone

Igneous rock

Extrusive rock
(Igneous rock)

Pyroclastic
sedimentary rocks 47

Tuffaceous glutenite
Tuffaceous sandstone

Sedimentary
pyroclastic rocks 33 Sedimentary tuff

Pyroclastic rocks
(168)

49

Tuff
Basaltic tuff

Andesitic tuff
Acidic tuff

30
Basaltic breccia tuff

Andesitic breccia tuff

89

Basaltic tuffaceous volcanic
breccia

Basaltic volcanic breccia
Andesitic volcanic breccia

Pyroclastic lava 8
Basaltic breccia lava

Basaltic tuff lava
Basaltic andesitic breccia lava

Volcanic lava 104
Basalt

Amygdaloidal basalt
Andesite

Intrusive rock (Plutonic rocks,
hypabyssal rock)

Intermediate
intrusive rocks

7
Diorite

Fine diorite
Amphibolite

Data Source: This table is modified from [32].

Liu (2013) collected thin section data for 404 sample points from 36 wells of the Carboniferous in
the Hong-Che Fault Zone and constructed a Carboniferous lithology statistical map (Figure 4) [32].
It can be seen from Figure 4 that igneous rocks mainly developed in this area, the percentage of normal
sedimentary rocks is below 10%, and intrusive rocks rarely developed. Among the igneous rocks,
pyroclastic rocks and volcanic lavas are most developed, which account for 42% and 26%, respectively,
and are followed by pyroclastic sedimentary rocks, which account for 12%.
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Figure 4. Lithology statistics map of the Carboniferous in the Hong-Che Fault Zone.

The Carboniferous volcanic rocks in the Hong-Che Fault Zone are characterized by multiple stages
and intermittent eruptions. There were at least three eruption periods in the Carboniferous and there
were multiple eruption cycles in each eruption period. The lithofacies distributions of each eruption
period exhibit both similarities and differences [29,32]. The lithofacies of the Carboniferous volcanic
rocks gradually changed from volcanic eruptive facies to overflow facies to volcanic sedimentary facies
and later to pyroclastic facies (Figure 5). Carboniferous volcanic eruptions mainly occurred along the
Hongche Fault, Guaiqian Fault, and other large-scale boundary faults, such as the Che 47, Che 43,
Che 46, and Che 72 well volcanic eruption centers. The volcanic eruptions occurred along the faults
and were linear fissure eruptions [33].

Oil testing and well logging interpretation data show that the lithofacies of the Carboniferous
reservoirs in the Hong-Che Fault Zone are mainly eruptive facies, overflow facies, clastic sedimentary
facies, and volcanic sedimentary facies. Among the 46 reservoir samples collected, eruptive facies
account for 39.1% and are followed by clastic sedimentary facies, which account for 28.3%. The reservoir
samples that developed in the overflow facies account for 23.9% and a small amount (8.7%) developed
in volcanic sedimentary facies (Figure 6).

Through core analyses of the volcanic rocks, the relationship between volcanic lithofacies and
porosity and permeability parameters was obtained (Table 4) [29,32]. The porosity and permeability of
each lithofacies are quite different. The physical properties of the eruptive and clastic sedimentary
facies are most favorable, while those of the volcanic sedimentary facies are least favorable.

The reservoir spaces of the Carboniferous reservoirs in the Hong-Che Fault Zone have dual
pore media, which include pores and fractures. The primary pores are generally not developed in
the Carboniferous and are mainly secondary pores, which include intragranular dissolved pores,
intragranular intercrystalline pores, zeolite dissolution pores, and residual intergranular pores, as well
as other dissolved pores [34]. There are various types of fractures with complex characteristics
in the Carboniferous volcanic reservoirs in the Hong-Che Fault Zone, which include structural
fractures, diagenetic fractures, dissolution fractures, and induced fractures. Among these fracture
types, structural fractures are the main fracture types. The structural fractures of the Carboniferous
volcanic rocks mainly consist of oblique and reticular fractures (Figure 7). The fracture tendency is
disorderly and the strikes are NNW and NNE. After the formation of Carboniferous volcanic rocks,
the Hong-Che Fault Zone experienced four major tectonic activities, which correspond to the four
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stages of fracture formation. Vertically, the Carboniferous volcanic rock fractures are widely developed
from the top of the Carboniferous downward to a depth of approximately 250 m but the fractures
rarely developed below depths of 250 m and are only found in individual wells [35,36].

 

Figure 5. Lithofacies plane distribution map of the Carboniferous volcanic rocks in the Hong-Che Fault
Zone (modified from [32]).
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Figure 6. Lithofacies of Carboniferous reservoir in the Hong-Che Fault Zone (modified from [32]).

Table 4. Relationship between lithofacies and physical properties of the Carboniferous volcanic rocks
in the Hong-Che Fault Zone.

Lithofacies Effective Porosity/% Horizontal Permeability/mD

Eruptive facies 10.52 11.23
Clastic sedimentary facies 14.51 7.44

Overflow facies 8.93 2.83
Volcanic sedimentary facies 4.72 0.98

 

Figure 7. Photos showing the fracture characteristics of the core. (a) The tuffaceous sandstone in the
Che 211 well at 1176.67–1177.09 m. (b) The andesite in the Chefeng 7 well at 1350.22–1350.35 m.

Taking the Che 210 well block as an example, based on core observations and casting thin section
data analysis, the pore types of the Carboniferous reservoirs in this area are mainly dissolution pores
and micro-fracture pores. By microscopic analysis, the core at 1180.55 m in the Che 222 well consists of
tuffaceous fine sandstone with intragranular dissolved pores, which account for 50% of the total pores
and micro-fractures, which also account for 50%. There is fine-grained sandstone at 1334.08 m in the
Che 222 well and intragranular dissolved pores account for 100% of the total pores (Figure 8).

533



Energies 2020, 13, 6114

 

Figure 8. Casting thin section photos of Che 222 well. (a) The tuffaceous fine sandstone at 1180.55 m.
(b) The fine-grained sandstone at 1334.08 m.

According to the analysis of casting thin section data, the tuffaceous sandstone in the area of the
Che 210 well mainly developed dissolution pores, which are dominated by intragranular dissolved
pores, matrix dissolved pores, and micro-fractures. Volcanic breccias mainly developed dissolution
pores and microfractures, tuffmainly developed fractures, and basaltic andesite mainly developed
dissolution pores dominated by phenocryst-dissolved pores (Figure 9).

 

Figure 9. Statistical figure of different lithology pore types in the Che 210 well block. (a) The pore types
of tuffaceous sandstone. (b) The pore types of volcanic breccia.
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3.3. Reservoir Characteristics and Types

The Carboniferous reverse faults in the Hong-Che Fault Zone are developed and can be divided
into two groups: One group is a nearly north-south trending fault system, which extends farther in
the plane direction and is the main fault of the Hong-Che Fault Zone. The other group is nearly an
EW trending fault system with short plane extensions and small fault distances. The two groups of
faults cut each other to form a fault block group, which formed a series of fault block traps such as the
Che 23 well, Che 210 well, Che 91 well, and Che Feng 6 well. The Hong-Che Fault Zone has a variety
of favorable fault block traps of different sizes and there are many oil and gas producing locations,
which easily formed fault block oil and gas reservoirs. Along the plane, they are mainly distributed
along the fault zone in strips and along the profile, they are mainly distributed in the ascending wall
of the Hong-Che Fault Zone but there are also some favorable traps in the footwall. The main types
of traps are fault block and fault-lithology. The Carboniferous in the Hong-Che Fault Zone mainly
developed fault block reservoirs, lithologic reservoirs, and fault-lithologic reservoirs [37].

Taking the reservoir of the Chefeng 3 well block as an example, the Carboniferous fault block in
this area can be divided into three secondary structures: The Che 91 well fault block, Che 63 well west
fault block, and Che 24 well fault block. It is believed that this area is controlled by fault blocks.

The Carboniferous reservoir in the area of the Che 91 well consists mainly of volcanic rock and its
lithology is mostly volcanic breccia, basalt, andesite, and tuff. The physical properties of the explosive
facies breccia are most favorable and are followed by broken basalt, andesite, and tuff, which are
least favorable. This reservoir is a pore-fracture dual-medium reservoir. Due to the strong tectonic
activity, the fractures in the study area are relatively well-developed and are mainly structural fractures,
which more effectively change the physical properties of igneous reservoirs in this section.

The reservoir type of the Carboniferous in the area of the Chefeng 3 well is a fault block reservoir,
which is controlled by volcanic lithofacies (Figure 10). The reservoir is controlled by faults and
volcanic lithofacies along the plane and is controlled by ancient volcanic eruption sequences in the
vertical direction. The reservoir lithology is mainly composed of volcanic breccia from eruptive facies,
broken basalts of overflow facies, and the upper sedimentary tuff is a good caprock.

 
Figure 10. Lithology profile of the Carboniferous reservoir in the Chefeng 3 well area (“CF”
represents Chefeng).

Taking the Che 210 well area as an example, two groups of reverse faults developed mainly in
the Carboniferous. One group is a near east-west fault with a short plane extension distance, such as
Che 212 well north fault, Che 210 well south fault, Che 213 well south fault, and Guai 2 well south
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fault. There is a group of nearly north-south trending faults with long plane extension distances,
such as the Che 36 well east fault, Che 211 well west fault, and Che 11 well west fault, which control
the stratigraphic distribution of the Hong-Che Fault Zone and gradually rise from east to west and
have resulted in serious denudation of the strata. The two groups of faults cut each other to form
multiple fault block traps. The Carboniferous reservoir in the area of the Che 210 well developed in
four fault block traps, which are Che 210 well, Che 211 well, Chefeng 7 well, and Che 228 well block
trap (Figure 11).

 

Figure 11. Contour line of the top structure of Carboniferous Formation of the Che 210 well block.

According to a statistical analysis of thin section identifications and core observation data,
three types of reservoirs developed in the Carboniferous strata in the area of the Che 210 well:
Tuffaceous sandstone, tuff and volcanic breccia, and basaltic andesite in overflow facies (Figure 12).
Among them, tuffaceous sandstone is widely distributed in this area and forms the main reservoir,
which is followed by tuff and volcanic breccia, while basaltic andesite is less commonly distributed.
These properties can be seen in the oil-bearing property statistical histogram of cores from different
lithologies of the Carboniferous in the Che 210 well area. Relatively high oil-bearing grades are present
in the tuffaceous sandstone and volcanic breccia, and basaltic andesite has poor grades (Figure 13).
According to the oil test results and lithology analysis of the Carboniferous in the Che 210 well area,
the main lithology of the oil-producing section is tuffaceous sandstone. The oil test results confirm that
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commercial oil flow can also be obtained from tuff, volcanic breccia, and basaltic andesite but there is
only local development in this area.

 

Figure 12. Photos showing the lithology of Carboniferous Formation in the Che 210 well block. (a) The
volcanic breccia in the Che 210 well at 1447.5–1447.6 m. (b) The volcanic breccia in the Che 22a well
at 1866.3–1866.5 m. (c) The tuff in the Chefeng 7 well at 1267.5–1267.7 m. (d) The tuff in the Che 40
well at 1377.7–1378.0 m. (e) The tuffaceous sandstone in the Che 211 well at 1176.6–1177.0 m. (f) The
tuffaceous sandstone in the Che 44 well at 1600.9–1601.1 m. (g) The andesite in the Chefeng 7 well at
1350.2–1350.3 m. (h) The basalt in the Chefeng 7 well at 1350.4–1350.6 m.

Figure 13. The statistical figure of different lithologies and core oil contents in the Che 210 well
block. (“Rich oil bearing” means crude oil can be seen in more than 75% of the observed core section,
“oil immersion” means crude oil can be seen in more than 40% of the observed core section, “oil spot”
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“means crude oil can be seen in 40%–5% of the observed core section, “oil trace” means crude oil can be
seen in less than 5% of the observed core section, and “fluorescence” means the crude oil is not visible
to the naked eyes, but the fluorescence detection shows it.).

The Carboniferous in the Che 210 well area was exposed at the surface for a long period,
experienced long-term weathering and leaching, and was then directly covered by the Jurassic
Badaowan Formation, which lacked Permian and Triassic sediments. Weathering and leaching have
further transformed the top of the Carboniferous bedrock into a reservoir, which macroscopically,
is the bedrock reservoir controlled by unconformity. The Carboniferous in the area of the Che 210
well mainly contains oil. Reservoir oil layers mainly developed in the leaching zone at the top of
the Carboniferous. The widely distributed tuffaceous sandstone has large numbers of matrix pores.
In addition, with later leaching, transformation, and fracture communication, various lithologies
developed secondary pores and micro-fractures such as intragranular dissolved pores and matrix
dissolved pores. Tuffaceous sandstone, tuff, volcanic breccia, and basaltic andesite can all form good
volcanic reservoirs and among these, volcanic breccia reservoirs have the best physical properties.
The area of the Che 210 well is located in the middle of the Hong-Che Fault Zone, which is associated
with violent tectonic movements and well-developed faults. There are two groups of faults in the
entire area, which have cut the Carboniferous oil reservoirs into four fault blocks.

The Carboniferous reservoirs in area of the Che 210 well are massive reservoirs, which are
controlled by faults and physical properties. The oil reservoir is controlled by fault blocks and
lithology along the plane. The reservoir is divided into four fault blocks. Vertically, the oil layers are
distributed within 350 m from the top of the Carboniferous and their oil-bearing properties are affected
by weathering and leaching.

Due to the complex volcanic lithology and the scattered rock mass, the oil recovery effect after
large-scale fracturing is good. The method of supplementing energy does not work well, and neither
water injection nor steam injection works.

4. Analysis of Main Controlling Factors of Carboniferous Reservoir

4.1. Structure

In the late Cretaceous, the Hong-Che Fault Zone tilted and the overall structure tilted to the south.
The structural pattern of the Carboniferous changed from high in the south and low in the north to
high in the north and low in the south. At this time, the oil and gas, which were in the traps in the
middle and south migrated along the fault to the north and formed mixed-source oil and gas reservoirs
in the north. The Carboniferous oil and gas in the Hong-Che Fault Zone are mainly concentrated in the
north, and oil and gas mainly accumulated at the high part of the structure [38,39].

At the same time, the Carboniferous volcanic reservoirs in the Hong-Che Fault Zone were greatly
affected by faults. Most of the reservoirs are distributed in strips and blocks along the Hong-Che
Fault Zone. The controlling effect of faults on hydrocarbon accumulations is reflected in three ways.
The first is the openness of the faults. During periods of fault activity, the faults acted as migration
channels for oil and gas and the main migration directions along the faults were north-south and
vertical. The second consideration is sealing. When fault zones were in relatively static stages,
the faults acted as sealing zones for oil and gas accumulations [40–45]. The third factor is the effect of
fractures, which were derived from faults. During active fault periods, large numbers of cracks were
produced due to stress release. Fractures connected the storage spaces of various pores and fractures,
greatly improved reservoir property and permeability, and even increased the permeability of rocks
by several orders of magnitude. There is a positive correlation between fracture density and oil well
productivity. The greater the fracture density, the higher the oil well productivity [46].
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4.2. Volcanic Lithofacies

Another important factor that controls oil and gas reservoirs is volcanic lithofacies. Reservoirs with
different lithofacies have different pore fracture structures and reservoir space combinations. In volcanic
breccias, intragranular dissolved pores, intergranular pores, and matrix pores are well developed and
the storage performance is best. Basalt pores are well developed but most of them are filled pores,
therefore, their storage performance is not ideal. Tuff has many micropores and the reservoir properties
are worst, therefore, tuff can act as a local cap rock.

The Carboniferous volcanic rocks in the Hong-Che Fault Zone developed various types of
reservoir-caprock assemblages, which mainly include the following four types: (1) Eruptive facies form
the reservoirs and the volcanic sedimentary facies tuffs form the caprocks. (2) Eruptive facies function
as reservoirs and the dense basalts in the overflow facies function as cap rocks, such as the oil and gas
reservoir in the Che 47 well. The Che 47 well is located in the middle section of the Hong-Che Fault
Zone. The Carboniferous volcanic reservoir lithology in this well mainly consists of eruptive facies
basaltic volcanic breccia, gray tuffaceous volcanic breccia, and variegated andesitic basaltic volcanic
breccia. The cap rock is a dense basalt in the overflow facies. (3) The transitional facies between the
volcanic and sedimentary rock acts as the reservoir and the volcanic sedimentary facies tuff is the
caprock. (4) The overflow facies function as reservoirs and the volcanic sedimentary facies tuffs are cap
rocks [21].

On the whole, the physical reservoir properties of the eruptive facies in the Hong-Che Fault Zone
are most favorable and are followed by overflow facies, while the volcanic sedimentary facies are
least favorable. In addition, there are also tuffaceous sandstone, sandy tuff, and mudstone in the
transitional facies zone. Under favorable conditions of oil and gas sources and plugging conditions,
tuffaceous sandstone can also migrate and accumulate into reservoirs.

4.3. Unconformity

In the hanging wall of the Hong-Che Fault Zone, the volcanic rocks at the top of Carboniferous
are in direct contact with Permian, Jurassic, and Cretaceous strata and form a large-scale unconformity.
From east to west, the overlying strata of the Carboniferous change from older to younger.
Unconformity surfaces act as migration channels for oil and gas. The Permian oil and gas from
the Shawan Depression first migrated along faults and then migrated upward (westward) along an
unconformity to effective volcanic traps and then formed hydrocarbon reservoirs [47]. The unconformity
surface was weathered and denuded into a weathering crust, which can seal oil and gas to form caprock.

The Carboniferous rocks in the fault terrace zone of the northwestern margin of the Junggar
Basin suffered from long-term denudation and weathering leaching and a weathering crust developed.
The Carboniferous volcanic rocks and clastic rocks have a weathering crust, which was modeled as five
layers, namely, a soil layer, hydrolysis zone, corrosion zone, disintegration zone, and parent rock [48,49].
According to the statistics, the distances between the soil layer, hydrolysis zone, corrosion zone,
and disintegration zone to the top boundary of the unconformity surface of the Carboniferous are
15–50, 50–150, 150–250, and 250–450 m, respectively. The thickness of the weathering crust in the fault
terrace zone of the northwestern margin is generally approximately 450 m, and the thickness of the
weathering crust in the fault development area can be greater than 600 m.

The physical properties of different structures in the weathering crust are quite different.
The average porosities of the soil layer, hydrolysis zone, corrosion zone, and disintegration zone are
2.6%, 6.4%, 15.8%, and 12.7%, respectively. Reservoirs in the corrosion zone have the best physical
properties and belong to type I reservoirs. The second most favorable physical properties are in the
disintegration zone, which belong to type II–III reservoirs. The soil layer and hydrolytic zone are
mainly distributed in the lower part and slope area of the paleogeomorphology and the high part is
mostly missing. The soil layer is a nonreservoir layer and the hydrolysis zone is a type IV reservoir
with visible oil and gas displays but no productivity [48]. The physical properties of the weathering
crust reservoir are controlled by the lithology of the parent rock and degree of weathering leaching.

539



Energies 2020, 13, 6114

The hydrocarbon accumulations in the Carboniferous in the fault terrace zones of the northwestern
margin are characterized as oil-bearing throughout the entire zone and exhibit local enrichment [50,51].
The controlling factors for local enrichment of oil and gas are mainly effective sealing in an
upward direction of the oil and gas migration, physical properties of weathering crust reservoirs,
and preservation conditions. Among them, the physical properties of weathering crust reservoirs
determine the output of the reservoir and the preservation conditions determine the viscosity of the
reservoir. The quality of weathering crust reservoirs and their spatial distribution scales are the primary
controlling factors for hydrocarbon accumulation.

4.4. Physical Properties

The Chepaizi Uplift, where the Hong-Che Fault Zone is located, is one of the oldest uplifts in
the Junggar Basin. The Carboniferous has been exposed to the surface for a long period and has been
subjected to weathering and leaching, which gradually transformed the Carboniferous volcanic rocks
into favorable reservoirs. Judging from the current cast thin section analysis data from the Che 210 well
block in the Hong-Che Fault Zone, the reservoir space mainly consists of secondary dissolved pores
and micro fractures, while no primary pores are found, which indicate that weathering and leaching
determined the reservoir capacity of the area. According to the relationship between the porosity
and permeability data of the actual core analyses in this area and distance from the weathering crust,
the vertical zonation characteristics of the weathering crust at the top of the Carboniferous are obvious:
The thickness of the soil layer is approximately 0–30 m, the lithology is mainly weathered residual soil,
which was formed by weathering and rock erosion, and the regional distribution is relatively stable,
therefore, it can function as a regional cap rock. The leached zone is 30–350 m. The reservoir physical
properties are good, the average porosity is 7.42%, and the average permeability is 0.071 mD. This is
the main reservoir in this area. Based on the current evaluation results, the oil layer mainly developed
in the leached zone. Depths of 350–700 m represent the disintegration zone. Compared with the
corrosion zone, the reservoir permeability of the disintegration zone is similar to that of the corrosion
zone but the porosities are quite different, with an average porosity of 5.07% and average permeability
of 0.143 mD. The reservoirs in the disintegration zone are mainly dry layers, which are partially water
bearing but not active. The parent rock zone is below 700 m, its reservoir physical properties are poor,
its average porosity is 1.60%, and its average permeability is 0.032 mD, which is a lower threshold in
this area (Figure 14).

 

Figure 14. The stratigraphic section of the Che 210 well block.
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Vertically, the degree of development of dissolution pores and microfractures in the Carboniferous
reservoirs in the Che 210 well block was clearly affected by differences in weathering and leaching.
The reservoirs with the best physical properties mainly developed in the leached zone, which is
30–350 m from the top of the Carboniferous. Meanwhile, oil production tests and production tests
in this area further indicate that the oil reservoirs are distributed within a range of 350 m below the
upper boundary of the Carboniferous. This indicates that the physical reservoir properties control the
vertical distribution ranges of the reservoirs.

5. Reservoir Formation Model

The crude oil in the Carboniferous reservoir in the Hong-Che Fault Zone mainly comes from
the source rocks of Permian Fengcheng Formation and Lower Wuerhe Formation in the Shawan
Depression. Since the Permian, this area has been in a structural pattern of high in the west and low in
the east for a long period and has become a favorable area directionally for the migration of oil and
gas, which was generated in the Shawan Depression. The oil and gas first migrated along the faults
and then moved upward (westward) with the unconformity as the migration channel. The oil and gas
mainly migrated along a spatial channel, which consisted of faults-unconformities and entered the
trap in the hanging wall from the oil-generating area of the footwall of the Hong-Che fault [52–59].
Oil and gas migrated vertically through faults, laterally along unconformities, gradually migrated to
higher parts, and accumulated in the stratigraphic traps of volcanic weathering bodies. The reservoir
formation model is as follows (Figure 15).

 

Figure 15. Hydrocarbon accumulation model of Carboniferous in the Hong-Che Fault Zone (adapted
from [21]).
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6. Conclusions

1. The Carboniferous volcanic reservoir in the Hong-Che Fault Zone is mainly distributed in the
hanging wall of the fault zone and oil and gas has mainly accumulated in the high part of
the structure. The reservoir is controlled by faults and lithofacies in the plane direction and
is vertically distributed within 400 m from the top of the Carboniferous. The formation of
the volcanic reservoir was mainly controlled by structures and was also controlled by volcanic
lithofacies, unconformity surfaces, and physical properties.

2. The physical reservoir properties of the eruptive facies in the Hong-Che Fault Zone are most
favorable and are followed by overflow facies, while the volcanic sedimentary facies are
least favorable.

3. The Carboniferous portion of the Hong-Che Fault Zone has been exposed to the surface for a long
period, has been subjected to weathering and leaching, and a weathering crust has developed.
The vertical zonation characteristics of the weathering crust at the top of the Carboniferous in the
area of the Che 210 well are obvious. A soil layer, corrosion zone, disintegration zone, and parent
rock developed from top to bottom. Among them, the reservoirs with the best physical properties
are developed in the corrosion zone, which are 30–350 m distant from the top of the Carboniferous.

4. The reservoir space of the Carboniferous reservoir in the Hong-Che Fault Zone consists mainly of
secondary pores and fractures.
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Abstract: In this paper, a mathematical model is proposed to investigate the effect of nonlinear
flow mechanisms on productivity-index (PI) behavior in hydraulically fractured reservoirs during
steady-state condition. This approach focuses on the fact that PI approaches a constant value at a
certain time, indicating the beginning of steady state. In this model, the reservoirs are considered as an
elliptical-shaped drainage with constant-pressure boundary, which is depleted by a multiple-fractured
horizontal well (MFHW), and various nonlinear flow mechanisms, such as the non-Darcy flow effect
and pressure-dependency effect, control flow patterns in the hydraulic fractures. Then, an exact
algorithm of solving the resulting nonlinear equations is developed to obtain the PI of MFHW using
a semi-analytical approach. Next, type curves are generated to investigate the influences of flow
mechanisms and fracture properties on PI. The most interesting points in this study are the following:
(1) PI is determined by the properties of MHFW (i.e., dimensions and configuration), the reservoir
geometry, and flow mechanism; (2) PI is deteriorated by non-Darcy flow caused by inertial forces;
and (3) PI is reduced under the influence of pressure sensitivity caused by the degradation of dynamic
conductivity. Generally, this study provides a significant insight into understanding the factors
affecting the productivity of a MFHW with nonlinear flow mechanisms.

Keywords: horizontal well with multiple finite-conductivity fractures; elliptical-shaped drainage;
productivity index; non-Darcy flow; pressure-dependent conductivity

1. Introduction

With the success of Bakken tight oil resource in the United States, tight oil and gas reservoirs
have become a significant source of hydrocarbon supply globally [1]. Subsequently, the technology
of horizontal drilling combined with hydraulically fracturing has effectively enabled commercial
production from the reservoir with extremely low permeability [2,3]. In practice, the characteristics for
a stimulated well are identified by flow regimes; for example, the approach of pressure-derivative is
used to identify flow-regimes for pressure transient analysis. For a multi-fractured horizontal well, the
sequence of flow-regimes may be more complex (Figure 1) [4]. At some point after compound linear
flow caused by the fracture interference, a compound elliptical flow regime (regime 5 in Figure 1a)
would appear as the transient pressure waves move past the ends of the fractures [5,6]. Put another
way, the compound elliptical response is the pseudo-steady state in an infinite drainage area. It is
noted that the isopotential line approximates to an elongated elliptical shape for a long horizontal
wellbore, as shown in Figure 1b.
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Figure 1. The flow regime characteristics of MHFW, where (a) sequence of flow-regimes for a MFHW,
completed in a tight sand gas reservoir modified from Clarkson [4]. Lines represent isopotential lines;
arrows represent streamlines. Flow-regime 1 corresponds to linear flow; flow-regime 2 corresponds
to elliptical flow; flow-regime 3 corresponds to fracture interference; flow-regime 4 corresponds to
compound linear, and flow-regime 5 corresponds to compound elliptical flow. (b) simulation of flow
regimes for a stimulated MFHW in a tight sand gas reservoir. (simulated through numerical simulator).

In physics, the performance of a fractured reservoir is determined by numerous factors such as
formation petrophysical properties, fluid properties, and reservoir and wellbore configuration [7].
Numerous methods are provided to capture the physics of fluid flowing in the fractured reservoirs.
Originating from the pioneer work suggested by Warren and Root [8], the fractures are represented
by a 3D uniformly spaced fracture network, and the matrix blocks are contributing sources. It is a
fictitious homogeneous porous medium. As a result, multiple-continuum models are used to compute
the transient response of uniform naturally (continuously) fractured reservoirs. In analytical modeling,
these models consist of a set of one-dimensional linear flow regions, and the main difference is the
way in which these regions are coupled [9–11]. Therefore, it is difficult for the multiple-continuum
model to capture the intrinsic behavior of complexity of nonuniform naturally fractured reservoirs,
such as hydraulically fractured reservoirs. To capture the strong heterogeneity between fracture and
matrix, various improved techniques are presented to subdivise the grids, such as the embedded
discrete fracture model (EDFM), Galerkin finite-element method (FEM), and discrete-element method
(DEM) [12–14]. However, it is still a huge challenge to obtain accurate transmissibility by computing
the irregular connections between fracture segments. Considering the high computational burden
and the great difficulties in gridding, the mesh-free semi-analytical method is necessarily developed
as an alternative to the numerical simulation method. On the basis of the works suggested by
Cinco-Ley et al. [15], various semi-analytical models, which have the flexibility of accounting for the
individual fracture properties, are proposed to investigate the influence factors on the performance of
the fractured reservoirs [16–19]. It is proven that the semi-analytical methods have huge potential in
analyzing transient performance response and evaluating productivity of wells.

From the viewpoint of petroleum engineering, the effects of these parameters on reservoir
performance can be represented by the productivity index (PI). It is defined as the ratio of production rate
to a certain pressure drop. PI is determined by the flow regime, with different behavior characteristics
with time. It starts out with a high value at an early time when the transient response is dominant.
PI declines with time to a small value, and approximates to a constant value, known as stabilized PI,
at a late time period when the compound elliptical response is reached [20]. Currently, most studies
have put the focus on the transient productivity index to identify the flow regimes [21–23]. However,
they found that the designed fractured wells do not usually result in the expected performance, which
is attributed to the existence of nonlinear flows. From the viewpoint of multi-physics, the flowing
in the underground porous media is the result of fluid–thermal–solid coupling [24]. The reservoir
production is generally regarded as the isothermal process; therefore, the thermal is not considered in
the production simulation. Strictly speaking, the rock deformation may have a significant effect on
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fluid flow owing to fluid-particle interactions. According to the conclusions presented by Zhang and
Tahmasebi [25,26], the effect of solid deformation on fluid flow, especially in hydraulic fractures, could
be incorporated by regarding the porosity and permeability as a function of stress changes. In other
words, the conductivity of hydraulic fracture changes because of a variety of mechanisms, including
fracture closure under high effective stress and permeability loss as a result of proppant embedment
and crushing. Besides, non-Darcy flow may occur in the fracture when the well is produced at a
high flow rate [27]. Therefore, the nonlinear flow effects have to be taken into account to investigate
the effect of nonlinear behaviors on the performance of a vertical well and fractured well in the
infinite-acting reservoir. Limited efforts have been made to examine the effects of non-Darcy flow
and pressure-sensitive conductivity on the performance of horizontal wells with multiple fractures.
Wu et al. [28] used a numerical approach to investigate the non-Darcy effect in an unconventional
gas reservoir. Lin and Zhu [29] developed a slab source method to evaluate the performance of
horizontal wells with or without fractures using an analytical approach. Besides the non-Darcy effect,
pressure sensitivity in the fracture may also exert an important influence on the transient response.
A transient pressure analysis for a vertical well intercepting a dynamic-conductivity fracture has been
conducted using analytical and numerical methods. Pedroso and Correa [30] developed a new model
to investigate the effects of pressure-sensitive permeability on the flow behavior of a fractured well.
Zhang et al. [31] presented the results of a study that analyzed the build-up of pressure in a vertically
fractured well with a stress-sensitive conductivity in the fracture. Yao et al. [32] studies the effect of
dynamic conductivity on the transient performance of multiple fractured horizontal well.

To the best of our knowledge, few papers are published to study the productivity index of a
multiple-fractured horizontal well (MFHW) in a finite drainage area with an elliptical boundary under
nonlinear flow conditions. The objective of this work is to quantify the effect of non-Darcy flow and
pressure sensitivity on the inflow performance of a MFHW. First, we establish a hybrid model that
describes Darcy flow in the reservoirs toward hydraulic fractures, as well as non-Darcy flow along the
fracture with pressure-dependent conductivity under steady-state conditions. First, a mathematical
model is established to describe the fluid flow depleted by a MFHW in a reservoir with elliptical-shaped
boundary, with the flexibility of accounting for fracture properties (i.e., fracture dimensions and
configuration). Next, nonlinear flow mechanisms in the fracture, including stress-sensitivity effect
and non-Darcy flow condition, are taken into account, which results in the nonlinearity in partial
differential equation. Then, the technique of dimension transformation is used to render the resulting
nonlinear equations amenable to linear treatment, and an effective and efficient algorithm is developed
to solve the model. Finally, a study for sensitivity analysis is introduced to investigate the effect of
fracture properties and nonlinear flow mechanisms on the productivity-index behavior.

2. Model Assumption

2.1. Physical Model

In this physical model, a horizontal well is located in the center of a homogeneous reservoir
with an elongated elliptical boundary. The whole drainage area consists of several different flow
patterns in four contiguous flow regions, as sketched in Figure 2, including (1) the hydraulic fractures,
(2) the inner stimulated rock volume (SRV) region impacted by hydraulic fracturing, (3) the outer
linear region beyond the extent of the SRV, and (4) the outer elliptical region beyond the tips of the
horizontal wellbore.
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Figure 2. Schematic of the compound elliptical-flow model representing four contiguous regions for a
multiple-fractured horizontal well (MFHW). SRV, stimulated rock volume.

Different from the anisotropic characteristics in a naturally fractured reservoir, where a large
number of nature fractures are uniformly and globally distributed [33–35], this paper assumes that the
reservoir is stimulated by several hydraulic fractures, so the resulting hydraulically fractured reservoir
is regarded as isotropic. In addition, there are some necessary assumptions, as follows:

• The reservoir is horizontal and of uniform thickness, with impermeable lower and upper
boundaries. The pressure on the outer boundary in the x–y plane keeps constant.

• Along the horizontal wellbore, multiple hydraulic fractures are evenly distributed. Hydraulic
fractures are considered to be a finite conductivity.

• The wellbore is produced under constant-rate condition.
• Flow in the reservoir is assumed to be single-phase fluid (i.e., pure gas) with slight compressibility

and constant viscosity.
• Fluid flowing in the fracture is assumed to be nonlinear.
• Fluids from the reservoir enter the wellbore only through hydraulic fractures, and the pressure

loss in the wellbore is neglected.

2.2. Variables Definitions

To introduce the mathematical model conveniently and concisely, the dimensionless variables are
defined, respectively, by

pD =
2πkmh(pi − p)

qμB
, ξD =

ξ
Lre f

, qD =
q

qre f
, C f D =

k f w f

kmLre f
(1)

When the flow in the fracture satisfies non-Darcy effect owing to high velocity, the corresponding
dimensionless variables are defined as

(qDND) f =
k fβ

μw f h
qre f , and qcD =

qc

qre f
, (2)

When the fracture conductivity behaves pressure sensitivity, the corresponding dimensionless
variables are defined as

γ f D =
qμB

2πkmh
γ f (3)

where pm is the pressure in the reservoir, Pa; pf is the pressure in the fracture, Pa; pi is the pressure on
the elliptical boundary, Pa; pex is the pressure on the width of inner SRV region, Pa; pey is the pressure
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on the length of inner SRV region, Pa; (xofm, yofm) is the location of m-th fracture tip, m; xe is the width
of inner SRV region, m; ye is the length of inner SRV region, m; xR is the width of the whole drainage
region, m3; h is the reservoir thickness, m; wf is the fracture width, m; Lf is the fracture length, m; rw is
the radius of wellbore, m; Lref is the reference length, m; qfm is the function of inflow distribution along
the m-th fracture, m2/s; qwm is the production rate, m3/s; qc is the influx rate, m3/s; μ is the viscosity,
Pa s; B is the volume factor; γf is the permeability modulus, Pa−1; and β is the Beta factor, m−1. Here,
the subscript D represents dimensionless variables.

3. Mathematical Model

3.1. Fluid Flow in the Inner SRV Region

The SRV region is regarded as a rectangular reservoir with constant-pressure boundary containing
a set of hydraulic fractures, as shown in Figure 3. The diffusion equation governing fluid flow is given
as the following dimensionless form:

∂2pmD

∂x2
D

+
∂2pmD

∂y2
D

+ 2π
N f∑

m=1

∫ L f Dm

0
q f Dm(uD)δ(xD − xo f Dm − uD)δ(yD − yo f Dm)duD = 0 (4)

=−−−+
∂

∂+
∂

∂
=
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Figure 3. Schematic of MFHW in the inner region with constant-pressure outer boundary.

The outer boundary conditions are satisfied by{
pmD(xD = xeD, yD) = pmD(xD = 0, yD) = peDx

pmD(xD, yD = 0) = pmD(xD, yD = yeD) = peDy
(5)

where there are Nf fractures in the SRV region, the dimensionless length of m-th fracture is LfDm, and
the dimensionless coordinate of m-th fracture tip is (xofDm, yofDm). The pressure on the outer boundary
parallel to the fracture is peDx, and the pressure on the outer boundary perpendicular to the fracture is
peDy.

Using Fourier transformation and inverse transformation (Appendix A), the dimensionless
pressure distribution caused by Nf fracture is given by

pmD(xD, yD) = peDxIB(xD, yD) + peDyID(xD, yD) + 2
N f∑

m=1

∫ L f Dm

0
q f Dm(uD)δpuD(xD, yD, uD)duD (6)
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3.2. Fluid Flow in the Outer Region

The fluids stored in the outer region are depleted and then flow into the inner SRV region through
the interface (denoted by the yellow block in Figure 4). The streamlines satisfy the hyperbolic shape
(orange solid line in Figure 4), which are the counterpart of elliptical-shaped isopotential line (black
dashed line). Once the fluids enter the inner region, the streamlines are in a linear shape around the
interface. Therefore, the coordinate systems are divided into two subsets: 1D elliptical coordinate in
the outer region (blue region), and 1D linear coordinate (yellow region).

x

y
x’

y’

y y y
x x x

Figure 4. Elliptical coordinate used in the outer elliptical region.

The outer boundary satisfies the constant pressure of peD.
In the outer elliptic region, as shown in Figure 4, there are two sets of coordinates: the Cartesian

coordinates (x’,y’) and the elliptic coordinates (ξ,η). The relationship is given by

x′ = (xe/2) cosh ξ cos η, y′ = (xe/2)sinhξ sin η (7)

We used the elliptic coordinates to simulate the flowing process. The outer and inner boundaries
of the elliptic region, represented by ξ in the elliptic coordinates, could be expressed using spatial
variables in the Cartesian coordinates:⎧⎪⎪⎨⎪⎪⎩ ξe = ξ(x′ = xR/2, y′ = 0) = ln[(xR +

√
x2

R − x2
e )/xe]

ξw = ξ(x′ = 0, y′ = 0) = ln 1 = 0
(8)

The corresponding pressure gradient is written as the following dimensionless expression,(
∂pmD

∂ξD

)
ξD=0

=
pi − pey

ξe − ξw
= − peyD

ln[(xRD +
√

x2
RD − x2

eD)/xeD]
(9)

Note that the flux inflow in Equation (9) is continuous on the interface between the outer elliptical
region and inner SRV region. Meanwhile, the flowing is modeled using linear coordinates. As a result,
the continuous condition is written in the form of the average integral, which is given by

1
xeD

∫ π

0

∂pmD

∂ξD

∣∣∣∣∣
ξD=0

dηD︸������������������������︷︷������������������������︸
elliptic f low

=
1

xeD

∫ xeD

0

∂pmD

∂yD

∣∣∣∣∣
yD=yeD

dxD︸�����������������������������︷︷�����������������������������︸
linear f low

(10)
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It could be expressed as the function of peDx and peDy (Appendix B), which is written as follows:

A2peDx + B2peyD =

N f∑
m=1

qwDmC2,m (11)

Likewise, the continuity condition of flux inflow between outer linear region and inner SRV region
contributes to

A1peDx + B1peyD =

N f∑
m=1

qwDmC1,m (12)

We can obtain the dimensionless pressure on the interface by combing Equations (11) and (12),⎧⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎩
peDx =

N f∑
m=1

qwDm

(
B2C1,m−B1C2,m

A1B2−A2B1

)
peDy =

N f∑
m=1

qwDm

(
A1C2,m−A2C1,m

A1B2−A2B1

) (13)

where the relationship between influx distribution and production rate of m-th fracture is given as.
Substituting Equation (13) into Equation (6) could yield the pressure distribution caused by Nf

fractures, which is the function with regard to influx distribution along the fracture.

3.3. Fluid Flow in the Fracture

For hydraulic fracture, the flow pattern is widely assumed to be 1D linear and incompressible [36].
As shown in Figure 5, the governing equation of fluid flow on the m-th fracture is described as the
following dimensionless form:

∂2p f Dn

∂x2
Dm

− 2π
C f Dm

q f Dm(xDm) +
2π

C f Dm
[qw f Dmδ(xDm − xwDm)] = 0 (14)

h
x x

Figure 5. Schematic of the flow pattern in the transverse fracture.

The corresponding boundary conditions are described as

∂p f Dm

∂xDm

∣∣∣∣∣∣
xDm=0

=
∂p f D

∂xDm

∣∣∣∣∣∣
xDm=L f Dm

= 0 (15)

Integrating Equation (14) from 0 to xDm with respect to xDm based on Equation (15) twice, the
result is given by

p f Dm(xDm) = p f Dm(0) +
2π

C f Dm

∫ xDm

0
dζ

∫ ζ

0
q f Dm(ξ)dξ− 2π

C f Dm
qwDmH(xDm, xwDm) (16)
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where δ(x, x0) =

{ ∞, x = x0

0, x � x0
is the Dirac function, H(x, x0) =

{
1, x ≥ x0

0, x < x0
is the Heaviside function,

and G(x, x0) =

{
x− x0, x ≥ x0

0, x < x0
is the integral of Heaviside function.

As shown in Figure 5, the fluid flow is regarded as a 1D linear pattern in the region far from
wellbore, and becomes a 1D radial pattern around the wellbore. It is different from the vertical fracture,
where the vertical fracture is in lateral contact with the wellbore and only linear flow is considered.
The additional pressure loss owing to the convergence of fluids into the horizontal wellbore should be
considered. The effect of flow convergence is regarded as a skin factor, namely convergence flow skin:

Sc,m =
hD

L f Dm

1
C f Dm

[
ln

(
hD

2rwD

)
− π

2

]
(17)

Equation (16) is rewritten as the final expression by

p f Dm(xDm) = p f Dm(0) + qwDmSc,m +
2π

C f Dm

∫ xDm

0
dζ

∫ ζ

0
q f Dm(ξ)dξ− 2π

C f Dm
qwDmG(xDm, xwDm) (18)

3.3.1. Model of a Conductivity Fracture with Non-Darcy Flow

Non-Darcy flow may occur in the fracture when the inertial forces may no longer be neglected
compared with viscous forces. It is very common near production wells where local velocities can be
very high. Extra pressure drop is required to overcome the inertial forces.

To account for the effect of extra pressure loss caused by high-velocity flow, which is proportional
to the square of the velocity, the Forchheimer flow equation is presented [27]:

∇p =
μ

k
v + βv|v| (19)

The apparent fracture permeability in Equation (19) is defined as

k f ,app = k f
1

1 + k fβ(
∣∣∣v∣∣∣/μ) (20)

The corresponding apparent permeability is rewritten by

k f ,app = k f
1

1 + (qDND) f

∣∣∣∣qcD(xD)
∣∣∣∣ (21)

Substituting Equation (21) into Equation (18) yields the following form:

C f D,app(qcDm)
∂p f Dm

∂xDm
+ 2πqcDm + 2πqwDmH(xDm, xwDm) = 0 (22)

where the apparent conductivity is written as C f D,app(qcDm) =
C f Dm(xD)

1+(qDND) f ·
∣∣∣∣qcDm

∣∣∣∣ , and the flux on the cross

section is given as qcDm = −C f Dm
2π

∂p f Dm
∂xDm

. The corresponding integral form is given by

qcDm = qwDmH(xDm, xwDm) −
∫ xDm

0
q f Dm(x′)dx′ (23)

Note that Equation (22) presents a general model for a uniform-conductivity under the
non-Darcy-flow condition.
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3.3.2. Model of a Conductivity Fracture with Pressure Sensitivity Effect

The variation of permeability caused by a stress change can be expressed as a function of pore
pressure. For hydraulic fracture, a general model presented by Zhang et al. [31] is introduced to
describe the relationship between fracture permeability and pore pressure next:

k f (p f ) = kmin + [k f (pi) − k f min] · exp[−γ f · (pi − p f )] (24)

According to the definitions of the dimensionless parameters, the pressure-sensitive conductivity
of a fracture is

C f D(p f D)

C f Di
=

(
1− C f Dmin

C f Di

)
· exp[−γ f D · p f D] +

C f Dmin

C f Di
(25)

Substituting Equation (25) into Equation (14) yields the following equation governing flow in the
m-th fracture flowing:

∂
∂xDm

(
C f Dm(p f Dm)

∂p f Dm

∂xDm

)
− 2πq f Dm(xDm) + 2πqwDmδ(xDm, xwDm) = 0 (26)

Note that Equation (26) presents a general model for a uniform-conductivity with the pressure
sensitivity effect.

4. Semi-Analytical Solution for Coupled Model

4.1. Dimension Transformation

Compared with the equation of uniform conductivity fracture described by Equations (14), (22)
and (26) are subject to nonlinear equations. In the case of considering non-Darcy flow, the fracture
conductivity is a function of flowing rate; in the case of considering pressure-sensitivity effect, the
fracture conductivity is a function of pressure. In essence, both flow rate and pressure chang with the
spatial variable. Here, we attempt to solve the problem in the same way as the linear treatment in
Equation (14) by a dimension transformation, which is defined as⎧⎪⎪⎪⎨⎪⎪⎪⎩

ξDm(xDm) = Ĉ f Dm ·
∫ xDm

0
1

C f Dm(x′D)
dx′D

Ĉ f Dm = L f Dm/
∫ L f Dm

0
1

C f Dn(x′D)
dx′D

(27)

Then, the fracture-flow equations (Equations (22) and (26)) can be written as

p f Dm(ξDm) = p f Dm(ξDm = 0) + qwDmSc,m +
2π

Ĉ f Dm

(∫ ξDm

0
dζ

∫ ζ

0
q̃ f Dm(ς)dς− qwDmG(ξDm, ξwDm)

)
(28)

Equation (28) has the same form as the fracture-flow equations for a uniform-conductivity fracture
with constant conductivity given by Equation (18). The difference is that the variable ξD is a function
of the variable xD and depends on the distribution of conductivity CfD(xD).

4.2. Discretization

In this study, the productivity index is achieved by discretizing the fracture panel into M segments
with equal length ΔxDi, as shown in Figure 6a. Note that the equal-length fracture segment would
be transformed into an unequal-length segment after using dimension transformation, as shown in
Figure 6b.
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Figure 6. Illustration of dimension transformation and fracture discretization.

In the reservoirs, the dimensionless pressure drop on the j-th segment of the n-th fracture caused
by the i-th segment of the m-th fracture is given by

pmDn, j =

N f∑
m=1

qwDmBDn, j
m +

N f∑
m=1

Mm∑
i=1

q f Dm,iΔpn, j
uDm,i

ΔξDm,i

ΔxDm,i
(29)

where BDn, j
m = IBn, j

(
B2C1,m−B1C2,m

A1B2−A2B1

)
+ IDn, j

(
A1C2,m−A2C1,m

A1B2−A2B1

)
, and Δpn, j

uDm,i =
∫ xo f Dm,i

xo f Dm,i−1
δpuD(u)du.

In the fracture, the dimensionless pressure on the j-th segment of the n-th fracture is expressed as

pwDn − p f Dn, j =
2π

Ĉ f Dn
qwDnG(ξDn, j, ξwDn) − [I(ξDn, j) − I(ξwD)] − qwDnSc,n (30)

where I(ξD) =
∫ ξD

0 dζ
∫ ζ

0 q̃ f Dn(ς)dς.
According to the continuity condition that the pressure must be continuous along the fracture

surface, the following conditions must hold along the fracture plane:

pmD(xo f Dn + xDn, j, yo f Dn) = p f D(xDn, j) (31)

Moreover, the sum of all the segments’ flow rate equals to the total flow rate at the m-th fracture:

qw f Dm =

Mm∑
i=1

(̃
q f Dm,i

ΔξDm,i

ΔxDm,i

)
(32)

Combining Equations (29)–(32), we can obtain the fundamental coupled solutions by computing
the apparent linear equations [36,37].

4.3. Computation Consideration

According to the previous statement, the dimensionless conductivity of CfDn is the function of
pressure pfDn in the fracture with pressure-dependent conductivity, and the dimensionless conductivity
of CfDn is the function of flowing rate qcDn in the fracture under non-Darcy flow. In a mathematical
context, CfDn is a function with regard to the spatial variable. At a given k-th step, if the distribution
of pressure pfDn or flowing rate qcDn was known, CfDn along the fracture would be obtained. Thus,
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the nonlinear governing equation for the (k + 1)-th step could be linearized on the assumption of
known conductivity distribution on the k-th step.

In the case of considering the non-Darcy flow effect (Case 1), the formation for the k-th step yields

C f Dn

1 + (qDND) f nq〈k〉cDn

∂p〈k+1〉
f Dn

∂xDn
+ 2πq〈k+1〉

cDn (xDn) + 2πq〈k+1〉
wDn H(xDn, xwDn) = 0 (33)

In the case of considering the pressure-dependent conductivity effect (Case 2), the formation for
the k-th step yields

C f Dn(p
〈k〉
f Dn, xD)

∂p〈k+1〉
f Dn

∂xDn
+ 2π

[
q〈k+1〉

wDn H(xDm, xwDm) −
∫ xDm

0
q〈k+1〉

f Dm (x′)dx′
]
+ 2πq〈k+1〉

wDn H(xDn, xwDn) = 0 (34)

The flow distribution qfDn and pressure distribution pfDn along the fracture at the k-th time step
would be achieved based on coupled solution. Next, the calculated pfDn was used to update the
fracture conductivity (Case 1); the calculated qcDn was used to update the fracture conductivity (Case
2). The iterative procedure is repeated until the wellbore-pressure was converged. The calculation
procedure is given as follows:

• Step 1: Initial calculation, with k = 0, the fracture is assumed to be uniform (Case 1 and Case 2).
By combing through Equation (29) to Equation (32), we can obtain (qfDn)k. The fracture pressure
(pfDn)k (Case 1) and flowing rate (qfDn)k (Case 2) would be then achieved from Equation (28).

• Step 2: Calculating the pressure-sensitive conductivity CfDn[(pfDn)k] (Case 1) and CfDn[(qcDn)k]
(Case 2) along fracture, and then transforming xDn into ξDn based on Equation (26).

• Step 3: Solving Equation (33) with the updated CfDn[(pfDn)k] to achieve (pfDn)k+1 and (pwD)k+1 in
Case 1; solving Equation (34) with the updated CfDn[(qcDn)k] to achieve (qcDn)k+1 and (pwD)k+1 in
Case 2.

• Step 4: Terminate the iterative procedure if |(pwD)k+1 − (pwD)k|/(pwD)k < ε; otherwise, update
pressure distribution along fracture by setting (pfDn)k = (pfDn)k+1 (Case 1) and flow distribution
along fracture by setting (qcDn)k = (qcDn)k+1 (Case 2), and k = k + 1 back to step 2 until the
convergence is achieved.

5. Results and Sensitivity Analysis

The productivity index (PI) is defined as the ratio of the production rate to pressure drawdown,
as follows:

JD =
μB

2πkmh
q

pi − pw
=

1
pwD

=

(
1
2

ln
4A

eγCAr2
we

)−1

(35)

Put another way, the dimensionless PI is the reciprocal of flow resistivity. Here, A is the drainage
area, γ is the Eular constant, and CA is the shape factor. Specially, rwe is the effective wellbore radius
determined by the geometry of drainage area, well configuration, and nonlinear flow mechanism.

5.1. Influence of Fracture Properties on PI

In this subsection, the nonlinear flow mechanisms are firstly not taken into account, and the focus
is put on the impacts of the dimensions and configuration of MFHW on PI behavior. For the purpose of
discussion, homogeneous fracture properties and MFHW configuration are assumed; the fractures are
evenly spaced along horizontal wellbore, and all fractures are of identical properties. As a result, the PI
is mainly determined by five factors, including dimensionless conductivity (CfD), fracture number
(Nf), penetration ratio of fracture length to inner SRV width (Ix = Lf/xe), penetration ratio of fractured
horizontal wellbore to inner SRV length (Iy = Df/ye) (Df is defined as the distance between two outmost
fractures), and the drainage ratio of inner drainage to the whole drainage (Ie = xe/xR).

557



Energies 2020, 13, 2015

Figure 7 shows the effect of dimensionless conductivity on PI in the case of different penetration
ratios. We further assume that the fracture is symmetrical (i.e., the fracture length on the right hand
side equals to the left hand side with regard to wellbore), and all fractures are located in the center of
the drainage. The fracture conductivity changes from 0.1 to 1000 (i.e., CfD = 0.1, 0.5, 1, 5, 10, 50, 100, 500,
and 1000). As shown in Figure 7a, at a given penetration ratio (Ix), PI is increased with the increase
in dimensionless conductivity. However, after a certain dimensionless conductivity, the increase
could be miniscule. In other words, beyond a certain dimensionless conductivity, the PI increase with
conductivity essentially equals the PI decrease caused by the inner interference within the fracture.
Generally, the threshold value is regarded as CfD,threshold = 300. When the CfD is larger than 300, there is
no significant pressure drop within the fracture; the PI reaches the maximum, and does not increase
with the conductivity. Figure 7b shows the PI derivative with regard to ln(CfD) in the semi-log plot.
For each given Ix, the conductivity, corresponding to the maximum PI derivative, is defined as certain
conductivity. Taking Ix = 1, for example (JDmax = 7.25), when the derivative is at a maximum, and that
the certain value is CfD,certain = 7.5, the corresponding value of PI is JD = 4.54. This indicates that
the ratio of JD/JDmax equals 62.6. This means that PI of MFHW at CfD = 7.5 could reach 62.6% of the
maximum, but PI only increases by 37.4% when the CfD is further increased from 7.5 to 300. Therefore,
the optimum dimensionless conductivity is defined to as the certain value. The optimum conductivity
indicates that the inflow from the reservoir could match the outflow of the fracture. As analyzed from
Figure 7b, the larger the Ix, the larger the optimum CfD.

Figure 7. Productivity-index behavior of multiple fractures, including (a) the productivity index vs.
dimensionless conductivity, and (b) the derivative of productivity index vs. dimensionless conductivity.

Figure 8 shows the effect of the number of fractures on PI behavior. As expected, the cases with a
larger number exhibit a higher value of PI. That is, increasing the number contributes to an increased
connected area of MHFW with the reservoirs, and an increase in the fracture–fracture interference.
However, as the number of fractures increases beyond a certain number, the increase of PI could be
miniscule. For example, PI increases by 8.97% when the number is increased from Nf = 2 to Nf = 3.
In comparison, incremental PI would decline to 0.39% when the fracture number is further increased
from Nf = 9 to Nf = 10. Overall, the effect of the increased connected area could offset the effect
of the increase of fracture interference, which results from the increased fracture number. Besides,
the optimum conductivity is decreased with the increase in fracture number, as shown in Figure 8b.
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Figure 8. Influence of number of fractures on PI behavior, including (a) the productivity index vs.
dimensionless conductivity, and (b) the derivative of productivity index vs. dimensionless conductivity.

Figure 9 presents the effect of the ratio of inner SRV area to the whole area, i.e., Ie. Here the value
that Ie = 1 means that the area of inner SRV equals to the whole drainage area. Compared with the PI
that Ie = 1, the more approaching unity the value is, the larger the PI is, which is caused by the decrease
of the proportion of inner SRV. Moreover, the tendency is more noticeable in the condition of high
conductivity. When CfD = 0.1, the PI at Ie = 0.5 is that JD@Ie=0.5 = 0.45, while the PI at Ie = 1 is that JD@Ie=1

= 0.65. Hence, the ratio of Ie = 1 to Ie = 0.5 in PI value is 1.44. As a comparison, when CfD = 1000, the PI
at Ie = 0.5 is that JD@Ie=0.5 = 0.72, while the PI at Ie = 1 is that JD@Ie=1 = 1.95. The ratio in PI is 2.7.

Figure 9. Influence of penetration ratio of inner SRV region with regard to the whole region on
productivity-index (PI) behavior.

5.2. Influence of Non-Darcy Flow on PI

In this subsection, the non-Darcy flow mechanism is taken into account, and we investigate the
effect of non-Darcy flow on PI behavior. Figure 10 shows the flow distribution along the fracture, where
CfD = 1. In this figure, the conductivity is set to be relatively low. It is shown that the influx density,
which is defined as the influx rate per length along fracture face, is concentrated around the wellbore
and fracture tips. It is noted that the concentration region of the influx density is controlled by a larger
pressure drop/depletion. The variable of (qDND)f, defined in Equation (2), is the Forchheimer number
for a given inertial factor β. When the (qDND)f is increased, the influx density is increasingly more
concentrated towards wellbore. Put another way, an extra pressure drop is required to offset the effect
of non-Darcy flow caused by the inertial force. Figure 11 presents the effect of fracture conductivity
on influx-density distribution along the fracture. Without the non-Darcy effect (Forchheimer number
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equals zero) shown in Figure 11a, the increase in conductivity makes the distribution of fluid influx
more gentle. When CfD > 300 (i.e., infinite conductivity), which indicates that the pressure on any point
in fracture panel is same as the pressure on the wellbore, the inflow flux is concentrated on the fracture
tips. With the non-Darcy effect (Figure 11b), when CfD > 1, more volume of influx fluid is concentrated
on the nearby region of wellbore. The phenomenon is consistent with the characteristics given in
Figure 11a. As the conductivity increases, the effect of non-Darcy flow on the distribution of inflow
flux becomes weak, until the distribution of inflow flux is independent of the non-Darcy flow effect.

Figure 10. Influx-flow distribution along the fracture under the influence of non-Darcy flow.

Figure 11. Influx-flow distribution along the fracture under the influence of conductivity (a) without
and (b) with non-Darcy flow effect.

Figure 12 shows the effect of non-Darcy flow on PI behavior. As shown in Figure 12a, at any given
conductivity, PI is the highest in the condition of (qDND)f = 0. PI increases with the increase of CfD,
until it reaches the maximum value (JDmax) at CfD = 300. However, the increasing rate of PI is gradually
slowed down with CfD; likewise, the maximum PI is independent of (qDND)f. In other words, non-Darcy
flow plays a negative role in determining PI for the range of low- and intermediate-conductivity
(CfD < 300), but has no effect on the maximum PI, which corresponds to the infinite conductivity.
The relationship between PI and the Forchheimer number is further shown in Figure 12b. It is shown
that, although PI declined with the Forchheimer number, the decreasing rate slows down.

Figure 13 shows the effect of configuration and dimension of fractures on PI behavior with the
consideration of the non-Darcy flow effect. As shown in Figure 13a, PI loss in the case of a lower
fracture number is relatively more noticeable than that in the case of a larger number. For example,
when Nf = 2 and (qDND)f = 0, PI is that JD = 0.96; when Nf = 2 and (qDND)f = 10, PI is that JD = 0.75.
The relative loss in PI is up to 22%, which is defined as 1 − JD@(qDND)f=10/JD@(qDND)f=0. In comparison,
the relative loss in PI is only 9%. Figure 13b shows the penetration ratio of fracture length with respect
to the inner SRV width (Ix). The effect of Forchheimer number is weaker when the Ix is relatively small,
but its effect would be amplified when the Ix is relatively small. Figure 13c shows the penetration ratio
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of the inner SRV region with regard to whole drainage (Ie). In the small range (Ie < 0.9), the relationship
between Ie and PI exhibits an approximate linear behavior. When Ie > 0.9, PI is increased rapidly with
the Ie.

Figure 12. (a) Influence of fracture conductivity on PI behavior under the effect of non-Darcy flow,
(b) influence of Forchheimer number on PI behavior with the consideration of finite conductivity.

 

Figure 13. Influence of dimensions of fracture on PI behavior in the consideration of non-Darcy flow,
including (a) the influence of the number of fractures, (b) the influence of penetration ratio of fracture,
and (c) the influence of penetration ratio of horizontal well.

5.3. Influence of the Pressure-Sensitivity Effect on PI

The characteristic of the PI behavior is similar to the behavior of non-Darcy flow. First, Figure 14
shows the influx-distribution along the fracture with the consideration of the pressure-sensitivity
effect. Compared with the nonsensitive case (Figure 14a), more influx density is distributed around
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the wellbore in the sensitive case (Figure 14b), and the tendency would be more remarkable with the
decrease of the conductivity. The reason is explained in that the apparent conductivity is degraded
and the flow resistance is consequently increased, which is caused by the closing of the fracture under
the influence of rock compaction.

Figure 14. Influence of dimensionless conductivity on influx-flow distribution (a) with and (b) without
the pressure-sensitivity effect.

Figure 15 shows the effect of pressure sensitivity on PI behavior. The intensity is measured by the
dimensionless variable γfD. As shown in Figure 15a, the effect of pressure sensitivity on PI becomes
weak with the increase of the conductivity. When the magnitude of the conductivity reaches the level
of infinite conductivity, the effect of pressure sensitivity is almost neglected. As expected, as presented
in Figure 15b, PI declines until the minimum with the increasing γfD, and corresponding γfD is defined
as the threshold. Meanwhile, the decreasing rate slows down. For example, if CfD = 1, PI reaches the
minimum JDmin when γfDthreshold = 1.2; if CfD = 10, PI reaches the minimum JDmin when γfDthreshold = 2.7.
Thus, a larger conductivity contributes to a larger γfDthreshold.

Figure 15. (a) Influence of fracture conductivity on PI behavior with the pressure-sensitivity effect,
and (b) influence of permeability modulus on PI behavior with consideration of finite conductivity.

Figure 16 shows the effect of configuration and dimension of fractures on PI in the consideration of
pressure sensitivity in the fracture. The overall features are similar to the case of considering non-Darcy
flow, so we will not rewrite again.
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Figure 16. Influence of dimensions of the fracture on PI behavior in the consideration of pressure
sensitivity, including (a) number of fracture, (b) penetration index of fracture, and (c) penetration of
horizontal wellbore.

6. Conclusions

We derived a new steady-state productivity model for a multi-fractured horizontal well in a
reservoir with pseudo-elliptical boundary. We summarize some important findings as follows:

1. PI increases with the increase of CfD, until it reaches the maximum (JDmax) at CfD = 300.
2. PI is deteriorated under the influence of nonlinear flow mechanisms. With the consideration of

non-Darcy flow, for the small range of the penetration ratio of the inner SRV region with regard
to whole drainage (Ie < 0.9), the relationship between Ie and PI exhibits an approximately linear
behavior. When Ie > 0.9, PI is increased rapidly with the Ie.

3. With the consideration of pressure sensitivity, the apparent fracture is degraded from the initial
conductivity to the minimal conductivity, which is caused by fracture closure. As a result, an
extra pressure drop is acquired to offset the conductivity degradation, and PI would be declined
to the minimal PI.

4. The disadvantage dimensions of fracture (such as small conductivity, penetration ratio, and less
fractures) contribute to severe pressure depletion, while, in turn, the severe pressure depletion
will strengthen the effect of the nonlinear flow mechanism on PI behavior.

5. If the conductivity in the fracture reaches the level of infinite conductivity, the influence of
nonlinear flow mechanism on PI could be neglected.
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Appendix A. Analytical Solution for the Inner SRV Region

The appendix is an optional section that can contain details and data supplemental to the main
text. For example, explanations of experimental details that would disrupt the flow of the main text,
but nonetheless remain crucial to understanding and reproducing the research shown; figures of
replicates for experiments of which representative data is shown in the main text can be added here if
brief, or as Supplementary data. Mathematical proofs of results not central to the paper can be added
as an appendix.

According to the governing equation and boundary conditions, Fourier sine transformation are
used to deal with Equation (4), which is defined as

Fx[ f (xD)] =

∫ xeD

0
f (xD) sin(βυxD)dxD = f (βυ) (A1)

Fy[ f (yD)] =

∫ yeD

0
f (yD) sin(γνyD)dyD = f (γν) (A2)

βυ =
υπ
xeD

, υ = 0, 1, 2, 3 · · ·, γν = νπ
yeD

, ν = 0, 1, 2, 3 · · · , (A3)

Taking the Fourier transformation of Equations (4) and (5), the first term on the left hand side
(LHS) of the original equation is given as

Fy

⎡⎢⎢⎢⎢⎣Fx

⎛⎜⎜⎜⎜⎝∂2pmD

∂x2
D

⎞⎟⎟⎟⎟⎠⎤⎥⎥⎥⎥⎦ = βυpeDx[1− (−1)υ]
γν

[1− cos(γνyeD)] − β2
υp̂mD (A4)

Likewise, the second term on the LHS is given as

Fx

⎡⎢⎢⎢⎢⎣Fy

⎛⎜⎜⎜⎜⎝∂2pmD

∂y2
D

⎞⎟⎟⎟⎟⎠⎤⎥⎥⎥⎥⎦ = γνpeDy[1− (−1)ν]

βυ
[1− cos(βυxeD)] − γ2

νp̂mD (A5)

The third term on the LHS is given as∫ L f Dm
0 q f Dm(uD)δ(xD − xo f Dm − uD)δ(yD − yo f Dm)duD

=
∫ L f D

0 q f D(uD)[sin[βn(xo f D + uD)] sin(γmyo f D)]duD
(A6)

Finally, the Fourier solution for Equation (4) is given as

βυpeDx[1−(−1)υ][1−cos(γνyeD)]
γν

− β2
υp̂mD +

γνpeDy[1−(−1)ν][1−cos(βυxeD)]

βυ
− γ2
νp̂mD

+2π
N f∑

m=1

∫ L f Dm
0 q f Dm(uD)

{
sin[βυ(xo f Dm + uD)] sin(γνyo f Dm)

}
duD = 0

(A7)

The inversion Fourier sine transformation is written as

p̂mD = peDx
βυ[1−(−1)υ][1−cos(γνyeD)]

γν(β2
υ+γ

2
ν)

+ peDy
γν[1−(−1)ν][1−cos(βυxeD)]

βυ(β2
υ+γ

2
ν)

+2π
N f∑

m=1

∫ L f Dm
0 q f Dm(uD)

[
sin[βυ(xo f Dm+uD)] sin(γνyo f Dm)

β2
υ+γ

2
ν

]
duD

(A8)
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where

N(βυ) =

∫ xeD

0
sin2(βυxD)dxD =

xeD

2

(
1− sin(βυxeD) cos(βυxeD)

βυxeD

)
(A9)

N(γν) =

∫ yeD

0
sin2(γνyD)dyD =

yeD

2

(
1− sin(γνyeD) cos(γνyeD)

γνyeD

)
(A10)

Accordingly, the original solution is expressed in forms of Fourier solution,

pmD =
∞∑
υ=0

sin(βυxD)

N(βυ)

⎡⎢⎢⎢⎢⎢⎣ ∞∑
ν=0

sin(γνyD)

N(γν)
p̂mD(βυ,γν)

⎤⎥⎥⎥⎥⎥⎦ (A11)

Equation (A11) could be further expressed as

pmD = 4meDx
xeD yeD

∞∑
ν=1

sin(γνyD)[1−cos(γνyeD)]
γν

∞∑
υ=1

sin(βnxD)
βυ[1− (−1)υ]

(β2
υ + γ

2
ν)︸������������������������������︷︷������������������������������︸

V1

+
4meDy
xeD yeD

∞∑
υ=1

sin(βυxD)[1−cos(βυxeD)]
βυ

∞∑
ν=1

sin(γνyD)
γν[1− (−1)ν]

(γ2
ν + β

2
υ)︸������������������������������︷︷������������������������������︸

V2

+ 8π
xeD yeD

N f∑
m=1

∫ L f Dm

0 q f Dm(uD)

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝
∞∑
υ=1

sin(βυxD) sin[βυ(xo f Dm + uD)]
∞∑
ν=1

sin(γνyD) sin(γνyo f Dm)

β2
υ + γ

2
ν︸�������������������������������︷︷�������������������������������︸

V3

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠
duD

(A12)

where

V1 =
∞∑
υ=1

βυ sin(βυxD)

β2
υ + γ

2
ν

+
∞∑
υ=1

(−1)υ−1 βυ sin(βυxD)

β2
υ + γ

2
ν

=
xeD
2

sinh[νπ(xeD − xD)/yeD] + sinh(νπxD/yeD)

sinh(νπxeD/yeD)
(A13)

V2 =
yeD
2

sinh[υπ(yeD − yD)/xeD] + sinh(υπyD/xeD)

sinh(υπyeD/xeD)
(A14)

V3 =
xeDyeD

4υπ

cosh[υπ(yeD−
∣∣∣∣yD − yo f D

∣∣∣∣)/xeD] − cosh
{
υπ[yeD − (yD + yo f D)]/xeD

}
sinh(υπyeD/xeD)

(A15)

Correspondingly, Equation (A12) is finalized by

pmD(xD, yD) = peDxIB(xD, yD) + peDyID(xD, yD) + 2
N f∑

m=1

∫ L f Dm

0
q f Dm(uD)δpuD(xD, yD, uD)duD (A16)

where ⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩

IB = 2
π

∞∑
υ=1

1
υ sin

(υπyD
yeD

)
[1+(−1)υ−1]

sinh(υπxeD/yeD)

(
sinhυπ(xeD−xD)

yeD
+ sinhυπxD

yeD

)
ID = 2

π

∞∑
υ=1

1
υ sin

(
υπxD
xeD

)
[1+(−1)υ−1]

sinh(υπyeD/xeD)

(
sinhυπ(yeD−yD)

xeD
+ sinhυπyD

xeD

)
δpuD =

∞∑
υ=1

1
υ

sin(βυxD) sin[βυ(xo f Dm+uD)]

sinh(υπyeD/xeD)
cosh nπ

yeD−
∣∣∣yD±yo f Dm

∣∣∣
xeD

(A17)
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Appendix B. Analytical Solution for the Outer Region

On the interface between the inner SRV region and outer elliptical region, the continuity condition
is given as ∫ π

0

∂pmD

∂ξD

∣∣∣∣∣
ξD=0

dηD︸�������������������︷︷�������������������︸
elliptic f low

=

∫ xeD

0

∂pmD

∂yD

∣∣∣∣∣
yD=yeD

dxD︸�����������������������︷︷�����������������������︸
linear f low

(A18)

In detail, the right hand side (RHS) of Equation (A18) is expressed as

RHS = −peDxA2 − peDy

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝ 1

xeD ln[xRD +
√

x2
RD − x2

eD/xeD]
+ B2

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠+
N f∑

m=1

qwDmC2,m

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠ (A19)

where⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩
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(A20)

Thus, Equation (A18) is written as

A2peDx + B2peyD =

N f∑
m=1

qwDmC2,m (A21)

Likewise, on the interface between the inner SRV region and outer linear region, the continuity
condition is given as

1
yeD

∫ yeD

0

∂pmD

∂xD

∣∣∣∣∣
xD=xeD

dyD =
1

yeD

∫ yeD

0

∂pmD

∂xD

∣∣∣∣∣
xD=xeD

dyD (A22)

In detail, the right hand side (RHS) of Equation (A22) is expressed as

RHS = −peDx

( 1
xRD − xeD

−A1

)
− peDyB1 −

N f∑
m=1

qwDmC1,m (A23)

where⎧⎪⎪⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎪⎪⎩
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Thus, Equation (A22) is written as

A2peDx + B2peyD =

N f∑
m=1

qwDmC2,m (A25)
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Abstract: Hydraulic fracturing is a key technical means for stimulating tight and low permeability
reservoirs to improve the production, which is widely employed in the development of unconventional
energy resources, including shale gas, shale oil, gas hydrate, and dry hot rock. Although significant
progress has been made in the simulation of fracturing a single well using two-dimensional Particle
Flow Code (PFC2D), the understanding of the multi-well hydraulic fracturing characteristics is still
limited. Exploring the mechanisms of fluid-driven fracture initiation, propagation and interaction
under multi-well fracturing conditions is of great theoretical significance for creating complex
fracture networks in the reservoir. In this study, a series of two-well fracturing simulations by a
modified fluid-mechanical coupling algorithm were conducted to systematically investigate the
effects of injection sequence and well spacing on breakdown pressure, fracture propagation and
stress shadow. The results show that both injection sequence and well spacing make little difference
on breakdown pressure but have huge impacts on fracture propagation pressure. Especially under
hydrostatic pressure conditions, simultaneous injection and small well spacing increase the pore
pressure between two injection wells and reduce the effective stress of rock to achieve lower fracture
propagation pressure. The injection sequence can change the propagation direction of hydraulic
fractures. When the in-situ stress is hydrostatic pressure, simultaneous injection compels the fractures
to deflect and tend to propagate horizontally, which promotes the formation of complex fracture
networks between two injection wells. When the maximum in-situ stress is in the horizontal direction,
asynchronous injection is more conducive to the parallel propagation of multiple hydraulic fractures.
Nevertheless, excessively small or large well spacing reduces the number of fracture branches in
fracture networks. In addition, the stress shadow effect is found to be sensitive to both injection
sequence and well spacing.

Keywords: hydraulic fracturing; discrete element method; modified fluid-mechanical coupling
algorithm; injection sequence; well spacing; stress shadow effect

1. Introduction

With the rapid growth of the global economy, the conventional oil and gas resources with
decreasing production cannot meet the need for energy. Unconventional energy resources such as
shale gas, shale oil, gas hydrate, and dry hot rock geothermal energy are quite abundant, and their
economically and technically feasible exploitation is an effective solution to the problem of future
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energy shortages [1–4]. However, extremely tight pore structure and ultra-low permeability for the
unconventional reservoir rocks restrict the flow of energy and efficient production [5,6]. Hydraulic
fracturing is an important technical method for reservoir reconstruction in the process of energy
resources exploitation. By injecting high-pressure fluid into the reservoir, the rock is fractured, thereby
increasing the conductivity [7–9]. Affected by the heterogeneity and anisotropy of the reservoir
rock, the initiation and propagation of fractures, the leak-off of the fracturing fluid, the interaction
between hydraulic fractures and natural fractures, and many other physical and mechanical conditions,
hydraulic fracturing is generally regarded as the multi-field coupling problem under complex in-situ
stress [10–13]. Mastering the mechanism of hydraulic fracturing technology is crucial to building a
complex fracture network system and forming a high-yield unconventional energy reservoir.

Laboratory testing is a direct and effective method to discover the mechanism of hydraulic
fracturing. Various observation and analysis techniques have been utilized by domestic and foreign
geologists to study the fracturing behaviors of reservoir rocks under the action of pressure fluids [14–17].
Guo et al. [18] used the true triaxial test system and the high-energy computed tomography (CT)
scanning based on linear accelerator to capture the effects of flow rate, in-situ stress and fluid viscosity
on fracturing horizontal well in shale. They indicated that the abovementioned multi-aspect factors
dominate the initiating and propagating rules of hydraulic fractures, and the interaction between
hydraulic fractures and sedimentary bedding. Zhang et al. [19] observed the propagation patterns
of supercritical carbon dioxide (SC-CO2) induced hydraulic fractures in shale through CT scanning
and digital radiography (DR) scanning. Comparing with hydraulic fracturing, they believed that the
percolation effect of SC-CO2 reduces the initiation pressure needed to fractures by more than 50%,
and induces more secondary fractures to form complex fracture networks. He et al. [20] investigated
the surface characteristics of hydraulic fractures using the scanning electron microscope (SEM), and
found that numerous micro cracks propagating along the boundaries of hard minerals and soft organic
matters connected the pores and macro hydraulic fractures, thus increasing the permeability of shale.
Zhuang et al. [21] performed a set of hydraulic fracturing tests on granites under true triaxial loading
with different injection schemes, and analyzed the mineral fracturing behaviors and induced seismicity
according to thin section microscopic observations and acoustic emission technology. The results show
that hydraulic fractures under six fluid injection schemes are all composed of the intragranular cracks
splitting microcline, orthoclase and quartz, but the cyclic pulse pressurization scheme improves the
injectivity and decreases induced seismicity.

In addition to these laboratory tests, low-cost and high-efficiency numerical simulation becomes
one of the most common ways to solve the hydraulic fracturing problems as the computer science
develops [22]. Various numerical simulation methods including the finite-element method (FEM),
the finite-difference method (FDM), the discrete element method (DEM), and the discontinuous
displacement method (DDM) are successful in reproducing the hydraulic fracturing process of reservoir
rocks and revealing the mechanism of hydraulic fracture propagation [23,24]. Li et al. [25] simulated the
multi-cluster hydraulic fracturing based on the FEM software ABAQUS, and demonstrated that stress
interference from multiple-clusters causes the suppression and transfer of the fracture network. Liao et
al. [26] stated that horizontal stress anisotropy plays a key role in the interaction between hydraulic
fractures and natural fractures in term of the three-dimensional fracturing simulation by the FDM
software FLAC 3D. Zangeneh et al. [27] established a conceptual reservoir model with faults in the
DEM software UDEC to confirm the influence of fluid diffusion on triggering fault slip and to evaluate
the maximum magnitude of seismic events. Janiszewski et al. [28] discussed the interaction of fractures
in granite under different approach angle conditions with the help of the DDM software FRACOD,
and concluded that the existence of low dip-angle fractures allows more complex fracture networks.

Each kind of numerical simulation software developed on the basis of the continuous or
discontinuous methods has its own unique advantages. As a typical representative of DEM software,
the numerical model created in PFC is composed of thousands of basic circular particles bonded together
by the contact bonds [29]. Furthermore, the failure of a contact bond corresponds to the generation
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of a microcrack in the model. Because of the simple topology and the fast updating mechanism of
particle information, PFC shows obvious advantages in emulating the initiation, propagation and
aggregation of microcracks and the ultimate macro failure for rock and soil mass under complex stress
conditions [30–33].

The fluid-mechanical coupling algorithm in PFC was first proposed by Cundall [34], which not
only considers the interaction process of pore pressure and fracture aperture, but also realizes the
fluid flow in both fractures and rock matrix. Al-Busaidi et al. [35] recreated the laboratory test results
of hydraulic fracturing for Lac du Bonnet granite by simulation, which proved the effectiveness of
this algorithm. Yoon et al. [36–38] probed into the seismic activity induced by fluid injection during
the development of deep granite reservoir. The detailed seismic parameters involving temporal and
spatial distribution, moment magnitudes and radiated seismic energy of the induced seismic events
were obtained through the reservoir fracturing simulations, which provided constructive guidance for
the optimization of field fracturing schemes. Tomac et al. [39,40] extended this algorithm and explored
the influences of mineral grains, fluid pressure and temperature on permeable hot granite during
injecting pressurized cold fluid. They presented that the thermal damage area of wellbore caused
by rock cooling and cold fluid infiltration increases as the fluid dynamic viscosity decreases. In our
previous research, the calculation method of fluid pressure in the domain after contact bond failure
was modified to make the update of the simulation results more accurate when the numerical model
contains a large-volume injection well [41,42]. Following the improved algorithm, we comprehensively
studied the hydraulic fracturing mechanism in isotropic and laminated reservoirs under different
in-situ stress state, injection rate and fluid viscosity, and validated the ability in modeling the variety of
the interaction scenarios between hydraulic fractures and natural fractures such as direct crossing and
crossing with an offset [43–47].

Although the PFC has been employed in many hydraulic fracturing studies, most of them only
consider the simple case of single injection well and ignore the interference of the multiple injection
wells. However, in order to obtain a better fracturing effect in the field of production, it is necessary to
arrange multiple injection wells in a suitable space and select a reasonable fracturing sequence. In this
study, taking the Alxa porphyritic granite as an example, a two-well fracturing model based on our
modified algorithm was established to discuss the effects of injection sequence and well spacing on
hydraulic fracturing behaviors. The rest of this paper is organized as follows. First, the characteristics
of contact bond and the modified fluid-mechanical coupling algorithm in PFC were introduced. Second,
the micromechanical parameters were carefully calibrated and validated according to the experimental
results of uniaxial loading and the analytical solutions of the breakdown pressure, respectively. Third,
the boundary conditions of the numerical model were transformed with reference to diverse schemes
so as to analyze the change in breakdown pressure, fracture propagation pressure, fluid pressure
distribution and fracture propagation pattern. Finally, the stress variation along the height direction of
hydraulic fracture was extracted to assess the stress shadow effect of hydraulic fractures.

2. Modeling Methodology

2.1. Introduction of Particle Flow Code

PFC is a commercial DEM software that applies the rigid, unbreakable circular particles as the
basic elements of the model. The circular particles in contact are available for connection as a whole by
giving a contact bond model. During the process of solution, the displacements, contact forces and
moments of particles are continuously updated with the calculation time by Newton’s second law and
force-displacement law until the unbalanced force and unbalanced moment in the model reach the
program termination conditions [29].

Plentiful models of contact bonds built into PFC including the Parallel-Bond Model (PBM),
the Smooth-Joint Model (SJM), the Flat-Joint Model (FJM) and the Hertz Contact Model (HCM)
determine the macro mechanical properties of various solid materials [48]. In particular, envisioned

571



Energies 2020, 13, 4718

as a collection of springs with constant strength and stiffness (Figure 1a), the PBM is mostly exerted
into the simulations of rock materials by assigning the particle-interaction laws. Moreover, the normal
component Fn

i (t + Δt) and the tangential component Fs
i (t + Δt) for the contact force and the contact

moment M(t + Δt) at time t + Δt depend on the corresponding values at the start of the timestep with
the increments. The detailed equations used are given by [43]:

Fn
i (t + Δt) = Fn

i (t) + ΔFn
i = Fn(t)ni +

(
−knAΔUn

i

)
ni (1)

Fs
i (t + Δt) = Fs

i (t) + ΔFs
i = Fs

i (t) +
(
−ksAΔUs

i

)
(2)

M(t + Δt) = M(t) + ΔM = M(t) + (−knI)
(
ω[B] −ω[A]

)
Δt (3)

where kn and ks are the normal and shear stiffness of the parallel bond, respectively; ΔUn and ΔUs

are the relative normal-displacement increment and the relative shear-displacement increment in
one timestep Δt, respectively; ω[A] and ω[B] are the relative rotation velocities of the two contacting
particles, respectively; ni is the normal vector of each contact (i = 1 or 2); A is the cross sectional area of
the bond, and I is the moment of inertia of the bond.

 
 

(a) 

 
 

(b) (c) 

Figure 1. Schematic diagram of the Parallel-Bond contact in PFC2D (modified from Itasca Consulting
Group, Inc.: Minneapolis, MN, USA [48]): (a) conceptual models; (b) the deformation and failure
mechanisms; and (c) the failure mode.

Then the normal stress σ and shear stress τ distributed on the cross-section of the bond are updated
by the following equations [48]:

σ =
−Fn

A
+ β
|M|

I
R (4)

572



Energies 2020, 13, 4718

τ =

∣∣∣Fs
i

∣∣∣
A

(5)

where β is the moment-contribution factor.
At any time of solution, if the absolute value of normal stress |σ| inside the bond exceeds the

tensile strength of the bond σc, or the absolute value of shear stress |τ| inside the bond exceeds the shear
strength of the bond τc, the tensile failure or shear failure occurs respectively in the PBM (Figure 1b).
Correspondingly, a tensile microcrack or a shear microcrack is generated in the numerical model. After
the failure of the parallel bond, the force, moment, and stiffnesses related to the contact are removed,
resulting in the rotation of the two particles around each other under external force (Figure 1c). Recent
studies have pointed out that the rotation after the bond failure reduces the self-locking effect between
the particles, causing an extremely low ratio of uniaxial compressive strength (UCS) to uniaxial tensile
strength (UTS) [49,50]. Nonetheless, the PBM revised by potyondy [51] and Ding and Zhang [52] is
still employed in this study, in which the moment-contribution factor β is added to the bond failure
criterion to overcome the above defects.

2.2. Modified Fluid-Mechanical Coupling Algorithm

Cundall’s fluid-mechanical coupling algorithm achieves the flow of viscous fluid in the parallel
bond. As illustrated in Figure 2a, the fluid network topology is constructed after the circular particles
are assembled by the PBM. More specifically, connecting the centers of the contacting particles by blue
lines forms a series of enclosed domains (blue polygons) which are regarded as “reservoirs” to store
the fluid pressure. The centers of the adjacent reservoir domains (blue circles) are linked by the virtual
pipes (magenta lines) to ensure fluid flow. Any pipe is approximated as two parallel plates existing in
the parallel bond. A differential pressure between the two connected reservoir domains drives the
flow of fluid from the high-pressure region to the low-pressure region. The volumetric flow rate q is
calculated by the cubic law [34]:

q =
e3

12μ
P2 − P1

L
(6)

where e is the hydraulic aperture; P2 − P1 is the fluid pressure difference between the reservoir domains;
L represents the length of the flow channel; μ is the fluid dynamic viscosity.

Under the action of confining pressure and fluid pressure, the hydraulic aperture e changes with
the normal stress σ of the bond, which is described as [53,54]:

e = einf + (e0 − einf) exp(−0.15σ) (7)

when σ tends to infinity, the aperture decreases gradually to einf; when σ = 0, the aperture e0 represents
the residual aperture due to no force interaction between the particles on both sides of the flow channel.
Therefore, this mechanism enables the fluid to diffuse into the surrounding reservoirs whether fractures
are in the model. According to the Equation (8), the values of e0 and einf are determined by the
permeability k, total volume V of the reservoirs and flow channel length L [35].

k =
1

12V

∑
pipes

Le3 (8)

In the fluid calculation process of one timestep, the increment of fluid pressure ΔP for a reservoir
domain is derived from the apparent volume change of this domain ΔVd and the fluid flow of
surrounding reservoir domains Σq, as shown in Equation (9) [43]:

ΔP =
K f

Vd

(∑
qΔt− ΔVd

)
(9)

where Kf is bulk modulus of fluid; Vd is the apparent volume of the reservoir domain.
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After the fluid calculation step, the fluid pressure acts on the particles in the form of the body force
(Figure 2b), and the magnitude of the force is the product of the fluid pressure Pf and the length of the
connecting line li at the contact point. As the parallel bond between adjacent domains is broken owing
to the effect of confining pressure and fluid pressure, Al-Busaidi et al. [35] and Zhao and Young [55]
used the average value of the fluid pressures Pf1 and Pf2 in the two domains before bond failure to
express the fluid pressure P′f in the new domain:

P′f =
P f 1 + P f 2

2
(10)

Obviously, the Equation (10) is not suitable for the cases of large-volume injection well in the
model because of the inaccurate average fluid pressure in the domains around the well. An optimized
computing method is as follows [41]:

P′f =
[
(V f 1 + V f 2)

(Vr1 + Vr2)ϕ
− 1

]
K f (11)

where Vf1 and Vf2 are the fluid volume in the two domains before bond failure, respectively; Vr1 and
Vr2 are the volume of the two domains under the fluid pressure of 0 MPa; ϕ is the porosity of the model.

 
(a) (b) 

Figure 2. The sketch of the fluid-mechanical coupling model in PFC2D: (a) the generation of fluid
network; and (b) fluid-particle interaction mechanism (yellow circles: solid particles, magenta lines:
flow channels, blue polygons: reservoir domains, blue circles: the centers of reservoirs, red lines:
Parallel-Bond contacts).

3. Modeling Calibration and Validation

The input micro-parameters involved in the fluid-mechanical coupling model in PFC2D are
divided into three categories to characterize the physical and mechanical properties of basic particles,
parallel bonds and fluid networks, most of which cannot be directly obtained from the laboratory
tests. Debugging the parameters to match the calibration results with experimental results or analytical
solutions is absolutely essential for the subsequent reliable numerical simulations. Fortunately,
the relationships between the input parameters and macro mechanical characteristics of the models
have been presented in several studies [56–59], which is helpful for the quick selection and calibration
of the parameters. Combined with the uniaxial compression and tensile test results of Alxa porphyritic
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granite, a group of input parameters which reproduced the mechanical behaviors of the real granite
under uniaxial loading were determined in this section. To verify the accuracy of the parameters
in simulating hydraulic fracturing, the granite model with a single injection well were created and
contrasted with the analytical solutions of the breakdown pressure.

3.1. Laboratory Test

As one of the preferred candidate locations for geological disposal of high-level radioactive waste,
Alxa is located in the west of Inner Mongolia Autonomous Region, with the geographic coordinates
of 97◦10′ ~ 106◦53′ E and 37◦24′ ~ 42◦47′ N. The NRG-1 deep borehole in Alxa revealed that a large
number of porphyritic granites are distributed from the surface to 600 m underground. The granitic
cores from different depths of the borehole were processed into the standard specimens with a diameter
of 50 mm and a height of 100 mm. Before the uniaxial compression tests, the average density of the
specimens was 2650.0 kg/m3. During the testing, the MTS 815 servo-controlled hydraulic testing
machine at the Institute of Crustal Dynamics, China Earthquake Administration was employed to
compress the granites with an axial loading speed of 0.06 m/min.

The failure characteristics of Alxa porphyritic granites after the tests and the stress-strain curves
are shown in Figures 3 and 4, respectively. It can be seen that all the specimens were cut by numerous
splitting cracks, which conforms to the typical brittle fracturing pattern. The macro mechanical
parameters of the specimens were extracted from the stress-strain curves, and the average values of the
UCS, the elastic modulus (E) and the Poisson’s ratio (ν) were 159.4 MPa, 48.0 GPa and 0.23, respectively.
The tensile test is not conducted in this research; however, the average UTS of this kind of granites is
about 9.5 MPa according to our previous studies [60,61].

 

Figure 3. The failure characteristics of Alxa porphyritic granites after the uniaxial compressive tests.

3.2. Material Parameters Calibration

A rectangular numerical model with the same size as the test specimen was generated in PFC2D
to emulate the uniaxial loading responses. The model was comprised of 10,412 circular particles with a
radius distribution of 0.3–0.45 mm and was assigned the contact bonds of PBM. The effective modulus
and stiffness of particles can inherit from the corresponding parameters of PBM. After the initial
parameters were given, the simulations of uniaxial compression and direct tension were carried out
to calculate the UCS, E, ν and UTS. Then the relevant parameters were continuously adjusted by the
comparison between the experimental results and the simulated results. The final calibrated parameters
are listed in Table 1, by which the simulated macro mechanical properties are in good agreement with
the actual values, as shown in Table 2. The stress-strain curves and the spatial distribution of cracks
are presented in Figure 4, which also proves the accuracy of parametric calibration.
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(a) (b) 

  
(c) (d) 

Figure 4. The simulated results under the calibrated parametric condition: (a) stress-strain curve
and microcrack evolution under uniaxial compression; (b) microcrack distribution after uniaxial
compression; (c) stress-strain curve and microcrack evolution under uniaxial tension; and (d) microcrack
distribution after uniaxial tension.

Most of the microcracks generated in the numerical granite under the compressive loading are
the tension-type modes. Fewer microcracks formed in the middle of model under the tensile loading,
and aggregated into a macro fracture.
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Table 1. Calibrated Micro-Parameters in the Numerical Models of Alax Porphyritic Granite.

Micro-Parameters of the Basic Particles Notations Values

Particle density (kg/m3) � 2650.0
Porosity (%) ϕ 10

Effective modulus of particle (GPa) E’ 30.0
Contact normal to shear stiffness ratio kn/ks 1.5

Friction coefficient of particle f 0.8

Micro-Parameters of the Parallel Bonds Notations Values

Effective modulus of the parallel bonds (GPa) Ec 30.0
Normal to shear stiffness ratio of the parallel

bonds kn/ks 1.5

Tensile strength of the parallel bonds (MPa) σc 28.0
Shear strength of the parallel bonds (MPa) τc 120.0

Radius multiplier λ 1.0
Moment contribution factor β 0.1

Micro-Parameters of the Hydraulic Properties Notations Values

Initial hydraulic aperture (m) e0 2.2 × 10−6

Infinite hydraulic aperture (m) einf 2.2 × 10−7

Model Permeability (m2) k 1.0 × 10−17

Bulk modulus of the fracturing fluid (GPa) Kf 2.0
Viscosity of the fracturing fluid (Pa·s) μ 1.0 × 10−3

Table 2. Comparison of the Calibrated and Experimental Results of the Macro Mechanical Properties
for Alax Porphyritic Granites.

Macro Properties Average of Experimental Results Simulation Results

UCS (MPa) 159.4 159.7
UTS (MPa) 9.5 1 13.8

E (GPa) 48.0 46.4
ν 0.23 0.21
1 The UTS of Alax porphyritic granite was acquired from Zhou et al. [60,61].

3.3. Validation of Hydraulic Fracturing Model

The fluid parameters for hydraulic fracturing were decided by the actual working conditions.
After constructing the fluid networks and adding the fluid parameters in the PBM, it was still vital to
verify whether the fracturing simulation could describe the realistic fracturing behaviors, including
the breakdown pressure and the propagation of hydraulic fractures. A classical equation for the
breakdown pressure Pwf when the fluid is injected into a circular elastic borehole was proposed by
Haimson and Fairhurst [62] as following expression:

Pw f = 3σv − σh − P0 + σt (12)

where σv is the confining pressure in vertical direction; σh is the confining pressure in horizontal
direction; P0 is initial pore pressure; σt is the UTS of the model.

In order to facilitate the comparison of simulated and theoretical breakdown pressures and
avoid the stress interference of multiple injection wells, the granite model with a single injection
well was established, as shown in Figure 5a. The square fracturing model with a width and height
of 1.0 m consisted of 11,778 circular particles with a radius distribution of 4–6 mm. Furthermore,
the vertical and horizontal confining pressures were servo-controlled by moving the walls around
the model. An injection well with a radius of 50 mm was excavated in the center of the model to
inject viscous fluid. It is noted that the particles surrounding the injection well have been replaced by
smaller particles to smooth the well surface and prevent stress concentration (Figure 5b). No fluid
flow domains were covered on the border of the fracturing model to give the impermeable boundary
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conditions. The hydraulic apertures e0 and einf calculated by Equations (7) and (8) were 2.2 × 10−6

and 2.2 × 10−7, respectively, which were input into the model as basic hydraulic property parameters
(Table 1). The fracturing fluid was the liquid water with a bulk modulus of 2.0 GPa and a viscosity of
1.0 × 10−3. The numerical model kept the vertical confining pressure σv and the horizontal confining
pressure σh equal. Under the conditions of the initial pore pressure of 0 MPa and the fluid injection
rate of 1.0 × 10−5 m3/s, the hydraulic fracturing simulations with confining pressures from 5 MPa to
50 MPa (5-MPa intervals) were implemented.

 
(a) (b) 

Figure 5. Granite model with a single injection well for hydraulic fracturing: (a) the model size and
applied boundary conditions; and (b) particle densification near the injection well.

The simulated values and theoretical values of breakdown fractures are summarized in Figure 6,
and the error between them is less than 20%. The main reason for the deviation is that the analytical
model assumes that the entire reservoir is impermeable, while the modified hydraulic fracturing model
in PFC considers the leakage of fracturing fluid to the surrounding domains.

 

Figure 6. Comparison of breakdown pressures between the simulated values and the analytical solutions.
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Figure 7 shows the representative borehole pressure histories, crack spatial distribution and
corresponding fluid pressure field in hydraulic fracturing under different confining pressures. It is
found that the borehole pressure increases rapidly at the beginning of injection, and as the borehole
pressure approaches the breakdown pressure, the borehole pressure increases slowly and non-linearly,
which reflects that the leakage of fracturing faster is greater when the borehole pressure is high.
The leakage of fluid from the injection well and fractures to the surrounding fluid networks can also be
seen from the figures of the fluid pressure distribution.

 
(a) 

 
(b) 

 
(c) 

Figure 7. The representative borehole pressure histories, crack spatial distribution and corresponding
fluid pressure field in the single-well fracturing under different in-situ stress conditions: (a) σv = σh

= 20 MPa; (b) σv = σh = 30 MPa; and (c) σv = σh = 40 MPa.

Before the borehole pressure reaches the breakdown pressure, a few cracks initiated around the
wellbore. After increasing to the breakdown pressure, the borehole pressure dropped sharply to the
fracture propagation pressure and remained unchanged. As a result, the number of microcracks
grew dramatically along certain directions. Hubbert and Willis [63] proposed that the initiation and
propagation of deep hydraulic fracturing fractures follow the direction of maximum principal stress.
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From Figure 7, we can see that the macro hydraulic fractures propagated along the different directions
under various confining pressures. The difficulty in predicting the propagation direction stems from
the fact that the micro defects on the surface of the injection well have more significant impact on the
initiation and propagation of hydraulic fractures under hydrostatic pressure conditions.

Another noteworthy issue is that almost all the hydraulic fractures acquired from the
fluid-mechanical coupling algorithm are made up of tensile cracks, which seems to be distinct from
lots of shear-type seismic events observed in hydraulic fracturing tests for granite [64,65]. Al-Busaidi
et al. [35] have demonstrated that the shear failures recorded in the laboratory tests are caused by the
slippage of the preexisting cracks in the specimens, and the mechanism of injection-induced fracture is
predominantly tensile failure. In brief, the simulation results of granite fracturing using the modified
fluid-mechanical coupling algorithm are accurate.

4. Hydraulic Fracturing Process in the Specimens with Two Injection Wells

4.1. Modeling Scenarios

The multi-well hydraulic fracturing behaviors of reservoir rocks not only affected by the influencing
factors of single-well fracturing (e.g., the mechanical properties of rocks, fluid injection rate, fluid
viscosity and in-situ stress), but also by the influencing factors unique to multi-well fracturing
(e.g., the number of injection wells, injection sequence and well spacing). Taking the two-well hydraulic
fracturing process as the research object, a larger numerical model with a width of 1.5 m and a height of
1.0 m, which was an aggregation of 17,700 circular particles, was constructed based on the fluid-solid
coupling method introduced in Section 2 to get enough space to propagate for the fractures (Figure 8a).
Two injection wells (Well No.1 and Well No.2) with the radius of 50 mm and the well spacing of L
are symmetrical about the central axis of the model. After the calibration parameters in Table 1 were
given in the two-well fracturing model, the influences of injection sequence and well spacing under
different in-situ stress states on the breakdown pressure, fluid pressure distribution and hydraulic
fracture propagation were discussed.

 
(a) (b) 

Figure 8. Granite model with two injection wells for hydraulic fracturing: (a) the model size and
applied boundary conditions; and (b) arrangement of measurement circles.

4.2. The Influence of Injection Sequence under Different In-Situ Stress Conditions

The well spacing L of the two-well fracturing model was set to 0.5 m. Three injection sequence
schemes were designed for two water injection wells, which are: Scheme 1—simultaneous injection in
Well No.1 and Well No.2; Scheme 2—first injection in Well No.1 and second injection in Well No.2;
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and Scheme 3—first injection in Well No.2 and second injection in Well No.1. The fluid injection rate
for each well was always 1.0 × 10−5 m3/s. If any hydraulic fracture propagates to the boundary of
the model, the fluid injection and numerical simulation stop immediately, regardless of the shut-in
stage in the field fracturing process. In the asynchronous fracturing of two injection wells, the second
injection was conducted after the pore fluid pressure produced by the first injection was removed,
so as to eliminate the effect of residual pore pressure.

The influence of different in-situ stresses was also considered in these injection schemes. When the
model was under hydrostatic pressure, the vertical and horizontal confining pressures were fixed at 30
MPa; when the maximum in-situ stress was in the horizontal direction, the vertical and horizontal
confining pressures were fixed at 15 MPa and 30 MPa, respectively. The three injection schemes have
been repeatedly executed under each in-situ stress condition.

Figures 9–11 summarize the borehole pressure histories, crack spatial distribution and
corresponding fluid pressure field for the fracturing of two-well granite model with the well spacing of
0.5 m under the hydrostatic pressure condition (σv = σh = 30 MPa).

For the Scheme 1 of injection sequence, the borehole pressure curves recorded in Well No.1 and
Well No.2 were nearly coincident in the process of simultaneous injection, and the breakdown pressures
of the two wells were 62.0 MPa and 57.7 MPa (Figure 9). Similar to the fracturing of the single well,
microcracks initially originated at the micro defects around the boreholes, and increased rapidly as the
borehole pressures reduced to the fracture propagation pressure. However, the hydraulic fractures
between the two wells were deflected at a large angle and close to each other during the propagations
along the initial microcrack directions. Especially from the corresponding distribution of pore pressure
field, it can be seen that the pore pressure field in the surrounding rock resulted from the fluid seepage
in the two fractures will be superimposed on the tips. The other two hydraulic fractures were also
considerably distorted until they propagated to the calculation boundary. In the end, four fracture
branches formed in the model.

 

Figure 9. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the simultaneous fracturing under the hydrostatic pressure condition (σv = σh = 30 MPa).
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Figure 10. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the asynchronous fracturing (first injection: Well No.1 and second injection: Well No.2) under
the hydrostatic pressure condition (σv = σh = 30 MPa).

For the Scheme 2 of injection sequence, the breakdown pressures of Well No.1 and Well No.2 were
62.7 MPa and 58.8 MPa (Figure 10). After the first injection and the second injection, both hydraulic
fractures in the left and right part of the model extended straight to the boundary at a high angle
without distortion. Although the microcracks between the two injection wells were also initiated in the
model, they did not propagate further.

For the Scheme 3 of injection sequence, the breakdown pressures of the two wells were 64.3 MPa
and 58.3 MPa (Figure 11). The final fracture propagation pattern was the same as that in the Scheme
2. The above simulation results may indicate that under the hydrostatic pressure condition, obvious
differences between simultaneous injection and asynchronous injection exist in the fracturing behaviors,
but the injection sequences in asynchronous fracturing has little effect on the generation of cracks.
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Figure 11. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the asynchronous fracturing (first injection: Well No.2 and second injection: Well No.1) under
the hydrostatic pressure condition (σv = σh = 30 MPa).

Figures 12–14 present the borehole pressure histories, crack spatial distribution and corresponding
fluid pressure field under the conditions of the three injection schemes when σv = 15 MPa and
σh = 30 MPa. The breakdown pressures of the two wells were slightly reduced compared with those
under hydrostatic pressure.

 

Figure 12. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the simultaneous fracturing under the in-situ differential stress condition (σv = 15 MPa and
σh = 30 MPa).
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Figure 13. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the asynchronous fracturing (first injection: Well No.1 and second injection: Well No.2) under
the in-situ differential stress condition (σv = 15 MPa and σh = 30 MPa).

In-situ differential stress gave rise to the propagations for the four hydraulic fractures along the
horizontal direction in the simultaneous fracturing (Figure 12). The fractures between the two wells
were not at the identical height, yet had a tendency to deflect and merge.

After the fracturing of Well No.1 in the Scheme 2, two hydraulic fractures extended along the
horizontal direction to both sides of the borehole (Figure 13). The propagation pattern of the left
hydraulic fracture was entirely consistent with that in simultaneous fracturing. Interestingly, the right
hydraulic fracture was not bent and extended straight through the bottom of Well No.2. From the
borehole pressure history and pore pressure distribution, it seems that Well No.2 was isolated from
the hydraulic fracture as before. Stopping the injection in Well No.1 and continuing to fracture the
Well No.2, the other two hydraulic fractures were produced along the horizontal direction. Due to the
interference of the existing hydraulic fractures, the initiation position of the new fracture in the right
part of the model has been changed in contrast to the fracture simulated by the Scheme 1. At about
13 s of the simulation time, a fluid pressure of 1.8 MPa was observed in Well No.1, which implies that
the new hydraulic fracture between the injection wells extended from Well No.2 has been connected
with Well No.1. A large quantity of fracturing fluid flowed into the Well No.1 through this fracture,
and further migrated to fill the hydraulic fractures generated by the first fracturing. The four fracture
branches in the model aggravated the leakage of fluid to the surrounding formation and prevented the
borehole pressure of Well No.1 from increasing.
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Figure 14. The borehole pressure histories, crack spatial distribution and corresponding fluid pressure
field in the asynchronous fracturing (first injection: Well No.2 and second injection: Well No.1) under
the in-situ differential stress condition (σv = 15 MPa and σh = 30 MPa).

The breakdown pressure of the Well No.2 was 43.3 MPa in the Scheme 3 (Figure 14). Unlike the
fracturing in the Scheme 1 and Scheme 2, the hydraulic fracture between the two wells directly
penetrated into the Well No.1 during the first injection, so that the borehole pressure of Well No.1
gradually rose to approximately 17 MPa. It is noteworthy that a new hydraulic fracture emerged
from the outside of Well No.1 and propagated to the left edge of the model without reaching the
previous breakdown pressures. This may be attributed to two aspects: on the one hand, the seepage of
fracturing fluid has increased the pore fluid pressure and decreased the effective stress of the granite
model; on the other hand, the rate of the fluid injection from Well No.2 into Well No.1 through the
fracture was relatively low, which provided enough time for the stress of the solid framework around
the Well No.1 to adjust. Additionally, the fluid pressure was found to decay steeply when flowing in
the fractures on the left side of Well No.2. In the absence of sufficient fluid pressure, the propagation
speed of the corresponding fractures was slow. During the second injection, the existing hydraulic
fractures induced the fracturing fluid leak into the surrounding rock and limited the growth of borehole
pressures for two wells. For example, the borehole pressure of Well No.1 was maintained near the
fracture propagation pressure, which promoted the hydraulic fracture in the left part of the model to
extend to the edge, but inhibited the generation of new hydraulic fracture.

The breakdown pressure, fracturing propagation pressure, crack number and hydraulic fracture
branches after the fracturing under different in-situ stress states are listed in Table 3. In any injection
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sequence scheme, before the borehole pressure increased to the breakdown pressure, the fluid injected
into the wells had no time to migrate in large area. Consequently, no evidence was found for the
clear correlation between the breakdown pressure and injection sequence. As more fluid seeped into
the rock matrix in the simultaneous injection, the effective stress between particles was markedly
weakened, making the fluid pressure required for hydraulic fracture propagation lower than that in
asynchronous fracturing. In the process of asynchronous fracturing, if the hydraulic fractures induced
in the first injection have penetrated into the well for the second injection, the fluid pressure in the
second injection well was hold at the fracture propagation pressure and the fractures extended tardily.

Table 3. Summary of the Fracturing Characteristics for the Two-Well Granite Model with the Well
Spacing of 0.5 m under Different Injection Sequences.

In-Situ Stress
Conditions

Hydraulic Fracturing
Characteristics

Scheme 1 Scheme 2 Scheme 3

Well No.1 Well No.2 Well No.1 Well No.2 Well No.1 Well No.2

σv = 30 MPa
σh = 30 MPa

Breakdown pressure
(MPa) 62.0 57.7 62.7 58.8 64.3 58.3

Fracture extension
pressure (MPa) 36.7 38.1 45.3 44.8 46.2 44.6

Crack number 214 145 149
Hydraulic fracture

branches 4 2 2

σv = 15 MPa
σh = 30 MPa

Breakdown pressure
(MPa) 39.2 41.6 40.4 40.5 - 43.3

Fracture extension
pressure (MPa) 20.8 20.7 22.3 21.7 16.5 23.6

Crack number 192 285 186
Hydraulic fracture

branches 4 4 3

Overall, the propagations of the hydraulic fractures between the two wells can be divided into
four modes: (1) extending linearly and directly penetrating the two wells; (2) extending linearly at
different heights without connection; (3) extending at certain deflection angles and merging at the
tips; (4) suspending the extension after initiation. Mode (2) and (3) are suggested to improve the
complexity of fracture networks. By comparing the hydraulic fracture propagation modes for the
three schemes, both simultaneous fracturing and asynchronous fracturing under different in-situ
stresses were observed to have the ability to form multiple fracture branches, which depended on
the superposition of fluid pressures. Under the hydrostatic pressure condition, the initial expansion
direction of hydraulic fractures in the asynchronous fracturing is affected by the micro-defects around
the borehole, largely leading to no fractures between the two wells. In contrast, simultaneous fracturing
reduces the effective stress of the rock matrix and forces the hydraulic fractures to extend to this
region. When the maximum in-situ stress is in the horizontal direction, the initial expansion direction
of hydraulic fractures is also along the horizontal direction. In this case, simultaneous fracturing
intensifies the coalescence of the fractures between the two wells and simplifies the fracture networks.
Therefore, selecting the reasonable injection sequence according to the in-situ stress condition is
necessary for stimulating reservoir to produce more hydraulic fractures.

4.3. The Influence of Well Spacing under Different In-Situ Stress Conditions

The two-well fracturing models with the well spacing L of 0.3 m, 0.4 m and 0.6 m were established
respectively, and the micro mechanical parameters, permeability, injection rate and in-situ stress
conditions consistent with those in Section 4.2 were allocated to the models. Simultaneous fracturing
was conducted on each model without considering the influence of injection sequence. Figures 15
and 16 show the fracturing simulation results of the granite models with diverse well spacing under
different in-situ stress conditions. Refer to Figures 9 and 12 for the simultaneous fracturing results
when the well spacing is 0.5 m.
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Figure 15. The crack spatial distributions and corresponding fluid pressure fields for the two-well
granite models with the well spacing of 0.3 m, 0.4 m and 0.6 m in the simultaneous fracturing under
the hydrostatic pressure condition (σv = σh = 30 MPa).

 

 

Figure 16. The crack spatial distributions and corresponding fluid pressure fields for the two-well
granite models with the well spacing of 0.3 m, 0.4 m and 0.6 m in the simultaneous fracturing under
the in-situ differential stress condition (σv = 15 MPa and σh = 30 MPa).

Under the hydrostatic pressure condition, the hydraulic fractures in these models exhibit the
interesting propagation patterns. When L = 0.3 m, plenty of microcracks initiated around the Well No.1
and Well No.2. Two hydraulic fractures extended along the horizontal direction and merged into one
fracture in the middle of the model. The fracturing fluid injected into Well No.1 flowed towards Well
No.2 through the hydraulic fracture and assisted the hydraulic fracture on the right side of Well No.2
to extend to the model boundary, while other microcracks near Well No.1 were not allowed to further
extend owing to insufficient fluid pressure. When L = 0.4 m, the hydraulic fractures initiated from the
micro defects on the surface of the two wells extended along the initial directions of different heights
and deflected to each other. Until the fracture from Well No.1 reached the bottom of Well No.2 and the
fracture from Well No.2 was arrested by the fracture from Well No.1, the two wells were more closely
connected. Counting the hydraulic fracture extending to the right edge, three fracture branches were
developed in the model. When L = 0.5 m, the hydraulic fractures between the two wells were also
distorted, but did not meet before the simulation stopped as a consequence of the larger well spacing.
When the well spacing grew to 0.6 m, only two hydraulic fractures extended to the left and right edges
of the model, and the microcracks between the two wells stagnated.
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Under the in-situ differential stress condition, each model after fracturing had the similar
propagation pattern for fractures. Initially, four fractures extended horizontally from both sides of
the two injection wells. Then the two hydraulic fractures between the wells merged into one fracture.
Finally, three major fracture branches crossed the whole model. With the increase of well spacing, the
micro defects around the wells control the crack initiation, thereby creating the hydraulic fractures at
the different heights to merge after deflection.

The representative fluid pressures and crack information for the models with different well spacing
after the fracturing are listed in Table 4. Before the continuous propagation of hydraulic fractures, there
were too few microcracks to build the hydraulic connection between the two wells. Not surprisingly,
the breakdown pressures under the same in-situ stress condition for these models remained steady
as the well spacing changes. By contrast, a positive correlation was found between well spacing
and fracture propagation pressure under the hydrostatic pressure condition. In the fracturing of
the models with small well spacing, due to the superposition of the leaking fluid in the middle of
the model, the effective stress of the rock matrix in this region and the fluid pressure required for
hydraulic fracture propagation were correspondingly reduced. Obviously, this superimposed effect of
fluid was suppressed when the well spacing was set larger. In addition, this phenomenon of fracture
propagation pressure had not been monitored when the hydraulic fractures were controlled by the
maximum horizontal in-situ stress. Taken together, these results suggest that there is an association
between well spacing and fracture branches. Too small or too large well spacing makes it difficult
to construct complex fracture networks in the reservoir. Relatively speaking, to ensure the hydraulic
fractures to extend in the area between the two wells, the well spacing under the hydrostatic pressure
may be smaller than that under the in-situ differential stress.

Table 4. Summary of the Fracturing Characteristics for the Two-Well Granite Model with Different
Well Spacing under the Simultaneous Fracturing.

In-Situ Stress
Conditions

Hydraulic Fracturing
Characteristics

L = 0.3 m L = 0.4 m L = 0.6 m

Well No.1 Well No.2 Well No.1 Well No.2 Well No.1 Well No.2

σv = 30 MPa
σh = 30 MPa

Breakdown pressure
(MPa) 62.3 61.6 60.1 59.2 61.8 62.4

Fracture extension
pressure (MPa) 36.9 37.2 38.2 40.1 45.6 46.5

Crack number 138 150 118
Hydraulic fracture

branches 2 3 2

σv = 15 MPa
σh = 30 MPa

Breakdown pressure
(MPa) 39.8 37.4 40.2 38.7 40.6 39.9

Fracture extension
pressure (MPa) 21.2 20.9 21.0 21.1 20.8 22.8

Crack number 179 160 163
Hydraulic fracture

branches 3 3 3

5. Analysis of Stress Shadow Effect

The fluid net pressure during the propagation of hydraulic fractures has contributed to the increase
in the stress of the rock matrix around the fractures along the height direction. This important behavior
of fractures is defined as “stress shadow effect”, which has non-negligible impacts on the extension
directions, opening degrees and shapes [66–68]. Especially in the situation of multiple injection wells
in the reservoir, the interaction of the stress shadows for the adjacent hydraulic fractures becomes more
intense and complicated.

However, discrete particle elements in the DEM suppress the direct expression of continuum
physical quantities including stress and strain rate. The measurement circle is a monitoring mechanism
built in PFC software to describe these quantities in a specified circular area by tracking the forces
and displacements of particles and their related contacts. Therefore, the measurement circles densely
distributed in the model realize the transition from the discrete physical quantities in the micro scale
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to the continuous ones in the macro scale. In order to obtain the rich data of measurement points,
a total of 14,751 measurement circles with a radius of 0.01 m were regularly arranged in 99 rows
and 149 columns to cover each two-well fracturing model (Figure 8b). The stress distributions of the
models after fracturing were compared with their initial states without fluid injection to obtain the
final stress increments.

Typical vertical stress increment distributions (Δσy) under different injection sequence and well
spacing conditions are presented in Figures 17 and 18, respectively. All the models demonstrated
a noticeable rise in the vertical stress on the upper and lower outer sides of the hydraulic fractures,
which was in line with the basic law of stress shadow effect and proved the reliability of the modified
fluid-mechanical coupling algorithm again. These vertical stress increments gradually decreased with
the increasing distances to the fractures. In the area near the model boundaries, the vertical stress was
roughly unchanged. Nevertheless, in the small area closest to the hydraulic fractures, the vertical stress
was reduced rather than increased because of the leakage of fluid into the rock matrix. The injection
of fluid led to an evident increase of vertical stress in the area around the wells without hydraulic
fractures as well, which was higher than that caused by the hydraulic fractures.

 
(a) (b) (c) 

Figure 17. Vertical stress increment distributions for the two-well granite model with the well spacing
of 0.5 m under different injection sequences when σv = 15 MPa and σh = 30 MPa: (a) simultaneous
fracturing; (b) first injection in Well No.1; and (c) second injection in Well No.2.

(a) (b) (c) 

Figure 18. Vertical stress increment distributions for the two-well granite models with the different well
spacing in the simultaneous fracturing when σv = 30 MPa and σh = 30 MPa: (a) L = 0.3 m; (b) L = 0.5 m;
and (c) L = 0.6 m.

More concretely, the injection sequence and well spacing are the dominant factors in the stress
shadow effect. For the simultaneous fracturing when σv = 15 MPa and σh = 30 MPa (Figure 17a),
no expected superposition of the stress shadow effects existed between the two adjacent hydraulic
fractures. Under such superposition effect, the two parallel hydraulic fractures would repel each other
and progressively separate [69]. A possible explanation for this is that the tensile stress fields at the
fracture tips and the fluid leakage effect both acted on the area between the two fractures, which
diminished the vertical stress and promoted the mutual attraction of fractures. Excluding this area,
the superposition effect of stress shadows was widely scattered in the middle of the model. For the
first injection in Well No.1 (Figure 17b), a large range of vertical compressive stress declined at the
tip of fracture on the right side of Well No.2, resulting from the concentration of tensile stress and
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the climb of pore fluid pressure. The initial compressive stress state in the model have been altered
into the tensile stress state near the fracture tip, whereas the decrease of vertical stress in the region
far from the tip may not satisfy the alteration of stress state. For the second injection in Well No.2
(Figure 17c), the stress shadow effect of the hydraulic fractures around Well No.1 was weakened
stemming from the removal of preceding fluid and the primary vertical stress increment encompassed
Well No.2. As a consequence, the new hydraulic fracture did not deflect to the old one, but moved
away. The comparison of the fracturing under different injection sequences reveals that the influence
range of stress shadow effect in simultaneous fracturing exceeds that in asynchronous fracturing.

When σv = 30 MPa and σh = 30 MPa, under the condition of small well spacing (Figure 18a),
the superposition of stress shadow effect between the two injection wells enhanced greatly and
restricted the initiation of hydraulic fractures in other directions. As the well spacing was slightly
increased (Figure 18b), the superposition range of stress shadow effect reduced and the high vertical
stress on the upper and lower sides of the wells prohibited the fractures in the middle of the model
from twisting outwards. When L = 0.6 m (Figure 18c), no interaction between the stress shadow effects
was produced by different fractures. Therefore, the superposition degree of stress shadow effects
between the two wells is in inverse proportion to their well spacing.

6. Discussion and Conclusions

The two-dimensional fluid-mechanical coupling algorithm in PFC has been extensively
used to study the flow of fracturing fluid in rock, hydraulic fracture propagation and induced
seismicity [33,35–47,53–55]. In theory, it is practicable to conduct the two-dimensional simplified
treatment for the relatively homogeneous and isotropic rocks in the macro scale, for the reason that
the two-dimensional models can be regarded as a section of the real three-dimensional domains.
Furthermore, two-dimensional simulation has the advantages of simple pre-processing, efficient
calculation and intuitive results presentation in solving certain specific problems compared with
three-dimensional simulation.

In this paper, the two-dimensional numerical models of Alxa porphyritic granites were strictly
generated in PFC based on the PBM and the modified fluid-mechanical coupling algorithm. The micro
input parameters in these models were effectively calibrated by the laboratory test results. Moreover,
the accuracy of injection-induced fracturing was validated against the analytical solutions. A series of
simulations for hydraulic fracturing in two-well granite models were performed to investigate the
influences of injection sequence and well spacing on the breakdown pressure, fracture propagation
pressure, fracture propagation pattern and stress shadow. The main results of this study are summarized
as follows:

(1) The injection sequence and well spacing have significant effects on the fracture propagation
pressure instead of the breakdown pressure. Under the condition of hydrostatic pressure, lower
fracture propagation pressure is required by the simultaneous fracturing models or small well
spacing models. But these effects generally decay as the vertical in-situ stress declines.

(2) Adjusting the injection sequence is a feasible way to control the propagation direction of hydraulic
fractures. In the state of hydrostatic pressure, simultaneous fracturing allows more fracturing
fluid to penetrate into the surrounding rock and compels the fractures to deflect to the horizontal
direction, which is beneficial for the formation of complex fracture networks between the injection
wells. The initial expansion of the fractures in asynchronous fracturing is easily disturbed by
the micro defects around the boreholes, largely engendering no fractures between these wells.
When the maximum in-situ stress is in the horizontal direction, in contrast to the asynchronous
fracturing, simultaneous fracturing intensifies the coalescence of horizontal fractures.

(3) The reasonable well spacing in the reservoir affects the growth of fracture branches. Excessively
small or large well spacing limits the generation of multiple fracture branches in fracture
networks. Comparatively speaking, for getting more fractures between the injection wells, the
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expected well spacing under the hydrostatic pressure may be smaller than that under the in-situ
differential stress.

(4) The stress shadow effects of hydraulic fractures are also closely related to the injection sequence
and well spacing. In the case of simultaneous fracturing or small well spacing, the superposition
of the stress shadow effects in the middle of the model strengthens their impact. When the fluid
injection decreases or the well spacing increases, this superposition will be suppressed.

In summary, the findings of this study not only reveal the propagation and interaction mechanisms
of hydraulic fractures in multi-well fracturing, but also provide valuable reference for the optimization
of fracturing technology in field production. However, the two-dimensional models still have an
inevitable defect, that is, the hydraulic fractures are forced to expand in the selected section, which
fails to represent the three-dimensional expansion patterns. Further works associated with the
two-dimensional and three-dimensional multi-well fracturing simulations, such as the interaction
between hydraulic and natural fractures, the temperature effect of fracturing fluid, and the proppant
migration, should be involved in future research.
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Abstract: The proppant transportation is a typical two-phase flow process in a complex cross fracture
network during hydraulic fracturing. In this paper, the proppant transportation in cross fractures is
investigated by the computational fluid dynamics (CFD) method. The Euler–Euler two-phase flow
model and the kinetic theory of granular flow (KTGF) are adopted. The dimensionless controlling
parameters are derived by dimensional analysis. The equilibrium proppant height (EPH) and the
ratio of the proppant mass (RPM) in the secondary fracture to that in the whole cross fracture
network are used to describe the movement and settlement of proppants in the cross fractures.
The main features of the proppant transportation in the cross fractures are given, and several relative
suggestions are presented for engineering application in the field. The main controlling dimensionless
parameters for relative EPH are the proppant Reynolds number and the inlet proppant volume
fraction. The dominating dimensionless parameters for RPM are the relative width of the primary
and the secondary fracture. Transportation of the proppants with a certain particle size grading into
the cross fractures may be a good way for supporting the hydraulic fractures.

Keywords: proppant transportation; cross fractures; CFD simulation; dimensional analysis;
equilibrium proppant height

1. Introduction

Unconventional energy resources such as low permeability, shale, and tight oil and gas reservoirs
account for a larger and larger proportion in the present oil and gas exploration [1–4]. The hydraulic
fractures are the main flow channel for these fluid resources due to the natural poor flow capability of
the porous media, and it is of great importance to know the effective support range and the distribution
of proppants in cross fractures.

Many researchers have studied the proppant transportation in the cross fractures by experiments
and numerical simulations. Alotaibi and Miskimins [5] designed a cross fracture system with one
primary fracture, three secondary fractures, and two tertiary fractures. They found that the proppants
were able to flow into the subsidiary fractures and form a proppant bed. However, they did not realize
that the proppants moved not so far in the subsidiary fractures. The transportation distance of the
proppant in the subsidiary fractures is important for the production. Sahai et al. [6] investigated the
effects of the fracture geometrical complexity, the pumping rates, the proppant concentration, and the
proppant size on the proppant transportation. The mechanism of the proppant from the primary
fracture into the secondary fracture was also analyzed. McClure [7] analyzed in detail the formation
process of the equilibrium proppant height (EPH). As the proppants settle at the bottom of the fractures,
the height of the proppant bed gradually grows to EPH during transportation [7]. The velocity of
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the mixture of water and proppants above the proppant bed in the fractures is called the equilibrium
mixture velocity (EMV) when the EPH is reached. It is worth noting that the proppant bed will be
eroded if the proppant bed height is greater than the EPH. The proppant bed height decreases over
time during erosion until the EPH is reached. The Euler–Lagrange method was used by Hu et al. [8]
to study the proppant transportation in a single vertical fracture. They suggested that the coarse
proppants may be transported first, followed by the fine proppants. The coarse proppants will form a
proppant bed quickly and then the fine proppants are transported far in the fractures. Roostaei et al. [9]
combined a proppant transport model with the numerical hydraulic fracture model to study the
fracturing response and the effect of proppant injection on the fracture propagation and dimensions.
They found that the fluid viscosity is the most important parameter on the proppant transportation.

Little attention is paid to the amount of proppants entering the secondary fracture, which is a
very important quantity for the field engineering. In addition, the mechanism of the proppant moving
from the primary fracture into the secondary fracture is also not well understood.

In this paper, the proppant transportation behaviors in the cross fractures are investigated in
detail based on the previous work [10] of our group. The Euler–Euler two-phase flow model combined
with the kinetic theory of granular flow (KTGF) approach is used. Two dimensionless parameters to
describe the proppant distribution in the cross fractures are presented. The first one is the relative EPH,
representing the ratio of the EPH to the height of the cross fractures. The other one is the ratio of the
proppant mass (RPM) in the secondary fracture to that in the whole cross fracture network. In Section 2,
the numerical model and the dimensionless parameters relative to the proppant transportation in the
cross fractures are introduced. Compared to the previous work [10], the boundary conditions and the
fracture width in the numerical model have been changed to capture more information of the flow
behaviors and to be practical for the field engineering. In Section 3, the effects of the dimensionless
parameters are analyzed. Some suggestions are given for the field engineering application based on
the simulated results.

2. Methods

2.1. CFD Simulation

2.1.1. Model Descriptions

The Euler–Euler two-phase flow model is used to simulate the proppant transportation in the cross
fractures. This model takes the multitude of particles as an artificial solid phase that can interpenetrate
the continuous water phase [11,12]. The KTGF approach is used to simulate the particle collisions.
Based on the KTGF approach, an additional equation, i.e., the particle temperature equation, is solved
to represent the fluctuations of the particles. This equation leads to additional terms as the particle
pressure force and so on. More details about this model were detailed in the previous paper [10,13].

2.1.2. Geometry and Mesh

The geometry of the cross fractures in the numerical simulation is shown in Figure 1. The cross
fractures contain one primary fracture and one secondary fracture. The secondary fracture intersects
the primary fracture at a certain angle (bypass angle θ). It is assumed that the height of the cross
fractures remains constant along the moving direction of the mixture, and the height of the primary
fracture equals that of the secondary fracture. The scales of the primary fracture and secondary fracture
are length × height = 1000 mm × 150 mm and 600 mm × 150 mm, respectively. The horizontal
distance between the entrance of the secondary fracture and the primary fracture is 400 mm.
The width and bypass angle (θ) of the primary and secondary fracture are varied in different
cases. The geometry references the experiment apparatus of Alotaibi and Miskimins [5], Tong and
Mohanty [11], and Patankar et al. [14]. The mixture of the proppants and water enters the primary
fracture from an inlet which is simplified as a rectangular opening. In actual hydraulic fractures,
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the proppants are generally blocked by an unruptured stratum. That means that the front end of the
cross fractures is closed. Therefore, a wall is set at the end of the geometry in the numerical model.
The mixture is only permitted to flow out of the cross fractures through the outlet on the top of the
wall (Figure 1). The flow field is divided into hexahedral structured cells due to the consideration of
computation accuracy and convergence. A standard case is first calculated with the proppant density
ρs = 3300 kg/m3, the proppant diameter ds = 0.5 mm, the water density ρl = 1000 kg/m3, the water
viscosity μl = 0.001 Pa·s, the secondary fracture width wb = 1.5 mm, the primary fracture width
wa = 5 mm, the injection velocity (U0) 0.2 m/s, and inlet proppant volume fraction (αs0) 3%. To evaluate
the mesh independence, three kinds of mesh with different sizes are performed. The mesh size in the
height, length, and width is 4 × 4 × 1 mm (coarse), 2 × 2 × 1 mm (medium), and 2 × 2 × 0.5 mm (fine),
respectively. The EPH obtained from the medium grid is similar to that from the fine grid. So, the grid
size 2 × 2 × 0.5 mm is used.

 
Figure 1. The geometry representing the cross fractures. The cross fractures consist of a primary
fracture and a secondary fracture in length × height: 1000 mm × 150 mm and 600 mm × 150 mm,
respectively. The width and the bypass angle will be changed in different cases.

2.1.3. Initial and Boundary Conditions

Initially, the cross fractures are filled with water, and then the proppants begin to enter the cross
fractures. The velocity inlet is set. Different pumping flow rates and sand ratios are imposed by
varying the injection rates and the inlet volume fraction of the proppants. The inner walls of the cross
fractures are set as the no-slip wall boundary conditions for each phase. The pressure outlet is set to
be zero gauge pressure. The values of the parameters used in the numerical simulation are listed in
Table 1. The ANSYS FLUENT software is used for the numerical simulation.

Table 1. Parameter values in the numerical simulation.

Parameters Units Value

Proppant diameter mm 0.5
Water density kg/m3 1000

Water viscosity Pa·s 0.001
Primary fracture: length × height mm 1000 × 150

Secondary fracture: length × height mm 600 × 150
Size of grid: length × height ×width mm 2 × 2 × 0.5

2.1.4. Solution Algorithm

The phase coupled Semi-Implicit Method for Pressure Linked Equations (SIMPLE) method is used
for the pressure–velocity coupling, and the Green–Gauss cell-based method is used to discretize the
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gradient. The equation of momentum, the particle temperature equation, the turbulent kinetic energy,
and the dissipation rate equation are treated with the second-order upwind scheme. The Quadratic
Upstream Interpolation for Convective Kinetics (QUICK) scheme is used to discretize the volume
fraction equation.

2.2. Dimensional Analysis

All the variables of the problem relating the proppant transportation in the cross fractures based
on the equations and the boundary conditions are shown and explained as follows.

The variables of geometry of the cross fractures: the width of the primary fracture and the
secondary fracture (wa and wb), the length of the primary and the secondary fracture (La and Lb),
the height of the cross fractures (H), the distance from the secondary fracture to the primary fracture
entrance (l), and the angle between the primary and secondary fracture (bypass angle θ).

The variables of physical properties of the proppant and water: the density of the proppant and
the water (ρs and ρl), the average diameter of the proppant (ds), and the viscosity of the water (μl).

The variables relating the boundary conditions: the injection velocity of the mixture (U0), the inlet
volume fraction of the proppant (αs0), and the gravity acceleration g.

Two parameters to evaluate the quality of hydraulic fracturing are introduced. The first one is the
EPH in the primary fracture, and the other one is the RPM. The EPH in the cross fractures is discussed
by many researchers [5,13,15,16]. The EPH and the RPM can be written as a causal function of the
above variables:

(h, R) = f (αs0, U0, g;θ, wa, wb, La, Lb, l, H;ρs, ds,ρl,μl) (1)

where h and R are the EPH and the RPM, respectively. The dimensionless causal relationship can be
written as [17]: (

h
H

, R
)
= f

(
αs0, Re, Ar,θ,

wa

ds
,

wb
ds

,
La

ds
,

Lb
ds

,
l

ds
,

H
ds

,
ρs

ρl

)
(2)

in which h/H is the relative EPH, Re = ρldsU0/μl is the proppant Reynolds number, Ar = (ρs − ρl)ρld3
s g/μ2

l
is the Archimedes number, wa/ds and wb/ds are the relative width of the primary and secondary fracture,
La/ds and Lb/ds are the relative length of the primary and secondary fracture, l/ds is the relative distance of
the secondary fracture to the primary fracture entrance, H/ds is the relative height of the cross fractures,
and ρs/ρl is the ratio of the proppant density to the water density. Here, the relative length and height of
the cross fractures as well as the density ratio of the proppant to water are constant. Equation (2) can be
rewritten as: (

h
H

, R
)
= f

(
αs0, Re, Ar,θ,

wa

ds
,

wb
ds

,
l

ds

)
. (3)

The effect of the controlling dimensionless independent variables at the left side of Equation (3)
on the dependent variables is investigated in this paper. Table A1 in Appendix A shows all the cases
adopted in the numerical simulation. The bold part in Table A1 is the standard case. Cases 1–8 are set
to study the effects of the inlet proppant volume fraction. Cases 3 and 9–13 are set to study the effects
of the proppant Reynolds number. Cases 3 and 14–18 concern the effects of the Archimedes number.
Cases 3 and 19–24 concern the effects of the bypass angle. Cases 3 and 25–33 are designed to study
the effects of the relative width of the primary fracture and secondary fracture. Cases 3 and 34–39 are
designed to study the relative distance of the secondary fracture to the primary fracture entrance.
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The slick-water hydraulic fracturing is widely used in the unconventional resources [3,18].
The slick-water consists of water and chemical ingredients such as the friction reducer, the clay
stabilizer, and the bactericide. These chemical additives account for no more than 1% content in
slick-water. However, it plays an important role in reducing the friction of the side wall. The viscosity
of the slick-water is about 0.8–1.2 mPa·s. Generally, the tap water is used instead of the slick-water in
the experiment. In this paper, the tap water is also used with a constant viscosity of 0.001 Pa·s.

3. Results and Discussion

Figure 2 shows the deposition form of the proppant in the primary fracture at different time points
(Case 3). The proppant distribution is similar to the experiment results of previous researchers [1,5,6,19,20].
The proppants first stack at a certain distance from the entrance after entering the primary fracture.
The height of proppant bed increases with little change in length until the EPH is reached. Then,
the transportation of proppant tends to be stable, as the height of the proppant bed remains unchanged,
and the proppant bed only changes in the fracture length direction. The proppant bed at the bottom
of the fracture plays an important role in supporting the fractures after the pressure is released.
It resembles a stationary porous medium through which the gas and oil will be extracted.

 

Figure 2. The distribution of the proppant in the primary fracture at time (a) 10 s, (b) 20 s, (c) 30 s,
and (d) 40 s. (Case 3 in Table A1).

In Figure 3a,b, the velocity vector charts of the proppant when the proppant bed height in the
primary fracture is about 10% and 75% of the EPH are given (Case 3). The red part of Figure 3 represents
the proppant bed. The velocity vector chart of the proppant when the proppant bed moves ahead in
primary fracture with the constant bed height is shown in Figure 3c. The proppants settle quickly to
the fracture bottom due to the low viscosity of the water initially. As the proppant bed height increases,
the following proppants are resisted by the proppant bed and have to move from the upper part of the
proppant bed to the depth of the fractures. From the proppant velocity vector chart, it can be found
that the proppant bed at the bottom of the fractures does not move. The front part of the bed consists
of the following injected proppants, which move forward from the top of the proppant bed surface.
Based on the simulation results, the transportation of the proppants in the fractures can be divided
into two distinct zones at the steady state: the proppant bed zone and the mixture zone. The mixture
zone is the mixture of the proppant and water above the proppant bed.
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Figure 3. The velocity vector charts of the proppant in the primary fracture, (a) the proppant bed height
is about 0.1 EPH, (b) the proppant bed height is about 0.75 EPH, and (c) the proppant bed height has
reached the EPH. The red part represents the proppant bed. The length and height of the primary
fracture is about 1 m and 0.15 m, respectively. The horizontal coordinates indicate the distance from the
entrance of the cross fractures. (Case 3 in Table A1). EPH: equilibrium proppant height.

The inlet proppant volume fraction changes from 1% to 11%. Figure 4 shows the change of the
relative EPH (h/H) with the dimensionless parameters given in Equation (3). The relative EPH increases
with the increase of αs0 at the value of αs0 < 5% (Figure 4a). When the value of αs0 is greater than 5%,
the relative EPH becomes stable. Although the relative EPH is constant, the time for the proppant
bed height to reach the EPH is shorter due to more proppant injection per unit time. For the field
engineering application, a larger proppant inlet volume fraction can be used to achieve a faster stability
of EPH. However, a large proppant inlet volume fraction may also lead to the blockage of the fractures.

In the field engineering, the sand ratio (ε) is the ratio of the proppant bulk volume to the water
volume. The inlet proppant volume fraction (αs0) is the ratio of the proppant volume to the total
volume of the proppant and water. The αs0 and the ε values satisfy the relationship αs0 = ξε/(ξε+ 1),
where ξ is the ratio of the bulk density (ρsb) to the real density (ρs) of the proppant. The sand ratio of
the hydraulic fracturing in the field engineering is about 3–8% [21]. Then, the inlet volume fraction of
the proppant is about 1–5%. As a result, it can be also concluded that the relative EPH increases with
the increase of the sand ratio. According to the simulated results, the most economical sand ratio is
about 8%, because the relative EPH becomes stable when the sand ratio is larger than 8%.

The change of the relative EPH with the Reynolds number is shown in Figure 4b. The relative
EPH decreases with the increase of the Reynolds number. The Reynolds number characterizes the
ratio of the inertia effect to the viscosity effect. A larger Reynolds number causes a higher inertia effect
of the proppant and a larger average mixture velocity above the proppant bed. More proppants will be
carried far in the fractures. The relative EPH decreases because more proppants on the bed surface
move far away in the fractures.
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Figure 4. The change of the relative EPH with the dimensionless parameters, (a) inlet proppant volume
fraction, (b) proppant Reynolds number, (c) Archimedes number, (d) angle between primary and
secondary fracture (bypass angle), (e) relative width of primary fracture, (f) relative width of secondary
fracture, and (g) relative distance of secondary fracture to primary fracture entrance.
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Figure 4c,d shows the EPH development with the Archimedes number Ar and the bypass angle θ.
The results indicate that the relative EPH changes little with the increase of Ar and θ. The form of the
Archimedes number can be written as:

Ar =
(ρs − ρl)ρld3

s g

μ2
l

=
ρldsUs

μl
(4)

where Us = (ρs − ρl)gd2
s /μl is related to the settling velocity of a single particle in water [22]. As a result,

the Archimedes number can also be called as the proppant settling Reynolds number. It represents
the settling effect of the proppant, which mainly affects the sedimentation speed of the proppant in
the fractures. The proppants quickly settle to the bottom of the fractures due to the low viscosity of
the water after injection (Figure 3a). If the settling effect is enhanced, the time for the proppant bed
to reach the EPH will be reduced. Table 2 gives the time for reaching the EPH at different values
of the Archimedes number. However, the EPH does not change. The change of the relative EPH
with the relative width of the primary and secondary fracture as well as the relative distance of the
secondary fracture to the primary fracture entrance are shown in Figure 4e–g. With the increase in the
values of wa/ds, wb/ds, and l/ds, the relative EPH changes slightly. It can be concluded that the inlet
proppant volume fraction and the proppant Reynolds number are the main controlling dimensionless
parameters for the relative EPH.

Table 2. The time for reaching the EPH at different Archimedes numbers.

Ar 1888 2178 2488 2820 3171 3545

Time/s 50 46 43 40 38 36

The bypass angle, the relative width of the secondary fracture, and the relative distance of the
secondary fracture to the primary fracture entrance are the dimensionless parameters related with
the secondary fracture. Comparing Figure 4d–g, it is found that the relative EPH is almost constant
with the bypass angle, the relative width of the secondary fracture, and the relative distance of the
secondary fracture to the primary fracture entrance. In cross fractures, the secondary fracture has
little effect on the proppant transportation in the primary fracture. The reason is that the width of the
secondary fracture is always small, and the primary fracture is the main channel for the proppant
transportation. That means that previous experiments or numerical simulation results in a single
fracture can be extend to the cross fractures.

The proppant Reynolds number, which is also called proppant transport Reynolds number,
is divided by the proppant settling Reynolds number:

Π =
Re
Ar

=
U0

Us
=

U0μl

d2
s (ρs − ρl)g

(5)

where U0 is the injection velocity of the mixture. The dimensionless number Π is the ratio of the
transport effect to the settling effect. Taking the secondary fracture as a single fracture, the average
proppant velocity entering the secondary fracture from the primary fracture is set as the transport
velocity. Substituting the parameters into Equation (5), the maximum value of Π in the secondary
fracture is about 0.008 in all the cases, which is much smaller than that in the primary fracture
listed in Table A1. This means that the settling effect dominates the movement of proppants in the
secondary fracture.

An important issue existing in field engineering is how to transport the proppant from the primary
fracture into the subsidiary fracture efficiently. The oil and gas flow through the subsidiary fracture
into the primary fracture; then, they are collected in the wellbore. Less proppant transported into
the subsidiary fractures will cause the blockage of the seepage flow channel of the oil and gas. It is
found that there are two mechanisms for the proppant transporting from the primary fracture into
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the secondary fracture [6]. The first one is the gravity effect, and the other one is the water-carrying
effect. The gravity is along the vertical direction, and it may not drive the proppant movement to
other directions directly. The mechanism of the gravity effect may be that the proppants form a high
proppant bed in the primary fracture firstly and then enter the secondary fracture under the gravity
effect due to the deposition instability. The water-carrying effect is that the drag force on the proppant
forms due to the pressure difference between the fracture entrance and the outlet with water entering
the secondary fracture at a certain velocity. Figure 5 gives the formation process of the proppant
bed in the secondary fracture (Case 3). When the proppants move to the entrance of the secondary
fracture, they directly enter the secondary fracture and slowly build up a proppant bed. Hence, it may
be inappropriate to use the gravity effects to explain the proppants entering the secondary fracture,
and the fluid-carrying effect may be the main controlling factor.

 

Figure 5. The formation process of the proppant bed in the secondary fracture at time (a) 10 s, (b) 20 s,
(c) 30 s, (d) 40 s, (e) 50 s, and (f) 60 s. (Case 3 in Table A1).

Figure 6 is a top view of the cross fractures. At the cross section C, the proppants enter from the
primary fracture into the secondary fracture. The mass of the proppant in the whole cross fractures
and secondary fracture (shaded part in Figure 6) is calculated by the following equation:

ms =
�

V

αsρsdV. (6)

The RPM can be written as:

RPM =
ms,sed

ms,who
=

�
Vsed
αsρsdV�

Vwho
αsρsdV

(7)

where ms,sed and ms,who are the proppants’ mass in the secondary and whole cross fractures, respectively.
Vsed and Vwho are the volume of the secondary fracture and whole cross fractures, respectively.
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Figure 6. A top view of the cross fractures. The shaded part is the secondary fracture.

Figure 7 gives the change of RPM with the dimensionless parameters mentioned in Equation (7).
In order to reflect the distribution of the proppants in the primary fracture and the secondary fracture,
the RPM is calculated with the same injected mass of the proppant. The RPM curve with the different
inlet proppant volume fraction (αs0) is shown in Figure 7a. When the inlet volume fraction of the
proppant increases, the RPM decreases slightly from 6% to 3%. That means that the increase of
the inlet volume fraction does not lead to the increase of the amount of the proppants entering the
secondary fracture. More proppants stay in the primary fracture at the large inlet proppant volume
fraction. The reason may be that the total resistance of the proppants on the water is larger at the larger
inlet proppant volume fraction. The water velocity at the inlet of the secondary fracture is reduced
accordingly. As a result, the amount of proppant entering the secondary fracture reduced.

Figure 7b shows the RPM curve with Reynolds number. Similar to the effect of the inlet proppant
volume fraction, the RPM decreases from 4.6% to 2.5% with the Reynolds number changing from 50 to
300. The proppants hardly enter the secondary fracture when the Reynolds number is large. The RPM
changes little with the Archimedes number and the bypass angle (Figure 7c,d). However, the RPM is
greatly influenced by the relative width of the primary and the secondary fracture compared to the αs0,
Re, Ar, and θ (as shown in Figure 7e,f). When wa/ds changes from 6 to 11, the RPM decreases from 16%
to 3%. This is because when the relative width of the primary fracture is larger, the primary fracture
becomes a more favorable channel for the proppant transportation, and more proppants move into the
primary fracture, leading to the decrease of the RPM. The RPM increases from 3% to 9% as the value of
wb/ds changes from 2.4 to 5. When the relative width of the secondary fracture is larger, the possession
of the primary fracture is weakened, and more proppants move into the secondary fracture, resulting
in the increase of the RPM. If the proppants consist of particles of different diameters, the coarse
particles will tend to stay in the primary fracture, and the fine particles are accessible to the secondary
fracture. Sahai et al. [6] also found that the proppants in the secondary fractures are thinner than those
in the primary fracture by using the proppants with certain particle size grading to investigate the
sorting effect of particles at the intersection of the primary and secondary fracture. In conventional
hydraulic fracturing, the naturally ceramsite sand proppants with a certain size grading are used.
This may be a good way to improve the hydraulic fracturing and increase the oil and gas recovery.
The RPM decreases from 6% to 2.3% with the relative distance of the secondary fracture to the primary
fracture entrance increasing from 200 to 1400. This is because the transportation time increases for
the proppant entering the secondary fracture when the relative distance of the secondary fracture
to the primary fracture entrance increases. When injecting the same mass of proppant, the farther
the secondary fracture is from the primary fracture, the less proppant will be transported. It can be
concluded that the width of the cross fractures has the greatest impact on the amount of proppant
entering the secondary fracture.
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Figure 7. The curve of ratio of the proppant mass (RPM) with the dimensionless parameters, (a) inlet
proppant volume fraction, (b) proppant Reynolds number, (c) Archimedes number, (d) angle between
primary and secondary fracture (bypass angle), (e) relative width of primary fracture, (f) relative width
of secondary fracture, and (g) relative distance of secondary fracture to primary fracture entrance.
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In order to make the numerical simulation results practical for field engineering, more cases
are simulated, which are shown in Table A1 (Cases 40–65), and the contour map of RPM relating to
the dimensionless parameters is given in Figure 8. Each black dot in Figure 8 represents a case in
Table A1, and the coordinates indicate the value of the dimensionless parameters. The percentage of
the proppant entering the secondary fracture can be estimated in field engineering based on Figure 8.

 
Figure 8. The contour map of RPM relating to the dimensionless parameters, (a) inlet proppant volume
fraction and the proppant Reynolds number, (b) inlet proppant volume fraction and the bypass angle,
(c) inlet proppant volume fraction and the relative width of the primary fracture, (d) inlet proppant
volume fraction and the relative width of the secondary fracture.

4. Conclusions

In this paper, the proppant transportation in the cross fractures is investigated by using the
computational fluid dynamics (CFD) method. The Euler–Euler two-phase flow model and the KTFG
approach are adopted to describe the flow behaviors. The dimensionless parameters relating to the
proppant transportation in the cross fractures, such as the inlet proppant volume fraction, the proppant
Reynolds number, the Archimedes number, the bypass angle, the relative width of the primary and
secondary fracture, and the relative distance of the secondary fracture to the primary fracture entrance,
are derived based on dimensional analysis.
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Two dimensionless parameters are proposed to evaluate the distribution of proppants in the cross
fractures, i.e., the relative EPH and the RPM. The simulation results show that the main controlling
dimensionless parameters for the relative EPH are the inlet proppant volume fraction and proppant
Reynolds number. The dominating dimensionless parameters for the RPM are the relative width of
the primary and the secondary fracture. The relative EPH decreases with the increase of Re, while it
increases with the increase of the sand ratio. The admirable sand ratio is about 8% for the field
engineering based on the simulation results. When wa/ds changes from 6 to 11, the RPM decreases from
16% to 3%. The RPM increases from 3% to 9% when wb/ds changes from 2.4 to 5. It is suggested that the
proppants with a certain particle size grading may be a good way for improving the hydraulic fracturing
and increasing the oil and gas recovery. The settling effect is dominating in the secondary fracture.
The proppants enter the secondary fracture mainly under the water-carrying effect. A graph (Figure 8)
is given for the engineers to predict the percentage of the proppant entering the secondary fracture.
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Abstract: Hydraulic fracturing has transitioned into widespread use over the last few decades. There are
a variety of numerical methods available to simulate hydraulic fracturing. However, most current
methods require a large number of input parameters, of which the values of some parameters are
poorly constrained. This paper proposes a new method of modelling the hydraulically fractured region
using void-ratio dependent relation to define the permeability of the fractured region. This approach is
computationally efficient and reduces the number of input parameters. By implementing this method
with an equivalent continuum representation, uncertainties are reduced arising from heterogeneity and
anisotropy of earth materials. The computational efficiency improves modelling performance in stress
sensitive zones such as in the vicinity of the injection well or near faults.

Keywords: hydraulic fracturing; void ratio; permeability; FEM; ABAQUS

1. Introduction

Hydraulic fracturing is a fluid injection process intended to create fractures in order to increase
formation permeability [1]. This process is applicable in both vertical and horizontal wells, but is now
performed mainly in extended horizontal wells [2] to allows multiple hydraulically fractured zones to
be completed in a single well [3]. Each hydraulically fractured zone is then referred to as a stage, and a
single extended horizontal well may have more than 20 stages. Geomechanical analysis is crucial in
the pre-assessment of the geological formation to ensure the safety and effectiveness of the practice [4].
Moreover, considering the high cost of drilling and completion programs, modelling is a key assessment
tool for hydraulic fracturing. There are a multitude of techniques and methods available for the modelling
of hydraulic fracturing [5–11].

Analytical approaches are common for modelling hydraulic fractures. These methods are primarily
based on the well established Perkins–Kern–Nordgren (PKN) and Khristianovic– Geertsma–de Klerk
(KGD) models [12–17]. These models remain highly useful for a quick hydraulic fracturing assessment
at a site. The PKN model is better suited for cases of fractures with length equal to or greater than twice
the fracture height. These conditions are generally applied to hydraulic fracturing in shale reservoirs [18].
The KGD method tends to bea better representative of cases where the fracture length is equal to or
less than its height. Such fracture conditions are mainly applicable to brownfields applications where
fracturing is used to revive production [19,20].

Based on these analytical solutions, there are numerous numerical methods available for hydraulic
fracture modelling. Among the most common numerical modelling techniques are the cohesive zone
method (CZM), extended finite element method (XFEM), and discrete element method (DEM) [9,21–26].
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Hybrid techniques such as the finite element method-discrete element method (FEM-DEM) have also
started to emerge. Such techniques attempt to combine the advantages of two methods to improve their
performance [27,28].

Another type of modelling approach that has received less attention is a class of methods called
equivalent continuum techniques. These methods attempt to represent fractured media through a
generalised approach that provides descriptive results for a sufficiently large scale. Previous applications
of equivalent continuum approaches have tended to largely focus on relatively shallow depths of
analysis [29–32].

2. Literature Review on Hydraulic Fracturing Modelling Methods

The practice of hydraulic fracturing has resulted in an extensive body of literature focused on
modelling techniques. Some of these techniques are briefly described below.

2.1. Analytical Models

Analytical solutions tend to be highly generalised and simplified through a set of assumptions.
For example, assumptions that underlie the PKN and KGD models are: Homogeneous, isotropic, and
linear elastic rock, laminar flow, no effects of additives such as proppant, and simple fracture geometry.
The main distinction between PKN and KGD models is the assumed cross-sectional shape of the hydraulic
fracture. In the PKN model, the hydraulic fracture is assumed to have an elliptical cross-section, while the
KGD model assumes a rectangular shape. The KGD model can easily be converted to radial coordinates,
which is useful to represent penny-shaped cracks. General solutions for pressure, width, and length for
PKN, KGD, and penny-shaped hydraulic fracture models are widely known [17,33].

The use of analytical solutions can be extended to the formations with natural fractures using
the leak-off coefficient. The introduction of leak-off coefficient to the analytical solutions improves the
agreement of planar hydraulic fracture geometry with field data. However, analytical solutions are
constrained by the simplified definition of approximate hydraulic fracture geometries. On the other hand,
numerical models are capable of simulating complex hydraulic fracture geometries and their effects on
host medium.

2.2. Cohesive Zone Method (CZM)

The cohesive zone method utilises cohesive elements within a continuum model to represent fractures
in the rock. Cohesive elements use traction-separation relation for mechanical strength weakening [34].
In the cohesive zone, this relationship defines the energy release equation, wherein if a specific threshold
strain/stress is reached, then the cohesive element is relaxed and allowed to deform more freely.
In addition, the permeability relation for the cohesive zone uses a parallel plate theory, which is an
effective representation for fracture permeability. As outlined below, a recent enhancement of the CZM is
known as XFEM.

2.3. Extended Finite Element Modelling (XFEM)

Extended finite element modelling (XFEM) uses the same fundamental approach as the cohesive
zone method, except that the fractured zone is defined differently. In particular, for the XFEM, heaviside,
junction, and branch enrichment functions are introduced into the domain. These functions are used to
calculate where the fracture tip will propagate and how the deformation of the fracture will be imposed
onto surrounding rock [35].

Both CZM and XFEM attempt to model fractures individually, which complicates the computation
process due to the increased number of equations in the model. Additionally, the large dimensional
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difference between the fractures and general modelling domain imposes challenges for model convergence.
Another challenge for XFEM approaches is mesh dependency due to the use of enrichment functions,
the dimensions of the element specifying the orientation and displacement of fractures become highly
mesh dependent. Although the CZM approach does not suffer from the same degree of mesh dependency,
it requires a pre-definition of the fracture geometry, which imposes limitations on how a fracture
will propagate.

2.4. Discrete Element Method (DEM)

The discrete element method (DEM) is a modelling approach wherein each mesh element is considered
as a separate continuum particle and the intervening space between is treated as fractures [36,37]. These
fractures use the same type of physics as in the case of CZM, with respect to strength degradation and
fracture initiation. A superiority of the DEM over the CZM is an ability for fractures to propagate in any
direction in 3-dimensional space. The convergence rate is improved, compared to XFEM, due to a similar
dimensionality of the fractures and continuum elements.

The improvements provided by the DEM approach are based on the treatment of fractures as
contact points between the elements. However, this method also has high computational requirements,
as it generally requires a large number of model elements in order for the model to be realistic
and representative.

2.5. FEM-DEM

FEM-DEM is a hybrid approach that combines the advantages of DEM with finite element modelling
(FEM) to reduce the computational load. The DEM component is applied within model micro-scale
sections, and the stresses resultant from the DEM are then imposed within the FEM, which models the
macro-scale domain [38]. This method is most applicable if the domain can be discretised into high- and
low-sensitivity subdomains. It should also be mentioned that FEM-DEM codes are available that combine
these two methods for different purposes [27,28].

2.6. Equivalent Continuum Methods (ECM)

Equivalent continuum methods assume that within a representative element volume (REV) the
medium can be treated as homogeneous. Instead of defining fractures individually and modelling the
strength degradation, this means that the properties of the domain are generalised and modelled as a
continuum. The region of interest can then be discretised based on the regions of high and low fracture
density, allowing for the modelling of the fractured and virgin zones of the reservoir [18,39]. The use of an
ECM representation makes it simpler to apply well established numerical approaches such as the finite
element method (FEM) to solve governing equations that describe the physical processes and behaviour of
the medium.

Most of previous applications of ECM are focused on soils and near-surface materials [29–32], rather
than for modelling hydraulic fracturing in rocks at a greater depth. This may be due to the general
availability of a wide range of empirical methods to define the properties of fractured materials at shallow
depths [40,41].

A novel ECM method introduced in this paper attempts to address the necessity of optimised
hydraulic fracturing modelling. The introduced method in this paper uses the dependency of the
permeability on void ratio to define the hydraulic fracture propagation. This method allows for an
easier convergence due to uniform mesh dimensions and the exploitation of an already present coupled
fluid flow and continuum relations.
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3. Methodology

3.1. Average Volumetric Strain in Fractured Zone

During hydraulic fracturing, it is a common practice to record microseismicity, injection pressure,
and rates. These data are then used to analyse the effectiveness of the hydraulic fracturing program.
One type of analysis used in this paper is a comparison of estimates of volumetric strains based on
microseismicity and injection pressure. In estimating the volumteric strain using the injection pressure, rock
is assumed to be cohesion-less and fractures to open when change in injection pressure equals minimum
in-situ stress. Thus, the volumetric strain using injection pressure is given by σ′

min/K, where σ′
min is the

minimum in-situ effective stress and K denotes bulk modulus of the fractured domain. The volumetric
strain using microseismicity is estimated using Vinj/SRV, where Vinj is the injected volume and SRV
represents stimulated rock volume (SRV). SRV is defined as a three dimensional rock volume where new
fractures and opened natural fractures during hydraulic fracturing are contained [42]. The uniqueness of
the strain when fracturing occurs suggests that both of the volumteric strains should exhibit same solution.
Thus, this uniqueness allows one to relate the hydraulic fracturing permeability to volumteric strain which
then can be related to the void ratio.

3.2. Void Ratio Dependent Permeability

Permeability and porosity of a medium are often closely related. Relationships between these two
quantities are widely used in reservoir engineering through semi-log porosity-permeability plots [43].
In our ECM method, a similar approach is used to estimate formation permeability. Unlike conventional
porosity-permeability relations, our proposed relation uses a step-like function. This provides a good
representation for hydraulic fracturing, due to steep spatial gradients of permeability in the vicinity of a
hydraulic fracture [17]. Practicality and robustness of this approach arise from the availability of built-in
relationships in ABAQUS FEM between permeability and void ratio [34]. This functionality is described
by Equation (1).

η(e) = a ∗ (tanh((
e

ethresh
)α))α (1)

where η is permeability, a is a maximum permeability, e is the void ratio, ethresh is the minimum void
ratio after which fracture permeability starts to dominate, and α is a factor related to rock brittleness and
fracture density.

Void ratio is a scalar quantity while permeability is a tensor. Therefore, the anisotropy of permeability,
i.e., in which it varies with direction, must be handled through transformation. In our implementation,
permeability anisotropy is introduced using a normalisation and denormalisation method proposed
by [44]. In this method, first the microseismic data are normalised using the dimensions of the SRV using
Equation (2),

Xtrans = X ∗ Lscal
Lmax

Ytrans = Y ∗ Lscal
Lmin

Ztrans = Z ∗ Lscal
Lint

(2)

where X, Y, and Z are coordinates of detected events in the microseismic cloud along the maximum,
minimum, and intermediate stress directions, respectively; Lmax, Lmin, and Lint specify the SRV
length parameters along the maximum, minimum, and intermediate stress directions, respectively;
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Lscal = 3
√

LmaxLminLint, and Xtrans; Ytrans, and Ztrans are transformed coordinates of detected events
in microsesimic cloud.

To illustrate this transformation, assume a notional SRV characterised by an elliptical microseismic
cloud in a 2D plane. The elliptical shape implies that the resultant fracture propagation rate and formation
permeability are both anisotropic. After normalising the microseismic data in this canonical example,
the resultant microseismic cloud will be circumscribed by a circular boundary. These steps are graphically
depicted in Figure 1. This approach allows for a simplification of the analysis into a more straightforward
one-dimensional analysis.

Figure 1. Applying the normalisation method by [44] on a notional stimulated rock volume (SRV)
microseismic cloud. The notional microseismic cloud is assumed to be within anisotropic 2-dimensional
ellipse. After normalisation, the microseismic cloud can be bounded with a circular shape reducing the
analysis to a 1-dimensional scale.

The permeability function that is obtained using the resultant normalised data are denormalised
using Equation (3),

kx = (
Lmax

Lscal
)2 ∗ k0

ky = (
Lmin
Lscal

)2 ∗ k0

kz = (
Lint
Lscal

)2 ∗ k0

(3)

where, k0 is the permeability estimated using one-dimensional analysis and kx, ky, and kz are permeabilities
in X, Y, and Z directions, respectively.

To provide a case study of our ECM approach, the proposed relation was applied to the Hoadley field
data to demonstrate the applicability of this method using real data.

3.3. Case Study—Hoadley Tight Sand Reservoir

The Hoadley gas field is located northwest of Red Deer and southwest of Edmonton, Alberta, Canada.
The pay formation is the Glauconite tight sand member of the Cretaceous Mannville Group, which is
overlain by the coal-bearing Medicine River Formation. Open-hole, multi-stage hydraulic fracturing
was carried out in two horizontal injection wells and monitored using a 12-level geophone array from a
nearby vertical well [45]. The configuration of the wells and directions of maximum and minimum in-situ
stresses are shown in Figure 2a. In Figure 2a blue and red line and, the big blue dot indicate two injection
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and vertical observation wells, respectively. The scattered dots are the observed microseismicity during
hydraulic fracturing. The different colour is assigned for microseismicity observed at each stage. Simplified
stratigraphy of the Hoadley field, as well as a depth histogram showing the number of microseismic
events at given depths, is provided in Figure 2b. This paper is focused on a single stage of the hydraulic
fracturing program in well 1. The injection pressure and rate profiles for stage 12 hydraulic fracturing in
well 1 are plotted in Figure 3.

Figure 2. Hoadley field well orientation (a) and simplified stratigraphy (b). Depth histogram of
microseismic events. Gray bars indicate total number of microseismic events recorded at a given depth
interval during the hydraulic fracturing [18].

Figure 3. Field recorded injection pressure and rate for stage 12 hydraulic fracturing.

Furthermore, the volumteric strain using the injected volume and injection pressure methods are
plotted in Figure 4. The other field data are also included for comparison [45–48]. The trend shown in
Figure 4 suggests unique volumetric strain when fractures open, which allows relating the fractured rock
permeability to volumetric strain.
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Figure 4. Volumetric strain comparison using the injected volume and minimum in-situ stress approaches.
The plotted relation suggests that fracture propagates when strain due to injection equals the strain due to
minimum in-situ stress.

Despite most of the microseismicity apparently concentrating above the target unit, this paper models
only the Glauconite member. We focus on the in-zone microseismic response due to the abundance of
geomechanical property data for Glauconite member, whereas other units are depicted through correlations
only. The input parameters of the Glauconite member for ABAQUS FEM are provided in Table 1.

Table 1. The summary of Glauconite data.

Property Value

Porosity
8–20% [49]
15% [18]

Permeability
0.001–0.01 mD [49]
0.07 mD [18]

Density 2220 kg/m3 [50]

Depth
2075 m [49]
1900 m [18]

Pore pressure
gradient

8.5–16.1 kPa/m [49]
4.86 kPa/m [18]

σv gradient 24.09 kPa/m [18]

σH gradient 25.79 kPa/m [18]

σh gradient 11.66 kPa/m [18]

Young’s
modulus

45.04 GPa [18]

Poisson’s ratio 0.23 [18]

The first step in ECM simulation of the hydraulic fracturing is to normalise the microseismic data to
reduce the analysis to one-dimensional form. Prior to normalisation, the microseismic data was rotated to
align with maximum horizontal stress. Then the coordinates were translated to be relative to the injection
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port of stage 12. The planar view of rotated and translated microseismic event coordinates for stage 12
are illustrated in Figure 5a. The values for Lmax, Lmin, and Lint are 150 m, 50 m, and 75 m, respectively.
The normalised microseismic cloud for stage 12 is presented in Figure 5b.

Figure 5. The planar microseismic event coordinates for stage 12 rotated to align with maximum in-situ
stress direction and translated to be relative to injection port coordinates (a). The normalised stage 12
microseismic event coordinates using Lmax = 150 m, Lmin = 50 m, and Lint = 75 m (b).

The void ratio dependent permeability relation is constructed to match the normalised microseismic
cloud. The resulting relation is shown in Figure 6a. As outlined above, this relationship is then
denormalised to obtain anisotropic permeability. The resultant permeabilities along the maximum,
minimum, and intermediate stress directions, respectively are plotted in Figure 6b.

Figure 6. The best matching void ratio dependent permeability relation for normalised and isotropic
microseismic cloud (a). The denormalised void ratio dependent permeabilities along maximum, minimum,
and intermediate in-situ stress directions for stage 12 hydraulic fracturing (b).

The anisotropic permeability relation is then used in ABAQUS to combine with the continuity
equation, including the stress change effect. The constructed model uses C3D8P three-dimensional pore
pressure solid element with an approximate mesh size of 20 m. The modelled region dimensions are 1000
m by 250 m by 225 m at the maximum, minimum and vertical stress directions, respectively. The modelled
region dimensions are much larger than the SRV to avoid boundary effects. At the outer and top surfaces
of the model, a constant pressure boundary is applied to ensure a constant far-field effective stress effect.
This injection rate is only 12.5% of the average injection rate since the constructed model uses symmetry
boundary along three surfaces. The inner and bottom surfaces use a symmetry boundary. The injection
is defined using concentrated fluid flow load on a single node at a constant rate of 0.015 m3/s. In-situ
stresses and pore pressure are introduced through pre-defined fields in ABAQUS. A constant value at
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1900 m is applied for the in-situ stresses and pore pressure. The boundary conditions and injection port
locations are indicated in Figure 7 using a simplified sketch.

Figure 7. The boundary conditions and injection port location. The single headed arrows triangles indicate
loading directions and symmetry surfaces, respectively. Red dot represents the location of injection port.

The results from the ECM are compared to field data, as well as the PKN and KGD models.
The injection pressure profile obtained from three models and field observation are provided in Figure 8.
The PKN and KGD models account for the intact rock cohesion of 11.55 MPa. Furthermore, to account
for the natural fractures in the formation, the leak-off coefficient is introduced into analytical solutions.
The leak-off coefficient is estimated based on fracture half-length of 150 m at the end of 38 min injection
period. As indicated in Figure 8, the analytical models slightly overestimate injection pressure while ECM
shows a good match with reported data.
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Figure 8. The injection pressure comparison between Equivalent Continuum Methods (ECM),
Perkins–Kern–Nordgren (PKN), and Khristianovic–Geertsma–de Klerk (KGD) models against the field
observation. As it is observed, the analytical solutions slightly overestimate the injection pressure while
ECM shows a good match.

The analytical and ECM estimates for fracture length are compared against observed microseismicity.
Fracture length along maximum stress comparison is provided in Figure 9. Besides the previously
mentioned methods a diffusivity model estimate is included in Figure 9. The diffusivity model estimates
the fracture length growth according to r(t) =

√
4πDt where r(t) is the fracture length as a function of

time in m, D is diffusivity in m2/s and time in s. The estimated diffusivity using the microseismicity
along maximum stress direction is 4 m2/s. This indicates the case for fracture length increment with
assumed constant permeability. As observed from Figure 9, both analytical solutions show the same
fracture length elongation profile as the estimation of fluid leak-off coefficient based on the assumed
final length of the fracture. For the ECM it is assumed that microseismicity is observed at a given node
when pore pressure reaches 12.12 MPa. This satisfies the Mohr Coulomb failure criterion for Glauconite
formation [18]. The ECM estimate for fracture length is lower compared to other methods. This is possible
due to some of the microseismicity being not due to pore pressure change but due to total stress change
around the increased pore pressure region.

Furthermore, the fracture length estimates along minimum in-situ stress direction are compared in
Figure 10. As the PKN and KGD models are one-dimensional solutions, they do not show any fracture
extend along minimum in-situ stress direction. In addition, the diffusivity model assumes a radial flow.
Therefore, it overestimates the fracture extend along the minimum in-situ stress. The ECM approach
underestimates the fracture length for the minimum in-situ stress direction, too. This further confirms the
possibility of some of the microseismicity due to total stress change effects. The model can be calibrated to
match better the microseismic cloud however, the injection pressure profile would differ from the field
observation. Considering the higher reliability of injection data compared to microseismicity, it is more
preferential to match the injection data.

Another advantage of the proposed ECM has optimised modelling efficiency. The ECM and XFEM
models were run using a personal computer with Core i7 2.4 GHz quad-core processor. The ECM required
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8768.1 s of CPU time to model 3600 s (or 60 min) of injection period with no divergence problem. However,
XFEM required about 28,800 s CPU time before running into convergence problem after 300 s (or 5 min)
of the injection period. Therefore, for given generalised data set ECM approach poses as a more efficient
modelling method. The XFEM might become a more preferred option if more detailed geomechanical data
will allow for a better optimisation of this method.

Figure 9. Comparison of fracture length increment along maximum in-situ stress direction using diffusivity,
PKN, KGD, and ECM models. The orange dots indicate recorded microseismicity along the maximum
in-situ stress direction.

623



Energies 2020, 13, 6187

Figure 10. Comparison of fracture length increment along minimum in-situ stress direction using diffusivity
and ECM models. The green dots indicate recorded microseismicity along minimum in-situ stress direction.

4. Conclusions

Based on increasing interest in the use of optimised modelling techniques to simulate hydraulic
fracturing, we developed a robust and computationally efficient equivalent continuum method. Our ECM
method implemented using ABAQUS applies a step-like relationship between void ratio and permeability
and incorporates microseismic data to define the stimulated volume of a reservoir. Anisotropy is accounted
for by applying a transformation that enables the use of a standard one-dimensional modelling approach
with a uniform mesh. This method is particularly useful for cases where there is insufficient data available
to define parameters for other numerical approaches, including stress/strain sensitive zones in the target
formation. In addition, the use of representative element volume allows the homogenisation of rock elastic
and fracture properties for a modelled region. The proposed ECM is more representative compared to
PKN, KGD, and diffusivity models and more efficient compared to the XFEM approach. A case study of
hydraulic fracturing of tight sand in the Hoadley gas field, Alberta, illustrates the utility of our method for
characterising hydraulic fracturing.
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Abstract: Water hydraulic fracturing involves pumping low viscosity fluid and proppant mixture
into the artificial fracture under a high pumping rate. In that high Reynolds number conditions
(HRNCs, Re > 2000), the turbulence effect is one of the key factors affecting proppant transportation
and placement. In this paper, a Eulerian multiphase model was used to simulate the proppant particle
transport in a parallel slot under HRNCs. Turbulence effects in high pumping rates and frictional
stress among the proppant particles were taken into consideration, and the Johnson-Jackson wall
boundary conditions were used to describe the particle-wall interaction. The numerical simulation
result was validated with laboratory-scale slot experiment results. The simulation results demonstrate
that the pattern of the proppant bank is significantly affected by the vortex near the wellbore, and the
whole proppant transport process can be divided into four stages under HRNCs. Furthermore,
the proppant placement structure and the equilibrium height of proppant dune under HRNCs are
comprehensively discussed by a parametrical study, including injection position, velocity, proppant
density, concentration, and diameter. As the injection position changes from the lower one to the
top one, the unpropped area near the entrance decrease by 7.1 times, and the equilibrium height for
the primary dune increase by 5.3%. As the velocity of the slurry jet increases from 2 m/s to 5 m/s
(Re = 2000–5000), the vortex becomes stronger, so the non-propped area near the inlet increase by
5.3 times, and the equilibrium height decrease by 5.2%. The change of proppant properties does
not significantly change the vortex; however, the equilibrium height is affected by the high-speed
flush. Thus, the conventional equilibrium height prediction correlation is not suitable for the HRNCs.
Therefore, a modified bi-power law prediction correlation was proposed based on the simulation
data, which can be used to accurately predict the equilibrium height of the proppant bank under
HRNCs (mean deviation = 3.8%).

Keywords: water fracturing; turbulence effect; Eulerian multiphase modeling; proppant transport
mechanism; equilibrium height prediction model

1. Introduction

Hydraulic fracturing technology has been widely used in recent years to economically exploit
unconventional resources, especially for shale oil and gas [1]. In fracturing process, high pressurized
fluid is injected to initial the fracture and propagate it. Once the fracture is created, the high strength
particle (proppant) was carried by fracturing fluid and injected in the fracture, to keep the fracture
open and ensure an effective flow path for hydrocarbon flow [2]. The artificial fracture geometry
is influenced by geological factors and fracturing treatment. Figure 1 shows the comparison of the
fracture geometry between water fracturing for shale and conventional fracturing.
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Figure 1. Schematic diagram of different artificial fracture geometry for conventional fracturing and
water fracturing.

Different from conventional fracturing, the goal for shale fracturing is breaking the formation and
generating larger stimulated reservoir volume (SRV) with more complex fracture, due to the extremely
low permeability and porosity of shale rock [3]. Therefore, the low viscosity water is used as the
primary fracturing fluid system used for the stimulation of shale formation [4,5]. However, the low
viscosity of the fluid affects the proppant transport capability. To address this problem, engineers
often pump water–proppant mixture into the fracture at a very high pumping rate. Due to the
low-viscosity fluid and high pumping rate, the turbulence effects become an important factor affecting
the transport behaviors of the proppant particles in fracture [6,7]. In general, Reynolds number (Re)
is a dimensionless number that can be used to characterize fluid flow type. For the general channel
flow field, Re = 2000 is a critical value for laminar flow and turbulent flow, and we defined high
Reynolds number condition (HRNCs) when Re is larger than 2000. The behavior and mechanism of
the proppant transport process and placement under that HRNCs in the shale fracturing process are
different from conventional fracturing. Because of its complexity and significance, continuous research
on this problem is conducted by many scholars.

Numerous laboratory experimental research contributes to the understanding of the transport
and settling behaviors in low viscosity fracturing fluids. The first experiment about the sand-water
mixture transport in the slot is carried by Kern et al. [8], in which they found the sand quickly settled
to the slot bottom and formed a proppant dune near the inlet side because of the poor sand-carrying
ability of water. Besides, once the equilibrium height reached, sand injected later moved and settled
to the rear of the proppant dune. STIM-LAB has been studied on the proppant transport process for
more than 20 years, and the effects of the proppant density, diameter, and volume concentration on
the equilibrium height of the proppant bed are comprehensively investigated [9,10]. Liu et al. [11]
conducted similar slot experiments to STIM-LAB, and the results showed that the initial position and the
equilibrium height of the proppant bed changed with the perforation position and the slurry flow rates.
Palisch et al. [12] concluded that as the equilibrium height reached the critical value, the mechanisms
of the proppant particles transporting on the top of the proppant dune were dominated by fluidization
and sedimentation. The turbulent flow suspended the proppant particles off the proppant dune,
and then proppant settled again after being transported to some distances during fluidization.

Based on the experimental results above, some correlations for the proppant particle transport and
settling have been built up. Liu et al. [11] developed a fitting equation of the height of the equilibrium
gap and the injection flow rate. Patankar et al. [9] and Wang et al. [13] established the empirical
correlations in the form of power and bi-power law, which were widely used in the industry. Since there
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is no accurate method for the proppant particles settling in slick-water fracturing treatments, some
revised Stokes’ Laws which considered the effects of the proppant volume concentration and the
fracture wall are often used to predict the proppant particles settling [14,15].

Due to the ability to solve the flow patterns of liquid-solid two phases and their interaction
simultaneously, Computational Fluid Dynamics (CFD) technology provides an alternative method
to study the proppant transport and to settle in hydraulic fracture accurately. Patankar et al. [16,17]
used a DNS model to study the lift-off of particles in plane Poiseuille flows. The results showed the
interactions between the particles in the sedimentation process, ignoring the fracture propagation and
the effect of fracturing fluid loss. Tsai et al. [18] employed a large-eddy model to simulate the flow
field and tracked the proppant particles in Lagrangian coordinates, where the Wen-Yu drag model
was used to couple the interaction of the fracturing fluid and proppant. The results showed that the
pumping rate and the proppant parameters have an essential influence on the proppant settling and
placement. A Computational Fluid Dynamics coupled with Discrete Element Method (CFD-DEM) was
employed by Zeng et al. [6] to study the proppant transport process in a small-scale fracture. Although
a representative particle model was used to reduce computational efforts, the time consumed is still
considerable [19].

Compared with the CFD method mentioned above, the Eulerian multiphase flow model has
the advantages of high efficiency and low computational cost. This method is the priority choice
for the fluid–solid multiphase flow simulations of the engineering problems [20]. In the last three
decades, the Eulerian multiphase flow model has gained considerable progress [21]. As described
by Agrawal et al. [22], the solid phase governing equations was extended from the mono-disperse
system to the poly-disperse system. Srivastava et al. [23] developed a solid phase frictional stress
model in the dense solid-phase flow by considering the interactions between the particles as the
solid volume concentration is greater than the critical concentration. Benyahia et al. [24] evaluated
Jenkins-Louge and Johnson-Jackson’s solid wall boundary conditions and pointed out their application
scope. The simulation results of the fluidized bed and the slurry flow in the pipeline using the Eulerian
multiphase flow model were highly consistent with experimental results [25,26]. Recently, this method
is also used to investigate the transport and settling behavior of proppant in single fractures [27] and
the cross fractures [28].

Although Eulerian multiphase flow has been widely used in proppant transportation research,
the systematic study of proppant transport mechanisms and behavior under HRNCs has not been
reported before. In this paper, a Eulerian two-fluid model considering turbulence effect and particle
friction stress were used to study the proppant transport and settling behaviors under HRNCs.
The mechanism during the transport process under HRNCs and the impact of such factors as the
inlet velocity, the inlet position, the proppant parameters, and the volume concentration on proppant
transport and settlement are comprehensively discussed. The equilibrium height of the proppant dune
was also studied, and a modified equilibrium height prediction model was proposed.

2. Eulerian Multiple Flow Model

2.1. Governing Equations

Based on kinetic theory, continuity and momentum equations were established for fluid and solid
phase, respectively [21]. Continuity equation of the solid phase (m = s) and the fluid phase (m = l) is
given by:

∂
∂t
(αsρs) + ∇ · (αsρs v→s)= 0 (1)

∂
∂t
(αlρl) + ∇ · (αlρl v→l)= 0 (2)

where αs and αl is the solid and liquid phase volume concentration, dimensionless; ρs and ρl is the
density of solid and liquid phase, kg/m3;

→
v s an

→
v l is the velocity vector of solid and liquid phase, m/s.
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Momentum equation for the fluid phase is given by:

∂
∂t

(
αlρl

→
v l

)
+ ∇ ·

(
αlρl

→
v l
→
v l

)
= −αl∇pl + ∇ · τl + αlρl

⇀
g + β

(→
v s −→v l

)
(3)

Momentum equation for the solid phase is given by:

∂
∂t

(
αsρs

→
v s

)
+ ∇ ·

(
αsρs

→
v s
→
v s

)
= −αs∇pl + ∇ · τs + αsρs

⇀
g + β

(→
v l −→v s

)
(4)

where τl and τs is the shear stress tensor of the fluid phase or solid phase, Pa; β is the momentum
exchange coefficient between two phases, dimensionless; and g is the acceleration of gravity, m/s2.

The granular temperature Θs for the solid phase represents the kinetic energy of the random
motion of the solid particles [26]. The transport equation derived from the kinetic theory is taken as
the following form:

3
2
ρs

[
∂
∂t
(αsΘs) + ∇ ·

(
αs
→
v sΘs

)]
= ∇ · (κs∇Θs) + τs : ∇→v s − Js + ΠΘ (5)

where Θs is the granular temperature, m2/s2; κs is the diffusion coefficient, kg/(m·s); Js is the rate of the
dissipation granular energy by inelastic collisions per unit volume, kg/(m·s3); ΠΘ is the rate of the
dissipation granular energy by inelastic collisions per unit volume, kg/(m·s3).

In the artificial fracture, due to the low viscosity and high pumping rate, the flow state of the
liquid phase may become turbulent flow. According to the research of Pfleger et al. [29], the predictions
of the liquid phase turbulence kinetic energy k and its rate of dissipation ε are obtained from the
following modified liquid phase k− ε turbulence model:

∂
∂t
(αlρlk) + ∇ ·

(
αlρl

→
v lk

)
= ∇ ·

⎛⎜⎜⎜⎜⎝αl

⎛⎜⎜⎜⎜⎝μl +
μt

l
σk

⎞⎟⎟⎟⎟⎠∇k

⎞⎟⎟⎟⎟⎠+ Gk,l + Πk − αlρlε (6)

∂
∂t
(αlρlε) + ∇ ·

(
αlρl

→
v lε

)
= ∇ ·

⎛⎜⎜⎜⎜⎝αl

⎛⎜⎜⎜⎜⎝μl +
μt

l

σε

⎞⎟⎟⎟⎟⎠∇ε⎞⎟⎟⎟⎟⎠+ αl
ε
k
(C1εGk,l −C2ερlε) + Πε (7)

where k and ε is turbulence energy and its rate of dissipation, m2/s2 and m2/s3; μt
l is the turbulence

viscosity coefficient and μl is the liquid molecular viscosity, Pa·s, Gk,l is the production term of the
turbulence kinetic energy, kg/(m·s3). According to Pfleger et al. [29], the source terms Πk and Πε

are not considered yet. The constant parameters used in different equations are as follows: σk = 1.0,
σε = 1.3, Cμ = 0.09, C1ε = 1.44, C2ε = 1.92.

2.2. Constitutive Equations

In the simulation presented here, the accumulation of high-concentration proppant in the proppant
dune and the low-concentration on the dune appear at the same time. So, the drag correlation of
Gidaspow et al. [30] was used due to the flexibility under different solid-phase concentrations:

βls =

⎧⎪⎪⎪⎪⎨⎪⎪⎪⎪⎩
3
4 CD

ρlαlαs

∣∣∣∣→v l−→v s

∣∣∣∣
ds

α−2.65
l αl ≥ 0.8

150αs(1−αl)μl
αld2

s
+

1.75ρlαs

∣∣∣∣→v l−→v s

∣∣∣∣
ds

αl < 0.8
(8)

where αl is the liquid volume fraction and the drag coefficient between phases CD is given by:

CD =

⎧⎪⎪⎨⎪⎪⎩ 24
Res

[
1 + 0.15(Res)

0.687
]

Res < 1000
0.44 Res ≥ 1000

(9)
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where ds is the particle diameter, m. Res is Reynolds number defined by the relative velocity between
two phases:

Res =
ρldsαl

∣∣∣∣→vs −→vl

∣∣∣∣
μl

. (10)

The Reynolds stress tensor for the liquid phase is given by:

τl = αlμt

(
∇→v l +

(
∇→v l

)T)
(11)

where μt= μl+μ
t
l is liquid phase effective viscosity, Pa·s; μt

l is the turbulent viscosity, Pa·s.
The stress tensor for the solid phase is given by:

τs =
(
−(ps + pf) + ημb∇ · →v s

)
I + 2(μs + μf)Ss (12)

where I is the second-order identity tensor, dimensionless; Ss is the stress strain of solid phase, s−1; pf is
the frictional pressure of the solid phase, Pa.

The strain stress for the solid phase is given by:

Ss =
1
2

[
∇→v s +

(
∇→v s

)T]− 1
3

(
∇ · →v s

)
I. (13)

Solid kinetic-collisional pressure is given by:

ps = αsρsΘs(1 + 4ηαsg0) (14)

where η = (1 + e)/2 and e is the particle-wall restitution coefficient, dimensionless.
The radial distribution function at contact is given by:

g0 =
1− 0.5αs

(1− αs)
3 . (15)

Solid-phase shear viscosity model is given by:

μs =
(2 + c

3

)⎡⎢⎢⎢⎢⎢⎣ μ∗
g0η(2−η)

(
1 + 8

5ηαsg0
)(

1 + 8
5η(3η− 2)αsg0

)
+ 3

5ημb

⎤⎥⎥⎥⎥⎥⎦ (16)

μ∗ = μ
⎡⎢⎢⎢⎢⎣1 + 2βμ

(αsρs)
2g0Θs

⎤⎥⎥⎥⎥⎦−1

(17)

μ =
5ρsds

√
Θsπ

96
(18)

μb =
256
5π
μα2

s g0 (19)

where μ∗ is the granular viscosity with the effect of the interstitial fluid, Pa·s; μ is the solids phase dilute
granular viscosity, Pa·s; and μb is the bulk viscosity of the solid phase, Pa·s [22].

Granular energy conductivity coefficient is given by:

ks =

(
κ∗
g0

)⎡⎢⎢⎢⎢⎣
(
1 + 12

5 ηαsg0
)(

1 + 12
5 η

2(4η− 3)αsg0
)

+ 64
25π (41− 33η)η2(αsg0)

2

⎤⎥⎥⎥⎥⎦ (20)

κ∗ = κ
⎡⎢⎢⎢⎢⎣1 + 6βκ

5(αsρs)
2g0Θs

⎤⎥⎥⎥⎥⎦−1

(21)
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κ =
75ρsds

√
πΘs

48η(41− 33η)
(22)

where κ∗ is the granular conductivity with the effect of the interstitial fluid, and κ is the solid phase
dilute granular conductivity, W/(m·K).

Considering the complexity between the particles in the proppant dune with high volume fraction,
solid-phase frictional pressure and viscosity model [22] are given by:

pf

pc
=

⎛⎜⎜⎜⎜⎜⎜⎜⎜⎜⎝1− ∇ · →v s

n
√

2 sin(ϕ)
√

Ss : Ss + Θs/d2
p

⎞⎟⎟⎟⎟⎟⎟⎟⎟⎟⎠
n−1

(23)

μf =
pf sin(ϕ)

√
2
√

Ss : Ss + Θs/d2
p

⎧⎪⎪⎨⎪⎪⎩n− (n− 1)
(

pf

pc

) 1
n−1

⎫⎪⎪⎬⎪⎪⎭ (24)

where

pc =

⎧⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎩
1025(αs − αmax

s )10 αs > αmax
s

Fr (
αs−αmin

s )
r

(αl−α∗)s αmax
s ≥ αs > αmin

s

0 αs ≤ αmin
s

(25)

n =

⎧⎪⎪⎨⎪⎪⎩
√

3
2 sin(δ) ∇ · →v s ≥ 0

1.03 ∇ · →v s < 0
(26)

where Pc is the solid critical pressure, Pa; P f is the solid friction pressure, Pa. δ is the internal frictional
angle of the solid phase; αmax

s is the maximum packing concentration of the solid phase, and αmin
s is

the minimum frictional solid concentration, dimensionless.
The generation term of the turbulent kinetic energy is given by

Gk,l = εlμt

(
∇→v l + ∇→v

t
l

)
: ∇→v l. (27)

Collisional dissipation term of the granular energy is given by

Js =
48√
π
η(1− η)ρsα2

s g0

ds
Θ3/2

s . (28)

The interaction model of turbulence [31] is given by:

ΠΘ = −3βΘs + 81
αsμ2

l

∣∣∣∣→v l −→v s

∣∣∣∣2
g0d3

sρs
√
πΘs

. (29)

In this study, the parameters used in upper equations are set as: e = 0.9, c = 1.6, Fr = 0.05, r = 2
s = 5 αmax

s = 0.63, αmin
s = 0.5, δ = π/6.

2.3. Boundary Conditions

The values of the liquid phase velocity vl,in the solid phase velocity vs,in, and the volume concentration
were given as the inlet conditions. The pressure value of 0 Pa was set as the outlet conditions.

The nonslip condition was used for the liquid phase, and Johnson-Jackson model [20] was used
for the solid phase.

(
μs + μ f

)∂vsl
∂x

= −ϕπρsαsg0
√

Θs

2
√

3αmax
s sl

(30)
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κs
∂Θs

∂x
=
φπvslρsαsg0

√
Θs

2
√

3αmax
s

−
√

3πρsαsg0

(
1− e2

w

)√
Θs

4αmax
s

Θs (31)

where vs,l is the slip velocity between the solid particles and the wall, m/s; φ is the specularity coefficient
at the wall, dimensionless; ew is the particle–wall restitution coefficient, dimensionless. The parameters
used in the upper equations are as follows: φ = 0.001, ew = 0.9.

The use of wall function allows the computation of turbulent flows without the need to resolve
the turbulent boundary layer. The boundary layer for liquid phase [31] is defined as

∂vl
∂x

= − ρlκvC1/4
μ

√
k(

μl + μ
t
l

)
ln(Ex∗)

vl (32)

x∗ =
ρlC

1/4
μ

√
kΔx/2

μl
.
∂k
∂x

= 0
∂ε
∂x

= 0 (33)

The production Pk and dissipation Dk of k as well as ε at the fluid cells adjacent to the wall, is
given by:

Pk = αlρl

√
Cμk

vl

Δx/2 ln(Ex∗)
+ βk12 (34)

Dk = αlρlε (35)

where E is a Constant in wall function formulation, 9.81; κv is Von Karmen constant of value, 0.42; Δx
is width of computational cell next to the wall, m.

2.4. Geometric Model and Solution Strategy

As shown in Figure 2, the length, width, and height of the slot were 4 m, 0.01 m, and 0.4 m,
respectively. Three types of inlet positions of the top inlet, the middle inlet, and the bottom inlet were
chosen to discuss the influence of the perforation positions in vertical hydraulic fractures. Eight outlets
with a height of 0.02 m and a width of 0.01 m are uniformly distributed at the right wall.

 

Figure 2. Schematic diagram of slot geometry.

In order to verify the independence of the mesh, Figure 3 shows the proppant placement profile
with different kinds of mesh conditions at T = 15 s. Obviously, mesh sizes will affect the final calculation
results. But when the grid size is changed from 200 × 40 × 4 to 200 × 40 × 6 in the fracture length,
height, and width directions, the proppant placement profile will no longer change. In order to obtain
more detailed flow field information, we chose 200 × 40 × 6 as our computing grid in this study.
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Figure 3. Numerical simulation result of proppant placement profile under different mesh conditions
at T = 15 s.

Multiphase solver MFIX was used for the simulation. MFIX (multiphase flow with interphase
exchanges) is an open-source code used for multiphase computational fluid dynamics simulations that
were developed at National Energy Technology Laboratory (NETL, Pittsburgh, United States) [14,21,24,26].
The governing equations were discretized with the finite volume method and solved on a staggered
grid. A second-order super bee discretization scheme was used for all variables. The transient
numerical solution was obtained within a residual tolerance of less than 10−4. It takes about 74 h to
complete the calculation of a single working condition in 60 s, with i7-7700 cpu, calling 4 threads.
The plane at the center along the slot width was used to display the simulation results.

3. Results and Discussions

3.1. Verification of Simulation on Proppant Transport

To verify the Eulerian two-phase simulation on proppant transport, the proppant transport
experiments on laboratory scale were conducted. The experiment was conducted in a fracture with a
length, width, and height of 4 × 0.006 × 0.6 m, which comprised two pieces of parallel transparent
plexiglass (shown in Figure 4). The proppant-water mixture was injected into a slot from perforation
to mimic an artificial fracture. The parameters for experiment and simulation were set as the same,
and the average Reynolds number is 3000 for both cases. The specific details were shown in Table 1.

Figure 4. Proppant transport experimental system.

636



Energies 2020, 13, 5665

Table 1. Parameters set for experiment and simulation.

Items Experiment Simulation

Scale L(m)·W(mm)·H(m) 4 × 10 × 0.6 4 × 10 × 0.4
Inlet position Central Central

Inlet velocity (m/s) 3 3
Particle diameter (mm) 0.4–0.8 0.8
Particle Density (kg/m3) 3200 3200

Particle volume concentration (%) 15 15
Fluid viscosity (mPa·s) 1 1
Fluid density (kg/m3) 1000 1000

Reynolds number 3000 3000

Figure 5 shows the comparison of the proppant placement structure between experiment and
simulation in the whole transportation process. In the early stage, the experiment result showed
the proppant settled near the entrance and formed two dunes (Figure 5a), which was coinciding
with the simulation case (Figure 5e). As proppant continued to be injected, the proppant dune first
grew vertically and then grew horizontally (Figure 5b,c), and these characteristics were also can be
demonstrated through numerical simulation (Figure 5f,g). Finally, the whole process had reached the
equilibrium state for experiment and simulation cases. The final placement of proppant obtained by
numerical simulation was basically consistent with the experimental results (Figure 5d,h).

  
(a) (e) 

  

(b) (f) 

  
(c) (g) 

  
(d) (h) 

Figure 5. Experimental and numerical simulation results of proppant transport and settlement process.
(a–d): Proppant placement in the experiment process; (e–h): Corresponding proppant placement in the
simulation process.

Specifically, Figure 6 shows the comparison of the proppant placement pattern obtained from the
experiment and the simulation at the final equilibrium state. Due to the fracture height were different,
the relative height was used to compare the equilibrium height in the experiment and simulation,
which was defined as the height of the proppant bank to the fracture height. The background picture
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was obtained from the experiment result, while the white dot line was extracted from the proppant
placement profile obtained from the simulation result. The result shows that the profile of the proppant
bank for the simulation case is generally consistent with the experiment result, even though some small
differences exist in the inlet and outlet place. The reason for this difference may be: (1). The proppant
particle size used in the experiment is nonuniform (0.4–0.8 mm), while the proppant size for simulation
is set as constant at 0.8 mm; (2). the fracture outlet in the experiment is a single outlet at the top of the
wellbore, while six outlets were uniformly distributed along the wellbore in numerical simulations.
Hence, the placement near the outlet of the two cases was slightly different from each other. Despite
these differences, the Eulerian two-phase model can effectively simulate proppant dynamic behavior
and static placement pattern under HRNCs, which proves that this model can be used to simulate and
predict the proppant transport and settlement in the fracture.

Figure 6. Comparison of proppant placement pattern obtained from experiment and simulation at the
final equilibrium state.

3.2. Proppant Transport Process

In this section, by choosing the same simulation parameters in Table 1, proppant transport
characteristics and mechanisms under HRNCs were comprehensively studied by analyzing the solid
phase velocity field. As we discussed above, the typical proppant transportation process was divided
into four typical main stages; those are: Initial settlement stage, vertically grow stage, horizontally
grow stage, and equilibrium state stage.

3.2.1. Stage1: Initial Settlement Stage

In the initial settlement stage, as the water–proppant mixture was injected form the middle inlet,
two opposite vortexes were generated at the upper and lower ends of the slurry jet, and the lower one
was smaller because of the inhibition generated by the slurry jet, as shown in Figure 7a. The injected
proppant tended to quickly settle to the bottom and formed a proppant dune with a distance from the
left boundary due to the gravity effect and the energy dissipation generated by the vortex. We defined
this dune as the primary dune. Meanwhile, the small part of the proppant was dragged by the lower
vortex move to the opposite direction and settle near the left boundary. We defined the small dune
generated here as the secondary dune. Due to the slurry flush, a none proppant placement area was
created between the two dunes. In this stage, this process was governed by the slurry vortex and
the settlement.
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(b) 

 
(c) 

 
(d) 

Figure 7. Four stages for proppant transport under high Reynolds number condition. (a): initial
settlement Stage; (b) vertically grow Stage; (c) horizontally grow Stage; (d) equilibrium State Stage.

3.2.2. Stage2: Vertically Grow Stage

Figure 7b shows the vertically grow stage. The flow region in the fracture was divided into three
main regions; those are free clean fluid flow area in the upper side of the primary dune, transition flow
area on the surface of the dune, and the immobile area beneath the surface. In this stage, the liquid
phase velocity near the primary dune was too small to carry proppant to a distant place. Therefore,
most of the injected particles settled quickly on the proppant dune, and only a small part of them was
carried to the deep part of the fracture. With a continuous injection of slurry, more proppant settled on
the primary and secondary dunes, and the flow path between the dune and fracture upper surface
became narrower. Therefore, the fluid velocity became larger, which increased the fluidization of the
settled particles and reduce the proppant settlement. Besides, the primary dune reached a specific
height at 0.28 m and stopped growing vertically, and we defined the height as the primary equilibrium
height (PEH). Additionally, the secondary dune grew gradually near the entrance. The lower vortex
was getting weaker in this stage due to the collective effects caused by the boundary, secondary dune,
and the inject slurry flow. Consequently, the lower vortex disappeared while the secondary dune
stopped growing. The valley between the two dunes was still existed due to the flushing. In this stage,
the proppant transport process was governed by the fluidization, settlement, and suspension.
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3.2.3. Stage3: Horizontally Grow Stage

Figure 7c shows the proppant bank development process in a horizontal direction. In this process,
because of the presence of the narrow gap between the proppant bank and the upper boundary,
water had enough speed to fluidize and suspend the proppant. Therefore, a great amount of
proppant transported through the currently generated proppant bank rather than retarded on the
surface. However, once the proppant passes through the channel between the primary dune and wall,
the velocity decreased dramatically because of the increased flow cross-section. Besides, another vortex
was generated just behind the dune. Due to these two reasons, water cannot carry proppant into the deep
of the fracture. Proppant gradually accumulated in the front of the formed proppant dune until reaching
the equilibrium height, in which the water can suspend the proppant again. The settlement-reach
equilibrium height process will repeat again and again, and from a macro perspective, the proppant
dune will gradually grow horizontally. In this stage, the proppant distribution is determined by the
settlement, fluidization and saltation.

3.2.4. Stage4: Equilibrium State Stage

As the proppant dune grew horizontally and reached the outlet boundary, the proppant dune
remained unchanged and reached a comprehensive equilibrium height (CEH), as shown in Figure 7d.
The CEH was defined as the average equilibrium height of the primary dune when the proppant bank
was stable during the injection process. The suspension and saltation were the main mechanisms to
control the transport.

Figure 8 shows the proppant dune growth trajectory from 5 s to 65 s, in which the characteristic
of the four main stages during the injection can be obviously obtained. Once the primary dune was
formed, the dune will gradually grow vertically, and the front settlement angel almost remains constant
at 20◦ until reaching the primary equilibrium height (PEH) by the end of the second stage (at around
T = 20 s). The third stage began at T = 25 s, in which the proppant mainly grows horizontally, and the
settlement angle of the upper side becomes more steep form 40◦ to nearly 90◦. At T = 60 s, the proppant
dune reaches the CEH.

Figure 8. Proppant dune growth trajectory from for the simulation of the control sample.

3.3. Parametric Study

In this section, the parametric study for different injection velocity, inject position, particle diameter,
density, and concentration were conducted for a better understanding of the effects caused by these
parameters on the proppant transport process under HRNCs. The parameter sets are listed in Table 2.
The bold items are set as the control sample in the parametric study. In each section, besides the
investigated parameter, other parameters were set as same as the control sample.

640



Energies 2020, 13, 5665

Table 2. Parameter sets for parametric study and primary data for simulation.

Property Symbol Unit Values

Injection velocity (L, s) vin,l, vin,s m/s vin,l = vin,s = 2, 3, 4, 5
Inject position / / Top, middle, bottom

Particle diameter ds mm 0.6, 0.7, 0.8, 0.9, 1.0
Particle density ρs kg/m3 1800, 2200, 2500, 2800, 3200

Particle concentration αs % 10, 15, 20, 25
Fluid density ρl kg/m3 1000

Fluid viscosity μl mPa·s 1

The bold items are the setting value for the control sample.

3.3.1. Inlet Velocity Effect

Figure 9 shows the distribution of the liquid volume concentration during the transport process
for different injection velocity. In this study, the injection velocity of fluid and proppant was set to be
the same, and the velocity uniformly expressed as v. The parameters except velocity were set as the
same as the control sample. The average Reynolds number are 2000–5000 for v = 2–5 m/s, respectively.
Compared with the control sample, the lower velocity case for v = 2 m/s (Figure 9A) showed a closer
distance from the primary dune to the entrance and more particle placement between the dunes, which
was mainly because the vortex is weaker than that of the control sample. Meanwhile, the proppant
dune grew rate for v = 2 m/s is a little bit slower than that of the control sample. On the contrary, as the
injection velocity became faster, the vortex generated near the entrance became larger and stronger,
resulting in a larger distance for primary dunes and disappeared secondary dune. As the velocity of
the slurry increases from 2 m/s to 5 m/s, the non-propped area near the inlet increase by 5.3 times.

 

  

  

Figure 9. Volume concentration of liquid phase during the transport process for different injection
velocity cases: (A) v = 2 m/s, (B) v = 3 m/s, (C) v = 4 m/s, and (D) v = 5 m/s.
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The efficiency of proppant placement is also an essential factor in evaluating the effect of proppant
placement. Therefore, we defined the proppant occupation as a stationary proppant bed area over
the total fracture area. The proppant occupation in equilibrium stages was defined as equilibrium
proppant occupation (EPO), which indicated the maximum proppant accumulation in the fracture
under the specific condition. Proppant occupation, together with the EPO and CEH, were used to
characterize the proppant transport and settlement for each case.

Figure 10 shows the proppant occupation of different time steps and comparison of equilibrium
height for different injection velocity cases. The case for v = 5 m/s reached the equilibrium stage at
T = 22 s, which was the fastest among all instances. As velocity decreased, it takes longer for the
proppant dune to reach equilibrium in the fracture. However, the v = 2 m/s cases yielded the highest
CEH at 35.9 cm, compared with other cases, which were at 35.2 cm, 34.6 cm, and 34.1 cm, respectively.
For the low-velocity instance, the gap between the primary dune needed to be narrower to obtain
enough speed to balance the amount of settled and rolled-up proppant, resulting in higher CEH.
Besides, due to the smaller (none) secondary dunes and the relatively shorter primary dune, it was
observed that the EPO for large velocity is lower than those of slower cases during the transportation
process, which are 80.5%, 74.6%, 66.4%, and 56.5% for the velocity from 2 to 5 m/s. The small EPO,
especially caused by the no proppant placement neat the entrance, will cause worse conductivity in
artificial fracture, which should be avoided in the field fracturing design.

Figure 10. Proppant occupation percentage in fracture change with time a comprehensive equilibrium
height (CEH) for different velocity cases.

3.3.2. Effects of Inlet Position

Figure 11 shows the distribution of the proppant placement in the transport process under different
inlet positions. According to Figure 11A, when the slurry was injected from the bottom, the distance
between the initial settlement location and left wall was 1.1 m, which indicated that the flow velocity
at this position was not able to overcome the frictional force between the proppant particles and the
bottom wall. Since no flow vortex was formed upon the bottom wall, no proppant particles were
situated in the region near the left wall. As a result, only the primary dune was generated in the
fracture. Proppant particles injected later would get over the dune and settle at the rear of the dune.
Finally, the proppant dune gradually grew until it reached the CEH.
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Figure 11. Proppant placement during the transport process for different inlet position cases: (A) Inject
from the bottom inlet; (B) inject from the middle inlet; and (C) inject from the top inlet.

Figure 11C shows the proppant transport process of the top inlet condition at different time points.
When the mixture was injected into the slot, the proppant quickly settled to the bottom at the position
about 0.65 m from the left wall. A big clockwise vortex was generated near the entrance and brought
proppant back to the inlet side, forming a sizeable secondary dune. As the proppant was injected
continuously, the heights of both dunes increase, and the trough between two dunes gradually filled
with the proppant. Consequently, the primary and secondary dunes gradually became an integrated
dune, and the CEH was obtained almost alone the whole length of the fracture.

According to Figure 12, it took almost the same time (55 s) to reach CEH for the three cases with
different inlet positions. Injecting proppant from the top could produce the highest equilibrium height
at 36.1 cm, compared with that of the middle case at 35.2 cm and the bottom situation at 34.3 cm.
Besides, the proppant occupation curve indicated that the proppant injected through the top yielded
the highest proppant placement percentage, and the EPO reaches 82.3% compared with the middle
case at 74.6% and the bottom case at 67.8%. The result identified that the vortex at the front end of the
fracture is the dominant factor for proppant placement near the entrance. The large vortex could carry
the proppant back to the inlet place. The large non-propped area in the fracture may cause fracture
closure after pumping, resulting in the permeability significantly decreased. Therefore, choosing the
relatively high inlet positions will result in better patterns of the proppant placement and improve
fracture conductivity.
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Figure 12. The curve for proppant occupation percentage in fracture change with time and CEH for
different inlet position cases.

3.3.3. Effects of Particle Diameter

Figure 13 shows the effects of particle diameter on transport processes. The accumulation curve
demonstrated that the larger particles settle more in the fracture at any time during the transport
process because smaller particles were easier carried by the fluid. The smaller particle was carried into
the far end of the fracture rather than accumulated during the transportation. For the same reason,
it took a long time for smaller particles to reach CEH. However, the CEH difference is tiny among
different cases, which indicated the proppant diameters had little effect on the primary dune for a
relatively long time in the transport process. At last, EPO for 1 mm to 0.6 mm are 67.6%, 68.8%, 71.0%,
73.1%, and 74.6% respectively.

Figure 13. The curve for proppant occupation percentage in fracture change with time and
comprehensive equilibrium H = height (CEH) for different particle diameter cases.
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3.3.4. Effects of Particle Density

Figure 14 shows the detailed data extracted from the simulation results for different particle
density. The results indicated proppant density has a significant influence on the proppant settlement
in the fracture. The curve shows that the lighter particle has the least amount of settlement in the
fracture during the injection process. The reason for that phenomenon was that the lighter particles
were more likely to be fluidized and dragged by the fluid to the further side of the fracture. All the
cases almost reached the equilibrium height at the same time, around 45 s. The EPO was 60.39% when
the density was 1800 kg/m3 is, which was 21.3% smaller than that of 3200 kg/m3. For the CEH study,
it was interesting to obtain a proppant density threshold for the particle dune growth. When the
density is small, the equilibrium height increases rapidly as the proppant density increases, which
changed from 32.8 cm in the 1800 kg/m3 case to 35.8 cm in the 2500 kg/m3 case. However, when the
density was larger than 2500 kg/m3, the CEH almost unchanged.

Figure 14. The curve for proppant occupation percentage in fracture change with time and CEH for
different inlet particle density.

3.3.5. Effects of Solid-Phase Volume Concentration

Figure 15 shows the particle concentration effects on proppant transport. From the curves, higher
proppant concentration resulted in a greater amount of settlement in the fracture at the same time.
Besides, the lowest concentration (10%) case was the last one to reach the CEH at T = 76 s, which
almost double that of 25% concentration This phenomenon was caused by two reasons; those are
fewer injection particle amounts and easy fluidization for proppant when the concentration was low.
Moreover, the CEH for lower concentration cases was also shorter, which may result from more liquid
fluid flowing past over the top of the proppant bed or the higher ability of lower solid phase volume
concentration to fluidize the proppant particles. In conclude, the lower concentration in the transport
process lead to a more proppant place in the further part of the fracture, which was good for longer
effective propped fractures. However, less proppant in the fracture may result in poor conductivity.
The proppant particle concentration selection in the field should be considered comprehensively for
both sides.
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Figure 15. The curve for proppant occupation percentage in fracture change with time and CEH for
different inlet position cases.

3.4. Equilibrium Height Prediction Model

The height of the equilibrium gap H, which was defined as the distance between the top of
the proppant bed and the upper wall boundary, was used to represent the equilibrium height.
J. Wang et al. [13] established a Bi-power law correlation for the equilibrium gap of the proppant bed,
and it was given by:

H1

W
=

[
−2.3× 10−4 ln(RG) + 2.92× 10−3

]
R1.2−1.26×10−3λ−0.428×[15.2−ln(RG)]

f R[−0.0172 ln(RG)−0.12]
p . (36)

The gravity Reynolds number RG is defined as:

RG = ρl(ρs − ρl)gd2
s /μ2

l . (37)

The gravity Reynolds number for the fluid λ is defined as:

λ = (μl/ρl)/
(
W3/2√g

)
. (38)

The fluid Reynolds number Rf is shown as:

R f = (ρlvW)/μl. (39)

The proppant Reynolds number Rp is defined as:

Rp =
(
ρpvW

)
/μl (40)

where H1 is the height of equilibrium gap, ml; W is the fracture width, m; H/W is gap height over
fracture width, dimensionless;

Along the altitude direction of the fracture, the flow field can be divided into three layers.
The bottom of the proppant bank is an immobile layer in which the velocity of the proppant particles is
approaching zero. The middle layer is a mobile zone that is above the stationary bed, in which the
proppant particles move by sliding and rolling or a combination of both. The top layer is a clean liquid
zone. As the proppant concentration increases gradually from the fresh liquid layer to the mobile layer
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and then to the immobile layer, the point with the proppant concentration equal to 0.5 was chosen to
be the top of the stationary bed.

Figure 16 shows the comparison of dune height between the simulation result and Wang’s model
under different conditions. As the parameters change, they had the same trend. However, compared
with Wang’s model, the equilibrium height obtained by the simulation was always higher. The mean
deviation for the case of density, diameter, velocity, and solid concentration was 45.8%, 36.5%, 57.7%,
and 59.4%, respectively, which indicated it is difficult to accurately predict the equilibrium height by
using this model.

 

(a) (b) 

 
(c) (d) 

Figure 16. Comparison of the equilibrium dune height between simulation result and Wang’s model.
(a) Comparison of particle density; (b) comparison of particle diameters; (c) comparison of injection
velocity; and (d) comparison of particle concentration.

In this paper, some modification about Wang’s model was conducted based on the simulation
result, to accurately predict the equilibrium height of the proppant dune in the fracture under HRNCs.
The new prediction model is shown as:

H1

W
=

[
−5.76× 10−3 ln(RG) + 1.87× 10−3

]
R1.2−1.008×10−3λ−0.428×[15.2−ln(RG)]

f R[−0.04 ln(RG)−0.12]
p . (41)
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Figure 17 shows the relationship between the new prediction model and simulation results. It can
be seen from the comparison that this prediction model can fit the simulation result very well. Through
calculation, the mean deviation is only 3.8%. The applicable range for this prediction model is the case
where the Reynolds number is 2000–5000. This correlation can be used to quickly predict proppant
placement in a fracturing simulator, which can greatly improve the simulation accuracy.

  
(a) (b) 

 
(c) (d) 

Figure 17. Comparison of the equilibrium dune height between simulation result and new prediction
model. (a) Comparison of particle density; (b) comparison of particle diameters; (c) comparison of
injection velocity; and (d) comparison of particle concentration.

4. Conclusions

In this work, a Eulerian two phases model is used to simulate the proppant transport process in low
viscosity fluid and high-speed rate conditions (HRNCs). The turbulence effect and particle-particle/wall
effect are the primary concern in this paper. According to the comparison of the results of the numerical
simulations and the experimental study, the Eulerian multiphase model can capture the transport
and settling behaviors of proppant in the water fracture treatments. Based on the simulation results,
the following conclusions have been drawn on:

(1) The transport process can be classified into four main stages. In addition to the mechanisms such
as fluidization, suspension, and settlement presented by other studies, the vortex is also a critical
mechanism in the transport process under HRNCs, especially near the entrance.
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(2) The inlet positions significantly influence the vortex and the proppant placement patterns. There
is a nearly non-propped zone near the wellbore for the bottom inlet condition since no reversed
flow is generated to take the proppant particles back. Higher inlet position increases the propped
area near the wellbore by 7.1 times. But the blocking of the entrance may lead to high risk in
pumping proppant.

(3) Increasing the injection velocity from 2 m/s to 5 m/s, the proppant particles easier to be fluidized
and increase the distance to which the proppant particles are transported in the hydraulic fracture.
The non-propped area near the inlet increase by 5.3 times and the equilibrium height decrease
by 5.2%.

(4) A new prediction model is proposed to predict the equilibrium height of the proppant bank
in the fracture under high Reynolds number condition. Compared with the simulated data,
the mean deviation between them is only 3.8%, which indicates the model is suitable under
HRNCs (2000–5000).
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Abstract: In petroleum engineering, imbibition is one of the most important elements for the hy-
draulic fracturing and water flooding processes, when extraneous fluids are introduced to the
reservoir. However, in unconventional shale formations, osmosis has been often overlooked, but
it can influence the imbibition process between the working fluid and the contacting formation
rocks. The main objective of this study is to understand effects of fluid–rock interactions for osmosis-
associated imbibition in unconventional formations. This paper summarizes previous studies on
imbibition in unconventional formations, including shale, tight carbonate, and tight sandstone for-
mations. Various key factors and their influence on the imbibition processes are discussed. Then, the
causes and role of osmotic forces in fluid imbibition processes are summarized based on previous
and recent field observations and laboratory measurements. Moreover, some numerical simulation
approaches to model the osmosis-associated imbibition are summarized and compared. Finally,
a discussion on the practical implications and field observations of osmosis-associated imbibition
is included.
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1. Introduction

Imbibition is defined as a movement in which the wetting fluid occupies pore space
through the displacement of the non-wetting fluid. Osmosis refers to a process of water
molecules’ spontaneous movement through a semi-permeable membrane, such as clay,
from a low-salinity to high-salinity region against concentration gradient [1]. Previously,
the major mechanism of imbibition was narrowed to capillary pressure; however, osmosis
due to molecule diffusion and the semipermeable membrane effect has been overlooked.

In unconventional formations, such as shale and tight sandstone, the imbibition exists
when the injected working fluid contacts the formation rock during hydraulic fracturing
and water flooding. The capillary pressure is considered as one of the driving forces
for imbibition. Since this force is in inverse proportion to the pore size, it is particularly
significant in the formation of nanopores and micropores. Thus, unconventional formation
with smaller pore size usually has much higher capillary pressure and larger imbibition
effect. In recent years, the imbibition effect was considered as a potential explanation
for the low percentage of flow back after hydraulic fracturing in the shale gas reservoir.
Roychaudhuri et al. [2], Makhanov et al. [3,4], and Zhou et al. [5,6] proved that a large
volume of the fracturing fluid can be imbibed by the shale samples. Imbibition has also
been studied as part of the research related to water flooding to achieve a sweep area as
large as possible [7].
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Osmosis requires a semi-permeable membrane and concentration differences. Clay
can act the membrane because of its salt-exclusionary behavior. In tight clay-rich forma-
tions, such as shale, clay distributes on the wall of the porous space so that the membrane
has a high efficiency to exclude the passage of salt ions, which is called membrane effi-
ciency. In addition, due to the salinity differences between the injected fluid and formation
brine, the imbibition process in clay-rich formations is often associated with osmosis.
Fakcharoenphol et al. [8] and Zhou et al. [9,10] both indicated the osmosis effect on water
flooding and hydraulic fracturing.

Therefore, besides capillarity, it is necessary to study the effect of osmosis on imbibition
for water flooding and hydraulic fracturing in unconventional formations. In this paper,
previous studies are reviewed and summarized for the osmosis-associated imbibition.
The details and conclusions are described to provide insights about osmosis-associated
imbibition in petroleum engineering applications.

2. Imbibition

The main study of imbibition is through experiments. The spontaneous imbibition
experimental setup is indicated in Figure 1. There is no extra pressure applied during the
spontaneous imbibition. Figure 2 shows the forced imbibition experimental setup, which
can apply injection pressure on a sample.

  

(a) (b) 

Figure 1. Two typical spontaneous imbibition experiments (a) measuring sample weight change by
hanging on the balance; (b) measuring fluid volume change in imbibition vessel.

Figure 2. Typical forced imbibition experiment [11].
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According to the experimental results, the imbibition rate and volume are significantly
affected by various factors including wettability, initial water saturation, temperature, flow
direction, fluid and rock properties, and clay content, which are described respectively in
the following subsections.

Wettability. Wettability is an important factor that can impact the imbibition process.
The wettability indicates the ability of a fluid to adhere to the walls of a solid. The fluid
includes gas and liquid phases. When the three phases (gas, liquid, and solid) interact, the
contact angles between the gas–liquid interface and the solid–liquid interface can be used to
indicate wetting and non-wetting states. In the reservoir, the rock with the smaller contact
angle exhibits a faster imbibition rate for the wetting phase [12]. Therefore, adjustment of
the contact angle is an effective way to control imbibition and is widely investigated [13–18].
Zhou et al. [5,6] designed experiments to compare imbibition rates in shale samples with
various contact angles. The results showed that the imbibition rate was strongly influenced
by changing contact angles.

Wettability alteration is one of the main mechanisms to mobilize residual fluid during
water flooding. The alteration is dependent on fluid composition, rock surface mineralogy,
system temperature, pressure, and saturation history [19–23]. Imbibition process can also
alter the wettability of formation rocks. In previous studies, there are several situations of
wettability alteration due to imbibition, including the imbibition fluids being acid, water
with specific ionic content, and surfactant.

Dilute acid imbibition pre, post, or during hydraulic fracturing could improve the
wettability of carbonate-rich shale formations and hence improve production [24–28]. The
reaction between acid and rock can alter the wettability of formations by weakening the
oil–rock surface bonds on the oil-wet thin layer. The alteration is to improve the pore
connectivity; thereby, the trapped oil and gas are easier to be produced.

When the ionic content in water is changed, the wettability of reservoirs can be altered.
This usually happens during low-salinity or salinity-modified waterflooding. These mech-
anisms of the wettability alteration include fines migration and rock dissolution [29–32];
PH increases [33–35]; multi-component ion exchange [36–40]; and surface charge changes
or double-layer expansion [41–51].

The purpose of surfactant in imbibition fluid is to mobilize residual saturation [52–55].
Wettability alteration toward the hydrophilic state and a decrease in interfacial tension
(IFT) are caused by surfactant during imbibition [55]. Cationic surfactant adsorption
in negatively charged sandstone cores can decrease the performance to lower IFT and
wettability alteration [56]. Alameri et al. [57] reported that surfactants in combination with
low-salinity water flooding could be applied to circumvent the high salinity challenge and
improve recovery in oil–wet carbonate reservoirs. Surfactants or a hybrid of surfactant with
low-salinity water were observed to improve the wettability and IFT of formations at the
laboratory scale [11,18,49,58–60]. Figure 3 shows the wettability alteration (through contact
angle measurements) of carbonate formation, sandstone formation, and shale (Three Forks
shale formation) comparisons when the bulk fluids are seawater, seawater + CO2, and
low-salinity water + CO2 [11].

Contact angle measurements within the pore space are not realistic; thus, the spontaneous
imbibition and zeta potential measurements can provide realistic indicators of wettability al-
teration in porous media, especially in unconventional shale reservoirs [49,51]. Nontheless,
Mahani et al. [44] measured contact angle and zeta (ζ)-potential of the carbonate−brine
interface on crushed carbonate fragments. Their experiments showed that at lower brine
salinities, the ζ-potential of the limestone−brine interface become more negative, which is
indicative of a weaker electrostatic adhesion of the rock−brine interfaces and implies a wet-
tability alteration to a less oil-wet condition. Alvarez and Schechter [49] performed sponta-
neous imbibition, contact angle, and ζ-potential measurements on siliceous unconventional
liquid-rich Permian basin reservoir cores using surfactants and fracturing brine. Alvarez
and Schechter [49] experiments show anionic surfactants superior wettability alteration.
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Figure 3. Contact angle of carbonate (top row), sandstone (middle row), shale (bottom row) core samples after they were
soaked in seawater (SW), carbonated seawater (SW+CO2), and carbonated low salinity water (LS1+CO2). The volume of oil
droplets ranges from 4 to 15 μL [11].

Initial Water Saturation. It is difficult to determine the effect of initial water saturation
on imbibition through experiments due to several reasons. When the formation has
higher initial water saturation, the amount volume of imbibition can be smaller or larger.
The smaller imbibition amount was indicated by Blair [61] and Li et al. [62]. The larger
imbibition volume was pointed out by Cil et al. [63], Zhou et al. [64], and Morrow et al. [65].
Bennion and Thomas [66] discussed the existence of the state of noncapillary equilibrium
in a low-permeability gas reservoir with abnormally low initial water saturation, and
the undersaturated matrix will imbibe a significant amount of water during drilling and
completion, resulting in phase trap damage to the formation. In addition, some studies
indicated there was little effect from the initial water saturation on imbibition [62,67,68].
The reason for the contradictory conclusions is that the capillary pressure and effective
permeability both depend on water saturation. The capillary pressure has an inverse
correlation to the water saturation, while the effective permeability of water has a positive
correlation to the water saturation. Thus, when the initial water saturation is high, the
capillary pressure is normally low, but the effective permeability of water is high. The
imbibition volume is controlled by the opposite effects from low capillary pressure but
high permeability. Therefore, Morrow and Mason [69] said that the influence of initial
water saturation should be investigated specific to a formation. Zhou et al. [70] found that
in shale, the lower initial water saturation could cause a faster imbibition rate and higher
volume of the imbibition. This is due to the very small pore size of the shale, which causes
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the capillary pressure to dominate the imbibition process when the initial water saturation
is low.

Temperature. Temperature impacts imbibition because wettability and fluid proper-
ties change under various temperatures. Handy [71], Pooladi-Darvish, and Firoozabadi [72]
indicated that higher temperature caused a faster imbibition rate. Peng and Kovscek [73]
proved this conclusion through the forced imbibition experiment system with temperature
control. Elevated temperature may result in formation damage due to fine migrations [74].

Flow Direction. The process of same flow direction for wetting and non-wetting
phases is called co-current imbibition, which usually happens during the water flooding
operation [75]. The opposite flow direction, which is regarded as counter-current imbibition,
mainly occurs in unconventional formations and fractured water-wet reservoirs [75,76].
Qin [77] pointed out that the direction of the flow was determined through the wettability
of the formation rock, fracture and boundary condition in the reservoir, and injection rate
during operation. In the studies of Bourbiaux and Kalaydjian [78], Kantzas et al. [79],
Pow et al. [80], and Li and Horne [81], it is found that co-current imbibition can cause a
faster rate of recovery than counter-current imbibition.

Fluid and Rock Properties. Fluid viscosity, rock permeability, and pore size can
impact the imbibition rate. When water displaces oil and gas in the reservoir, the imbibition
rate increases as water viscosity increases [82].

Rock permeability is also a factor to influence the imbibition rate. The higher per-
meability is expected to have a higher imbibition rate [83,84]. However, Graham and
Richardson [12] found that the high permeability ratio of fracture to matrix was difficult to
relate to imbibition rate.

Pore size indirectly affects imbibition rate. The small size of pores can cause a high
capillary pressure that is one of the driving forces of imbibition. Thus, the imbibition rate
would be higher in the small size of pores. However, Egermann et al. [85] indicated that
in unconventional formations, the pore size is small, while the permeability is also low.
Hence, the imbibition could be still slow in unconventional formation.

Clay Content. In clay-rich formations, such as shale, imbibition is strongly affected
by clay mineral [86]. Zhou et al. [6] analyzed the relationship between clay content and
imbibition. In shale, the sample with higher clay content could imbibe more volume and at
a faster rate than the sample with lower clay content. This was later confirmed in other
experimental measurements, such as NMR [87], and the excessive imbibed water beyond
capillary-driven water remains as irreducible water in the clay of shale. In addition, the
imbibition of fluid with additives was also different in various clay content shale samples.
In the high clay content sample, the fluid with 0.07% friction reducer has a greater imbibed
volume than the fluid with KCl or KCl substitute (choline chloride, magnesium chloride,
and tetramethyl ammonium chloride). However, the fluid with the 2% KCl was imbibed
more than other fluids in the shale with less than 10% clay content.

3. Osmosis

Imbibition in tight formations is usually accompanied by osmosis, especially in high-
salinity shale formations. Osmosis is a spontaneous net movement of solvent molecules
toward a higher concentration region so as to minimize the concentration difference be-
tween two sides of a semi-permeable membrane. Solute–membrane interactions are more
frequent on the higher solute concentration side than the low concentration side. Thus,
more solute particles, such as salt, try to pass through the membrane, but they are excluded
by the membrane due to its semi-permeable property. As those particles are pushed, a
momentum is generated and pulls water molecules through the membrane from the lower
concentration side [88].

Previously, osmosis was overlooked, since its effect is negligible during fluid flow in
porous medium of conventional formations. However, in tight (unconventional) forma-
tions, which contain high clay mineral contents, a semi-permeable membrane can arise
to generate osmosis. Neuzil and Provost [89] observed the anomalous fluid pressure in a
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subsurface when they performed osmosis measurements on moderately compacted high
clay content Pierre shale. This can be illustrated by electric double layer (EDL) theory [90].
Clay particles are naturally and commonly negatively charged. To neutralize the surface
charges, cations or counter-ions will be attracted to the clay surface and form a diffuse
double layer. However, the concentration of attracted ions decrease away from the clay
platelets as electrostatic force weakens. If there is enough distance between clay platelets,
there may exist a charge-neutral zone in the middle. However, due to some compaction
effect, the diffused layers overlap each other, where the excessive charges accumulate. This
overlap region carries charges and provides exclusion forces to any of the charged particles
that try to pass through it but not water molecules [91–94].

Small pore sizes, which are a distinguishing characteristic of porous medium in tight
formations, also contribute to osmosis occurrence. First, small rock pores with high clay
contents can increase the quantity and quality of semi-permeable membrane. Second, the
disassociated ions from salt in the aqueous solution are usually hydrated and complexed
by water molecules. Thus, when the pore size is small enough, water molecules are more
mobile than the larger-size hydrated ions, which will experience more restriction through
the rock. Hence, as being excluded by the small rock pores, those hydrated ions may
acquire enough momentum to overcome the diffusive flux and pull the water out of low
concentration solution [95].

Hence, osmosis in tight formations has attracted research attention. Osmosis study
in drilling engineering is mainly related to wellbore stability, which is strongly affected
by water-based drilling fluid. When drilling fluid is invaded into formation rocks, it can
decrease rock strength and elastic modulus and increase pore pressure, which are all causes
of wellbore instability [96]. In shale formations, osmosis is considered as a significant
mechanism to result in fluid invasion [97,98]. However, osmosis is a particular mechanism
that allows fluid to have a bi-directional flow through controlling the salinity of the drilling
fluid. Abass et al. [99] indicated that a designed drilling fluid can extract formation fluid
out of shale to strengthen wellbore. The designed considerations are to increase osmotic
flow to the wellbore, which requires increasing the salinity and fluid viscosity as well
as reducing the shale permeability. High-salinity drilling fluid can induce osmotic flow
to the wellbore. High viscosity and small permeability can inhibit capillary flow into
formations. Membrane efficiency is also a consideration that is hard to control but should
be considered when designing. Membrane efficiency is a ratio between actual osmotic
pressure and theoretical osmotic pressure. Abass et al. [99] measured membrane efficiency
in shale samples from the Zuluf field of Saudi Arabia. The measurement showed that its
membrane efficiency was 4.2%. This result proves that osmosis cannot be neglected in
shale formations. Schlemmer et al. [100] discussed factors that can improve membrane
efficiency and hence increase osmosis. These factors are clay type of high cation exchange
capacity, shale pore structure with more compacted clay, formation fluid with lower salt
concentration, and compositions of drilling fluid that can affect the interface of clay.

However, those studies argued about the actual role of osmosis in fluid movement
because it is difficult to distinguish osmotic flow from capillary flow in the imbibition
process in tight formations. Zhou et al. [9] indicated this combinational mechanism during
fracturing fluid flow in shale gas formation rocks.

In Zhou et al.’s experiments, it was found that the weight of rocks increased and
decreased alternately when they were immerged into high salinity fluid, which can cause
osmotic extraction [9]. Weight increase indicated that fluid invaded into rocks because
capillary-driven imbibition was the dominant force. With the continuous fluid invasion,
capillary pressure was decreased so that fluid was imbibed into rocks less and less. When
osmotic extraction was stronger than capillary imbibition, the rock weight decreased
because fluid flowed out of the tight pores more than it flowed in. However, capillary
imbibition became stronger again when fluid saturation was declined, so that the weight
of rock increased again after a certain point of time. Hence, it is difficult to distinguish
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the capillary pressure and osmotic forces in the fluid movement processes, as they are
dynamically changing and interacting with each other.

The osmotic effect can also contribute to the enhanced oil recovery (EOR) mechanism
of unconventional shale formations. Recent studies show that low-salinity waterflooding
EOR is can significantly improve oil production from shale formations, especially in high-
salinity tight shale formations [8,101–104]. The concept is to enhance osmotic flow through
a smaller salinity of waterflooding fluid than that of formation fluid. Figure 4 shows
osmosis effect in clay-rich rocks. The application also depends on membrane efficiency.
Fakcharoenphol et al. [8] and Teklu et al. [102] proved in clay-rich tight formations that
osmosis can improve oil displacement under low-salinity fluid. Figure 5 shows experimen-
tal results of osmosis effect on oil displacements based on authors’ work. However, it is
challenging to quantify the osmosis effects on oil recovery, since fluid chemical equilibrium
and rock–fluid interactions all change dynamically with salinity change in this extremely
complicated process. Thus, direct measurement of osmosis during oil recovery experiments
may reveal new important insights.

Figure 4. The schematic showing osmosis effect on fluid flow in clay-rich rocks.

Figure 5. A preserved one-inch diameter Bakken shale core sample submersed in high-salinity brine
(240,000 ppm KCl) (top) and low-salinity brine (20,000 ppm KCl) (bottom) showing oil expulsion vs.
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imbibition period. At imbibition Day 5 (top), the core was removed from a high-salinity brine
beaker and produced/expelled oil was wiped and immersed in low-salinity brine from Day 5 until
Day 10 (bottom). This shows that more oil is expelled due to osmosis during a low-salinity brine
imbibition period.

A study by Padin et al. [103] performed high-pressure high-temperature chemical
osmosis-driven fluid flow experiments in carbonate-rich mud rocks (shales). Their ex-
periment showed a gradual, slow (within 120 days of experiment) increase of pressure
within the samples. Based on their experiments, they concluded that chemical osmosis
in organic-rich carbonate rocks could create a significant amount of driving force for oil
mobilization or EOR; also, they stated that water imbibition in their experiment cannot be
explained by only capillary forces.

4. Simulation for Osmosis-Associated Imbibition

The model that simulates spontaneous imbibition has been predominately attributed
to capillary action [71,105–117]. Osmosis has been overlooked for a long time, as it is not
as significant as other mechanisms, such as capillarity and gravity, because the membrane
efficiency in a conventional reservoir is too low to make a real impact. However, shale
and other unconventional formations present a significant osmosis effect due to their
mineralogy and pore size structure [9]. Recently, several modeling efforts have been made
to investigate the osmosis effect in unconventional reservoir development.

Fakcharoenphol et al. [118] proposed a triple-porosity fracture-matrix model and
incorporated the effects of matrix wettability, capillary pressure, relative permeability,
and osmotic pressure to investigate the impact of shut-in time on well productivity. In
the model, the fracture forms a continuum of an interconnected network created during
the hydraulic fracturing, while the organic and non-organic matrices are embedded in
the fracture continuum. Fakcharoenphol et al. [8] used a numerical model to calculate
osmotic pressure by tracking the salinity concentration. The simulation results indicated
that osmotic pressure can be a viable mechanism by promoting water–oil counter-current
flow. Wang and Rahman [119] proposed a numerical model to investigate both capillary
pressure and osmosis effects on fluid leak-off during shale gas reservoir stimulation. The
results showed that rock composition greatly affects the leak-off rate, and the invaded
water due to capillary and osmotic pressures significantly increases the pore pressure.
There is a strong non-linear relationship between imbibition volume and square root of
time. Li et al. [60] developed a multi-component matrix imbibition model to investigate the
effects of low-salinity water and surfactant on unconventional recovery. Simulation results
matched with experimental data and revealed some important insights on the effects of
water salinity and surfactant that the combination effects of contact angle and interfacial
tension determine capillary pressure imbibition and that the concentration of charged ions
and surfactant molecules affect the osmosis imbibition. All these processes are associated
with different rock components and mineralogy, and there exists an optimum water salinity
for maximum imbibition. Different from previous simulation studies, Li et al. [90] proposed
a multi-mechanistic numerical shale matrix imbibition model by dividing the rock into non-
membrane and membrane components. Figure 6 introduces the coupling in the model. The
model considered capillary pressure and osmotic pressure as a function of water saturation,
could track the dynamic water and salt movement, and was validated by matching with
experimental measurements. The principles associated with the imbibition and osmosis
behind each model of these reviewed works are summarized in Table 1.
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Figure 6. Numerical model with imbibition and osmosis coupling.

Table 1. Imbibition mechanisms for different models that considered imbibition and osmosis.

Model Capillarity Osmosis Diffusion Gravity

Fakcharoenphol
et al. [118]

Water saturation-based
capillary pressure
curve for organic,
non-organic, and

fracture media

Osmotic pressure as a
function of salt

concentration and
membrane efficiency

Fick’s Law
Gravity effect between

matrix and fracture
media

Fakcharoenphol
et al. [8]

Water saturation-based
capillary pressure

curve for matrix and
fracture system

Osmotic pressure as a
function of salt

concentration gradient
and membrane

efficiency

Fick’s Law
Gravity effect between

matrix and fracture
media

Wang and Rahman
[119]

Bundle of capillary
tubes associated with
pore size distribution
for clay, hydrophobic,

hydrophilic
components

matrix system

Osmotic pressure as a
function of salt

concentration gradient
and membrane

efficiency

Neglected N/A

Li et al. [90]

Water saturation-based
capillary pressure

curve for
two-component
matrix system

Osmotic pressure as a
function of salt

concentration gradient
and membrane

efficiency

Fick’s Law N/A

5. Discussion

In summary, those studies on osmosis-associated imbibition provide a good under-
standing of the fluid flow in unconventional formations. Osmosis is a critical mechanism
of fluid movement especially in clay-rich tight formations, and it can enhance the fluid ex-
traction process as an additional force to other forces, such as capillary pressure. However,
further studies are required to investigate the impacts of osmosis on the fluid imbibition
process to maximize production for field applications. Here, some discussions on the
practical implications of osmosis-associated imbibition are summarized.

The common perception is that water imbibition could cause water blockage and
clay swelling, which decrease the permeability of the formation. There were many experi-
ments and studies to indicate the decrease due to water blockage [108,120–123] and clay
swelling [124,125]. There was also an argument about whether the decrease is temporary
or permanent. On one hand, the damage could be eliminated by increasing drawdown
pressure or applying alcohol and alcohol surfactant. Therefore, the damage is tempo-
rary to the formation [15,126–130]. However, on the other hand, in some formations,
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additives of alcohol have little effect on gas permeability, so that water blockage can be
permanent [131–134].

In recent studies, it was found that osmosis-associated imbibition could improve
permeability in unconventional formations. In shale, the experiments established the
relationship between the amount volume of imbibition and permeability. It was found that
imbibition in shale could cause natural fractures instability and regrowth, thereby causing
a significant permeability increase [25,70,135,136]. While positive capillary pressure is the
main sucking force for strong imbibition in water-wet rocks, the imbibition volume and rate
can be significantly boosted by osmotic effect and lead to more natural fracture reactivations
and regrowth. However, that conclusion requires further investigation, because those
results were taken from the experiments under non-reservoir conditions. In another word,
it is not clear how many fractures can be reopened under reservoir high pressure due
to osmosis-associated imbibition. Hence, more studies are necessary to determine the
relationship between osmosis-associated imbibition and formation permeability under
reservoir conditions for unconventional formations.

In addition, there are studies that investigate the influence of osmosis-associated
imbibition on water recovery and production in shale. Those studies provided some
explanations on the field observations that extended shut-in time after fracturing treat-
ment often results in a lower percentage of water recovery and but higher production in
shale [137–141]. One of the potential reasons is that the near wellbore water blockage is
mitigated deeper to the reservoir due to strong imbibition enhanced by osmosis during
the extended shut-in. However, more evidence is required to establish a more accurate
relationship between osmosis-associated imbibition and water recovery and production.

Therefore, the findings through further investigation between osmosis-associated
imbibition and permeability change, water recovery, and production will be beneficial for
the hydraulic fracturing design and reservoir management, such that the injection amount
and fluid types of fracturing treatment and the shut-in time and flowback rate can be
specially designed to minimize the water blockage effect but maximize natural fracture
reactivations and well production performance.

6. Conclusions

Osmosis-associated imbibition has strong effects on fluid flow in porous mediums in
unconventional formations. Those effects are important to be related to production after
hydraulic fracturing and during the water-flooding process. Wettability and clay content
are the main factors in the imbibition behavior of unconventional formations. Wettability
can impact capillary pressure, which is one of the driving forces of imbibition. Clay content
has a strong relationship with osmotic pressure. Therefore, understanding those factors
can distinguish the dominant mechanism of fluid flow in unconventional reservoirs.

Although imbibition has been extensively studied in formations, it is necessary to
further investigate its impact in unconventional formations, especially after hydraulic
fracturing treatment. The effect of osmosis on imbibition was neglected before; however,
more evidence has shown that osmosis has a significant impact on the fluid flow in clay-
rich formations, such as shale. Thus, more experimental investigations are necessary to
prove its effect, such as high-pressure and high-temperature reservoir conditions with tight
pore space. From these further investigations, some insights can be drawn, such as how
osmosis-associated imbibition affects the production, and how to manage and control it.

In addition, the numerical modeling for a multi-mechanistic imbibition process has
shed some light on the interplay of multiple forces during the imbibition process, especially
the changes between capillary pressure and osmotic pressure. The simulation results
matched the experimental measurements and field observations, such as the dynamic
changes in salt concentration in laboratory and low flow-back recovery in the field. How-
ever, further investigations are recommended for simulations under reservoir conditions to
match the actual production data with proper upscaling from laboratory-based modeling.
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Abstract: High voltage spark discharge (HVSD) could generate strong pressure waves that can
be combined with a rotary drill bit to improve the penetration rate in unconventional oil and gas
drilling. However, there has been little investigation of the effect of electrical conductivity on rock
damage and the fragmentation mechanism caused by HVSD. Therefore, we conducted experiments to
destroy cement mortar, a rock-like material, in water with five conductivity levels, from 0.5 mS/cm to
20 mS/cm. We measured the discharge parameters, such as breakdown voltage, breakdown delay time,
and electrical energy loss, and investigated the damage mechanism from stress waves propagation
using X-ray computed tomography. Our study then analyzed the influence of conductivity on the
surface damage of the sample by the pore size distribution and the cumulative pore area, as well
as studied the dependence of internal damage on conductivity by through-transmission ultrasonic
inspection technique. The results indicated that the increase in electrical conductivity decreased
the breakdown voltage and breakdown delay time and increased the energy loss, which led to a
reduction in the magnitude of the pressure wave and, ultimately, reduced the sample damage. It is
worth mentioning that the relationship between the sample damage and electrical conductivity is
non-linear, showing a two-stage pattern. The findings suggest that stress waves induced by the
pressure waves play a significant role in sample damage where pores and two types of tensile cracks
are the main failure features. Compressive stresses close horizontal cracks inside the sample and
propagate vertical cracks, forming the tensile cracks-I. Tensile stresses generated at the sample–water
interface due to the reflection of stress waves produce the tensile cracks-II. Our study is the first to
investigate the relationship between rock damage and electrical conductivity, providing insights to
guide the design of drilling tools based on HVSD.

Keywords: high voltage spark discharge; electrohydraulic effect; electrical conductivity; drilling;
rock damage; pressure waves

1. Introduction

Improving the rate of penetration (ROP) is the focus of research in petroleum industries, because
ROP is inversely proportional to drilling cost in unconventional reservoirs, which is typically 30%
to 40% of the total well costs. Drilling at great depth is challenging, due to the hostile environment
and the enhanced mechanical properties of the rock, making conventional rotary drilling methods
inadequate. Over the past few decades, researchers and engineers have proposed some unconventional
drilling techniques based on a different rock damage mechanism rather than using the drill bit’s
mechanical force to cut the rock. Laser drilling applies a continuous high-power laser beam to remove
the rock; researchers in the Gas Technology Institute have determined its technical feasibility and
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investigated the effects of specific laser energy on various rock types [1–3]. Electrical plasma drilling
uses high thermal loads at thousands of degrees Celsius to spall, melt, and vaporize rock, where the
thermal conductivity of the rock is a critical factor in breaking the rock [4,5]. However, lasers and
plasma can generate high temperatures in downhole, disabling sensors near the drill bit that measure
drilling parameters and formation characteristics, which are essential for directional drilling and risk
analysis [6,7].

High voltage spark discharge (HVSD) can generate strong pulse pressure waves in water, known
as the electrohydraulic effect (EHD) [8]. It has been adopted in a wide range of applications, such as
underwater sound source, extracorporeal shock wave lithotripsy, well cleaning [9–11], and alternative
hydraulic fracturing [12–16]. We have recently proposed a new drilling technology that couples the
pressure waves of HVSD with the drill bit’s mechanical force, which can potentially crush hard rock
and increase the ROP without generating high temperatures like other new drilling techniques [17].
We conducted a series of laboratory experiments using pressure waves to destroy shale, sandstone,
and concrete, and investigated the effects of discharge voltage, discharge energy, and the number of
discharges on rock damage [18].

We have conceptually designed a new drilling system inspired by conventional rotary drilling
(Figure 1). In this system, the drill string is connected to a custom drill bit with several HVSD reactors
integrated into the bit’s nozzle, and the power required to generate the electrohydraulic effect comes
from either surface power supply or a downhole electric generator [19,20]. During drilling operations,
the HVSD reactors create pressure waves amplified by ellipsoidal reflectors that act upon the rock.
The rock is crushed to a depth of only a few millimeters, but this dramatically reduces the mechanical
properties of the surface material, making it easier to be crushed by the drill bit, and increasing the
ROP in hard rock and abrasive formations.

Numerous previous experiments employing HVSD to crush rocks used tap water with very
low conductivity as the reaction medium, ignoring the effect of conductivity on pressure waves.
However, in drilling practice, drilling fluids are complex compositional mixtures with a wide range
of conductivities. Conductivity can influence the characteristics of high-voltage spark discharges,
such as breakdown voltage, energy loss, and breakdown delay time, but previous studies have been
inconsistent on the effect of conductivity on pressure wave intensity [21,22]. Moreover, few studies
have been done on the effect of conductivity on HVSD fragmentation and the potential mechanism of
rock breaking.

This research aims to investigate the effect of electrical conductivity on the discharge characteristics
of high voltage spark discharge, the magnitude of pressure waves and rock damage, and to analyze the
fragmentation mechanism from stress wave propagation. Then, we performed breaking experiments on
cement mortar, an analogue for natural rock, with a single pulse energy of 1444 J in water with various
conductivities. Utilizing mortar rather than natural rock is because the controllability and consistency
of the mortar properties facilitate quantitative analysis of the relationship between conductivity and
sample breaking. We reconstructed the model of the mortar sample before and after damage using
X-ray computed tomography to analyze the damage mechanism, measured the surface damage by
the size distribution and cumulative area of the pores, applied through transmission technique to
detect microcracks inside the sample, and quantified the internal damage by the acoustic amplitude
attenuation coefficient.

The results indicate that an increase in conductivity led to a nonlinear decrease in breakdown
voltage, breakdown delay time, and an increase in energy loss. Both surface and internal damage of
the samples exhibited a typical two-stage pattern, with pores and two types of tensile cracks being
the predominant forms of damage. Stress waves induced by pressure waves propagating inside the
sample play a crucial role, and tensile waves formed by reflection at the edge of the sample are among
the leading causes of sample damage. The study offers some critical insights into the effect of electrical
conductivity on sample damage, which will provide significant guidance for drilling tools design, and
facilitate the implementation of the drilling technology based on HVSD.
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Figure 1. Conceptual design of drilling system based on the high voltage spark discharge.

2. Experiment

2.1. Sample Preparation

The absolute mass ratio of water, ordinary 42.5R Portland cement, and sand for pouring mortar
was 0.5:1:1.8. The mechanical properties of the samples after 28 days of curing in water are shown
in Table 1. Cubic samples of 100 mm in length, 100 mm in width, and 50 mm in height were
prepared, from which some cylindrical samples of 25 mm in diameter and 30 mm in thickness were
cut out (Figure 2). Mortar, like natural rocks, is a brittle material, and is often used in rock-breaking
experiments, so the rock-breaking mechanism obtained from mortar is also applicable to natural
rocks [13,23]. Since the mechanical properties of mortar samples from the same batch are almost
identical, whereas the properties of natural rocks vary greatly, we used mortar to quantitatively study
the effect of conductivity on rock damage.

Table 1. Mechanical properties of the mortar sample.

Sample
Density
(g/cm3)

Sound
Velocity

(m/s)

Acoustic
Impedance

(g/m2s)

Compressive
Strength

(MPa)

Tensile
Strength

(MPa)

Elastic
Modulus

(MPa)

Mortar 2.44 4000 9.76 × 106 42 3.5 14,950
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Figure 2. Two types of concrete sample.

2.2. Experimental Procedure

Experiments were conducted with high voltage discharge equipment, which consisted of a high
voltage pulse power supply, a pressure wave generator, and a monitoring system. Figure 3a–c shows
the diagram of the experimental equipment, the pulsed power supply components, and the pressure
wave generator, respectively.

 
(a) Diagram of the experimental system 

  

(b) High voltage pulsed power supply (c) Pressure wave generator 

Figure 3. High voltage spark discharge equipment.

The power supply mainly comprised a transformer, a rectifier, a high voltage capacitor bank,
and an air-gap switch. When the power supply worked, the transformer raised the 220 V alternating
current (AC) to a maximum of 70 kV, and then the rectifier converted the AC into the direct current
(DC) to fully charge the capacitor bank. When the air-gap switch was closed, the energy stored on the
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capacitor was released into the pressure wave generator through high-voltage coaxial cables, creating
strong pressure waves from the electrohydraulic effect.

The capacitor bank contained four nominally 0.5 μF capacitors in parallel, providing operating
pulse energy from 50 J/pulse up to 4.9 kJ/pulse. The pressure wave generator consisted of a cubic tank
with 80 cm sides filled with water of varying conductivity, a pair of electrodes, and a sample clamping
table. The electrodes were made of stainless steel with a tapered tip, 17 cm long and 1.5 cm in diameter.
The sample was placed on the clamping table and confined by a baffle to prevent it from being moved
by pressure waves. The gap between electrodes and the distance between the sample surface and the
electrodes were then adjusted to 5 mm. Water with different conductivities was filled in the pressure
wave generator until the electrodes were completely submerged.

Next, the pulse power was turned on to increase the voltage across the capacitor bank to a preset
value. Once the capacitor bank was fully charged, the air-gap switch was closed to provide electrical
energy to the electrodes.

A strong electric field was built up between the electrodes to break down the water and form a spark
channel, bridging the electrodes under the Joule heating effect (Figure 3a). The temperature and pressure
in the plasma-filled channel rise dramatically in a short time (about tens of microseconds), pushing the
water around the channel and radiating pressure waves. The magnitude of the pressure waves can
reach several hundred MPa, and can destroy rocks with a wide range of mechanical properties.

The voltage and current waveforms were measured by a high-voltage probe (Pintech P6039A) and
a Rogowski coil, respectively, and recorded with an oscilloscope (Tektronix TPS2024B, the bandwidth
of 200 MHz, and sample rates of 2 GS/s).

A charging voltage of 38 kV, a capacitance of 2 μF, single 158 pulse energy of 1444 J, and a discharge
number of five were set. Five solutions with different conductivities of 0.5 mS/cm (tap water), 5 mS/cm,
10 mS/cm, 15,136 mS/cm, and 20 mS/cm were prepared by mixing tap water and NaCl (99.5% purity).
Three mortar samples were used for each type of water with different conductivity.

2.3. Analysis of Damage Characteristics

The X-ray computed tomography (CT, nanoVoxel3502E, and imaging resolution of ≥0.5 μm)
was applied to observe the microscopic features of cylindrical sample before and after damage,
to understand the mechanism of rock damage caused by pressure waves. Our study used the number
of pores, and the distribution of pore sizes on the sample surface, to quantify the effect of conductivity
on the surface damage. The pores were approximated as two-dimensional circles. Those with a
diameter of less than 1 mm were neglected because they were mostly air bubbles caused during the
sample casting process.

Apart from surface damage, it is also necessary to study the internal damage of the sample.
Microcracks, the main form of the internal damage, occurring inside the sample due to the impacts
of pressure waves and the interaction of the mortar particles with the stress waves, will hinder the
propagation of acoustic waves, thereby attenuating the acoustic wave amplitude.

The acoustic wave amplitude was measured by an ultrasonic flaw detector (OLYMPUS 5077PR)
with the through-transmission ultrasonic inspection technique (Figure 4). A transmitter (transmitting
waves) and a receiver (receiving waves) were attached to opposite sides of the sample that were not
directly damaged by the pressure waves. The two transducers and the sample were coupled by the
ultrasonic coupling agent to ensure the transmission efficiency of acoustic energy. The attenuation of
the wave amplitude, Ac, can be written in the form

Ac =
(A0 −A1)

A0
× 100% (1)

where A0 is the ultrasonic wave amplitude measured before the sample was impacted by the pressure
wave and A1 is the wave amplitude after the impact of pressure wave.
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Figure 4. Schematic of ultrasonic transmission test.

3. Results and Discussion

3.1. Electrical Characteristics of Underwater Discharge at Different Conductivity

The voltage waveforms on the pair of electrodes were measured in water with different conductivity,
and typical voltage waveforms are shown in Figure 5. The discharge voltage refers to the voltage on
the positive electrode. The breakdown voltage is the voltage across the electrodes when the plasma
channel is formed, and the time to breakdown is called breakdown delay time.

Figure 5. Voltage waveforms under the electrical conductivity from 0.5 mS/cm to 20 mS/cm.

Equation (2) expresses the efficiency of electrical energy in terms of the total energy stored in the
capacitors, Et (J), and the energy injected into the plasma channel, Epl (J):

η =
Epl

Et
× 100% (2)

where Et =
1
2 C V2

d, Epl =
1
2 C V2

b (Vd is the discharge voltage, Vb is the breakdown voltage, and C is
the capacitance of the capacitor bank).
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Figure 6 shows the experimental data on the breakdown voltage under different electrical
conductivity. Each value is an average of 15 replicates with a 95% confidence interval. As the
electrical conductivity ranged from 0.5 mS/cm to 20 mS/cm, the breakdown voltage dropped from
31.1 kV to 14.8 kV. A similar result was also reported by Wang et al., where the breakdown voltage in
36 mS/cm KCL solution was lower than that in deionized water [24]. The mechanism of high voltage
pulsed electrical breakdown in water indicates that the bubbles generated at the tip of the electrode
are responsible for the breakdown of the water and the formation of the plasma channel [25–27].
In high-conductivity water, the electric field near the electrode tip produces a more intense field
emission current, which will cause more water to evaporate and form more bubbles under the Joule
heating effect, thus making electrical breakdown more likely to occur, which is manifested as a lower
breakdown voltage on the voltage waveform.

Figure 6. Breakdown voltage in water with different conductivity.

Figure 7 shows the relationship between breakdown delay time, tb, and electrical conductivity.
The most interesting aspect in this figure is that the tb at 0.5 mS/cm is significantly larger than that
of the other conductivities, while the value of tb slightly decreases from 13 μs to 10.2 μs when the
conductivity is increased from 5 mS/cm to 20 mS/cm. This result may be related to the Joule energy
loss, Eloss (J), before water breakdown occurs, calculated by Equation (3)

Eloss = Et − Epl =
1
2

C
(
Vd

2 −Vb
2
)

(3)

Figure 7. Breakdown delay time under different electrical conductivity.
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Figure 8 shows that the electrical energy leaking into the water increases with increasing electrical
conductivity. The major role of Eloss is to generate Joule heat in the water and form bubbles that
contribute to the formation of electrical breakdown. Therefore, increasing the Eloss helps to reduce the
breakdown delay time. When the conductivity is increased from 0.5 mS/cm to 5 mS/cm, Eloss increases
by 71%, which explains the significant decrease in the breakdown delay time from 48 μs to 13 μs in this
conductivity range (Figure 7).

Figure 8. Joule energy loss under different electrical conductivity.

3.2. Damage of Samples under Different Electrical Conductivity

3.2.1. CT Results and Discussion

We applied the X-ray computed tomography (CT) to study the microscopic characteristics of a
cylindrical sample with a diameter of 2.5 cm and a height of 3 cm. Figure 9 presents a sample model
reconstructed by 3D visualization software before and after it was subjected to the pressure waves
generated by underwater discharge. In Figure 9a, the pores (less than 1 mm in diameter) were air bubbles
caused during the sample preparation process. As can be seen from Figure 9b, the sample was severely
damaged after being hit by the pressure waves five times to a crushing depth of 6 mm, which significantly
deteriorated the mechanical properties of the sample and made it easier to be crushed by the drill bit.
Besides, some pits and cracks extended to the edge, causing the boundary of the sample to fall off.

 
(a) Sample morphology before the pressure waves 

Figure 9. Cont.
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(b) Sample morphology after the pressure waves 

Figure 9. Three-dimensional reconstructed sample.

Figure 10 illustrates the sample surface’s tomographic images and the images of 6 mm depth from
the surface, respectively. It reveals that cracking and erosion are the main forms of damage caused by
pressure waves. These results can be explained by the interaction between pressure waves and the
mortar specimen (Figure 11a). A stress wave can be decomposed into a compressive stress wave and a
shear stress wave. Rock samples often have pre-existing flaws, such as vertical cracks and horizontal
cracks. When the sample is subjected to compressive stresses perpendicular to the sample surface,
the horizontal cracks in the sample will close, and the vertical cracks will open and extend. According
to the Inglis theory [28], stresses are concentrated and amplified at the tip of a vertical crack, and when
the compressive stresses are higher than the strength at the crack tip, the crack grows parallel to the
direction of compressive stresses. This type of crack refers to cracks-I in Figure 11a, common in uniaxial
compression testing of brittle materials, and is also referred to as longitudinal splitting [29–31].

  
(a) Tomogram at the sample surface (b) Tomogram at 6 mm from the surface 

Figure 10. Tomographic images of the sample.
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(a) Development of tensile cracks-I 

 
(b) Development of tensile cracks-II 

Figure 11. Schematic for the formation mechanism of tensile cracks-I and -II.

Tensile cracks-II, located at the edge of the sample, has a different formation mechanism than
cracks-I. A stress wave propagates from the interior of the sample to the sample–water interface,
where it is reflected and converted into a tensile wave, since the acoustic impedance of the sample
is much higher than that of the water. This tensile stress causes tensile cracks if it exceeds the
material’s tensile strength, known as spalling damage, and is typical of blast-induced damage and
shock wave lithotripsy [32–34]. The cracks propagate further and interconnect with other cracks to
form a continuous fault plane. When the stress exceeds the frictional resistance on the plane, frictional
sliding and erosion will occur.

There were tensile cracks-I, tensile cracks-II, and extensive erosion of the sample surface (Figure 10a).
As the depth increased, the damage degree decreased, and the damage was dominated by tensile
cracks-II and erosion (Figure 10b).

3.2.2. Surface Damage Results and Discussion

Figure 12a shows the surface features of a raw sample, and Figure 12b–f show the typical surface
macroscopic damage characteristics produced by pressure waves at different conductivities. The raw
sample surface is smooth, while there are many cracks and pores on the surface of the samples crushed
by the pressure waves. As the conductivity increased from 0.5 mS/cm to 20 mS/cm, the number of
pores and the density of cracks gradually decreased.
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(a) Intact sample (b) Sample under 0.5 mS/cm (c) Sample under 5 mS/cm 

   
(d) Sample under 10 mS/cm (e) Sample under 15 mS/cm (f) Sample under 20 mS/cm 

Figure 12. Typical surface macro-damage features of samples under different electrical conductivity.

We used the cumulative area of the pores, S, to quantitatively assess the effect of electrical
conductivity on sample damage, with a higher S value indicating more significant damage. As shown
in Figure 13, the value of S decreases significantly in water with high conductivity. For example, S at
20 mS/cm conductivity is only one-fifth of the value at 5 mS/cm. This result is related to the peak
pressure of the pressure waves. The increase in conductivity leads to more energy leaking in the water,
and less energy to form pressure waves, decreasing the peak pressure, P, and the S value (Figure 14).
The P (MPa) is given in Equation (4) [35]:

P = 900

(
Epl

1000

)α
d

(4)

where Epl (J) is the electrical energy deposited into plasma channel, d (mm) is the distance between the
channel and sample surface, and α denotes a coefficient, which is 0.35 in the experiment.
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Figure 13. Cumulative pore area of samples broken by pressure waves.

Figure 14. Peak pressure generated by electrical discharge under different conductivity.

Figure 15 illustrates the relationship between the average size distribution of pores on the sample
surface and electrical conductivity. The pore size was dominated by 1 to 3 mm, and no pores
larger than 6 mm in diameter were formed when the conductivity exceeded 10 mS/cm. Intuitively,
the number of pores should be inversely proportional to the conductivity, but the number of pores
with a 1 mm diameter increased first, and then decreased. One possible explanation is that in water
with conductivities of 0.5 mS/cm and 5 mS/cm, many 1 mm pores are initiated early, but soon develop
into larger dimensions because of the higher amplitude of the pressure waves (Figure 14). Therefore,
in low conductivity, the number of 1 mm pores is fewer than that of relatively higher conductivity.
However, when the conductivity is 20 mS/cm, the peak of pressure waves is considerably reduced by
about 40%, resulting in a significant reduction in the number of pores of various sizes.
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Figure 15. Number of pores on the sample surface under different electrical conductivity.

3.3. Internal Damage Results and Discussion

The through-transmission ultrasonic inspection technique allows the measurement of damage
inside the sample, which is revealed in the reduced amplitude of received ultrasound waves, due to
internal cracks and flaws that block the propagation of ultrasound waves.

Figure 16 shows the amplitude attenuation rate of samples, Ac, at different electrical conductivity.
Each value is an average of three samples with 95% confidence interval precision. Interestingly,
we found a two-stage pattern of internal damage. The Ac experienced a significant reduction from
61.1% at 0.5 mS/cm to 37.1% at 10 mS/cm, suggesting a rapid decrease in internal damage to the
samples in this conductivity range. In contrast, there is little variation in Ac between 10 mS/cm and
20 mS/cm, indicating the number of flaws and microcracks within the samples are reducing, but at a
slower rate. This two-stage pattern is also reflected in the sample surface damage (Figure 13), where
the difference in surface damage between 0.5 mS/cm and 10 mS/cm is much more significant than the
difference between 10 mS/cm and 20 mS/cm. The positive correlation between the internal and surface
damages may suggest that pores and cracks on the surface grow downward under stress, creating new
microcracks inside the sample, and deteriorating the mechanical properties of the sample. It seems that
only when the stresses generated by the pressure wave are sufficiently higher than the compressive
and tensile strengths, severe damage occurs.

Figure 16. Amplitude attenuation rate under different conductivity.
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4. Conclusions

This paper aims to investigate the characteristics of pulse discharge and the rock damage at
different electrical conductivity, as well as the damage mechanism of pressure waves generated
by HVSD.

Our study reveals that an increase in conductivity decreased the breakdown voltage and increased
energy loss, thus decreasing the energy efficiency and the pressure wave’s magnitude. However,
the increase in conductivity reduces the difficulty and shortens the time required to form electrical
breakdown, and accelerates the generation of pressure waves. As the conductivity increased from
0.5 mS/cm to 5 mS/cm, the breakdown delay time decreased rapidly, and remained almost constant as
the conductivity increased. The sample damage exhibited a two-stage pattern in the range of 0.5 mS/cm
to 20 mS/cm. Therefore, in practice, to balance energy efficiency, electrical breakdown time, and sample
damage, the conductivity of water is preferably 5 mS/cm. The damage is mainly caused by pores and
two types of tensile cracks, which are created by induced compressive stresses and tensile stresses
induced by stress wave reflection at the mortar–water interface, respectively.

A limitation of this study is that we used the empirical formula from the literature [32] to calculate
the peak pressure of the pressure wave, rather than measuring it experimentally. However, considering
that our experimental system is the same as in the literature, the error in the peak pressure should be
quite small. Besides, we neglected the effect of confining pressure and temperature on the damage
process. In the future, we will establish an experimental system that can simulate the real stress state
in the underground environment, and conduct HVSD rock-breaking tests at different temperatures
and confining pressures to lay the foundation for the practical application of HVSD drilling technology
in the oilfield.
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Abstract: The diffusion–adsorption behavior of methane in coal is an important factor that both
affecting the decay rate of gas production and the total gas production capacity. In this paper,
we established a pore-scale Lattice Boltzmann (LB) model coupled with fluid flow, gas diffusion,
and gas adsorption–desorption in the bi-dispersed porous media of coalbed methane. The Knudsen
diffusion and dynamic adsorption–desorption of gas in clusters of coal particles were considered.
Firstly, the model was verified by two classical cases. Then, three dimensionless numbers, Re, Pe,
and Da, were adopted to discuss the impact of fluid velocity, gas diffusivity, and adsorption/desorption
rate on the gas flow–diffusion–adsorption process. The effect of the gas adsorption layer in
micropores on the diffusion–adsorption–desorption process was considered, and a Langmuir isotherm
adsorption theory-based method was developed to obtain the dynamic diffusion coefficient, which can
capture the intermediate process during adsorption/desorption reaches equilibrium. The pore-scale
bi-disperse porous media of coal matrix was generated based on the RCP algorithm, and the
characteristics of gas diffusion and adsorption in the coal matrix with different Pe, Da, and pore
size distribution were discussed. The conclusions were as follows: (1) the influence of fluid velocity
on the diffusion–adsorption process of coalbed methane at the pore-scale is very small and can be
ignored; the magnitude of the gas diffusivity in macropores affects the spread range of the global gas
diffusion and the process of adsorption and determines the position where adsorption takes place
preferentially. (2) A larger Fickian diffusion coefficient or greater adsorption constant can effectively
enhance the adsorption rate, and the trend of gas concentration- adsorption is closer to the Langmuir
isotherm adsorption curve. (3) The gas diffusion–adsorption–desorption process is affected by the
adsorption properties of coal: the greater the pL or Vm, the slower the global gas diffusivity decay.
(4) The effect of the gas molecular adsorption layer has a great impact on the kinetic process of gas
diffusion–adsorption–desorption. Coal is usually tight and has low permeability, so it is difficult
to ensure that the gas diffusion and adsorption are sufficient, the direct use of a static isotherm
adsorption equation may be incorrect.

Keywords: coalbed methane; Lattice Boltzmann method; gas diffusion; adsorption–desorption;
pore-scale
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1. Introduction

In recent years, the adsorption–desorption behavior of gases in porous media has gained
wide attention, and many theories such as single-layer adsorption, multilayer adsorption, capillary
condensation, and pore-filling have been successfully applied to many areas [1,2]. The adsorption
effect of gas–solid in nanopores of the unconventional natural gas (UNG) reservoirs is an important
factor that both affecting the decay rate of gas production and the total gas production capacity [3,4].
However, for the UNG, including shale gas, coalbed methane, due to the involved complex pore
geometries and multi-scale spatial distribution, which makes it difficult to reveal the underlying
characteristics of the gas adsorption and storage in the reservoir. Therefore, further research and deeper
understanding in this area can better cope with the challenges in the development and production
of UNG.

The coal matrix provides abundant adsorptive sites for gas molecules, which contributes greatly to
methane storage. Methane in the coal reservoir is mainly present in three states: (1) dissolved in water,
(2) as the free gas in the fractures or pores, and (3) adsorbed on the inner surface of micro-fractures
or nanopores [2]. The amount of gas in the adsorption state accounts for more than 85% of the total
gas [5]. In a typical UNG production process, free gases in fractures or large pores first diffuse out,
which was related to the rapid production cycle of a gas productivity curve [6]. However, due to the
limit of the gas diffusion rate and the desorption kinetics of gas molecules on the micropore surface [7],
the desorbed gas will dominate the subsequent gas production process. Accordingly, understanding
the gas adsorption/desorption behavior in the matrix cannot only obtain the main controlling factors
on gas adsorption/desorption and provide a theoretical basis for developing new methods to enhance
gas desorption but also can supply a reference for the optimization of production process design and
evaluation of the total gas content in reservoirs.

The migration and storage of methane in the coal matrix are closely related to pore size [8].
The International Federation of Applied Chemistry (IUPAC) classified the pore into three types:
micropore (less than 2 nm), mesopore (2–50 nm), and macropore (more than 50 nm) [9]. Typically,
Coal is a typical tight porous media, with a wide distribution of pore size, which is distributed in
the range of 1–100 nm and contains a great number of micropores, some mesopores, and a small
number of macropores [10]. Meng [5] analyzed the pore distribution of coal samples (from the Xishan
coal mining area, China) by using the static nitrogen adsorption capacity method (SY/T6154-1995)
and found that the average radius of pores in coal ranged from 7.729 to 15.338 nm, with the largest
proportion of micropore reaching 65.4%. Since the wide distribution of pore size, it is difficult to
characterize the pore structure of the coal matrix, which makes it complex to understand the behavior
of gas flow in the reservoir. At present, the most common method for simplifying the coal matrix
is to treat the matrix as a bi-dispersed porous media, which with the heterogeneous geometry and
the homogeneous material, and regardless of the specific structure and distribution characteristics
of micropores inside it, only considering its statistical characteristics, namely the porosity and the
average pore diameter [11–16]. Zhao [17] tested six groups of coal samples with middle and high rank
by applying synchrotron small-angle X-ray scattering (SAXS) and found the average pore sizes were
2.9, 5.1, 6.4, 6.9, 14.3, and 23.1 nm, respectively, and obtained the logarithmic normal distribution of
pore sizes based on Beaucage [18].

Gas adsorption behavior, which involved some complicated adsorption mechanism, is a key
factor in the coalbed methane exploitation process. However, most of the previous studies [19,20] for
investigating the gas adsorption behavior in coal were mainly based on the isothermal adsorption
equation, which can give an important reference for reservoir evaluation and numerical modeling.
Nevertheless, the isothermal data only provide static and macroscopic information, ignoring the
dynamic processes of adsorption–desorption and the detailed information of the nanoporous surface.
Do and Wang [21] observed the adsorption delay of activated carbon in the process of measuring the
adsorption and desorption equilibrium data. They believed that the adsorption of the pore surface
was non-uniform, which resulted in gas adsorption occurs not instantaneously and took some time to
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reach equilibrium. These above indicated that the time scale between the process of gas adsorption and
gas diffusion was comparable [21,22]. Besides, gas flow in coal reservoirs usually involves multiple
physical processes, including fluid dynamics, thermodynamics, chemical kinetics, and electrodynamics
(because most natural media surfaces are charged), all of which are ultimately governed by interface
phenomena at the pore-scale [23]. Since the length scale of the coal matrix is much larger than the
typical pore or mineral particle sizes, the pore size inside the matrix differs greatly from the outside.
Therefore, the continuity formula based on the spatial average is often employed to characterize the
matrix, and the spatial heterogeneity of the smaller scale can be ignored.

The present work is based on the Lattice Boltzmann method (LBM). LBM originated from classical
statistical physics and is a mesoscopic method based on simplified dynamic equations. In LBM, fluid
flow is simulated by a series of virtual particles that propagate and collide on discrete lattice domains.
Through rigorous mathematical analysis, mesoscopic continuity and momentum equations can be
obtained from this propagation and collision dynamics. Particle properties and local dynamics provide
advantages for complex boundaries and parallel computing. Besides, the dynamic nature of LBM
makes new physical considerations in the LBM framework easy, which is especially useful for building
multi-physical phenomena. Using the multi-scale expansion technique (Chapman–Enskog), the LB
equation can be recovered to the Navier–Stokes equation under the incompressible limit, and the LB
equation of mass transport can be recovered to the advection–diffusion equation [24,25]. Nowadays,
the LB method has been successfully applied to a variety of fluid flow and gas transport phenomena,
such as fluid flow, turbulence, multiphase multicomponent flow, particle suspension, heat transfer,
and diffusion–reaction flow in porous media [26–31].

The adsorption characteristics of coalbed methane in the reservoir are affected by many factors,
such as fluid flow, gas transport, gas adsorption/desorption, etc. In this paper, a multi-component
gas flow–diffusion–adsorption coupled LB model was established to investigate the effects of fluid
flow, gas transport, adsorption/desorption on adsorption, and adsorption-induced matrix diffusion
coefficients and porosity.

2. Lattice Boltzmann Method

Coal is a low-permeability porous media with pore systems ranging from fractures (cleats) to
nanopores. The present work focuses on the modeling of multi-scale systems with considering the
gas viscous flow in macropores and Fick diffusion in the matrix, besides, the Knudsen diffusion and
adsorption kinetics in nanopores inside the matrix is also included in the simulation. Due to the gas
velocity under typical reservoir condition is very low and the Mach number is far less than 0.3, it
acceptable to describe the methane flow in the coal matrix under the incompressible limit [24].

2.1. The LB Equation for Fluid Flow

The LB method for gas viscous flow at pore-scale can be expressed as follows [32]:

fi(x + eiδt, t + δt) − fi(x, t) = −1
τ
[ fi(x, t) − f eq

i (x, t)] (1)

f eq
i = ρωi[1 +

ei · u
c2

s
+

uu : (eiei − c2
s I)

2c4
s

] (2)

where fi is the discrete density distribution function, f eq
i is the local equilibrium function, ei is the

discrete velocity of the particle, cs is the lattice sound velocity, c is the sound velocity, τ is the relaxation
time, ωi is the weight coefficient, and δt is the time step.
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2.2. The LB Equation for Gas Diffusion–Reaction

For the process of methane transport, it is acceptable to employ the passive scalar LB model due
to the gas velocity in the reservoir is low enough and its effect on solution density and velocity can be
negligible [25]. Therefore, gas transport in the reservoir with adsorption can be described as follows:

gi(x + eiδt, t + δt) − gi(x, t) = − 1
τg

[gi(x, t) − geq
i (x, t)] +ωiRsδt (3)

geq
i = Csωi[1 +

ei · u
c2

s
] (4)

where gi is a discrete concentration distribution function; geq
i is the corresponding local equilibrium

distribution function; τg is the diffusion-related relaxation time; Rs is the source/sink term associated
with gas adsorption/desorption.

For the standard LB equation, the macroscopic density and velocity can be defined as ρ =
∑
i

fi,

ρu =
∑
i

fiei, the concentration can be defined as Cs =
∑
i

gi. Using the Chapman–Enskog technique

to expand the LB equation of viscous flow, and with p = c2
sρ, μ = c2

s (τ− 0.5)δt the Equations (1)
and (2) can recover the Navier–Stokes equation under the incompressible limit. Similarly, the LB
equation of diffusion-reaction with Ds = c2

s

(
τg − 0.5

)
δt, the Equations (3) and (4) can recover the

advection–diffusion equation with a source/sink term.
The diffusion coefficient is a key parameter for the gas transport process in porous media.

According to the previous study [33], diffusion coefficients can be divided into Knudsen diffusion
coefficients (KDC), corrected diffusion coefficients (CDC), and Fickian diffusion coefficients (FDC).
The KDC can be employed to describe the phenomenon of random walk and the CDC corresponding
to the chemical potential-driven diffusion, and the FDC is usually adopted to concentration-driven
diffusion. The KDC is more closely related to the microscopic features of molecules, while FDC is more
directly related to the macroscopic transport of mass, which is more experimentally available.

At pore-scale, gas diffusion coefficients related to methane migration in the coal matrix includes
FDC and KDC. The FDC can be obtained by experiment, and based on the parallel capillary model of
porous media, the KDC can be written as [34]:

DK =
2r
3

√
8RT
πM

(5)

where R is the gas constant, T is the temperature, M is the molar mass of the gas, and r is the radius of
the capillary.

When adsorption is considered, since gas molecules are adsorbed on the inner surface of the
nanopore, the cross-sectional area of the free gas transfer is reduced, and the porosity associated with
the pore pressure in the coal matrix is decreased. Xiong et al. [35] proposed an effective capillary radius
of the adsorption layer for the single capillary of porous media:

re f f = r− dm
p

p + pL
(6)

where dm is the diameter of the methane molecule, e.g., dm = 0.38 nm [35]; p is the pressure, Pa; pL is
the Langmuir pressure, Pa; and p/(p + pL) is the adsorption saturation of the pore surface.

The model is based on the Langmuir isotherm adsorption equation, which corrects the influence
of gas molecular radius and adsorption saturation on the effective radius of the pore but ignores the
time effect of concentration/adsorption in the adsorption process. In the present work, the adsorption
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saturation is introduced by the ratio of the instantaneous adsorption amount to the saturated adsorption
amount, and the effective pore radius is then considered:

re f f = r− dm
V(x, t)

Vm
(7)

where Vm and V are the saturated adsorption amount and the adsorption amount at a current
time, respectively.

The modified effective porosity of the capillary can be written as:

εe f f = ε0

r2
e f f

r2 (8)

Due to the complex geometric composition of coal, the effects of porosity and tortuosity of the
porous media also should be considered. Therefore, effective KDC can be given by:

De f f =
ε
τw

DK =
ε0

τw

r2
e f f

r2
2r
3

re f f

r

√
8RT
πM

=
ε0

τw

r3
e f f

r3 DK (9)

where ε0 is the initial porosity of the coal matrix and τw is the tortuosity.

2.3. Langmuir Adsorption Kinetic Equation

The adsorption mechanism of gas in coal is very complicated, and various adsorption forms
coexist [2], such as monolayer adsorption, multi-layer adsorption, capillary condensation, and capillary
filling, etc. At present, many adsorption models have been established and applied to the methane–coal
adsorption, among them, the Langmuir isothermal adsorption model is the most commonly used
one [2,36,37]. In this paper, we employ the Langmuir adsorption kinetics equation to control the
evolution of gas adsorption–desorption:

∂V
∂t

= kaC(Vm −V) − kdV (10)

where ka and kd are the adsorption and desorption rate constants, respectively.
The methane–coal adsorption of coal is typical physical adsorption and is a reversible process [21],

which means that there are simultaneous gas adsorption and desorption in adsorption sites. At a
specific time, if ∂V/∂t < 0, the adsorption rate is lower than the desorption rate, the gas desorption
from pores; if ∂V/∂t > 0, the adsorption rate is greater than the desorption rate, the net gas adsorption
amount increases; when ∂V/∂t = 0, the right part of the Equation (10) can recover the classical
Langmuir isotherm adsorption equation:

V =
Vmp

p + PL
=

VmC
C + CL

(11)

where p is the gas pressure, p = CMc2
s , Pa; CL is the concentration corresponding to the Langmuir

pressure, CL = kd/ka, mol/m3.
It can be found that pL is only related to the ratio of ka and kd and independent of their magnitude.

The value of ka, kd, pL can be determined based on the experiment, and anyone can be obtained from
the other two of them.

To consider the gas–solid dynamic adsorption process, we developed a LB model to realize
the adaptive conversion of gas in porous media between adsorption and desorption based on the
model proposed by He [38]. In the model, each site in the porous media can be considered as a good
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adsorption position, the Langmuir rate equation can be incorporated into Equation (3) through a
source/sink term:

Rs =
∂V
∂t

= kaC(Vm −V) − kdV (12)

In the evolution of the LB equation, the amount of gas adsorption/desorption is updated with
time, and the new amount can be obtained from a first-order difference scheme of Equation (10):

Vt+1 −V = δt[kaC(Vm −V) − kdV] (13)

Recently, the bi-dispersed porous media has been drawn wide attention due to the similar pore
size distribution and fractal characteristics with the geometric characteristics of coal. The bi-dispersed
porous structure of the coal matrix, as shown in Figure 1, is composed of clusters, which are
agglomerated by small particles. In the bi-dispersed porous media, there are numerous intraparticle
pores within the clusters, which contain micro- and mesopores, and some interparticle pores between
the clusters, mainly macropores. The previous study has been reported that the micro- and mesopores
will play an important role in methane adsorption, and the macropores act primarily as transport
channels [2]. The fluid flow and gas diffusion in macropores are governed by the double distribution
LB equation; due to the pore size of the clusters being extremely small, the effect of Knudsen diffusion
and adsorption should be considered.

 

Figure 1. Schematic of the bi-dispersed porous structure of the coal matrix. Note that the scanning
electron microscope (SEM) image of coal is copied from reference [39].

3. Physical Model and Verification

In this paper, the D2Q9-LB model is used to describe fluid flow and mass transfer. Firstly, the
validity of the model is verified by two classic single-channel steady-state flow models, the diagram
of the convection–diffusion system with surface adsorption reaction is shown in Figure 2. The size
of the first model is set to 200 × 100, the parabolic flow rate is set at the inlet, umax = 0.06; the initial
concentration in the field is 0, the gas with a diffusion coefficient of 1/6 spreads from the left, the inlet
concentration is 1, the outlet boundary is set to ∂C/∂n = 0, and the Henry adsorption kinetic boundary
condition is set at the bottom boundary [40,41]:

Ds
∂C
∂n

= kC (14)
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The Lévesque analytical solution after the adsorption has stabilized is:

L
C0

∂C
∂n

= 0.854(
umaxL2

xDs
)

1/3

(15)

The comparison between the LB results and the analytical solution are shown in Figure 3a. The LB
result agrees well with the analytical solution except for slight deviations at the entrance due to
the singularity.

Figure 2. Diagram of the convection–diffusion system with surface adsorption reaction.

 
(a) (b) 

Figure 3. Comparison of the present LB results and the analytical solution. (a) Comparison of the
LB results and the analytical solution of Henry adsorption. (b) Comparison of the LB results and the
analytical solution of the Langmuir isotherm adsorption.

The size of the second model is set to 100 × 100. There is a 40 × 40 solid block in the center of the
flow field, which represents a cluster of coal particles. Assuming that the solid block is a homogeneous
material, the internal micro- and nanopores adsorb gas molecules follow the Langmuir adsorption rate
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equation [42]. The fluid is driven by a pressure gradient, ∇p = 0.01, ignoring the fluid velocity inside
the solid block (u = 0, v = 0), the four boundaries are all periodic boundaries; the initial concentration
in the field is C0 = 0, the gas diffuses from the left, the concentration at the inlet is unity, the diffusion
coefficient inside and outside the solid is consistent, the diffusion coefficient is 1/6, and the other
boundaries are set to ∂C/∂n = 0. Three sets of simulations with different adsorption constants were
carried out, respectively. The simulation results are shown in Figure 3b. The LB results fit well with
the Langmuir isotherm adsorption curves.

4. Results and Discussion

4.1. Diffusion –Adsorption of Gases in Simple Porous Media

In this paper, a simplified bi-dispersed porous media model is taken as an example to investigate
the effects of fluid flow, gas diffusion (Fickian diffusion), and gas adsorption/desorption on the coupling
process. As shown in Figure 4, the simulated area is 200 × 200, and the resolution of each grid is 10 nm.
There are 16 clusters of coal particles with a length of 30 × 30 distributed in the field.

 

Figure 4. The simplified 2D reconstructed geometry of the coal matrix.

The fluid is driven by the pressure gradient, and the boundaries are set as the periodic boundary
conditions. Besides, the left entrance of the field is set to the fixed concentration boundary (C = C0),
the other boundary condition is set to ∂C/∂n = 0, and the initial concentration in the field is 0. Since
the extremely low permeability and low porosity of the coal seam, fluid velocity inside the clusters of
coal particles is low enough to assume the clusters as an impermeable material (u = 0). Gas transport
inside the clusters in the form of the Knudsen diffusion and gas–solid adsorption/desorption only
occurs in micropores inner the clusters. The local adsorption amount and concentration update with
time. Due to the interaction between the adsorptive sites and the gas molecules that do not cause
a sharp change during the period, the numerical stability in the adsorption process can be ensured.
The specific parameters in the simulation are shown in Table 1.
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Table 1. The input parameters in the simulation.

Simulation area L × L (um × um) 2 × 2
Gas density ρg (kg/m3) 0.7
Gas viscosity ν (Pa·s) 1.12 × 10−5

Coal density ρc (kg/m3) 1400
Pressure gradient p (MPa/m) 0.46
Input concentration C0 (m3/t) 1.6 × 10−2

Gas diffusion coefficient in micro-fracture Ds (m2/s) 7.84 × 10−5

Langmuir volume Vm (m3/t) 20
Gas desorption constant kd (/s) 2.94 × 106

Langmuir pressure PL (MPa) 2

Note: the relevant parameters in the table are taken from typical geological exploration data of coal reservoir in
Qinshui Basin [43]; the adsorption and desorption constant is from reference [41,44].

For the sake of analysis, three dimensionless numbers, namely the Reynolds number (Re), Péclet
number (Pe), and Damkohler number (Da), choose to quantitatively analyze the effects of fluid flow,
gas diffusion, and adsorption/desorption on the coupling process. This cannot only quantify the
simulation results but also extends the results to other similar situations based on the characteristics
of the dimensionless number. Where Re = UL/ν, Pe = UL/Ds, Da = kdL2/Ds, and U, L is the
characteristic velocity and length of the system, respectively. In the simulation, the Re characterizes
fluid flow, the Pe represents the relative proportion of advection and diffusion, and the Da describes
the relative time scale of adsorption and gas diffusion in the system. In the present work, five kinds of
combinations of Re, Pe, and Da are used to investigate the effects of the combination of fluid flow, gas
diffusion, and gas–solid adsorption in the adsorption process: (i) Re = 5.25 × 10−2, Pe = 7.5 × 10−2,
Da = 1.5, (ii) Re = 5.25 × 10−3, Pe = 7.5 × 10−3, Da = 1.5, (iii) Re = 5.25 × 10−3, Pe = 7.5 × 10−4, Da = 0.15,
(iv) Re = 5.25 × 10−3, Pe = 7.5 × 10−5, Da = 0.015, (v) Re = 5.25 × 10−3, Pe = 7.5 × 10−5, Da = 0.15.
The simulation results are shown in Figure 5.

 

(a) 

Figure 5. Cont.
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(b) 

Figure 5. Concentration and adsorbed amount magnitude distribution. (a) Gas concentration
distribution and (b) adsorbed amount distribution.

Figure 5 shows the gas concentration and adsorbed amount distribution of the five cases,
respectively. We can observe that: (i) The influence of concentration distribution for fluid flow and gas
diffusion is non-uniform in the field; a large number of gases accumulate near the inlet and the effect
on the rest area is limited by the gas diffusivity. Gas adsorption mainly occurs on the first column of
the solid particles, and the maximum adsorbed amount appears near the solid wall facing the inlet
boundary. The adsorbed amount on the solid particles along the flow direction decreases gradually.
(ii) When the fluid velocity is reduced by 10 times and the other conditions are maintained unchanged,
the performance of gas diffusion–adsorption is almost identical to that of the case (i), which indicates
that the fluid flow rate is not a main controlling factor. (iii) As the gas diffusion rate increases by
10 times only, the extent of gas adsorption effects is increased, and a more uniform concentration
gradient is presented along the flow direction. The appearance of gas adsorption is similar to gas
diffusion, which indicates that this is an adsorption-limited diffusion process. (iv) The Pe and Da
number are both small (the FDC is increased by 10 times, other conditions are maintained unchanged),
the gas diffusion rate is relatively large, the gas concentration distribution of the whole system is more
consistent, the gas adsorption of the organic particles expands evenly from the boundary, and the
adsorption amount of all particles is almost identical, which means the diffusion process is limited by
the adsorption rate and the adsorption rate is low enough to keep the concentration field uniform at
all times so that adsorption on all solid walls occurs uniformly. The results of cases (ii)–(iv) indicate
that the magnitude of the FDC determines the distribution of the gas concentration and the location
of the adsorption, which has a significant effect on the adsorption. (v) When the Pe number is small,
but the Da number is large (which means the adsorption constant is increased by 10 times compared
with the former case, other conditions are maintained unchanged), a higher inlet concentration and
adsorption rate can accelerate the concentration update in the field, the adsorption intensity is higher,
the adsorption occurs uniformly, and the adsorption amount increases remarkably.

By comparing the results of the case (i) and (ii), it can be found that the fluid velocity is not the main
controlling factor in the methane migration and adsorption process at the pore-scale. The difference
among the results of the cases (ii)–(iv) indicates that the magnitude of the FDC controls the extent
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of the gas diffusion, affecting the position and form of adsorption (whether uniform adsorption).
The results of the case (iv) and case (v) show that the magnitude of the adsorption constant determines
the adsorption strength/rate of the clusters of the coal particles.

4.2. Diffusion–Adsorption of Gas in 2D Reconstituted Porous Media

Coal has a complex pore structure and is difficult to characterize. In this section, the coal matrix is
reconstructed based on the Random Circles Packing (RCP) algorithm. The reconstruction process is
controlled by the random growth kernel and porosity, and the reconstructed image is shown in Figure 6.
Due to the existence of the nanopores in the clusters of the coal particles, the effect of adsorbed gas
molecules on internal pores of the clusters (adsorption layer effect) should be considered, and other
conditions are set in the same way as in Section 4.1.

 

Figure 6. The reconstructed bi-dispersed porous media based on the Random Circles Packing
(RCP) algorithm.

From the results of Section 4.1, it can be found that the adsorption is limited by the FDC and
the adsorption constant, both of which are related to the time. This section employed the adsorption
saturation (Equation (8) to update the effective pore radius and investigated the impact of the effective
KDC and adsorption constant on the adsorption process and compared the corresponding results with
Xiong’s model [35]. The simulation results can be seen in Figures 7–9.

 
(a) (b) (c) 

Figure 7. Simulation results at 500,000 steps. (a) The fluid velocity distribution, (b) the gas concentration
distribution, and (c) the gas adsorption amount.

Figure 7 shows the simulation results at 500,000 steps as follows: (a) the fluid velocity distribution,
(b) the gas concentration distribution, and (c) the gas adsorption amount, respectively. It illustrates
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that the gas diffusion behavior inside and outside of clusters of the coal particles is quite different.
Outside the clusters, the diffusivity is large and gas diffusion is relatively uniform. While inside the
clusters, due to the limitation of the pore size, the diffusion process is very slow, leading to the big
concentration difference, and thus an amount of gas accumulated near the interface. Consequently, the
gas adsorption first occurs at the periphery of the particle, and then slowly advances inward. In the
simulation, the impact of the fluid flow on gas diffusion and adsorption is negligible due to its weak
effect at the pore-scale, which has been proved in Section 4.1. Therefore, only the influence of the Pe
and Da are discussed in the following. For the sake of comparison, we defined an average diffusion
coefficient of the clusters of coal particles to describe the global gas diffusion characteristics:

DOM(t) =
∑

x

∑
y

De f f (x, y)/Wsum (16)

where De f f (x, y) is the effective KDC at a position (x,y) at a certain time and Wsum is the total area of
clusters in the region.

Figure 8a shows the variation of the global diffusion coefficient (GDC) for nine groups of Pe and
Da (at 11.2 million steps), respectively. The GDC of the organic particle is normalized by the inherent
KDC, DOM,0 (which ignores the effect of the gas adsorption layer). It can be found that with the Pe
increased, the local gas diffusivity drops due to the gas adsorption was limited by diffusion, and the
decay rate of the GDC becomes slow. When Pe remains unchanged, the local adsorption/desorption
rate is accelerated as Da is increased, resulting in the gas molecules quickly filled the nanopores and the
process of gas adsorption–desorption reaching dynamic equilibrium, and the GDC decay rate becomes
faster. From the trend of groups 4–9 (red and black lines), we can find that the decay of the GDC will
eventually reach a unified value. Groups 1–3 (blue lines) will also reach this unified value but will take
a relatively long time.

To further explore the effect of the adsorption/desorption rate on the adsorption process, Figure 8b
separately extracted three sets of data at Pe = 7.5 × 10−4 and compared with the results obtained by the
method based on the Langmuir isotherm adsorption equation (the red line). Due to the time for the
gas diffuse to the adsorptive site was ignored, the GDC decay rate of the Langmuir equation reaches
the maximum value. However, sufficient time is required for gas to diffuse to an adsorptive site,
even the pressure of the site reaches a specific value, the adsorption amount will not immediately
reach the corresponding amount calculated by the Langmuir isothermal adsorption equation, which
is just a maximum amount of gas that can be adsorbed under the pressure conditions. For a coal
matrix with a fixed space size, due to the limited gas adsorption amount, the results obtained by the
kinetic diffusion–adsorption–desorption model will eventually return to the analytical solution of the
static isotherm adsorption equation with sufficient time; however, coal is usually tight and has low
permeability, so it is difficult to ensure that the gas diffusion and adsorption are sufficient, the direct
use of static isotherm adsorption equation may be incorrect.

Figure 8c,d show the effects of pL and Vm on diffusivity, respectively. It shows that the greater
the pL or Vm, the slower the GDC decay. This is because the pL is related to the ability of gas–solid
adsorption and desorption: the greater the pL means the faster the increment of the desorption rate
than the adsorption rate, and the greater the Vm, the greater the adsorption capacity.
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(a) (b) 

 
(c) (d) 

Figure 8. Changes of the global diffusion coefficient (GDC) with the adsorbed layer. (a) The variation
of the GDC for 9 groups of Pe and Da, (b) the variation of the GDC at Pe = 7.5 × 10−4, (c) the effect of pL

on diffusivity, and (d) the effect of Vm on diffusivity.

The pore radius is a key parameter that affects the diffusion performance of gas in clusters.
This section assumes that the pore size distribution inside the clusters conforms to the logarithmic
normal distribution law, and we employed 6 groups of the typical pore size distribution of coal to
investigate the dynamic effect of pore size on gas diffusion, as shown in Figure 9—the corresponding
results can be seen in Figure 10.
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Figure 9. Pore size distribution with different median and logarithmic standard deviation.

Figure 10. The variation of the GDC with the different pore size distribution.

Figure 10 shows the GDC variation of clusters with different pore size distributions. It can be
found that as the median or logarithmic standard deviation σ increases, the GDC decreases more
slowly, and the final value of the steady-state is smaller. The main reason for this phenomenon is that
the greater of the median or σmeans a wider range of pore radius distribution, which is with a higher
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proportion of pores with larger pore diameters in the particles. The blocking effect of the adsorbed gas
molecules on the pore space will be weaker.

In Section 4.1, the characteristics of gas flow–diffusion–adsorption with different characteristic
parameters Re, Pe, and Da were visualized through a simple bi-dispersed porous media. In Section 4.2,
the influence of different parameters on the gas diffusion–adsorption process is analyzed. This paper is
a continuation of our previous studies [45], which studied gas transport in a coal reservoir with dynamic
adsorption. The results further explain the effects of Langmuir pressure and volume, matrix porosity
on the methane diffusion–adsorption process at pore-scale. What’s more, Chen [46] investigated the
impact of various parameters on the production of coalbed methane at the macroscale and found that
gas-production rate increases with Langmuir pressure, matrix porosity, and desorption rate, which is
consistent with the results of this paper and verifies the correctness of the results.

In the research, many key parameters of coalbed methane, such as Langmuir pressure and volume,
cover a relatively wide range. Moreover, due to many characteristics, including geological environment,
complex components, fractures, etc., of coal are excluded at pore-scale, the results obtained can be
widely applied in the coalbed methane exploitation.

5. Conclusions

In this paper, we established the pore-scale LB model coupled with fluid flow, gas diffusion,
and gas adsorption–desorption in the bi-dispersed porous media of coalbed methane. The Knudsen
diffusion and dynamic adsorption–desorption of gas in clusters of coal particles were considered.
Firstly, the model was verified by two classical cases. Then, three dimensionless numbers, Re, Pe, and
Da, were adopted to discuss the impact of fluid velocity, gas diffusivity, and adsorption/desorption rate
on the gas flow–diffusion–adsorption process. The effect of the gas adsorption layer in micropores on
the diffusion–adsorption–desorption process was considered, and a Langmuir isotherm adsorption
theory-based method was developed to obtain the dynamic diffusion coefficient, which can capture
the intermediate process when adsorption/desorption reaches equilibrium. The pore-scale bi-disperse
porous media of coal matrix was generated based on the RCP algorithm, and the characteristics of
gas diffusion and adsorption in the coal matrix with different Pe, Da, and pore size distribution were
discussed. The conclusions were as follows:

(1) The influence of fluid velocity on the diffusion–adsorption process of coalbed methane at the
pore-scale is very small and can be ignored; the magnitude of the FDC affects the spread range of
gas diffusion and the process of adsorption and determines the position where adsorption takes
place preferentially.

(2) The magnitude of the adsorption constant controls the strength/rate of gas adsorption. A larger
FDC or greater adsorption constant can effectively enhance the adsorption rate, and the trend of
gas concentration- adsorption is closer to the Langmuir isotherm adsorption curve.

(3) The gas diffusion–adsorption–desorption process is affected by the adsorption properties of coal.
The specific performance is that the greater the pL or Vm, the slower the GDC decay. This is
because the pL is related to the ability of gas–solid adsorption and desorption, the greater the pL

means the faster the increment of the desorption rate than the adsorption rate, and the greater the
Vm, the greater the adsorption capacity.

(4) The effect of the gas molecular adsorption layer has a great impact on the kinetic process of gas
diffusion–adsorption–desorption. For a coal matrix with a fixed space size, due to the limited gas
adsorption amount, the results obtained by the kinetic diffusion–adsorption–desorption model
will eventually return to the analytical solution of the static isotherm adsorption equation with
sufficient time; however, coal is usually tight and has low permeability, so it is difficult to ensure
that the gas diffusion and adsorption are sufficient, the direct use of static isotherm adsorption
equation may be incorrect.
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In the research, many key parameters of coalbed methane, such as Langmuir pressure and volume,
cover a relatively wide range. Moreover, due to many characteristics, including geological environment,
complex components, fractures, etc., of coal are excluded at pore-scale, the results obtained can be
widely applied in the coalbed methane exploitation.
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Abstract: An integrated geological and geophysical approach is presented for the recognition of
unconventional targets in the Miocene formations of the Carpathian Foredeep, southern Poland.
The subject of the analysis is an unconventional reservoir built of interlayered packets of sandstone,
mudstone and claystone, called a “heterogeneous sequence”. This type of sequence acts as both
a reservoir and as source rock for hydrocarbons and it consists of layers of insignificant thickness,
below the resolution of seismic data. The interpretation of such a sequence has rarely been based
on seismic stratigraphy analysis; however, such an approach is proposed here. The subject of
interpretation is high-quality seismic data of high resolution that enable detailed depositional
analysis. The reconstruction of the depositional history was possible due to the analysis of flattened
chronostratigraphic horizons (Wheeler diagram). The identification of depositional positions in a
sedimentary basin was the first step for the indication of potential target areas. These areas were also
subject to seismic attribute analysis (sweetness) and spectral decomposition. The seismic attribute
results positively verified the previously proposed prospects. The results obtained demonstrate that
the interpretation of the Miocene sediments in the Carpathian Foredeep should take into account the
depositional history reconstruction and paleogeographical analysis.

Keywords: seismic interpretation; depositional environments characteristics; Wheeler diagram;
seismic attributes; heterogeneous sequence

1. Introduction

The terms “heterolithic bedding” or “heterogeneous sequence” are used commonly in the
description of sedimentary series that are built of interlayered packets (laminae or lenses) of sandstone,
mudstone and claystone. The heterogeneous sequence is not only a reservoir rock, but also a source
rock that exhibits a high concentration of total organic matter [1–4]. The thicknesses of the separate
intervals can be various, from millimeters to decimeters [5,6]. Considering the ratio of sandstone to
mudstone, the thickness of the layers and the frequency of their appearance (i.e., the frequency of
sandstone layers appearing in mudstone intervals), various types of heterogeneous sequences can be
defined. The increasing interest in the heterogeneous sequence in the Carpathian Foredeep is due
to the recent discoveries of gas fields [7–9]. Gas flows are present for intervals of low porosity and
permeability, which, in well log analysis, are associated with low gas saturation. These intervals are
challenging for well log interpretation. The low resolution of well log data and the high clay content
associated with these sequences strongly influence the results. The data often suggest increased water
content in the heterogeneous sequence, while high dry gas flow is measured in gas tests. For this reason,
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an interpretation of the heterogeneous sequence based on other geophysical data and comprehensive
depositional architecture analysis is needed.

The Carpathian Foredeep is part of a huge Pannonian Basin System (PBS) that is the subject
of extensive geological analysis in the aspects of conventional and unconventional reservoirs.
The Carpathian Foredeep area is not as detail differentiated in terms of stratigraphy and lithology as
other parts of the PBS [10–13].

In our work, we present a seismostratigraphic-based approach for indicating the possible
gas-bearing intervals within the heterogeneous complex. These sequences make standard well log
interpretation difficult due to the substantial horizontal and vertical variations in terms of lithology and
position in a sedimentary basin. Moreover, low-resolution seismic data cannot be used for the reliable
interpretation of these sequences within the Miocene sediments [14]. The seismic data presented in
this study, however, have a higher than average resolution, therefore enabling a detailed depositional
interpretation. In comparison to the previously published works [7,8,15] the presented data were
designed to increase the resolution of a seismic image significantly. Only with such detailed seismic
data is it possible to proceed with depositional analysis, which, in terms of heterogeneous sequences,
yields accurate results.

Chronostratigraphic interpretations of the high-resolution seismic data and Wheeler diagrams
(chronostratigraphic horizons identification and flattening) enable the definition of geometrical relations
within the analyzed interval. With such an approach, it was possible to define the elements of the
depositional architecture, such as slope fans, basin floor fans and barriers, then identify the depositional
sequences [16,17]. Such an analysis is crucial for understanding the depositional architecture of the
wider area, as well as facial change definitions that might enable us to understand the paleogeography
and paleoenvironment of the Miocene succession, which could lead to hydrocarbon prospecting.
The number of conventional hydrocarbon reservoirs within the Miocene formations recently started
to decease, and fewer conventional prospects have been discovered in the last few years, hence the
need to change the approach and begin an interpretation focused on unconventional, heterolithic
targets [18]. Such a situation enforces the need for the development of an alternative methodology
suited to heterogeneous sequences.

In order to indicate the possible gas-saturated intervals, we incorporated the spectral decomposition
technique, which uses the concept of attenuative properties in relation to frequency modulations of
gas-bearing sequences [19]. Similarly, we incorporated a sweetness attribute (based on instantaneous
trace analysis), which was proven to give reliable results in clastic deposits [20].

The final set of hydrocarbon prospects was verified by the identification of the depositional
architecture elements and their position within the sedimentary basin. Simultaneously, attribute
analysis was performed in order to cross-check the prospected target areas. The results imply that,
for the heterogeneous sequence definition, the chronostratigraphic approach plays a key role and
should be routinely applied to the Miocene sediments of the Carpathian Foredeep.

2. Geological Setting and Data Description

2.1. Geological Setting, the Survey Area

The study area is located in southern Poland within the central part of the Carpathian Foredeep
area (Figure 1).
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Figure 1. Geological map of the studied area: (a) generalized map of the Carpathian system range,
after Picha [21] (modified); (b) location of the research area against the range of the Carpathian Foredeep
in Poland; ranges of geological units according to Porębski and Warchoł [22].

The oldest structural stage in the research area is represented by a series of Neoproterozoic
anchimetamorphic rocks. The Ediacaran age of that complex is confirmed by the results of
micropaleontological analyses carried out on samples from the boreholes [23,24]. The middle stage
is composed of Meso-Paleozoic rocks of a considerable summary thickness up to 2000 m. In the
southern part of the analyzed region, directly on the Ediacaran interval, the Lower Paleozoic deposits
(Ordovician and Silurian) are situated, but their ranges are not well documented by deep boreholes and
insignificant thicknesses (based on well log data and seismic interpretation between 20–100 m) [25,26].
Higher up in the profile lie the carbonate series of Devonian and Carboniferous sediments [27,28].
The Mesozoic interval is represented by carbonate and clastic Triassic sediments, and above them lie
the carbonate complexes of the Jurassic and Cretaceous periods [29–31].

The youngest structural stage is formed by the Miocene formations (Badenian–Sarmatian),
which were initially deposited in the Carpathian Foredeep basin. The sedimentary basin of the
Carpathian Foredeep was a fragment of a large foreland graben basin stretching along the whole
Carpathian arc. The complex of autochthonous Miocene strata in the research area can be divided into
three main units: the Lower Badenian clastic sub-evaporite series, the Upper Badenian evaporite series
and the Upper Badenian–Sarmatian clastic series [32,33].

The sub-evaporite sediments, distinguished as the Skawina Formation [34], are mainly represented
by a set of claystone and mudstone, with thicknesses up to a few dozen meters. The genesis of the
Badenian evaporite series is connected with the Badenian Salinity Crisis (BSC), which probably
commenced due to a rather sudden drop in sea level due to global cooling [35–38]. The sulphate
rocks (gypsum and anhydrite) are distinguished as the Krzyżanowice Formation [34]. The siliciclastic
sediments, classified as the Machów Formation [32–34], are an essential part of the autochthonous
Miocene profile in the analyzed region of the Carpathian Foredeep. This formation manifests significant
lithofacial diversity. The Machów Formation is assigned to NN6/NN7 calcareous nano plankton
zones, although some authors qualify the uppermost part of this formation up to NN9 [39]. A detailed
seismostratigraphic analysis of the middle part of the Machów Formation is the main subject of
this article.
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2.2. Definition of Heterogeneous Sequence

Lis and Wysocka [40], on the basis of well data analysis, show that the Carpathian Foredeep
region is defined by three main types of heterogeneous sequences:

1. dominated by mudstone;
2. with an approximately equal proportion of sandstone/siltstone and mudstone;
3. dominated by sandstone and siltstone.

The specific types of bedding are characteristic of the heterogeneous sequence, predominantly
flaser, wavy and lenticular laminations that are created by the interchanging deposition form traction
and suspension. During the traction-based sedimentation, sand and silt fractions dominate with
small-scale cross-bedding or planar bedding. The suspension-based sedimentation favors the deposition
of mudstone and claystone without lamination, as well as flaser, wavy or lenticular laminations.

The heterogeneous sequence is commonly found in the Miocene sediment profile in the central
part of the Carpathian Foredeep. The sequences might be present in many depositional environments
and at various depths, even though they are mostly associated with shallow and tidal regions [41–45].
In the study area, the heterogeneous sequences are typical for the studied part of the Miocene complex.

In the analyzed interval, we can define the existence of the heterolithic facies with all depositional
zones, from shallow to deep water environments. The interpreted interval reveals diverse and dynamic
facial changes observed at the chronostratigraphic horizons and defined in the Wheeler diagram.
The geometrical analysis of these chronostratigraphic horizons enables uniformly defined diagnostic
elements of the depositional architecture, such as shelf, shelf margin, slope and basin floor, associated
to the sedimentation environments [46,47].

2.3. Data Description

The seismic data used for the project are 3D seismic data that were acquired in 2015 and processed
in 2016 by Geofizyka Kraków SA, Kraków, Poland for the Polish Oil and Gas Company. The survey
covered the area of about 150 km2 and was obtained by both dynamite and vibroseis methods.
The research area covered approximately 150 km2; the analyzed seismic section is situated in the
southern part of the seismic survey (Figure 1) in a part that was obtained by the vibroseis method.
The data were processed with a relative amplitude preservation scheme, and the resulting volume is a
migrated seismic section in the time domain with a sampling rate of 2 ms. The volume was calibrated
to the geological information with the use of 15 wells with sonic logs that exist within the survey area.
The presented seismic section is situated away from the well data.

3. Methods

3.1. Depositional Analysis

The method is based on seismic sequence stratigraphy and depositional sequence characterization.
A depositional sequence is understood as a lithostratigraphic unit that was deposited during a specific
depositional episode in a sedimentary basin. Each seismic horizon is associated with a certain position
within a depositional sequence. The chronostratigraphic horizons can be linked with a specific element
of the paleoenvironment within the sedimentary basin.

The seismic volume was subject to depositional sequence interpretation. It should be noted that
the sequence stratigraphy analysis based on seismic volume is less detailed than the interpretation
based on well and outcrop data.

The first step of the analysis was to define a set of seismic sections to find those in directions parallel
to the transportation of sediments to the basin. For the analysis, several sections were chosen. The area
of analysis was limited to an exact time range by two seismic horizons. Afterwards, the apparent dip
in seismic reflections was computed, and the resulting seismic volume enabled us to proceed to the
next step, which was a chronostratigraphic horizon extraction. According to the information about
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the apparent dip and its direction, it was possible to apply a semi-automatic algorithm that tracks
the seismic horizon in a given time range. The analysis was performed several times to adjust the
parameters and take into account the resolution of the seismic data.

The defined chronostratigraphic horizons were transformed into the Wheeler domain by
flattening [16,17] in order to analyze their relative temporal position. Wheeler diagrams were
constructed for several seismic sections for the identification and visualization of the directions
of deposition, hiatuses (a lack of deposition or erosion periods) and lateral continuities of
depositional sequences.

With such an approach, it was possible to identify local changes in depositional directions that
affected the exact shape and geometry of the chronostratigraphic horizons. The results are presented
for the chosen cross-section.

3.2. Seismic Analysis

Seismic attributes were incorporated for possible gas-bearing zone interpretation. The subject
of the analysis is a clastic sequence; hence, attributes that are suited to such environments give the
best results. The sweetness attribute is calculated by dividing the instantaneous amplitude by the
square root of the instantaneous frequency [48] and is sensitive to changes in amplitude and changes in
frequency, both of which are considered direct hydrocarbon indicators (DHI) in clastic sequences [49].
The sweetness attribute might highlight thick, clean reservoirs and is sensitive to hydrocarbon content
due to the incorporation of an instantaneous frequency [50]. This is a robust attribute, and its calculation
is fast and efficient.

The second tool incorporated was spectral decomposition based on Fast Fourier Transform (FFT).
The transform, based on the set of sine and cosine functions, decomposes the seismic trace to a
time–frequency domain, in which specific frequency components hold the fraction of the amplitude of
the original seismic trace. In this way, the filtering of a seismic signal is performed. The decomposition
is performed in the time window; its length can be adjusted to the seismic resolution, but should not
be too small in order for the decomposition to be stable. The interpretational value of the frequency
volumes is that the reasoning can be limited to lower frequencies that tend to hold information about
the hydrocarbon saturation.

4. Results

4.1. Depositional Environments Characterization

The first step of the interpretation was the identification of reflection discordances and lapouts
such as onlaps, downlaps, offlaps, toplaps, and truncations [51]. The direction of the presented profile
is SW–NE, which is parallel to the main deposition direction (see Figure 1).

A detailed interpretation of the chronostratigraphic horizons and the Wheeler diagram are
presented in Figure 2. The heterogeneous sequence exhibits high diversity and complexity in its
chronostratigraphic horizons. The whole analyzed interval, which spans approximately 170 ms
(about 300 m), consists of 17 depositional sequences and 18 sequence boundaries (SB).
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Figure 2. Detailed interpretation of (a) chronostratigraphic horizons in structural domain showed
against the migrated seismic section (b) and Wheeler diagram transformed from seismic data. (c) Model
presenting a chronostratigraphic nature of the stratigraphic units (Reproduced from Qayyum et al. [52],
John Wiley & Sons Ltd, European Association of Geoscientists & Engineers and International Association
of Sedimentologists, 2015, Page: 340).

Within the interpreted seismic interval (Figure 3, red frame), it was possible to indicate two kinds
of depositional sequences connected to different types of sequence boundaries: the type I depositional
sequence with sequence boundary no 1 (SB1) and the type II depositional sequence with sequence
boundary no 2 (SB2).

Depositional sequences (type I) linked to SB1 are characterized by subaerial unconformities.
These sequences change their character basinward into correlative conformities. The configuration
of chronostratigraphic horizons of type I enables the identification of architectural elements that are
typical of falling stage system tract (FSST) deposits that manifest hydrocarbon potential (incised valleys,
slope fans and basin floor fans) [53]. These elements are also characterized by anomalous values of
seismic attributes (see next subsection). The complete type I sequence consists of four depositional
systems: falling stage system tract (FSST: Figure 3, brown—slope fan, yellow—basin floor fan), lowstand
system tracks (LST: Figure 3, pink—lowstand wedge), transgressive system tracks (TST: Figure 3, green)
and highstand system tract (HST: Figure 3, orange). In the bases of these sequences, it was possible to
identify the borders of SB1, which are characterized by terrestrial and marine erosion [47].
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Sequence boundaries (SB2) that are associated with type II deposition manifest the aggradational
deposition of the falling stage system tract (FSST). At the shelf margin, aggradational deposition
can be found, but the shelf area is not intensively eroded. Additionally, at the slope and basin floor,
there is a lack of fans. The influence of tectonic activity is visible. At the base of the slope, and also
basinwards (e.g., slope fans—sf; basin floor fans—bff), there exist areas where there is a lack of older
deposits that cannot be linked to a gap in sedimentation, but can be linked to the erosional cut
(underwater erosion). Three levels/areas with high erosional relief can be defined and are generated
by a cohesive debris floor (mudflow). Such processes might be linked to early forced regression [51].
The type II depositional sequence consists of an early falling stage system tract (FSST, Figure 3, purple),
which corresponds to forced regression in type I sequences (or, e.g., forced regression of the shelf margin
wedge), TST (Figure 3, green) and HST (Figure 3, orange). The lower boundary of these sequences
(SB2) is characterized by an erosional surface in a proximal shelf zone. Basinwards, this boundary
becomes correlative conformity.

Higher up in the profile, after each type I depositional sequence, a change in the depositional
axis can be observed. The character of the sequence elements is also modified (type II depositional
sequence). The direction of the siliciclastic material transport is SW, but the sea level drop is not rapid,
and the shelf area is not substantially eroded. These circumstances do not favor fan creation within
the slope and basin floor. At the shelf margin, aggradational deposition of falling stage system tracts
(FSSTs) takes place.

The facies that dominate the shelf (mainly in the SW part of the cross-section) are transgressive
deposits (TST, Figure 3, green), their architecture indicates shelf edge progradation. A substantial
part of these deposits are highstand deltas (Figure 3, orange) that are built of clinoforms and deposits
corresponding to the shallow sea level.

The heterogeneous complex has retrogradational–progradational characteristics with significant
thickness changes in specific depositional elements and a diverse architecture. This is a result of
few components that changed over time: sediment flux directions, subsidence and eustatic sea level
changes. The primary influence on the deposition must have been related to relative sea level changes
linked to subsidence rate fluctuations. The high distribution rate in the sedimentary basin seems to
limit fluvial erosion and move the shelf margin forward into the area of higher subsidence (depocenter).

Some of the depositional sequences are characterized by the lack of a link between the shelf and
deep basin sediments (see Figure 4a,b, around the second “TST” from the left). This is the result of
an erosional cut in the older deposits caused by younger deposits. This suggests that the rebuilding
of the sedimentary basin architecture took place, which is most likely linked to tectonic processes.
We observe a shift in the basin axis, which is crucial information from a prospecting point of view.
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4.2. Seismic Signatures for Unconventional Targets Prospecting

The interpretation of possible prospecting targets took into account the results of the sweetness
attribute and spectral decomposition. These two attributes give similar results, but their images are
slightly different. The sweetness attribute (Figure 4c) reveals more details that are associated with the
definition of the attribute and instantaneous character. The value of the attribute is assigned to each
sample at every time point. The amplitude image of the frequency slice (Figure 4d) is more blurred
than for the sweetness attribute. This is a result of the averaging effect of the FFT computed within the
specific time window. Nonetheless, for the presented low frequency volume (20 Hz), it is possible
to indicate the anomalous zones. These zones are affiliated with the attenuation of high frequencies,
which results in a shift in the dominant frequencies in the lower part of a spectrum. The presented
image indicates such regions (Figure 4d).

The zones of the highest hydrocarbon potential are linked to the FSST, especially the slope fans
and basin floor fans (Figure 4a, yellow; Figure 4c,d, bright colors—high amplitudes). Elements of
the transgressive sequence are also prominent (Figure 4a, brown). The transgressive sequence is
built of the fine clastic material and can play the role of a caprock (see Figure 4, “TST”—green).
There also exist anomalies suggesting hydrocarbon saturation in a transgressive sequence at the shelf,
but they have limited volume (Figure 4, “TST”—green, Figure 4c,d, bright colors—high amplitudes).
The high-resolution seismic image enabled us to indicate the potential hydrocarbon saturation in the
incised valley (see Figure 4, “IVF”).

From a hydrocarbon prospecting point of view, transgressive deposits might be prominent
exploration targets (TST, Figure 4a, green, Figure 4b). The main prism of these sediments is deposited
in the SW part of the section, near the shelf. The interpretation of the seismic reflection pattern in the
zone of maximal thickness indicates development towards the shelf. However, TST deposits manifest
a retrogradational character and hence cannot be the most prominent from a hydrocarbon prospecting
point of view. The most promising areas for hydrocarbon prospecting are as follows: (1) transgressive
sequences that fill incised valleys; (2) onshore barriers in the central part of a profile; (3) transgressive
deposits covering slope fans.

5. Discussion

Due to the high resolution of the data, it was possible to indicate incised valleys, which are
rarely seen on seismic sections. Their existence proves that we provided the correct definition of the
sequence boundaries. Incised valleys have very high hydrocarbon potential (both for conventional and
unconventional plays), here verified by the results of the sweetness attribute and spectral decomposition.
However, despite being small in size in the presented case, their existence shows the applicability of
the proposed methodology. Moreover, erosional truncations that are associated with the sub-aerial
erosion and diverse relief of the onshore part of the highstand delta (HST) could have been indicated
by chronostratigraphic interpretation.

It should be noted that there is an ongoing discussion regarding the methodology of sequence
boundary interpretation and the specialistic nomenclature [46,51,54,55]. Nevertheless, in the presented
study, we decided to divide sequence boundaries into two types, type I and type II [56], even though
type II discontinuities were recently considered to be an integral part of the failing stage system tract
(FSST; a shift in the shoreline basinward during one sequence with a fall in the relative sea level).

The high-resolution seismic image enabled the identification of differences in the failing stage
system tracts between type I and type II depositional sequences. The interpretation of a Wheeler
diagram made it possible to define and differentiate between FSST type II from lower-lying highstand
deposits (HST).

The heterogeneous sequence under analysis exhibits significant thickness changes and the
rebuilding of architecture. This is a result of continuous fluctuations in sediment flux, the rate of
subsidence and eustatic sea level. Depositional architecture is also controlled by intensive tectonics;
its influence is prominent in the non-according contacts between chronostratigraphic horizons and
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in the erosional cutting of older deposits by younger sediments [47,55]. Depositional sequences are
characterized by a geometry that ensures that the lack of a link between the shelf and basin deposits
can be proposed. After each erosional episode, signatures that prove the rebuilding of the sedimentary
basin can be defined; a shift in the basin axis toward the NE direction can also be indicated. The increase
in the transportation rate brings fluvial erosion to a halt and shifts the shelf margin towards a higher
subsidence area. This is proved by the increasing thicknesses of the sediments and the development of
basin elements (slope fans, basin floor fans). After stabilization, the sediment flux rate is lower than
the subsidence rate and the deposits exhibit retrogradational character until the next tectonic episode.

6. Conclusions

With the application of the seismic sequence stratigraphy method, it was possible to interpret
system tracts and depositional sequences. This helped us to understand the depositional history and
recovery of the depositional architecture of the sedimentary basin in the research area. Afterwards,
seismic attributes were applied in order to verify the reservoir properties within the analyzed interval.
The integration of these results enabled the identification of the prospective targets. Figure 5 summarizes
the main findings of the analysis.

It should be stipulated that, otherwise all of the indicated prospective targets are both source
and reservoir rocks, they should be considered as unconventional reservoirs. Moreover, there was no
hydrocarbon migration to the Machów Formation from outside. Such an approach gives great insights
into the interpretation of unconventional reservoirs.

Seismic sequence stratigraphy at the level of detail presented above is possible for high-resolution,
preferably 3D, seismic surveys. A sufficient resolution, in this case, was acquired by the detailed design
of the acquisition parameters, the importance of the survey design should be strongly advocated at this
point. The data that were shown are unprecedented in the Carpathian Foredeep area, manifesting high
vertical and horizontal resolutions. The results give weight to the argument that only high-resolution
seismic data for heterogeneous sequence interpretation might reveal details that help to understand
the depositional history of the Miocene formations in the Carpathian Foredeep sedimentary basin.

The detailed seismic image presented enabled accurate attribute interpretation, which was guided
by sedimentary analysis. The attribute values are clearly changing, and the shapes of the presented
anomalies are in agreement with the depositional interpretation. This proves that the choice of
attributes and their parametrization suited the given problem.

For heterogeneous sequence interpretation, sedimentary analysis is a necessary step that can not
only identify possible prospecting targets, but also define their geometry and tectonic involvement.
The tectonic setting is crucial for a reliable estimation of the hydrocarbon reserves and for well planning.
Such an approach is not routinely applied to the Miocene deposits of the Carpathian Foredeep. Instead,
these prospects are mostly treated as convenient targets, for which structural positioning is almost
exclusively applied. Based on the research results obtained, we propose a new methodological attitude
utilizing both seismic sequence stratigraphy and attribute analysis, with a particular emphasis on
frequency analysis.
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Figure 5. Geological cross-section with marked system tracts and prospecting targets within the
interpreted seismic interval.
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31. Urbaniec, A.; Bartoń, R.; Bajewski, Ł.; Wilk, A. Wyniki interpretacji strukturalnej utworów triasu i paleozoiku
przedgórza Karpat opartej na nowych danych sejsmicznych. Nafta-Gaz 2020, 76, 559–568. [CrossRef]

32. Jasionowski, M. Zarys litostratygrafii osadów mioceńskich wschodniej częsći zapadliska przedkarpackiego.
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Abstract: Seismic source location specifies the spatial and temporal coordinates of seismic sources and
lays the foundation for advanced seismic monitoring at all scales. In this work, we firstly introduce
the principles of diffraction stacking (DS) and cross-correlation stacking (CCS) for seismic location.
The DS method utilizes the travel time from the source to receivers, while the CCS method considers
the differential travel time from pairwise receivers to the source. Then, applications with three field
datasets ranging from small-scale microseismicity to regional-scale induced seismicity are presented
to investigate the feasibility, imaging resolution, and location reliability of the two stacking operators.
Both of the two methods can focus the source energy by stacking the waveforms of the selected
events. Multiscale examples demonstrate that the imaging resolution is not only determined by the
inherent property of the stacking operator but also highly dependent on the acquisition geometry.
By comparing to location results from other methods, we show that the location bias is consistent
with the scale size, as well as the frequency contents of the seismograms and grid spacing values.

Keywords: seismic location; microseismic events; waveform stacking; hydraulic fracturing;
induced seismicity

1. Introduction

Seismicity can occur naturally in seismogenic areas or be induced by industrial operations,
ranging from laboratory acoustic emission events to large-scale global earthquakes. Under controlled
conditions, laboratory and small-scale experiments can reveal the mechanism of fracture initiation
and propagation, quantify the changes of reservoir permeability, and evaluate the stiffness of natural
fractures or faults [1,2]. At the exploration scale, passive seismic monitoring has been used to delineate
fracture propagation, monitor reservoir deformation and fluid migration, and assess seismic risks
associated with many subsurface operations, such as underground coal mining, hydraulic stimulation
of unconventional oil and gas reservoirs, geothermal exploitation, and carbon dioxide injection and
geological storage [3–9]. A complete and accurate earthquake catalogue is an important basis for
subsequent data processing and even directly determines the reliability of seismic monitoring and
earthquake prediction at the regional or global scale [10]. Seismic source locations are key information
of earthquakes and play an important role in characterizing the geometries of multiscale fractures/faults,
evaluating seismic activities, and inverting the source mechanism and in situ stress state. For instance,
the spatial and temporal distribution of seismic events can help reveal the mechanism and propagation
of rock fractures at the laboratory/small scale, as well as provide important information for the
assessment of tectonic and volcanic seismicity at local and regional scales. Seismic location as a typical
inverse problem, covering geophysical, seismological, acoustic, and engineering applications at
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multiple scales, has experienced significant methodological and application progress during the past
century [11–15].

With the development of modern seismic instrumentation for dense acquisition and induced (micro)
seismicity monitoring technology, new challenges and opportunities have emerged for noise-resistant,
automatic, and real-time seismic location methods. Specifically, a new category of waveform-based
location methods (e.g., waveform stacking methods and time reverse imaging) has emerged as
a counterpart of conventional travel time-based inversion [13,16–18]. Waveform-based methods locate
the seismic source by combing the travel time, amplitude, and phase information of seismic waveforms
or wavefields to reconstruct and focus the source energy into an image profile [13]. There are three
important advantages for waveform-based seismic location methods. First, they are noise-resistant,
since multichannel waveforms are involved, and the coherence is enhanced to detect and locate more
events. Second, the methods are basically automatic and data-driven, which enables a more efficient
location process and avoids potential subjective interference, such as phase picking. Third, the source
locations are resolved as images instead of simple dots, offering more insights into source processes
and surrounding structures. Stacking-based methods are the most mature and successful methods
considering their wide applications across scales. The basic principle of stacking-based location
methods is reconstructing and focusing the radiated seismic energy from the source with a certain
stacking operator, for example, the diffraction stacking (DS) operator [19–21] or the cross-correlation
stacking (CCS) operator [22–24]. The origin of stacking-based seismic location methods can be traced
back to the 1990s. Kiselevitch et al. (1991) proposed to utilize the maxima of the semblance over
space, time, and channels to detect and locate microseismic events, and named the method “seismic
emission tomography” [25]. Later on, passive seismic emission tomography was developed to locate
microseismic events using recorded waveforms from surface arrays [26]. These methods share the
same principle with DS in reflection seismology, that is, stacking the waveforms of individual receivers
with the corresponding one-way travel time moveout to enhance the diffracted/scattered seismic energy.
CCS is another well-established stacking-based method for source location. CCS exploits correlation
waveforms corresponding to differential travel times at pairwise receivers from common events.

Stacking-based methods have been applied to field data at multiple scales, including experimental
microseismic/acoustic emission events, mining-induced seismicity, hydraulic-fracturing-induced
seismicity, volcanic–tectonic seismicity, and regular earthquakes [27–32]. However, more systematic
benchmarking studies of these approaches across scales are still needed. Specifically, the imaging
resolution characteristics and location reliability resulting from different frequency contents at
different scales need to be studied further. Different from the comprehensive literature review
of the methodological and application progress of waveform-based methods in Li et al. (2020) [13],
the presented work is a case study and is the first attempt at investigating the performance of two
specific stacking-based methods with common field datasets across scales. We aim to investigate the
feasibility and reliability of the methods through mutually comparing the imaging results and validating
the location results with reference locations, which can provide guidance for further evaluations and
improvements of the methods.

2. Methodology

Stacking-based methods have been widely used to detect and locate seismic events at different
scales. These methods usually consider primary phases only; thus, they can also be called partial
waveform stacking [33]. This category mainly includes the diffraction stacking (DS) and cross-correlation
stacking (CCS) methods. Figure 1 shows a sketch of the principles for the two methods. The generalized
equation of stacking-based seismic location methods is summarized in the following Equation (1) [13]:

S(x, t0) =
∑

N

CF(t)·M(t) (1)
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where S(x, t0) is the imaging value, x denotes the source coordinates, t0 denotes the origin time, and in
the waveform data, N is the total number of receivers, CF(t) is the characteristic function (CF), t denotes
the time sample, and M is the imaging or migration operators.

Figure 1. Sketch of the principles for the DS method (a) and the CCS method (b).

Equations (2) and (3) are the formulae of the DS and CCS methods [30]:

SDS(x, t0) =
N∑

i=1

CFi(t)δ[t− (t0 + ti,x)] (2)

SCCS(x) =
N∑

i = 1;
j = i + 1

Cij(t)δ
[
t−

(
ti,x − tj,x

)]
(3)

where SDS(x, t0) and SCCS(x) are the stacking values of the DS and CCS methods, CFi(t) is the CF of the
waveform from receiver i, Cij(t) is the cross-correlation waveforms of the CFs from the pair of receivers
i and j, and δ[t− (t0 + ti,x)] and δ

[
t−

(
ti,x − tj,x

)]
are the imaging operators for the DS and CCS methods,

where δ is the Dirac delta function and ti,x is the theoretical travel time from receiver i to the source x.
As shown in the imaging operators, DS and CCS utilize different travel time information and involve
different imaging patterns, which resemble spherical surface intersection and hyperboloid intersection
in the 3D scenario, respectively [30]. Consequently, the DS method generally exhibits a higher vertical
imaging resolution than CCS for surface monitoring. The basic workflow of stacking-based methods
includes signal pre-processing (e.g., band-pass filtering and CF calculation), model discretization, travel
time table generation, waveform stacking, source location picking, and post-processing (e.g., enhancing
the imaging resolution using a probability density distribution or Gaussian filtering).

As indicated in the above equations, DS searches both the spatial location and the origin time,
while CCS decouples the origin time by making use of the cross-correlograms of the waveforms from
pairwise receivers. Elimination of the origin time makes the traditional 4D source imaging problem
a 3D problem for seismic location in a 3D scenario and alleviates the inherent origin time-depth
trade-off in seismic source location [27,34]. Generally, the origin time is a minor parameter and can be
calculated posteriorly by subtracting the theoretical travel time from the observed arrival time with
respect to the same event. In this application study, we estimate the performance of stacking-based
methods by only evaluating the reliability of spatial source parameters. There are numerous CFs being
studied and utilized, including waveform envelope, semblance, kurtosis, and short-term average to
long-term average ratio (STA/LTA) [28,32,34–38]. The STA/LTA is used in this study, and different
lengths of short- and long-term windows are adopted for waveforms recorded at different scales
(see Table 1 for more details). The above stacking-based location function can be naturally treated as
a global optimization problem, in which the spatial and temporal coordinates corresponding to the
maximum imaging value, max

{
SDS(x, t0)

}
or max

{
SCCS(x)

}
, are generally selected as the inverted source

location [39]. When multicomponent data are available, one can consider incorporating information
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of both compressional (P-) and shear (S-) waves to enhance the constraints. However, the complex
seismic phases (e.g., uneven distributions of S-wave energy due to complex source mechanisms and
the acquisition geometry) and unreliable multiple velocities can potentially deteriorate the location
results by introducing additional interference instead of constructive constraints [30]. Therefore, one
should be careful with multiple phases, and the waveform stacking of a single phase (i.e., P-wave) is
considered here.

Table 1. Basic parameters of the field datasets for stacking-based location.

Parameters Small Scale Exploration Scale Regional Scale

Receiver channel 32 × 3 15 × 3 approx. 1800 × 1

Number of events 186 200 2

Sampling rate 1 MHz 200 Hz 500 Hz

Target volume 30 m × 35 m× 20 m 5 km × 5 km× 5 km 35.2 km × 45.2 km × 8 km

Velocity model homogeneous isotropic homogeneous isotropic layered isotropic

Grid spacing 1 m 50 m 400 m

Band-pass filter 1–50 kHz 5–30 Hz /

Length of
short-/long-term window 80/160 25/50 25/50

3. Multiscale Field Data Examples

In this section, we investigate and compare the performance of the two stacking operators based
on three field datasets associated with induced seismicity at different scales. Table 1 lists the basic
parameters for the seismic source location of these examples. More detailed descriptions of the datasets
and the associated projects can be found in the following subsections and related references.

3.1. The Small-Scale Example

Small-scale hydraulic fracturing experiments can build a bridge between experimental study
and field operations, improve the understanding of the role of reservoir stimulation, and enhance the
applicability of results from laboratory experiments. An in situ stimulation and circulation experiment
at the Grimsel Test Site (GTS) was conducted in 2017 [40,41]. A series of small volumes of water (up to
1 m3) were injected into pre-existing faults to induce rock fracturing, which was accompanied by
abundant microseismic events. A 32-channel acquisition system was used to record microseismic
signals with a 1 MHz sampling rate. Here we tested the two stacking operators on field microseismic
events recorded during fracturing tests in SBH-3. The homogeneous model with a P-wave velocity of
5150 m/s and band-pass filtered (1–50 kHz) waveforms from vertical components were used to locate
these events. The raw waveforms of two sample events and the imaging results are shown in Figure 2.
The two-dimensional (2D) imaging results are three orthogonal slices intersecting at the location of the
maximum imaging value.
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Figure 2. Waveforms and imaging results of two sample events. (a,b) Raw waveforms of the vertical
components of two sample events; (c,d) 2D slices from the DS method for the events shown in (a,b);
(e,f) corresponding results from the CCS method. White reversed triangles denote sensors, and white
circles denote the reference locations.
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Although the source energy of most events is well focused, the imaging resolutions of the two
waveform stacking methods for many events are low and show obvious band-like artifacts in the east
direction due to the irregular and limited coverage of the sensors. The white reversed triangles in
Figures 2–4 denote the sensor locations, which mainly cover the north and depth directions and overlap
in the east direction. Resultantly, the source energy is focused well in the depth–north profile, but there
are strong artifacts along the east direction, indicating large uncertainty of the locations (Figure 2f) and
leading to large horizontal bias of the location results when compared with those by joint hypocenter
determination in a previous study [41] (Figure 3a,c and Figure 4a,c). Table 2 lists the detailed location
biases of these examples. The sensor network here resembles a joint surface and downhole monitoring
array, which provides good constraints for the depth and yields an average depth bias smaller than
2 m (see Figures 3b and 4b). Other factors contributing to the location uncertainty include the lack of
sensor calibration and the simplified homogeneous and isotropic velocity model, which involve arrival
time and travel time errors.

Figure 3. Location results of the DS method for the selected events. (a–c) 2D slices; (d) 3D view.
Reversed triangles denote sensors, red dots are the reference locations, and blue dots are results from
the DS method.
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Figure 4. Location results of the CCS method for the selected events. (a–c) 2D slices; (d) 3D view.
Reversed triangles denote sensors, red dots are the reference locations, and blue dots are results from
the CCS method.

Table 2. Average location biases of the two stacking-based methods at multiple scales.

Location Bias Small Scale Exploration Scale Regional Scale

DS

E-direction (m) 5.056 94.85 729.5
N-direction (m) 1.854 163.64 182.5
Z-direction (m) 1.689 172.68 1675.5

Overall (m) 6.156 281.59 1909.4

CCS

E-direction (m) 6.513 72.20 156.5
N-direction (m) 1.268 165.51 560.5
Z-direction (m) 1.799 122.11 1675.5

Overall (m) 7.154 236.10 1782.8

3.2. The Exploration-Scale Example

Seismicity related to underground mining has been observed since the beginning of the 20th
century [42]. Seismic activities are closely related to the safety of mining operations, and rock bursts
are often the main cause of mining accidents [43,44]. Passive seismic/microseismic monitoring can
effectively detect and evaluate the seismic activity surrounding underground mines and provide early
warning of potential geological risks [3]. From June 2006 to July 2007, a temporary network (HAMNET)
was set up to monitor mining-induced seismicity in the Ruhr area, Germany [45]. The network
consisted of 15 three-component surface stations, covering an area of about 3 km × 2 km. The depth of
the longwall was about 1 km. We selected 200 events from the dataset to test the two stacking operators,
and only P-waves in the vertical components were used in the location process [30]. The sampling
time was 5 ms and the raw waveforms were preprocessed by a band-pass filter (5–30 Hz). We set the
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target location volume as 5 km × 5 km× 5 km with grid spacing of 50 m. The imaging and location
results are shown in Figures 5 and 6.

Figure 5. Imaging results of a sample event. (a) 2D slices from the DS method; (b) corresponding results
of the CCS method. White reversed triangles denote sensors, and white circles denote the reference
locations. The reference point (east, north) = (0, 0) corresponds to east = 411,117 and north = 5,721,611
in the Universal Transverse Mercator (UTM) coordinate system.

Figure 6. Location results of selected events. (a) Comparison between reference locations and results of
the DS method; (b) comparison between reference locations and results of the CCS method. Red dots
are the reference locations, and blue circles are results from stacking-based methods.

As shown in Figure 5, the horizontal resolutions of the imaging results for both methods are
good due to the good horizontal coverage of the 15 surface stations. As mentioned before, the vertical
imaging resolution of DS is higher than that of CCS in the case of surface monitoring. Figure 6 shows
that the overall distributions of the selected microseismic events determined by the two methods are in
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good agreement with that of travel time inversion, and the CCS method has better event clustering
and smaller location bias (see Table 2) than the DS method. Please note that the imaging resolution
addresses the quality of the imaging profile and the location uncertainty describes the stability of the
location results. The two parameters are not necessarily consistent, though they are closely related to
each other. In this case, the CCS method produces more reliable and clustered location results, though
it has lower imaging resolution.

3.3. The Regional-Scale Example

Induced seismicity monitoring is of great significance to both industrial production and public
safety. During the past decade, several large-magnitude earthquakes related to hydraulic fracturing
in unconventional reservoirs have been reported in the United States, United Kingdom, Canada,
and China [7,9,46]. In particular, the number of seismic events observed in Oklahoma, the United
States has increased significantly since 2008. Besides this, seismic activity related to the development
of Mississippi limestone reservoirs in central and northern Oklahoma and southern Kansas has been
occurring. In 2016, more than 1800 vertical component nodal seismometers, named the LArge-n
Seismic Survey in Oklahoma (LASSO) array, were deployed in Grant County, Oklahoma, to study
induced seismicity associated with production of the Mississippi limestone play [47]. The LASSO
array covered an area of 25 km × 32 km. The sampling rate was 500 Hz and the grid spacing was set to
400 m (referring to the location error in the catalogue). We selected two events from the catalogue
(event no. 23196, local magnitude (ML) 3 and event no. 23897, ML 1.5) and used a layered isotropic
velocity model to image the sources [48]. The layout of the LASSO array and partial waveforms of the
two sample events are shown in Figure 7. There were 1825 and 445 effective traces for event 23,196 (ML
= 3) and event 23,897 (ML = 1.5), respectively. Our tests showed that waveforms from much fewer
traces can focus the source energy. Figure 8 shows the imaging results using 10-times fewer traces.

Figure 7. The LArge-n Seismic Survey in Oklahoma (LASSO) array (a) and raw waveforms of the two
events (b,c). The blue reversed triangles are seismometers, and the red dots are the locations of the two
events from the catalogue. The reference point (east, north) = (0, 0) corresponds to east = 579,000 and
north = 4,051,000 in the UTM coordinate system. (b,c) are waveforms of event 23,196 (ML = 3) and
event 23,897 (ML = 1.5).
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Figure 8. Imaging results of two sample events using 10-times fewer traces (183 and 45 traces in total
for event 23,196 and event 23,897, respectively). (a,c) 2D slices from the DS method for the events
shown in Figure 7b,c; (b,d) corresponding results from the CCS method. White circles denote the
reference locations from the catalogue.

The horizontal imaging resolutions of the two methods are very high, while the vertical resolutions
are much lower. The inverted depths from the two methods are quite consistent. The location bias
between the stacking-based methods and the catalogue is within 2 km (see Table 2), most of which
comes from uncertainty of the depth, and is acceptable considering the large scale of the monitoring
array and the target volume. Although most seismic events were recorded by more than 100 or even
1000 seismometers in the LASSO array, the imaging results in Figure 8c,d indicate that several dozens
of traces are sufficient to focus the source energy of these induced earthquakes, as long as a good
spatial coverage of the selected traces can be ensured.

3.4. Comparison of the Results Across Scales

Compared with the DS method, the CCS method makes use of more waveform redundancy
and includes more constraints for the source imaging process, which is beneficial for enhancing the
signals and suppressing the artifacts. However, CCS also introduces more potential noise energy
and interference information, which naturally reduces the imaging resolution (see Figures 2, 5 and 8).
The results also demonstrate that the imaging resolution is highly dependent on the acquisition
geometry. For the small-scale example, the sensors surround the stimulation site and ensure a relatively
good imaging resolution for both the horizontal and depth directions (Figure 2c–e), though partial
events have a large horizontal bias due to the limited coverage of sensors in the east direction (Figure 2f).
For the exploration-scale example, the horizontal coverage of the network is two-times the target depth,
which can produce reliable depth locations (Figure 6) [49]. For the regional-scale example, the vertical
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imaging resolutions of the two sample events are poor, due to the events being located near the margin
of the array (Figures 7 and 8).

Table 2 shows the average location bias for the three examples, which was calculated by dividing
the total absolute bias between the location results of stacking-based methods and the reference
locations by the number of selected events. Figure 9 shows histograms of the overall location biases
for all selected events in the small-scale and exploration-scale examples. The comparison of the
results across the scales clearly shows that the location bias is consistent with the scale size, which
naturally results from the different frequency contents of the seismic waveforms and grid spacing
values (see Table 1) at different scales.

Figure 9. Histograms of the overall location biases of the DS and CCS methods for the small-scale (a)
and exploration-scale (b) examples.

4. Discussion and Conclusions

In this work, we investigated the feasibility and potential of stacking-based methods using
production-induced seismicity at different scales. The examples revealed the characteristics of the
imaging resolution for the two stacking operators and demonstrated their feasibility in locating seismic
events at multiple scales. A comparison of the location results across the scales indicated that the
imaging resolution is highly dependent on the acquisition geometry, and the location bias is closely
related with the scale. Although the reference locations determined by other methods or from the
catalogue may not be reliable, the comparison can still indicate several potential factors that are
responsible for the accuracy and reliability of the methods—that is, the layout of the monitoring
network, the reliability of the velocity model, and the quality of the waveforms. The methods are
noise-resistant and automatic, which means that weak events with low signal-to-noise ratio can be
located and no phase picking procedure is needed.

So far, field applications of stacking-based methods have mainly focused on the exploration
scale—e.g., for hydraulic fracturing monitoring with large and dense arrays in unconventional oil
and gas reservoirs [27,34]. More recently, these methods have been naturally adapted to analyze
low-frequency seismic events at larger scales [28,50], where a large depth uncertainty exists. There
are also emerging applications for seismic events with comparably high-frequency content at smaller
scales—e.g., rock burst and acoustic emission, where the issues of location uncertainty and velocity
reliability are matters of considerable concern [32,51]. The events tested in this study have relatively
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high signal-to-noise ratio, and waveforms recorded with dozens of receivers can recover the source
energy quite well. Further work will consider weaker seismic events associated with hydraulic
fracturing in unconventional and geothermal reservoirs and foreshock/aftershock activity potentially
preceding/following tectonic earthquakes. It is worth noting that stacking-based methods are more
resistant to white noise, and one should use an advanced filtering technique to address the influence of
correlated noise from, for example, vicinity to hydraulic fracturing wells [51]. For events with small
magnitudes and/or low signal-to-noise ratios, wavefield reconstruction and enhancement may be
required to ensure a reliable source location when using waveform stacking techniques, especially
when partial traces are noisy or disabled. Another challenge for stacking-based location methods is the
relatively high computation cost due to waveform storage and transmission, especially for real-time
applications with large monitoring arrays. High-performance computing facilities [52,53] and advanced
inversion algorithms [35,39] are promising solutions for improving the computational efficiency.

The current study is intended to be a starter for more in-depth and comprehensive investigations
of stacking-based methods across scales, and the conclusions from this study still remain at a relatively
qualitative level. Specifically, the stacking operators should be studied in a more systematic manner
by adjusting the characteristic functions and pre-filtering techniques of the waveforms, acquisition
geometries/channels, and velocity models. Although there have been several attempts at comparing
the performance of different characteristic functions [17,18], field applications at multiple scales are
more data- and problem-dependent. Meanwhile, novel and potential stacking operators producing
better seismic energy focusing are also worth investigating. Further benchmarking studies are required
to improve the applicability of stacking-based methods and build a suitable workflow for seismic
location at multiple scales.
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