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Abstract 

Deep saline aquifers are often favourable for underground CO2 sequestration due to 

their large capacity and relatively low likelihood of resource conflicts. However, some 

possible issues can arise during CO2 injection into aquifers. Often aquifers have a significant 

salinity level (hence they present minimal resource conflict issues), and as such, salt 

precipitation near the injection wellbore can be problematic. The salt precipitation can be 

exacerbated due to large amounts of water remaining trapped near the wellbore due to the 

water blockage phenomenon. Altering the rock wettability towards less water-wet can alleviate 

water blockage and, in turn, reduce the likelihood or severity of salt precipitation.  Previous 

lab experiments have shown that supercritical CO2 (sc-CO2)-based silylation can effectively 

functionalise rock surfaces with hydrophobic silanes. The experimental and numerical 

simulation studies conducted to date have shown that rock wettability also has a strong control 

over the multiphase flow behaviour (e.g., relative permeability and residual CO2 trapping) and 

plume migration in bulk of the storage medium.  

In the first phase of this study, numerical models were constructed to evaluate the 

combined effects of multi-phase fluid flow, water evaporation and salt precipitation, under 

varying wettability (thus impacting the relative permeability characteristics of the reservoir). 

The change in wettability is assumed to have been caused by the silylation process reported in 

the relevant literature. The ultimate aim of this investigation was to evaluate the efficiency of 

this chemical treatment in addressing the earlier mentioned near-wellbore salt precipitation. 

As expected, the simulation results indicate that a decrease in injectivity due to salt 

precipitation is more significant when water blockage is also present. Injectivity deteriorates 

prominently in high salinity reservoirs since water evaporation into the injected CO2 will cause 

significant salt precipitation. In a representative formation, the injectivity decline is worse (up 

to 68.6 % relative injectivity change (RIC)) when both salt precipitation and water blockage 

are considered. With hydrophobic silylation, the combined effects of salt precipitation and 

water blockage on RIC are decreased on an absolute basis by up to 7%. Depending on techno-

economic considerations, implementation of this remedial method is encouraged as early as 

possible during a CO2 injection program to minimise salt accumulation from the outset. 

The second phase of this research evaluated the impact of reservoir rock wettability on 

the CO2 storage performance of sandstone reservoirs using numerical simulation. Rock 

wettability, as an important factor characterising rock-fluid interactions, controls trapping 

mechanisms and, in turn, the CO2 storage capacity of an aquifer. To date, limited studies have 

attempted to evaluate the impact of wettability variation on multiphase flow in a porous media, 

residual trapping, and storage performance during CO2 storage, most of which have used 
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assumed or hypothetical datasets. An important feature of the current work differentiating it 

from other similar studies is the use of published representative experimental data instead of 

assumed/hypothetical datasets. In achieving this important objective, a detailed critical review 

of available literature was conducted to acquire representative values for various parameters 

of interest. An attempt was made to qualitatively classify the Land trapping coefficient for 

different wettability states. The findings indicated that a general outcrop sandstone sample 

composed of mostly quartz (i.e., water-wet), such as Berea and Bentheimer, would show a 

typical low Land coefficient in a range of 0.7-2. Surprisingly, the trapping coefficient for some 

limestones also lies in the same range. Other sandstone samples drilled from representative 

subsurface formations were found to have coefficients slightly larger in the range of 2.8-4.1, 

characterising mixed-wet rocks. Besides, the fact that mineral composition and grain packing 

may affect the results has been considered in the current study. In the case of discovering 

contradictive results in the literature, suitable data were selected after a comprehensive critical 

review. The final outcomes of the literature review were incorporated into a homogeneous box 

model for a comparative study of CO2 storage under varying wettability states. A faster 

advancing vertical plume migration was seen in the water-wet case resulting in a shorter time 

for CO2 to reach the caprock. A less pronounced difference was found in the lateral spreading 

of the plume around the injection point due to a slight deviation in the relative permeability 

curvature of each case. Due to less residually trapped CO2, both intermediate and CO2 wet 

cases resulted in a large mobile CO2 volume reaching the top of the storage medium and 

spreading over a wider lateral distance under the caprock. 
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Chapter 1      Background and Problem Description 

1.1. Introduction 

This research includes several numerical simulation studies performed to evaluate the 

impact of wettability (and its alteration) on several critical aspects of underground CO2 

storage, including well injectivity and storage performance. To achieve this primary goal, 

several simulation cases have been performed to assess the implementation of wettability 

alteration in overcoming two of the injectivity issues of water blockage and salt precipitation. 

The sought wettability alteration is supposed to take place through supercritical CO2 (scCO2) 

based silylation due to its effectiveness and less treatment time required.  The impact of 

wettability on the storage performance of a storage site has also been evaluated using the 

dynamic rock properties as directly measured using experiments instead of the hypothetically 

generated data used in other similar studies.  

This is a very short chapter that aims to provide a brief background to the research, 

present a short description of the problem at hand, list the fundamental objectives pursued, and 

finally present a brief overview of how this thesis is organized.  

1.2. Background and Problem Description  

Underground CO2 storage is part of activities supporting the carbon capture utilization 

and storage (CCUS) scheme pursued by many countries and organizations to cut back on 

global CO2 emissions. CCUS means capturing the greenhouse gas, i.e., CO2 in this research, 

from its emitting sources and then optimizing the use of the gas instead of releasing it into the 

atmosphere. The optimizing actions can be in terms of “utilization” or “storage” in which CO2 

is (re-)used for enhancing oil recovery (EOR) or injected into an underground geological 

structure for safe permanent sequestration. CO2 geo-sequestration has been encouraged by the 

Paris Agreement 2015 whose goal is to limit the global temperature rise below 2 ºC compared 

to that of pre-industrial level. The implementation of CCUS has also been growing since 2017 

as a response to the commitment made by United States and Europe while related projects are 

also being planned in Australia, China, Middle East, etc.  

Among several types of geological sites considered for underground CO2 storage, deep 

saline aquifers have been found to present the largest capacity for CO2 storage. However, many 

studies have listed multiple challenges associated with underground geological structures that 

can be broadly classified as political, cross-chain, economic, and technical (Muslemani, et al., 

2020). The particular technical issues to consider while evaluating CO2 storage in such 

structures, including saline aquifers, are well injectivity, containment and storage capacity. 
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The above-stated factors are often strongly impacted by the static and dynamic properties of 

the subsurface fluid-rock system. 

One of the prominent properties of the system that controls the viability of a geological 

site for CO2 storage is rock wettability. The wettability impacts the CO2 plume propagation 

and the amount of CO2 stored under the structural, solubility, and residual trapping. Due to the 

lack of available experimental data, studies conducted to date have often opted to use 

hypothetical data characterizing relative permeability, capillary pressure, etc. under varying 

wettability states in their numerical simulations (Al-Khdheeawi et al. 2017a; 2017b; 2018). 

Wettability also plays a key role in controlling some of the injectivity issues encountered 

during CO2 injection, particularly in deep saline aquifers. For instance, a strong water-wet 

condition may cause water blockage around the wellbore, which deteriorates the well 

injectivity. The pronounced entrapment of brine in the near wellbore region also causes 

another injectivity problem by promoting salt precipitation. The situation can get even worse 

under capillary-driven brine backflow into the strongly water-wet pore space leading to even 

more severe injectivity deterioration. As a remedy, several attempts have been made to alter 

the rock wettability toward less water-wet conditions, one of which is the injection of 

supercritical CO2 (scCO2) based silylation as reported by Arjomand et al. (2020a; 2020b). The 

work was conducted using Gray Berea sandstone cores to represent the condition of a deep 

saline aquifer.  

In this study, the experimental results generated in recent years by Arjomand et al. 

(2020b) are upscaled to a larger scale to evaluate the impact of wettability on storage capacity 

and well injectivity through sets of numerical simulation cases. The simulations have been 

done to forecast the storage capacity and CO2 plume propagation under two different 

wettabilities of the aquifer rock. Additionally, the same experimental results have also been 

utilized to simulate the wettability alteration by silane treatment in terms of remediating the 

water blockage and salt precipitation.          

1.3. Research Objective 

The main objectives of this research are as follows:  

1. To develop integrated kinetics processes with the conventional fluid-fluid and fluid-

rock models that can simulate the evaporation process while addressing the salting-

out phenomenon. 

2. To forecast the severity of the corresponding injectivity issues and the role of scCO2 

based silylation in remediating the water blockage and alleviating the severity of salt 

precipitation in the presence of water blockage. 
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3. To evaluate the capacity of CO2 storage and the CO2 plume propagation in a deep 

saline aquifer under different wettabilities using available representative 

experimental data. 

1.4. Organization of Thesis 

This thesis is prepared following a hybrid format. It uses a standard thesis structure in 

which some chapters constitute published manuscripts (e.g., Chapter 3 in its entirety has been 

published in the journal of Transport in Porous Media (full citation of the manuscript is 

provided on page v under “Publication by Author” heading)).  

Fitting into the above-described thesis format, Chapter 1 is a short chapter that sets the 

scene by providing a very brief background to the research and stating the problem at hand. It 

also includes a list of research objectives and sets out the outline of the thesis. Subsequently, 

a comprehensive literature review is presented in Chapter 2 that forms the basis of this 

research. This chapter provides a detailed technical description of relevant aspects of 

underground CO2 storage including trapping mechanisms, containment efficiency, and well 

injectivity. It also provides a description of how rock and fluid properties impact the CO2 

injection and storage process with a particular focus on rock wettability which is of main 

concern in this work. The Chapter ends with a detailed review of the relevant numerical 

simulation studies with the main aim of describing the existing knowledge gap and elaborating 

on how the current study helps to bridge the identified gap. 

   Chapter 3 contains the first publication by the author. This chapter covers the 

numerical simulation study done on the remediation of injectivity issues during CO2 geo-

sequestration by wettability alteration, i.e., supercritical CO2-based silylation. The chapter 

consists of a published manuscript in its entirety. Therefore, its Introduction section may have 

overlaps with the information already included in Chapter 2. Chapter 4 is based on another 

manuscript under preparation for publication. This chapter presents a detailed technical review 

of the wettability impact on CO2 storage capacity and plume migration complemented by an 

improved numerical simulation study that addresses some of the identified deficiencies in 

previous similar studies. 

Lastly, Chapter 5 is another short chapter that presents a summary of the main findings 

of this study. It also includes a list of recommendations for potential future work that may be 

based on the current research.     
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Chapter 2      Literature Review 

2.1. Introduction 

This chapter provides a comprehensive background to this research program and present 

a detailed review of the relevant literature. Initially, a brief technical description of 

underground CO2 storage is presented with a specific focus placed on deep saline aquifers 

which are the primary storage medium explored in this work. Subsequently, the chapter will 

provide a detailed discussion of the various properties of the subsurface fluid-rock system that 

control the main technical aspects of a storage site namely storage capacity, containment and 

injectivity. The last part of the chapter will focus on those aspects specific to the current study, 

which is the numerical study of CO2 storage in deep saline aquifers evaluating storage capacity 

and injectivity-related issues, primarily salt precipitation.   

2.2. Underground CO2 Storage 

Underground CO2 storage has been prioritized by many countries and international 

agencies as a way of lowering CO2 emissions. Without such measures, the ever-increasing 

emissions will keep intensifying the global warming through the well-known “greenhouse 

effect” (MacDowell et al., 2010). A rise of 1 ºC of mean earth temperature has occurred since 

pre-industrial age (mid-1800s) up to 2021 during which the concentration of CO2 in the 

atmosphere has doubled (NASA, 2023). Other environmental indications have also emerged 

such as a rise in the mean sea level, warmer oceans, melting glaciers, etc. As encouraged by 

the Paris Agreement 2015, the signatory nations have agreed to keep the global temperature 

rise below 2 ºC compared to that of the pre-industrial level. Underground CO2 storage is 

expected to make a measurable contribution by up to 20% reduction in emissions (DECC, 

2012). The advantages of this sequestration method are large storage capacity, long term 

isolation of the unwanted gas with order of hundreds to thousands of years, reasonable cost, 

and relatively well understood and developed subsurface technologies adopted from the oil 

and gas industries (Bachu, 2000; Voormeij and Simandl, 2002; Yamasaki, 2003).  

Before the process of storing CO2 in an underground site, the gas is extracted from its 

emitting sources, which is referred to as the “capture” phase in CCUS. The concept is to 

prevent the release of CO2 into the atmosphere. CO2 should be taken out, for example, from 

the flue gas in a power plant or pre-flared gas in a producing hydrocarbon field. The separation 

process is basically the main costly action that requires some modification or additional 

technologies i.e., chemical adsorption, membrane separation, pre- and oxy-fuel combustions, 

cryogenic distillation, hydrate-based separation, etc. (Ghiat and Al Ansari, 2021). The 

separated CO2 is usually compressed and then directed to the next stage by either ISO-tank 
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delivery or pipeline transfer depending on the distance between the capture and the storage 

sites. The next stage can be the “utilization” or “storage” or both in which CO2 is (re-)used for 

EOR/EGR or injected into an underground geological site for safe permanent sequestration. 

Doing so will make CO2 to be either circulated in the reservoir-well-pipeline network or 

trapped within the formation/bed. Based on the report conducted by Global CCS Institute 

(2022), there are 29 active CCUS projects worldwide which consist of 20 CO2-EOR activities 

and 9 sites for dedicated geological storage. Alternatively, the captured CO2 can be utilized by 

converting it into value-added chemicals such as ethanol, urea, etc. 

As graphically depicted in Figure 1, to date, several different types of geological sites 

have been identified as potential candidates for CO2 storage, including deep saline aquifers, 

depleted oil and gas reservoirs, CO2-EOR targeted formations, unmineable coal seams or 

coalbed methane, organic rich shales, and salt caverns (Voormeij and Simandl, 2002; Aminu 

et al., 2017; Al Hameli et al., 2022). In general, each type of storage site has its own capacity 

to store CO2 based on the trapping processes involved within the pores and the matrix. 

However, in addition to storage capacity, there are other important aspects needed to be 

assessed before deciding whether the corresponding site is feasible for CO2 sequestration 

including containment efficiency, and injectivity (Miri and Hallevang, 2016). 

 

Figure 1. Underground CO2 storage options (Ali et al., 2022) 

 

The largest storage capacity is offered by deep saline aquifers which can store up to 

10,000 billion tons (gigaton, Gt) of CO2, followed by depleted hydrocarbon reservoirs with a 

capacity up to 1,000 Gt (Herzog and Golomb, 2004). That storage capacity is supported by 

four trapping mechanisms involved, namely structural, solubility, residual, and mineral 

trapping. These trapping mechanisms will be explained in detail in Section 2.2.1.  
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As a deep saline aquifer contains a large amount of brine, the ability of CO2 to dissolve 

in the aqueous phase is a major advantage. Besides that, a large amount of CO2 will be stored 

under capillary restraint within the pores once the brine returns imbibing into the zone swept 

by CO2. As another advantage, saline aquifers with adequate permeability also require few 

injection wells. However, most deep saline aquifers are often located in areas with less 

developed infrastructure for subsurface injection which may raise the transport, compression 

and injection cost. In contrast to saline aquifers, depleted hydrocarbon reservoirs require less 

extended capital and operational costs as the existing infrastructures may be adopted for the 

transfer and injection of CO2 (Aycaguer et al., 2001). In addition to technical uncertainties, 

CO2 storage in deep saline aquifers may require addressing environmental issues and public 

perception (Bachu, 2000). Also, saline aquifers may suffer from several potential injectivity 

issues such as water blockage, salt precipitation, and fines migration contributing to further 

rise in the future operational costs. Thus, a detailed characterisation and numerical simulation 

are essential for the feasibility study of CO2 storage in deep saline aquifers.   

2.2.1. Trapping Mechanisms 

The injected CO2 can be trapped in many ways based on the characteristics of the 

targeted geological structure. For instance, an abandoned gas reservoir that has produced under 

volumetric depletion may reach more than 80% of recoverable volumes in-place by which 

there is also a large capacity for storing free CO2. Supporting by structural trapping under the 

caprock, the fill-up of CO2 may re-pressurize the reservoir near to its original pressure (Bachu 

et al., 2000). Also, a unique trapping mechanism is active in a coal seam. The ability of coal 

to adsorb CO2 within its matrix while releasing methane contributes to another way of storing 

CO2, namely adsorption trapping. 

Generally, CO2 flows within a geological formation and displaces the original fluids. 

The flow path is dominantly controlled by viscous and gravity forces. Thus, the CO2 plume 

generally forms a “V”-shape in the vertical cross-section during injection. Commonly, CO2 is 

less dense than the original resident fluid, such as brine in the deep saline aquifer. 

Consequently, CO2 rises through the permeable formation due to the buoyancy effect. A 

caprock lying above the porous formation behaves as a barrier to isolate the free CO2 

preventing further upward migration and making it accumulate at the top of the structure. That 

process is the basic trapping mechanism for all sedimentary underground storages, called 

structural trapping (Iglauer et al., 2015a). The upward flow is halted due to high capillary entry 

pressure presented by ultra-low permeability traps (Wollenweber et al., 2010). The 

caprocks/traps are mainly composed of anhydrite, halite, muscovite, kaolinite, calcite, and 

other minerals (Chiquet et al., 2007; Iglauer et al., 2015b). The ability of the cap rock to keep 

the supercritical CO2 trapped must be guaranteed for considerably long periods (Jiang, 2011). 
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However, as CO2 is stored in the form of a free supercritical phase, it may still enter the traps 

due to slow diffusion, unsealed faults, or exceeding the capillary entry pressure (Meng and 

Jiang, 2014). Structural trapping was the first mechanism identified and characterised by 

researchers (Iglauer et al., 2015b; Arif et al., 2016).    

Residual trapping, also known as capillary trapping, takes place when displaced brine 

re-imbibing the CO2 swept zone after the end of injection which restraints a certain amount of 

CO2 trapped within the pores of the rock formation. The capillarity of the rock governs these 

whole processes (Ali et al., 2022). It demonstrates the same outcome as that of drainage-

imbibition scheme in a petroleum system, giving rise to what is known as the hysteresis effect. 

Under this scheme, migrating hydrocarbon (the non-wetting phase) displaces the resident brine 

(the wetting phase) via the so-called drainage displacement. While the reservoir is producing, 

hydrocarbon is withdrawn leaving an amount of residual hydrocarbon within the pores behind 

the brine front during an imbibition process. The drainage and imbibition processes during 

CO2 storage in a deep saline aquifer are represented by the displacement of brine by CO2 and 

then reintroduction of the displaced brine once the injection has stopped, respectively. Figure 

2 shows the impact of hysteresis on CO2 trapping as simulated by Nghiem et al. (2009). Lack 

of hysteresis model fails to show residual trapping as CO2 relative permeability curve acts 

reversibly (de Gennes et al., 2004; Juanes et al., 2006). The trapping phenomenon can be easily 

understood through a set of relative permeability curves representing hysteresis process as 

shown by Figure 3.  

 

Figure 2. Gas saturation for case of present and absent of hysteresis model (Nghiem et al., 2009) 

 

Residual trapping sequesters a considerable amount of CO2 that will remain immobile 

within the pores even in the existence of leakage pathway through faults or wells (Burnside 
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and Naylor, 2014). Unlike the structural trapping that behaves as a barrier for movable CO2 

phase, residual trapping is considered much safer as it breaks the connection of some upward-

flowing CO2 when the brine re-imbibes. Thus, the rock capillarity locks CO2 as a series of 

isolated droplets (Nghiem et al., 2009; Burnside and Naylor, 2014). It is worth noting that 

injecting CO2 and brine alternately can actually help increasing the amount of CO2 trapped as 

residual phase since the injected brine gives rise to forced imbibition (Juanes et al., 2006).  

 

Figure 3. A typical relative permeability curves indication a hysteresis process from drainage-

imbibition process (Burnside & Naylor, 2014) 

 

Solubility trapping is another trapping mechanism active during CO2 storage in deep 

saline aquifers. This mechanism refers to the storage of CO2 in the aqueous phase due to its 

ability to dissolve in water forming bicarbonate ion (HCO3
-) (Ajayi et al., 2019). The 

dissolution process is induced by molecular diffusion in the contact of brine and free CO2 (Ali 

et al., 2022). The ionic reaction proceeds slowly and may require thousands of years to 

completely dissolve in the aquifer brine (Lindeberg and Wessel-Berg, 1997). Dissolution of 

CO2 turns the brine slightly denser and drives downward movement of the CO2-saturated 

brine. This negative buoyant plume assures permanent and safe storage of CO2 since the stored 

CO2 does not appear as a distinctive phase in the system and actually moves downward and 

would not cause any caprock integrity concerns. Also, during this convective sinking of CO2 

fresh brine rises to contact the remaining free CO2 providing continuous CO2 dissolution (Riaz 

et al., 2006). The sketch depicted in Figure 4 (Riaz and Cinar, 2014) explains the convective 

flow occurred during solubility trapping. The solubility of CO2 in aqueous phase is a function 

of pressure, temperature, and brine salinity (Chang et al., 1996; Ji et al., 2005). Increase in 

temperature and salinity reduces the solubility of CO2 while increase in pressure having 

opposite effect.  
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Figure 4. Illustration of CO2 trapping mechanisms depicting the convective flow under CO2 

dissolution process (Riaz and Cinar, 2014) 

 

Lastly, mineral trapping acts as the safest process for CO2 storage during which aqueous 

CO2 (bicarbonate ion) forms a new carbonate mineral, i.e., calcite, muscovite, etc., as a result 

of the reaction between the dissolved CO2 and minerals and organic materials in aquifer rock 

(Al Hameli et al., 2022). In detail, the dissolution of CO2 in an aqueous phase lowers the pH 

of brine. This induces a dissolution of in-situ minerals forming free cations to neutralize the 

acidic state (pH less than 7). The reaction between cations, i.e., Ca2+, Mg2+, Fe3+, etc., and the 

bicarbonate ion forms new carbonaceous minerals leading to permanent CO2 storage. 

Consequently, there could be variations of rock porosity and permeability after this solid 

precipitation has been established. Such a process is controlled by the structure, mineralogy, 

and hydrogeology of existing lithologies (Rochelle et al., 2004). Mineral trapping is an 

extension of solubility trapping which is governed by the concentration of cations within brine 

and the brine pH as depicted in Figure 5 (Rackley, 2017). As the dissolution of CO2 into a 

brine takes a long time, the formation of carbonaceous mineral trapping requires even more 

time to happen (Bachu et al., 1994). Based on known kinetic rates in several published 

literature, the formation of the carbonaceous minerals may take up to thousands of years to 

complete (White et al., 2005). 

 

Figure 5. Brine properties by which CO2 is controlled whether stored as ion or mineral 

(Rackley, 2017) 
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2.2.2. Containment Efficiency 

Containment efficiency refers to the ability of a geological formation (deep saline 

aquifers in this study) to keep CO2 unescaped in competition with the buoyancy effect. In an 

ideal condition, free CO2 will be permanently isolated in its host formation for a long time 

under the earlier described structural trapping. In other words, a caprock acts as a barrier to 

the upward flow of CO2 to prevent leakage of CO2 toward upper beds or even back into the 

atmosphere.  This represents the primary sequestration mechanism during the first decade of 

CO2 storage implementation (Wollenweber et al., 2010; Iglauer et al., 2015b). The integrity of 

caprock is essential for the structural trapping of CO2. Poor caprock integrity facilitates CO2 

flowing upward which reduces the storage capacity of the host formation. The flow through a 

low permeability caprock will not take place as long as the CO2 fluid pressure is less than the 

capillary entry pressure of the caprock, as shown in Figure 6 (Hildenbrand et al., 2002). Since 

there is no fluid withdrawal during CO2 injection in deep saline aquifers, increase in pore 

pressure is expected during CO2 injection. The increase must be kept lower than the capillary 

entry pressure to keep free CO2 confined within the structure. Also, there are several leakage 

pathways that allow CO2 to reach the upper zone beyond the targeted formation, such as 

unsealed faults/fracture networks, poorly cemented wells, and diffusion through water-

saturated caprocks (Aminu et al., 2017). Those phenomena affect the containment efficiency 

of a storage site. 

The capillary sealing capacity of a caprock is expressed as a minimum required pressure 

of a non-wetting fluid to displace a wetting phase in a specific pore geometry. Assuming a 

cylindrical pore geometry, the threshold pressure can be expressed as basic formula of 

capillary pressure as follow: 

𝑝𝑐 =
2𝛾 cos 𝜃

𝑟
 (1) 

where 𝛾 is interfacial tension (IFT, N/m) between the wetting (brine) and the non-wetting 

(CO2) fluids and 𝜃 designates the contact angle between the wetting fluid and the rock surface. 

Also, 𝑟 denotes the pore radius (m). According to the equation, a low permeability caprock 

that has a small pore radius provides a high capillary entry pressure.  
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Figure 6. Schematic of drainage process in which CO2 (non-wetting phase) flows through the 

pores when the capillary pressure exceeds the entry pressure (Hildenbrand et al., 2002) 

 

CO2 leakage through caprock pores can also be induced by an alteration of the caprock 

properties which leads to a reduction of the capillary entry pressure. In addition to the pore 

radius, this threshold pressure is controlled by wettability (will be explained in Section 2.3.4), 

and fluids IFT (Downey, 1984). The dissolution of CO2 into aqueous phase triggers the low 

pH condition and consumes some reactive minerals. Mineral dissolution opens the pores (the 

radius becomes larger) which leads to lower the capillary entry pressure of the caprock. In the 

experimental work performed by Canal et al. (2013), injection of CO2 to a sandstone core 

collected in Spain reveals an increase of porosity and permeability by 10.5% and a factor of 4, 

respectively, due to the dissolution of minerals. The sample was mostly composed of quartz 

(92.1 vol%) and much lesser amounts Mg-calcite (0.3 vol%), while more clays are expected 

in common caprock which, in turn, high impact on mineral dissolution may be induced. 

Hildenbrand et al. (2004) reported that IFT between CO2-brine in the pressures range of 6-20 

MPa and temperatures below 71 °C was half that of hydrocarbon-brine at the same p-T 

conditions. The water-wet caprock in hydrocarbon-brine system was also altered to 

intermediate-wet in case of CO2-brine fluids due to the lower interfacial tension and contact 

angle (Chiquet et al., 2007). These findings lead to less sealing capacity of a caprock in 

response to the low capillary entry pressure due to the lower IFT between CO2-brine. Thus, 

caution is needed in ruling that a reservoir caprock sealing hydrocarbon would provide the 

same sealing ability toward CO2 (Li et al. 2006). Less water wet caprock has also been proven 

reducing the storage capacity and the confinement efficiency (Chiquet et al., 2007; Iglauer et 

al., 2015b; Al-Khdheeawi et al., 2017a; Aminu et al., 2017). 

As indicated earlier, leakage pathways may form because of poor cementing and 

existing unsealed fault and fracture network in the host formation (Figure 7). Poor cement can 
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be caused by an improper cementing job or a cement degradation. A CO2-rich brine induces 

an acidic condition which may react with the alkaline borehole cement. This process 

degenerates the cement and shorten the cement lifetime. Based on Connell et al. (2015), the 

cement degradation takes place in two main stages: first stage is when acidic brine reacts with 

calcium hydroxide phases in the cements forming a carbonate mineral; second stage is when 

the precipitated carbonate mineral dissolves into the undersaturated brine. The second stage 

requires two other processes: 1) the brine is under solubility shortage of calcium and carbonate 

ions, and 2) there is always fresh brine flowing to the cement continuously. On the other hand, 

pre-existing fault and fracture network may allow a considerable CO2 leakage out of the host 

formation. Besides any induced seismic activity, the fault and the fracture network leakage 

can be stimulated by the dissolution of mineral in the fault/fracture which gives a considerable 

permeability for CO2 to flow. Also, cracks can be created on caprocks, fault and fracture due 

to a buildup pressure during CO2 injection. The occurrence of many of these events is 

influenced by the distance to the point of CO2 injection. Therefore, placement of injection 

wells requires comprehensive geological investigation, seismic activity assessment around the 

site, seismic monitoring, surface and soil gas monitoring, and proper modelling of pressure 

buildup and fluids migration (Sminchak and Gupta, 2003; Beaubien et al., 2013). 

 

Figure 7. Possible pathways for CO2 leakage in response to geomechanics change within 

formation due to pressure build up and/or seismic activity (Rutqvist, 2012) 

 

2.2.3. Well Injectivity 

Injectivity is usually evaluated through a parameter called injectivity index. Injectivity 

index (J) is similar to another term known as the productivity index (PI) mainly used in the oil 

and gas production activities. In case of injecting fluid to a geological formation, injectivity 

index is the proper term to identify the performance of a reservoir-well system. In oil and gas, 

productivity (or injectivity) index represents the capability of a well to produce fluid(s) from 

[to inject fluid(s) into] a permeable formation (Craft & Hawkins, 1991). Injectivity index is 
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expressed in m3/hr.MPa (STB/day.psi in Field Units) which is described by the following 

formula:  

𝐽 =
𝑞

𝑝𝑤𝑓 − 𝑝𝑟
 (2) 

where 𝑞 is fluid flow rate (SI unit in m3/hr; field unit in STB/day or SCF/day), 𝑝𝑤𝑓 and 𝑝𝑟 are 

well bottom-hole flowing and average reservoir pressures (MPa; psi), respectively. In the case 

of CO2 underground storage, the flow rate is usually expressed in tonnes/hr. 

To calculate 𝐽, the injected fluid should flow within a permeable formation for a 

considerably long time as it should reach the pseudo-steady state (PSS) period (Ahmed, 2001). 

Under this state, the change of pressure at every point in the reservoir (
𝜕𝑝

𝜕𝑡
|

𝑟
) is constant. The 

calculation of 𝐽 using data from other flowing periods leads to inaccurate outcomes. that is 

because 𝐽 is still varied under the transient flow period as can be seen in Figure 8. In the case 

of the injectivity index,  𝐽 curve increases in the transient flow period until it reaches constant 

under PSS (Valluri et al., 2021).  

 

Figure 8. Productivity index profile under different flow regimes (Ahmed, 2001) 

 

However, 𝐽 may drop at a high production rate even once PSS period has been reached 

(Craft & Hawkins, 1991). In oil and gas reservoirs, this decline may be caused by (1) a 

turbulence flow within the well, (2) reduction of oil permeability due to the presence of free 

gas expelled from oil, (3) increased oil viscosity in case of system below bubble point pressure, 

and/or (4) permeability reduction due to compressibility (Craft & Hawkins, 1991). Even 

though this index is mainly used to represent well property, the number indeed changes as if 
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some of reservoir properties are altered. According to fluid flow equation in a radial porous 

media under PSS flow regime, 𝐽 can be expressed as below: 

𝐽 = 𝛼
𝑘ℎ

𝜇𝐵[ln(
𝑟𝑒

𝑟𝑤
⁄ ) − 0.75]

 (3) 

where 𝛼 is a conversion constant, 𝑘 and ℎ are formation permeability (m2; mD) and formation 

thickness (m; ft), respectively, 𝜇 and 𝐵 are fluid viscosity (Pa.s; cP) and fluid formation 

volume factor (unitless: reservoir state volume/standard state volume), respectively, 𝑟𝑒 and 𝑟𝑤 

are radius of formation and well (m; ft), respectively. The above equation describes how 𝐽 is 

controlled by the fluid and reservoir properties which tend to be varied during the exploitation, 

i.e., 𝜇, 𝐵, and 𝑘. For multiphases flow, 𝑘 refers to an effective fluid permeability which is 

described as 𝑘. 𝑘𝑟, where 𝑘𝑟 is a fluid relative permeability.  

In case of CO2 underground storage into deep saline aquifer, the same approach can be 

applied to evaluate injectivity. At a certain condition in which no turbulence is expected in the 

well, the only reason that causes decline of 𝐽 is the variation of fluid and aquifer formation 

properties. CO2 viscosity is considerably low for the whole period of injection and may not 

significantly affect 𝐽 due to the pressure variation. Injection rate is mainly measured in unit of 

mass per hour, thus 𝐵 is not considered anymore. However, aquifer permeability is more 

favorable to change due to geochemical processes during CO2 injection which precipitates and 

dissolves minerals within the aquifer formations (Xu et al., 2007; Gaus, 2010; Shao et al., 

2010; Hu et al., 2011). This affects injectant effective permeability, 𝑘, and thus impacts the 

injectivity index.  

When CO2 is injected into saline aquifers, evaporation of liquid water into CO2 phase 

leads to a process where the dissolved salts precipitates (Figure 9). This phenomenon is 

broadly called “salting-out” effect and in this context, salts can precipitate in the wellbore 

vicinity and behind the drying-out front (Kleinitz et al., 2001; Lorenz and Müller, 2003; 

Peysson et al., 2011). The precipitated salt decreases the porosity and permeability resulting 

in a poor injectivity. The impact of salt precipitation is more prominent when a capillary-

driven backflow is also present. Under this condition, the formation water (with dissolved 

salts) flows toward injection well due to a capillary suction. As the evaporation continues, 

further accumulation of localized salt precipitation near the wellbore takes place (Giorgis et 

al., 2007; Pruess & Müller, 2009; André et al., 2014).  

The capillary-driven backflow can be easily understood by identifying the fractional 

flow of water/brine below: 
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𝑢𝑤 = 𝑓𝑤𝑢𝑡 + 𝑓𝑤𝜆𝑔 (
𝜕𝑝𝑐

𝜕𝑆𝑤

𝜕𝑆𝑤

𝜕𝑥
) + 𝑓𝑤𝜆𝑔[(𝜌𝑤 − 𝜌𝑔)𝑔] (4) 

where 𝑢𝑤 is Darcy velocity of water/brine, 𝑓𝑤 is the fractional flow of water/brine 

[𝜆𝑤 (𝜆𝑤 + 𝜆𝑔)⁄ ], 𝜆𝑔 is gas mobility [𝑘𝑘𝑟𝑔 𝜇𝑔⁄ ], 𝑝𝑐 is the capillary pressure, 𝑆𝑤 is the 

water/brine saturation, and 𝜌𝑤 and 𝜌𝑔 are the density of water and gas, respectively. On the 

right-hand side, the first, second and third terms represents flow affected by viscous force, 

capillary gradient, and gravity forces, respectively. The gradient of capillary pressure 

described as 𝜕𝑝𝑐/𝜕𝑆𝑤 is negative and becomes large when the water saturation is near the 

residual saturation. Capillary pressure curve near residual saturation usually forms asymptotic 

line which is much steeper. Considering the gradient of capillary pressure curve near residual 

saturation, the flow impacted by the second term may overcome the viscous force resulting in 

counter-current flow of water represented by the negativity of the gradient. As a consequence, 

dissolved salt follows the backflow toward the injection well. As the evaporation keeps on 

stage, there may be an accumulation of salt precipitated near the wellbore.     

 

Figure 9. Schematic of salt precipitation and water evaporation within pores during CO2 

injection (Ott et al., 2015) 

 

Other studies have found injectivity impairment insignificant in the presence of salt 

precipitation (Roels et al., 2014; Ott et al., 2015). In these experiments, precipitation formed 

homogenously indicating the absence of the capillary-driven back flow. This causes CO2 to 

flow essentially as a single phase when the porous media is virtually devoid of a water phase 

and the gas relative permeability increases to near unity. In other words, this overall mobility 

improvement is resulted from the increase in relative permeability despite the effects of salt 

precipitation on absolute permeability. This specific phenomenon occurs only when CO2 

injection rate exceeds a certain critical rate (André et al., 2014; Ott et al., 2015; Miri & 

Hellevang, 2016). Below the critical rate, local precipitation due to capillary backflow can 

occur and the impact on mobility is more significant. It worth noting that the researchers did 

not their study in low permeability samples in which formation of solid is expected to affect 
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the permeability significantly. Ott et al. (2021) conducted studies in a multi-porosity rock (i.e., 

dolomite) as opposed to Berea in their previous study showing that salt precipitation in this 

case strongly affects permeability.  

In another study, Ott et al. (2015) identified that evaporation may take place weakly 

during the viscous force displacement until the brine is immobile within the pores. After a 

couple of hours of injection, brine saturation changes only slightly. After a longer period of 

time where the water saturation remains constant, salt precipitation begins to dominate 

suggesting that evaporation is strong. Based on this study, solid saturation should not exceed 

irreducible water saturation even though capillary driven backflow takes place. 

As another injectivity impairment mechanism, water blockage can also take place when 

CO2 is stored in deep saline aquifers. Water blockage occurs when the formation water 

(wetting phase) forms a thin film on the rock surface and occupies a range of pores leaving 

limited pore space for CO2 to flow necessitating high injection pressure. In other words, water 

blockage reduces the gas relative permeability (Mahadevan and Sharma, 2003; Arjomand et 

al., 2020b; Lopez et al., 2021). The issue is common under strong-water-wet conditions (i.e., 

in sandstone reservoirs where rocks composed predominantly by quartz) with invading fluids 

introduced during drilling, completion, and fracturing activities (Holditch, 1979; Bennion et 

al., 1996; Al-Anazi et al., 2003). Those activities may use water-based fluids and considering 

that water is strongly wetting toward sandstone an increase in irreducible water saturation near 

the perforation can occur. This issue is not usually detected during normal experimental work 

as core analysis in laboratory may show low connate water saturation. In fact, the core sample 

may have been cleaned/restored which diminishes the observed impact of operating fluids 

during drilling, completion or hydraulic fracturing activities. Not surprisingly, the impact of 

water blockage increases significantly for low permeability reservoirs and aquifers (Bennion, 

2002). 

Several remediation methods have been proposed to overcome the above-mentioned 

injectivity issues. Salt precipitation can be handled temporarily by pre-injecting low salinity 

water into the well reducing brine salinity around the wellbore (Pruess & Müller, 2009). 

However, this method may only temporarily solve the problem by delaying or moving the 

location of the precipitation. As evaporation keeps taking place, immobile brine will exist 

causing salt precipitation albeit a bit later. Also, injecting low salinity water can induce clay 

mineral activity causing other forms of damage (i.e., fines migration, and clay swelling). 

Another technique recently proposed and tested at the Quest CCS facility located in Alberta, 

Canada (Smith et al., 2022) used a water-based fluid to dissolve precipitated salts near the 

wellbore. This method succeeded in repairing the injectivity index to twice of the pre-treatment 

value. However, there is no further evaluation regarding possibility of water blockage 
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following the treatment and a fines migration induced by the water injection into the formation.  

It is also worth noting that CO2 has the ability to vaporize trapped brine which, in turn, reduces 

the water blockage issue (Bennion et al., 1996). However, injectivity remains worse as salt 

will be precipitated following the evaporation (Zuluaga & Monsalve, 2003). High drawdown 

pressure remediates this issue in some cases, while others show ineffective results (Bennion 

et al., 1996). Another approach is to use a chemical treatment to change the rock wettability 

and hence permanently eliminate the occurrence of water blockage. For example, it has been 

proposed in the literature to inject the supercritical CO2 with an organo-alkoxysilane 

component (i.e., sc-CO2-based silylation) to change the formation wettability toward less 

water-wet thereby addressing water blockage (Arjomand et al., 2020b). Detail explanation 

about this technique is discussed in Section 2.3.5 regarding wettability alteration. 

2.3. Impact of Rock-Fluid Properties on Underground CO2 Storage 

As explained in earlier sections of this chapter, storage capacity, confinement, and 

injectivity, are essential for a successful CO2 storage by a targeted geological formation. The 

properties of the subsurface fluid-rock system play an important role in impacting the above 

mentioned three requirements and determining the suitability of a geological formation for 

CO2 sequestration. As this study specifically focuses on storage capacity and injectivity, their 

relationships with various system properties are elaborated in the following sections. 

2.3.1. Porosity  

The capacity of an aquifer for CO2 storage is largely controlled by the formation 

porosity. Porosity is the fraction of void volume over the bulk rock volume. CO2 is trapped in 

the void space in the form of free gas/supercritical phase under the structural trapping and in 

immobile phase under the residual trapping. According to Chadwick et al. (2008), a porosity 

greater than 0.2 is favorable for CO2 storage while values less than 0.1 need careful 

consideration. In terms of mineral trapping, the size of pores plays important role in 

determining the reaction process. As studied by Emmanuel et al. (2010), large pore size 

promotes readily space for the mineralization while smaller pores suppress the growth of 

mineral. Reaction rate is restrained due to interfacial energy effect provided by the smaller 

pores. 

Porosity on its own has no direct relationship with the injectivity. However, porosity-

permeability is strongly correlated, thereby injectivity will be affected due to the change of 

porosity. Mineral precipitation decreases pore size and in turn, permeability drops. 

Permeability reduction, thus reduced injectivity, induced by the growth of mineral in pore 

space has been well studied by numerous researchers including Giorgis et al. (2007), Pruess 

and Müller (2009), Peysson et al. (2011), Roels et al., (2014), André et al. (2014), Ott et al. 
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(2015), Jeddizahed and Rostami (2016), Cui et al. (2018), Ho and Tsai (2020), Ott et al. (2021) 

and many more. Most of them utilized porosity-permeability relationship proposed by Verma 

and Pruess (1988). Another old technique to correlate the permeability reduction with change 

of porosity is Kozeny-Carman’s correlation (Carman, 1997). However, Kozeny-Carman 

correlation usually overestimates the permeability evolution due to the change of porosity, 

especially in the case of high tortuosity and less connected pores (Mostaghimi et al., 2013).  

2.3.2. Absolute and Relative Permeabilities 

Absolute permeability represents the ability of a rock formation to facilitate the flow of 

fluids within its pores. The magnitude of permeability can be described as how easily the fluids 

pass through porous media (Abidoye et al., 2015). Based on Darcy’s law, permeability (𝑘) of 

a porous media is mathematically formulated as: 

𝑘 =
𝑞𝜇𝐿

𝐴∆𝑝
 (5) 

The formula defines the permeability as the constant of proportionality in the above equation 

when an incompressible fluid with viscosity of 𝜇 and flow rate 𝑞 passes through a porous 

media with the length of 𝐿 and cross-sectional area of  𝐴, imposing a pressure difference of 

∆𝑝 across the medium.  

During the CO2 geo-sequestration, the original rock permeability may be altered in 

response to geochemical reactions taking place within the pores. The reactions may either 

dissolve feldspar minerals or precipitate carbonate minerals and clay which, in turn, increases 

or decreases the original permeability, respectively (Gaus, 2010). However, most of the 

reactions occur in many years after the injection of CO2 as related to the mineral trapping 

mechanism. The earliest precipitant encountered during the injection which can deteriorate 

injectivity is salt (mostly halite) due to the drying-out and the salting-out processes.  

Having CO2 and brine in deep saline aquifer leads to the concept of two-phase flow. 

While absolute permeability describes intrinsic property of a porous media, relative 

permeability poses the inter-relationship of fluids and the porous rock. It describes how each 

fluid’s flow is restrained by another one. The concept of relative permeability may be 

integrated into the original Darcy equation, resulting in the following equation: 

𝑞𝑖 = (
𝑘𝑘𝑟𝑖

𝜇𝑖
)

∆𝑝𝑖

∆𝑥
 (6) 

where 𝑞𝑖, 𝑘𝑟𝑖, ∆𝑝𝑖, and 𝜇𝑖 denote the flow rate, relative permeability, pressure drop, and 

viscosity, respectively, for phase-𝑖. The term (
𝑘𝑘𝑟𝑖

𝜇𝑖
) describes mobility of phase-𝑖. The 
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mobility ratio between CO2 and brine dictates the propagation and the speed of CO2 plume. 

On the other hand, the phenomenon of two-phase flow causes some amount of residual 

saturation of each fluid during drainage and imbibition processes. Strong hysteresis 

phenomenon in relative permeability renders a certain amount of CO2 plume immobilized 

which promotes large residual trapping behind the buoyant flow of free CO2. The fundamental 

aspect of hysteresis can be explained by the concept of wettability (Section 2.3.4). Another 

obvious conclusion from Equation 6 is that permeability and mobility of a phase have strong 

control over its injectivity by controlling pressure buildup.  

2.3.3. Brine Salinity 

Brine salinity affects the CO2 solubility in aqueous phase. The more saline the aquifer 

is, the less soluble the CO2 can be. Figure 10 below shows the comparison of CO2 solubility 

in pure water and 200 g/l brine. This dissolution gives rise to solubility trapping and will 

determine the amount of remaining free CO2 trapped under the caprock. As indicated earlier, 

the circulation of fresh brine moving upward and denser CO2-rich brine flowing down will 

take place following the dissolution of CO2 into aqueous phase. Over time, free CO2 under 

structural trapping can therefore reduce and diminish. The time required to fully dissolve free 

CO2 into brine is controlled by vertical permeability and the density difference between fresh 

and saturated brines. Based on Ennis-King and Paterson (2005), the mixing time (tmix) can be 

estimated as: 

𝑡𝑚𝑖𝑥 ≈
𝛿𝐿𝜇

𝑘𝑣∆𝜌𝑔
 (7) 

where 𝛿 is density ratio of CO2 in gas phase and CO2 as dissolved in aqueous phase, 𝐿 is the 

reservoir thickness, 𝜇 is brine viscosity, 𝑘𝑣 is vertical permeability of the formation, and ∆𝜌 is 

the density difference between fresh and saturated brines. The processing time can be in the 

range of 1,600 to 16,000 years. 

 

Figure 10. Concentration of dissolved CO2 in pure water (left) and 200 g/l brine (right) derived 

from model proposed by Duan and Sun (2003) (Gaus et al., 2008) 
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Getting back to the earliest period of CO2 injection, the build-up of salt near the wellbore 

is the consequence of the brine salinity which has passed the salt solubility in aqueous phase. 

The portion of solid salt filling the pores is aligned with the degree of salinity of the original 

brine. In short, simple mass balance can predict the solid saturation based on the brine salinity 

if the evaporation is assumed to occur on the brine at residual saturation. The precipitation 

only gets worst in the presence of the capillary-driven backflow which transports salt to the 

injection source. A local precipitation may appear when the drying-out front meets the counter 

flow of brine.   

2.3.4. Formation Wettability 

Rock wettability is related to the behavior of two immiscible fluids, CO2 and formation 

brine in this case, in terms of adhering on the rock surface due to intermolecular interactions. 

The behavior can be either a tendency of a fluid to be in contact with and spread on solid/rock 

surface as dominated by adhesive forces or a prevention of a fluid to be attached on the 

solid/rock surface due to cohesive forces (Abidoye et al., 2015; Iglauer et al., 2015a). The 

definition, basically, sounds simple, however, the property is very complex due to the strong 

influence by a wide variety of factors including rock minerals, formation heterogeneity, 

accessible surface area, surface roughness, and to some extent the composition or salinity of 

original brine. A comprehensive understanding of wettability has been well established in 

hydrocarbon sector, specifically in oil industry, where the system is mainly composed of oil-

brine system. Hydrocarbon gas is commonly considered as a non-wetting phase in every 

condition, while oil may act as a wetting phase such that in carbonate reservoir (Chilingar and 

Yen, 1983) and altered-wettability sandstone reservoir due to asphaltene precipitation (Yan et 

al., 1997; Al-Maamari and Buckley, 2003; Amin et al., 2010). The same approach can be used 

in CO2-brine-rock system by switching oil-wet to CO2-wet. 

The measurement of wettability is obtained through a contact angle formed by a denser-

fluid droplet placed on a solid/rock surface which is surrounded by the lighter fluid. There are 

two types of contact angles that explains drainage and imbibition processes. Advancing angle 

(𝜃𝐴) is measured when the drop is inflated (Figure 11a) which describes the process of wetting 

phase displacing non-wetting phase, called imbibition. On the other hand, receding angle (𝜃𝑅) 

is the angle measured when the drop is deflated representing the drainage process (de Gennes 

et al., 2004). Hysteresis is partially caused by the difference between these two angles 

measured during the above phenomena. Higher advancing angle prevents full reversal 

displacement of non-wetting phase (CO2) by wetting phase (brine) during imbibition process 

resulting in a portion of a trapped non-wetting phase (CO2) within the pores. Wettability is of 

importance in evaluation of pc-S-kr (capillary pressure, saturation history, and relative 
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permeability, respectively) relationship which dictates the vertical-horizontal migration of 

CO2 and the residual trapping capacity.  

 

Figure 11. (a) advancing angle when the drop is inflated and (b) receding angle when the drop is 

deflated (de Gennes et al., 2004) 

 

Figure 12 depicts three levels of wettability based on the measured contact angle with 

the smaller the angle, the more water-wet the rock is. Less water wet caprock is usually related 

to a less efficient structural trapping performed by a geological formation (Iglauer et al., 

2015b; Al-Khdheeawi et al., 2017a). However, less water wet sandstone formation improves 

residual trapping of CO2 compared to that of water wet formation (Al-Khdheeawi et al., 

2017b). For the sake of safe storage, strong water wet formation is preferable preventing 

unwanted CO2 migration beyond the targeted formation.  

 

 

Figure 12. Illustration of measured contact angle for different wettability characteristics in 

scCO2-water-mineral system (Iglauer et al., 2015a) 

 

Wettability also affects the injectivity of an injection well. As explained/ in Section 

2.2.3, water blockage comes up due to the strong water wet conditions. A relatively large 

amount of water trapped is mainly caused by the minerals composing the rock formation which 
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is characterized as hydrophilic such as quartz, clays, chlorite, and feldspar. This makes water 

to adhere to the pore surface and in turn, forming a water film.  The access for CO2 is limited 

due to the trapped brine film and to some extent requires higher injection pressure for CO2. 

Also, as large amount of water trapped in water-wet formation, the severity of salt precipitation 

increases. 

Wettability has been proven affecting the evaporation process and permeability 

impairment due to salt deposition (Rufai and Crawshaw, 2018). Rufai and Crawshaw 

performed experimental work of CO2 flow in a micromodel consisting of fracture (high 

permeable channel) and matrix (low permeable channel). The porous micromodel was 

characterized as water-wetting. Subsequently, the wettability alteration of micromodel was 

achieved by injecting silicone solution composed of silicone caulk and dodecane. Based on 

their results, in case of using brine occupying the pores, fracture permeability impairment of 

water-wet condition is more significant than that of oil-wet condition. This is affected by the 

hydraulic disconnection from matrix to fracture system promoted by oil-wet condition. Such 

a situation suppresses the evaporating surface area and causes evaporation taking place shortly 

in a limited area. Furthermore, capillary flow of brine, that provides more salt to be deposited 

in fracture channel, is halted. Mixed-wet case shows a typical impact on the evaporation 

process and the permeability impairment as done by water-wet. Study conducted by Bergstad 

and Shokri (2016) found that increasing hydrophobic grains does not significantly impact the 

evaporative flux. However, pore surface covered by salt precipitation in mixed-wet sample is 

less than that in water-wet sample. They concluded that patchy salt precipitation resulted in 

mixed-wet is porous that pushes up the brine to evaporative area in the fracture channel. That 

may be the reason why evaporation process in mixed-wet can balance the cons of the hydraulic 

disconnection.    

2.3.5. Wettability Alteration 

Wettability has been traditionally assumed not to change in hydrocarbon systems. 

However, numerous studies have found that rock wettability may be altered from its original 

condition when CO2 invades the rock formation. For example, as indicated earlier, this 

alteration can impact the caprock wettability which affects its containment capacity. Although 

the binary CO2 system is inert to dry rock minerals, rock wettability is altered due to 

geochemical reactions taking place between rock minerals and brine containing dissolved CO2. 

The reactions induce pH reduction because H+ is released as a product of CO2 dissolution into 

brine: 
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𝐶𝑂2(𝑔) →  𝐶𝑂2(𝑎𝑞) 

𝐶𝑂2(𝑎𝑞) + 𝐻2𝑂 →  𝐻+ + 𝐻𝐶𝑂3
− 

𝐻𝐶𝑂3
− →  𝐻+ + 𝐶𝑂3

2− (8) 

The conditions generated by the above process e.g., low pH, presence of bicarbonate ion, etc., 

lead to the dissolution of susceptible minerals which, in turn, decreases the capillary entry 

pressure of the caprock (Schaef and McGrail, 2005; Liu et al., 2012; Armitage et al., 2013; 

Sigfusson et al., 2015; Rezaee et al., 2017). In other words, changes in surface mineral 

composition and surface roughness within the pores lead to a change in wettability as evaluated 

through contact angle measurements of the CO2-brine-rock system (Ali et al., 2021).  

Although the above-described change in caprock wettability is considered highly 

undesirable, favorable artificial wettability alteration has been assessed by many studies as a 

way of remediating issues encountered during CO2 underground storage. Caprock wettability 

reversal was studied by Ali et al. (2021) using an alumina nanofluid. They found that the 

presence of organic molecules can alter rock wettability to a less water wet. The alteration 

negatively impacts the caprock integrity. An alumina nanofluid was proposed to reverse the 

caprock wettability to reinstate the containment security of the storage site and safeguard the 

structural trapping.   

Water blockage is another possible injectivity issue that can be alleviated by the concept 

of wettability alteration. A traditional method previously used to address water blockage is 

implementing a high-pressure drawdown in the wellbore area that can lead to the removal of 

trapped water. Given the temporary effect of such techniques, researchers attempted to 

mitigate water blockage chemically for a more permanent alleviation approach. Injecting 

supercritical CO2 with an organo-alkoxysilane component (sc-CO2 based silylation) is one of 

many attempts made and has been proven in the laboratory to change the wettability of 

sandstone formations toward less water-wet addressing water blockage (Arjomand et al., 

2020b). This technique even outperforms conventional silylation using liquid solvents in terms 

of accelerating the kinetic reaction rates, i.e., the sc-CO2 based accomplishes the reaction 

within 30 minutes compared to 24 hours taken using the conventional liquid solvent-based 

method (Sánchez-Vicente et al., 2014).  

The silane reagent has the general formula of RnSiX4-n, where “R” signifies the non-

hydrolysable organic group and “X” represents the hydrolysable groups. During the silylation 

process, organo-alkoxysilane modifies the rock surface by reacting with the hydroxyl group 

of adsorbed water on the rock surface (hydrolysis) and forming siloxane or strong covalent 

bond of hydrolyzed silane with the hydroxyl group on the rock surface (condensation). 
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Siloxane polishes the rock surface leading to the displacement of some immobile water. Due 

to limited water within the system, polymerization of siloxane growing vertically with respect 

to the flow direction, which may clog the pores, can be avoided (Loste et al., 2004). The 

treatment will increase the mobility of CO2 and formation water, thus resolving poor 

injectivity. Since no water is expected to exist in the pore space after the treatment, no salt 

precipitation is expected to take place as well. However, silylation relies on the accessibility 

of the pore space and the reactivity of surface minerals with silane. Considering that sandstone, 

in addition to the dominant quartz, includes other minerals, silane may not react and cover all 

the surfaces within the pore space. Several studies performed using the sc-CO2 based silylation 

on mesoporous silica found that silane reaches up to 1.6 molecules/nm2 of covered surface, 

the so-called bonding density (Staroverov & Fadeev, 1991; Cao et al., 2001; López-Aranguren 

et al., 2012). A recent study used N,N-dimethylaminopropyl)trimethoxysilane (DMAPTS) to 

perform sc-CO2 based silylation to a mesoporous silica system and could reach a bonding 

density of 2.5 molecules/nm2 (Sánchez-Vicente et al., 2014). It is worth noting that the 

complexity of a rock formation mineralogy often leads to difficulty in the measurement of 

bonding density. 

2.4. Numerical Simulation of CO2 Storage in Saline Aquifer 

Simulation is the best way to understand and predict the evolution of CO2 being injected 

into the deep saline aquifer for underground storage before the injection is commenced. 

Several techniques have been developed to simulate CO2 migration within the porous media 

and the trapping mechanisms, i.e., analytical method (Nordbotten et al., 2005; Zhou et al, 

2008), streamline simulations (Obi and Blunt, 2006; Qi et al., 2009), inversion percolation 

technique (Cavanagh and Ringrose, 2011; Cavanagh and Haszeldine, 2014), and conventional 

3D grid-based simulations as the modern technique used nowadays. The latter technique uses 

the typical numerical equations used in oil and gas sector combined with a range of physical 

phenomena such as geomechanics and geochemistry to address the specific behaviours 

exhibited by CO2 flow within the deep saline aquifer formation system. Several simulator 

packages are available with adequate capabilities to model CO2 storage in deep saline aquifers, 

among them are Computer Modelling Group (CMG) with GEM-GHG Module (Nghiem et al., 

2004; 2009), ECLIPSE 100 and 300 (Schlumberger) with CO2STORE Module (Pickup et al., 

2011; 2012), Automatic Differentiation General Purpose Reservoir Simulator (AD_GPRS) by 

Stanford University (Fan, 2006; Benson et al., 2013), Multiphase Flow Transport and Energy 

Model on Unstructured Grids (MUFTE-UG) developed by University of Stuttgart and 

University of Heidelberg (Ebigbo et al., 2006), TOUGH and TOUGH2 by the National 

Laboratories in USA (Pruess et al., 2002), and many others as listed by Ajayi et al. (2019). 
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2.4.1. Evaluation of Storage Capacity 

CO2 plume migration initially became the focus of simulation studies of CO2 

underground storage. Theoretical models were developed to estimate the distribution of CO2 

plume and immobile CO2 in the form of trapped and dissolved phases (Farcas and Woods, 

2008; Juanes et al., 2010; Nordbotten and Dahle, 2011). The findings from analytical models 

were confirmed by simulation studies, which found capillarity to be significant in controlling 

the plume distribution and the amount of residually trapped CO2. Incorporating capillarity 

effect, represented by the hysteresis phenomenon, led to the study of rock wettability impact 

on storage capacity of the deep saline aquifers. 

Comprehensive multiphase flow modelling of CO2 storage in deep saline aquifer 

coupled with the corresponding geochemical reactions were performed by Pruess et al. (2003) 

using TOUGHREACT (older version of TOUGH2), Doughty (2007) using TOUGH2, 

Nghiem et al. (2004 & 2009) and Kumar et al. (2005) using CMG-GEM module. Other 

comprehensive studies which disregard mineralization modelling were performed by Sifuentes 

et al. (2012) using ECLIPSE 100 (CO2STORE module) and Flett et al. (2007) using CHEARS 

(developed by Chevron). Normally, the residual and structural trapping evaluated through the 

migration of CO2 plume and the distribution of gas saturation can be well simulated by using 

traditional hydrocarbon simulator incorporated with a hysteresis model as conducted by Juanes 

et al. (2006). However, CO2 solubilization model is then required to essentially simulate 

trapped CO2 in the aqueous phase similar to the studies conducted by Sifuentes et al. (2012) 

and Goater et al. (2013). The methods usually used for CO2 solubility modelling are 

correlations from Chang et al. (1996), Spycher and Pruess (2005), and modified Henry’s Law 

as function of brine salinity (Li and Nghiem, 1986). Lastly, the mineral trapping simulation 

requires geochemical reactions modelling to cater the interactions between CO2-brine and 

CO2-rich brine and rock forming carbonate minerals as performed by Nghiem et al. (2004 & 

2009) and Pruess et al. (2003). Based on the previous simulation studies, running time of the 

simulation follows the long-term storage expectations of up to 500-10,000 years to give 

enough time for mineralization to occur. 

 Previous simulation studies have explained the significant impact of formation 

heterogeneities (i.e., porosity-permeability distribution, formation dip, mineralogy variety, 

rock characterisation) on the CO2 storage mechanisms (Doughty, 2007; Bryant et al., 2008; 

Krevor et al., 2015). According to simulation performed by Ennis-King and Peterson (2002), 

low residual gas saturation in the imbibition stage leads to a high CO2 dissolution rate since 

the CO2 trapped under residual phase is slow to dissolve. A less vertical to horizontal 

permeability ratio leads to a wider lateral CO2 plume propagation within the formation, and 

vice versa (Pruess et al., 2003). Similarly, high horizontal permeability improves the lateral 
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movement of CO2 and, in turn, increases solubility and residual trapping (Sifuentes et al., 

2012). Based on study by Flett et al. (2007), increasing shale content in the rock composition, 

or a decrease in rock quality, also promotes less upward movement of CO2 due to the shale 

barriers. Thus, CO2 lateral movement is enhanced. Although the rate of residual trapping is 

restrained by the formation with higher shale content, it gives longer time for the system to 

reach equilibrium and less mobile CO2 accumulated under the caprock due to layered shales. 

This may be beneficial in terms of limiting the reliance on the high-risk structural trapping. 

The typical results were also explained by Goater et al. (2013) who compared the 

homogeneous and heterogeneous cases in a relatively low average permeability model, i.e., 11 

md (11x10-15 m2). In addition, localized pressure buildup due to low permeability regions was 

observed in a heterogeneous case leading to poor and uneconomical injectivity. However, in 

relatively moderate to high average permeability systems (i.e., 145x10-15 to 1x10-12 m2), 

heterogeneous case provides larger storage capacity compared to that of homogeneous case. 

Layered rock characteristics due to the presence of shale (low permeability) improves the 

lateral movement leading to an improved amount of CO2 trapped by the residual and 

dissolution trapping mechanisms. Besides the formation heterogeneities, injection strategy 

such as water alternating gas (WAG) (Juanes et al., 2006) and mixed CO2-brine injection (Qi 

et al., 2009) also plays a positive role to increase the portion of CO2 trapped as the residual 

phase. Chased water is expected to boost the imbibition compared to the natural imbibition 

induced by buoyant effect, and thus, increasing the amount of CO2 retained by residual 

trapping. Injecting the CO2 as deep as possible, e.g., at the base of a formation, is suggested to 

provide large CO2-brine interactions which can enhance the storage capacity (Kumar et al., 

2005; Sifuentes et al., 2012). 

As presented by the above review, so far, the impact of numerous factors on CO2 storage 

capacity has been evaluated and documented. However, less attention has been given to the 

role of wettability in controlling the CO2 plume movement and its impact on the amount of 

trapped CO2. As one of the few studies conducted to date, a complex sensitivity study was 

done by Al-Khdheeawi et al. (2017a & 2017b) on this topic. The authors considered five 

different wettabilities, i.e., strongly water-wet, weakly water-wet, intermediate-wet, weakly 

CO2-wet, and strongly CO2-wet, for their numerical simulation studies that used hypothetical 

input data in modelling different wettability characteristics. As reported by these researchers, 

strong water wet rock involves the lowest CO2 plume propagation with less mobile CO2 

trapped under the caprock, the lowest amount of CO2 dissolution trapping, and the greatest 

CO2 residual trapping. Nevertheless, the lack of representative experimental data that can be 

incorporated in numerical simulation studies to objectively model different wettability 
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characteristic and their specific multi-phase flow behaviors is the main issue associated with 

such studies.       

2.4.2. Prediction of Deposited Salt  

The simulation of salt precipitation was initially conducted by Lorenz and Müller (2003) 

by modifying simulator TOUGH2 using EWASG module (Batistelli et al., 1997) to include 

NaCl as an additional component and the salt thermodynamic phase change. Before further 

use to simulate salt precipitation, modified codes were validated with traditional template in 

ECLIPSE to see its ability in mimicking the injection of gas into a porous media saturated by 

water. The bottomhole pressure predicted by the modified model showed good agreement and 

is only slightly deviated in shut-in period compared to that simulated using ECLIPSE due to 

lack of hysteresis feature. The salt saturation in the simulation results was also found to 

qualitatively agree with the reference experiments. Giorgis et al. (2007) generated TMGAS 

module, as a part in TOUGH2 family, to simulate a two-phase flow of a gas mixture with a 

sodium chloride brine, and to some extent the precipitation of halite. They performed 

simulations of 1D and 2D single-well dry CO2 injection to a depleted gas reservoir model 

having a permeability of 400x10-15 m2, a porosity of 0.32, and a thickness of 10 m. They found 

that when saturation of aqueous phase is low, the solid salt saturation is independent from the 

injection rate as the immobility of aqueous phase cannot support further flow toward 

evaporation front. Also, the amount of salt precipitation increases following an increase in the 

injection rate up to a certain value, beyond which salt precipitation reduces because higher 

injection pressure depreciates capillary pressure gradient, reducing the brine back-flow toward 

injection well.  

The impact of the capillary driven back-flow on enhancing localized salt precipitation 

during CO2 injection into deep saline aquifer has been simulated in several studies such as 

Pruess and Müller (2009), Kim et al., (2012), and André et al. (2014). As reported by these 

studies, localized precipitation may not appear when injection rate is higher than a certain 

critical value (Giorgis et al., 2007; Kim et al., 2012; André et al., 2014; Ott et al., 2015). Under 

such a condition, the capillary pressure gradient is overwhelmed by a high viscous force from 

the high injection rate, denoted as evaporative regime (Miri and Hallevang, 2016). Beside 

TMGAS module, ECO2N module in TOUGH2 has been developed by Pruess (2005) to 

specifically model water-brine-CO2 system in a deep geological formation including the 

molecular dissolution as used by Pruess and Müller (2009), Kim et al., (2012), and André et 

al. (2014). Guyant et al. (2015) also used TOUGH2/ECO2N to simulate single phase CO2 

injection for underground storage in a deep saline aquifer where the aim was to see the impact 

of different completion types on the salt distribution and the resultant pressure buildup with 

variation in permeability. Two types of completion (i.e., half and fully open) were assessed 
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and the results showed typical conclusions where localized salt precipitation was formed in 

high permeability zone, while less precipitation was formed in the low permeability zone. 

Hurter et al. (2007) simulated a radial single well CO2 injection for storage in deep saline 

aquifer using commercial simulator ECLIPSE 300. Specific codes to cater for drying-out and 

salting-out phenomena were incorporated into the traditional compositional simulator. Cui et 

al. (2018) built a radial single well model using CMG-GEM module to assess the impact of 

fluid-rock interactions on the reservoir properties and the injectivity. They enhanced the CCS 

modelling conducted by Nghiem et al. (2004) (which describes CCS simulation including 

geochemical reactions) by incorporating the codes to address the pH changes due to CO2 

solubility and the salt precipitation due to water evaporation. Sensitivity studies were done on 

parameters such injection rate, water salinity, initial porosity, initial permeability, capillary 

pressure, etc. Mutual solubility of H2O and CO2 were modelled following the thermodynamic 

equilibrium by using the equality of fugacity in both gas and aqueous phases. However, 

evaporation of water into CO2 phase typically follows a kinetics approach instead of a local 

equilibrium partitioning. This approach was first investigated by Roels et al. (2014) in their 

study which coupled experimental results with numerical modeling. With a kinetics model, 

salt precipitation can be more accurately modelled both near the wellbore and further away 

from the well. However, the use of equilibrium phase partitioning may overpredict the 

localized salt precipitation occurring near the injection wellbore. 
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Chapter 3      Injectivity Issues Remediation in CO2 Geo-

sequestration by Implementing Wettability Alteration  

This chapter comprises a published work titled: “Simulation Study of sc-CO2 Based 

Silylation for Decreasing Severity of Water Blockage and Salt Precipitation during Geological 

CO2 Storage in Deep Saline Aquifers” (Full citation: Pratama, Egi A., Matthew Myers, Asep 

K. Permadi, Ali Saeedi. 2023. “Simulation Study of sc-CO2 Based Silylation for Decreasing 

Severity of Water Blockage and Salt Precipitation during Geological CO2 Storage in Deep 

Saline Aquifers”. Transport in Porous Media, 150, 131–155 (2023). 

https://doi.org/10.1007/s11242-023-02002-7). The chapter uses the published manuscript in 

its entirety, as a result, parts of the Introduction sections may be repeats of the information 

already presented in Chapter 2.  

3.1. Introduction 

Carbon capture, utilization, and storage (CCUS) has been prioritized by many countries 

and international agencies as part of a strategy to lower CO2 emissions and mitigate climate 

change effects. The aim of CCUS generally is to capture CO2 from a variety of emitting 

sources and use it for many purposes (i.e., fuels, chemicals production, enhanced oil recovery, 

geological storage) to reduce atmospheric greenhouse gas emissions.  Many studies have 

identified several challenges related to implementation of CCUS which can be classified 

broadly into political, cross-chain, economic, and technical issues (Muslemani et al., 2020). 

Poor injectivity is one of the technical issues often encountered during CO2 injection and 

storage in subsurface geological structures (Andre et al., 2014). Injectivity problems may be 

caused by a variety of reasons including asphaltene precipitation (Srivastava et al., 1999; 

Darabi et al., 2014; Cho et al., 2016), water blockage (Ford et al., 1988; Mahadevan & Sharma, 

2003; Arjomand et al., 2020b), salt precipitation (Giorgis et al., 2007; Pruess & Müller, 2009; 

Andre et al., 2014; Ott et al., 2015) and fines migration (Sayegh et al., 1990; Mohamed et al., 

2012; Iglauer et al., 2014; Yusof et al., 2022).    

When CO2 is injected into saline aquifers, evaporation of liquid water into the CO2 phase 

leads to a process where the dissolved salts precipitate. This phenomenon is broadly called 

“salting-out”; in this context, salts can precipitate in the wellbore vicinity (Kleinitz et al., 2001; 

Lorenz & Müller, 2003; Peysson et al., 2011). The dissolution of CO2 alone is not expected to 

cause a significant decrease in the solubility of sodium chloride in water at elevated 

pressure/temperature (Sawamura et al., 2007; Zhao et al., 2015). However, the solubility of 

other salts (e.g., calcium carbonate) are strongly related to pH resulting from CO2 dissolution 

into an aqueous phase.  Regardless, precipitated salts are predominantly a result of water 
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evaporation and cause a decrease in porosity resulting in potentially poor injectivity. The 

impact of salt precipitation is most prominent when capillary-driven backflow is also present. 

Under this condition, formation water (with dissolved salts) flows back toward the injection 

well due to capillary suction. As evaporation continues, further accumulation of localized salt 

precipitates near the wellbore takes place (Giorgis et al., 2007; Pruess & Müller, 2009; Andre 

et al., 2014).  

However, other studies found that injectivity impairment was insignificant in the 

presence of salt precipitation (Roels et al., 2014; Ott et al., 2015). In these experiments, 

precipitation formed homogenously indicating the absence of capillary-driven back flow. This 

causes CO2 to flow essentially as a single-phase when the porous media is virtually devoid of 

a water phase and the gas relative permeability increases to near unity. In other words, this 

overall mobility improvement results from the increase in relative permeability despite the 

effects of salt precipitation on absolute permeability. This specific phenomenon occurs only 

when CO2 injection rate exceeds a certain critical rate (Andre et al., 2014; Ott et al., 2015; Miri 

& Hellevang, 2016). Below this critical rate, local precipitation due to capillary backflow can 

occur and the impact on mobility is more deleterious. However, the authors did not observe 

the phenomena in low permeability samples in which the formation of solid is supposed to 

affect the permeability significantly. Ott et al. (2021) conducted studies in a multi-porosity 

rock (i.e., dolomite) as opposed to Berea in their previous study showing that salt precipitation 

in this case strongly affects permeability.   

For numerical simulations, evaporation of water into the CO2 phase is typically 

described as a kinetic phenomenon instead of local equilibrium partitioning. This kinetics 

approach was first investigated by Roels et al. (2014) in their study which coupled 

experimental results with numerical modelling. They found that using local equilibrium 

partitioning in a computational simulation for evaporation overestimated salt precipitation 

near the wellbore. With a kinetics model, the salt precipitation both near the well bore and 

further away from the well is more accurately simulated. On the other hand, Ott et al. (2015) 

identified that evaporation may take place weakly during viscous force displacement until the 

brine is immobile within the pores. After a couple of hours of injection, brine saturation 

changes only slightly. After a longer period where the water saturation remains constant, salt 

precipitation begins to dominate suggesting that evaporation is strong. Based on this study, 

solid saturation should not exceed irreducible water saturation even though capillary driven 

backflow takes place. 

Though water blockage is more common in hydrocarbon reservoirs (particularly tight 

gas reservoirs (Bennion, 2002)), water blockage can also take place when CO2 is stored in 

deep saline aquifers. Water blockage occurs when the formation water forms a thin film on the 
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rock surface and occupies smaller pores leaving limited pore space for CO2 to flow 

necessitating a high injection pressure. In other words, water blockage reduces gas relative 

permeability (Mahadevan & Sharma, 2003; Arjomand et al., 2020b; Lopez et al., 2021). The 

issue is common under strongly water-wet conditions (i.e., rocks composed predominantly of 

quartz) in sandstone reservoirs with invaded fluids which are used during drilling, completion, 

and fracturing activities (Holditch, 1979; Bennion et al., 1996; Al-Anazi et al., 2003). Those 

activities may use water-based fluids and considering that water is strongly wetting toward 

sandstone an increase in irreducible water saturation near the perforation can occur. This issue 

is usually unpredicted as core analysis in laboratory may show low connate water saturation. 

In fact, the core sample may have been cleaned/restored which diminishes the observed impact 

of operating fluids during drilling, completion, or hydraulic fracturing activities.  

Several remediation methods have been proposed to overcome the above-mentioned 

injectivity issues. Salt precipitation can be alleviated temporarily by pre-injecting low salinity 

water into the well reducing brine salinity around the wellbore (Pruess & Müller, 2009). 

However, this method may only temporarily solve the problem by delaying or moving the 

location of the precipitation. As evaporation keeps taking place, immobile brine will extend 

causing salt precipitation albeit a bit later. Furthermore, injecting low salinity water can induce 

clay mineral activity causing other forms of damage (i.e., fines migration, and clay swelling). 

Another effort recently proposed and tested at the Quest CCS facility located in Alberta, 

Canada (Smith et al., 2022) used a water-based fluid to dissolve precipitated salts near the 

wellbore. This method succeeded in repairing the injectivity index to twice the pre-treatment 

value. However, there is no further evaluation regarding the possibility of water blockage 

following the treatment and fines migration induced by the water injection into the formation.   

Regardless, it is worth noting that injection of CO2 could vaporize trapped brine 

(causing salt precipitation) as well as induce water blockage (Bennion et al., 1996). Generally, 

injectivity worsens with salt precipitation deteriorating the absolute permeability (Zuluaga & 

Monsalve, 2003). In some case, a high drawdown pressure remediates this issue (Bennion et 

al., 1996). Another approach is to use a chemical treatment to change the rock wettability and 

hence permanently impact the extent of water blockage.  This includes injecting supercritical 

CO2 with an organo-alkoxysilane component (i.e., sc-CO2 based silylation) to chemically 

functionalize the rock surface and change the formation wettability toward less water wet 

thereby addressing water blockage (Arjomand et al., 2020b). This technique even outperforms 

conventional silylation using organic solvents by accelerating the kinetic reaction rate (i.e., the 

sc-CO2 based accomplishes the reaction within 30 minutes compared to 24 hours for 

conventional method under otherwise similar conditions) (Sánchez-Vicente et al., 2014); a 

modest increase in coverage is also observed with this approach.  Silane reagents have the 
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general chemical formula RnSiX4-n, where “R” represents a non-hydrolysable organic group 

and “X” represents hydrolysable groups (typically halides or alkoxy groups). During the 

silylation process, organo-alkoxysilane modifies the rock surface by reacting with the 

hydroxyl groups on the rock surface (through a hydrolysis/condensation process) to form 

covalent bonds. Several studies which performed sc-CO2 based silylation on mesoporous silica 

found that silane reaches up to 1.6 molecules per nm2 of surface (Staroverov & Fadeev, 1991; 

Cao et al., 2001; López-Aranguren et al., 2012). A recent study that used N,N-

dimethylaminopropyl)trimethoxysilane (DMAPTS) in a sc-CO2 based method on  mesoporous 

silica reached a bonding density of approximately 2.5 molecules/nm2 (Sánchez-Vicente et al., 

2014).  

To date, there have been several studies coupling experimental data with numerical 

simulations to evaluate formation damage due to salt precipitation during CO2 injection (Roels 

et al., 2014; Andre et al., 2014; Ott et al., 2015; Roels, et al., 2016; Ott et al., 2021). Also, 

water blockage has been observed frequently in gas reservoirs particularly with the 

development of low permeability gas reservoirs; the impact of CO2 injection on water blockage 

has been examined as well (Ford et al., 1988; Bennion et al., 1996; Bennion, 2002; Mahadevan 

& Sharma, 2003; Arjomand et al., 2020b; Lopez et al., 2021; Lopez et al., 2023). However, 

such studies have only these issues on their own and not examined how they are coupled. This 

study attempts to simulate both water blockage and salt precipitation in a single numerical 

reservoir simulation and to analyse the impact of surface wettability (i.e., changes induced by 

the silylation process) when both take place in situ. The purpose of this study is to develop a 

deeper understanding of the corresponding phenomena during CO2 underground storage and 

well preparation before the implementation of a chemical treatment. 

3.2. Numerical Simulation Model 

3.2.1. Component Transport Equations 

This work uses the same conservation equations that were used by Kohse and Nghiem 

(2004) to model the deposition of solid asphaltene from crude oil within a reservoir. This 

includes the basic components flow, asphaltene deposition rate (in this study, replaced by salt 

precipitation rate), and a materials balance of the deposited solids with the asphaltene present 

in crude oil. We use a similar model here noting that supercritical CO2 will be treated as the 

gas phase. Silane injection is simulated under miscible condition with CO2. Silane then will 

be adsorbed on rock surface as an outcome of silylation process where it will have minimal 

impact on the porosity and assumed to only affect the wettability characteristics (i.e., the multi-

phase relative permeability behaviour). As silane acts like polymer within a porous media, 

transport equation normally used in polymer enhanced oil recovery is applied in this work. 
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The accumulation terms of the flowing components and the adsorbed silane can be written as 

(Druetta and Picchioni 2019; CMG 2020): 

𝜕

𝜕𝑡
[𝑉𝜙𝑓(𝜌𝑔𝑆𝑔𝑦𝑖 + 𝜌𝑤𝑆𝑤𝑤𝑖) + 𝑉𝜙𝑣𝑐𝑠𝑖𝑙] (9) 

where 𝑉 is the grid block volume, 𝜌 and 𝑆 are the phase molar density in mol/m3 and phase 

saturation, respectively, 𝑐𝑠𝑖𝑙 is the moles of adsorbed silane within the void pore volume in 

moles/m3, 𝑦𝑖 and 𝑤𝑖 are moles fraction of component-i ‒ which are water, CO2, and dissolved 

salt ‒ in the gas and water phases, respectively. 𝜙𝑣 and 𝜙𝑓 are void porosity and fluids-

contained porosity, respectively. The relationship between 𝜙𝑣 and 𝜙𝑓 are proposed to consider 

the presence of solid salt (denoted as “salt”) and/or adsorbed silane. They are related following 

this formula: 

𝜙𝑓 = 𝜙𝑣[1 − (
𝑐𝑠𝑖𝑙

𝜌𝑠𝑖𝑙
⁄ +

𝑐𝑠𝑎𝑙𝑡
𝜌𝑠𝑎𝑙𝑡

⁄ )] (10) 

where 𝑐 and 𝜌 are the moles of the component per void pore volume and their molar density. 

When there is no solid and/or adsorbed component, then 𝜙𝑓 = 𝜙𝑣. In this simulation, the small 

concentration of silane used has an insignificant impact on porosity with salt precipitation 

being the only solid which appreciably affects porosity. 

The conservation equation for solid salt formation is written below (Parvin et al., 2020; 

CMG, 2020): 

𝜕

𝜕𝑡
(𝜙𝑣𝑐𝑠𝑎𝑙𝑡) = 𝑟𝑠𝑎𝑙𝑡 (11) 

where 𝑟𝑠𝑎𝑙𝑡 is a volumetric rate of salt formation in moles/day.m3. 

3.2.2. Fluids and Mechanistic Models 

Salt Precipitation 

For this study (and similar to prior studies), the aquifer brine is assumed to be composed 

of only halite (i.e., sodium chloride) and water. The effects of minor impurities on salt 

precipitation due to evaporation are not considered here. The modified black oil (MBO) fluid 

model within the reservoir simulator Computer Modelling Group (CMG) was used with the 

STARS module. This simulator can also implement the kinetics of the evaporation process. 

Experimental results obtained by Ott et al. (2015) with a 20 wt.% NaCl aqueous solution 

and numerical simulations results by Roels et al. (2014) were used to generate the salt 

precipitation kinetic model. A non-equilibrium phase partitioning was applied for the 
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evaporation of water from the aqueous phase. This process results in an increase of salt 

precipitation which induces the precipitation. The mass transfer of water toward CO2 phase 

was simulated with a closer match between experimental results of salt precipitation 

distribution and subsequent numerical simulations, using kinetic approach following the 

reaction rate as follow (Pinder & Celia, 2006; Roels et al., 2014): 

𝑟 = 𝑘′𝜙𝑣(𝑐𝐻2𝑂,𝑒 − 𝑐𝐻2𝑂) (12) 

where 𝑟 and 𝑘′ are the evaporation rate (units of moles·day-1·grid volume-1) and reaction rate 

constant (units of day-1 for a first order reaction), respectively. 𝑐𝐻2𝑂 and 𝑐𝐻2𝑂,𝑒 are the 

concentration factor (moles per void pore volume) of H2O in the CO2 phase at any time and 

its equilibrium concentration (moles per pore volume), respectively. Under these conditions, 

the maximum (or equilibrium) mole fraction of water in the CO2 phase was set at 0.004 (Ji et 

al., 2005; Spycher & Pruess, 2005; Miri & Hallevang, 2016). CO2 solubility in water is 

important during the CO2 injection into saline aquifer as it is responsible for the solubility 

trapping mechanism. However, within this context, the role of dissolved CO2 does not 

appreciably affect salt precipitation and as such is not considered in this work. Dissolved CO2 

may induce mineralization near the wellbore such as Calcite precipitation. However, the 

amount of Calcite precipitation is negligible compared to that of Halite precipitation as shown 

in simulation results by Cui et al. (2018). The STARS module in the CMG simulators uses a 

specific factor “𝑓” designed to explain weak evaporation processes when viscous forces are 

dominant. This factor is a function of water velocity and governed by the following equations 

(CMG, 2020): 

𝑓 = [
𝑣 − 𝑣𝑐𝑟𝑖𝑡

𝑣𝑟𝑒𝑓
]

𝑚

 (13) 

𝑘′ = 𝑘′𝑟𝑒𝑓 . 𝑓 (14) 

where 𝑣, 𝑣𝑐𝑟𝑖𝑡, and 𝑣𝑟𝑒𝑓 are the current, critical and reference velocities of water, respectively 

(see Table 1). The constant 𝑚 is set negative resulting in a smaller factor for larger water 

velocities. Due to a non-zero rule for 𝑣𝑟𝑒𝑓, it was fixed at a very low water velocity. This 

number was obtained from the water velocity near the residual water saturation in a traditional 

coreflood simulation performed before defining onset of the evaporation process. Then, the 

reaction rate constant varies based on the velocity of water following Equation (5) and (6). 

𝑘′𝑟𝑒𝑓 is the reaction rate constant at 𝑣𝑟𝑒𝑓 which is a fitting-parameter in this case. 𝑘′𝑟𝑒𝑓 is 

assumed to be the maximum reaction rate constant and is applied to trapped brine up to 

𝑣𝑟𝑒𝑓+𝑣𝑐𝑟𝑖𝑡. 
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Once salt saturation is reached in the aqueous phase, salt precipitation will commence. 

In fact, halite solubility in water is only moderately sensitive to temperature changes up to 80 

oC and pressures up to 10 bar (Pinho & Macedo, 2005; Sawamura et al., 2007). As such, a 

constant salt solubility of 26.5 wt.% (or 0.1 mole fraction) was utilized to simplify the 

numerical simulation. During the evaporation process, once saturation is reached the solid salt 

is assumed to instantly form until the brine has been completely dried. For this simulation, 

however, the mass transfer of the salt from aqueous solution to solids uses a kinetic approach 

with a large rate constant as described by Equation (12). Kohse & Nghiem (2004) used a value 

of 50,000 day-1 to represent the equilibrium process of a mass transfer for asphaltene 

deposition which is assumed to be very fast in their simulation; we use the same value here. 

 

Table 1. Parameters used in the simulation describing the salt precipitation modelling based on 

the experiment conducted by Ott et al. (2015) 

𝑣𝑟𝑒𝑓=𝑣𝑐𝑟𝑖𝑡 1.19 x 10-5 m/day 

𝑚 -0.95  

𝑘′𝑟𝑒𝑓 3850 day-1 

 

Permeability Reduction Model due to Salt Precipitation 

Salt precipitation definitively reduces the porosity of the rock formation; with a strong 

positive correlation between permeability and porosity, the permeability is also expected to 

drop. A variable resistance factor (𝑅𝑓) is introduced to quantify the permeability reduction 

induced by salt precipitation. The relationship is written by (CMG, 2020): 

𝑅𝑓 =
𝑘0

𝑘
 (15) 

𝑅𝑓 = 𝑚𝑎𝑥[1, 𝑔(𝑐𝑠𝑎𝑙𝑡)] (16) 

where 𝑐𝑠𝑎𝑙𝑡, 𝑘0 and 𝑘 is the moles of solid salt within the void pore volume, initial and salt 

deposition-induced permeability values, respectively. 𝑅𝑓 will not be less than 1 and increase 

as the salt precipitation increases. The function 𝑔(𝑐𝑠𝑎𝑙𝑡) can be defined with any porosity-

permeability relationship (e.g., Kozeny-Carman, Verma-Pruess or a regression model based 

on results from core flooding experiments). Higher incremental 𝑅𝑓 over a change in porosity 

is supposed to be applied on low permeability formations as the change is very sensitive in 

this characteristic. Several studies utilized critical porosity, at which permeability drops to zero 

due to solid deposition, in a range of 85-90 % of the original porosity (Pruess & Müller, 2009; 
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Andre et al., 2014; Ott et al., 2015; Ott et al., 2021). Giorgis et al. (2007) performed a 

simulation study in relatively high permeability by using a critical porosity of 50% of the 

original porosity. 

 

Figure 13. Grid model employed in this work representing the core used by Ott et al. (2015) 

 

 

 

Figure 14. a) Salt concentration yielded from simulation and b) salt saturation in the simulation 

results (−) compared to that in the experimental results () which the data taken from work 

conducted by Ott et al. (2015) 

 

To determine the fitting parameters in Table 1 and an approximation to 𝑔(𝑐𝑠𝑎𝑙𝑡), a 1-D 

simulation (with the grid model shown in Figure 13, each cell has dimensions of 0.5 (length) 

x 1 (width) x 1 (thickness) cm) was performed based on the experiment results obtained by 

Ott et al., (2015). These fitting parameters were then used in the larger scale simulation for 

this study.  CO2 injection is simulated at a rate of 0.0062 m3/day (4.4 cm3/min) into a water-

saturated model. It is assumed that 𝑣𝑟𝑒𝑓=𝑣𝑐𝑟𝑖𝑡 to represent a low water velocity in which the 

evaporation rate is maximum. Salt saturation and differential pressure obtained in the 
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simulation show good agreement with the experimental results, as can be seen in Figure 14 

and 15. Ott et al. (2015) used porosity-permeability relationship proposed by Verma & Pruess 

(1988) to describe these results at it has more flexible fitting parameters. The function 𝑔(𝑐𝑠𝑎𝑙𝑡) 

used in this work is described by Equation (17) (Wang & Liu, 2014; Choi et al., 2015; CMG, 

2020) and the comparison with experimental data from Ott et al. (2015) is shown by Figure 

16. 

𝑔(𝑐𝑠𝑎𝑙𝑡) = 1 + (𝑟𝑟𝑓 − 1) 𝑐𝑠𝑎𝑙𝑡
𝑐𝑠𝑎𝑙𝑡,𝑚𝑎𝑥

⁄  (17) 

where 𝑟𝑟𝑓 is a resistance factor constant and 𝑐𝑠𝑎𝑙𝑡,𝑚𝑎𝑥 is the maximum amount of salt expected 

present in a pore volume (moles/m3.pore volume). 𝑟𝑟𝑓 is a fitting parameter and is adjusted to 

obtain a qualitative best-match of the porosity-permeability reduction relationship with the 

experimental data. In this work, 60 was used for the 𝑟𝑟𝑓. 𝑐𝑠𝑎𝑙𝑡,𝑚𝑎𝑥 is obtained from the 

maximum salt precipitation observed in the experiment. The maximum salt saturation is 0.4 

which equates to 14,784moles/m3. The latter number was used in this simulation as 𝑐𝑠𝑎𝑙𝑡,𝑚𝑎𝑥. 

 

Figure 15. Pressure difference obtained in the simulation results (−) compared to that in 

experimental results (•) 

 

Figure 16. Permeability reduction model between reference study (•) which the data taken from 

work conducted by Ott et al. (2015) and this work (−) 
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Evaporation also decreases the trapped brine saturation causing an increase in the 

relative permeability for CO2. When the formation becomes completely dry, CO2 flows as a 

single phase. In this work, gas relative permeability beyond the connate water saturation (Swc) 

was modelled linearly increasing from its endpoint at Swc towards unity. This is also applied 

to cases where water blockage takes place. The relative permeability curves used in the 

simulation can be seen in Figure 21 and the extrapolation during drying-out is annotated as a 

dashed line in Figures 21 and 22.  

Water blockage model  

Water blockage is a severe decrease in the relative permeability of water due to a 

strongly water wet formation characteristic. This issue is particularly exacerbated in low 

permeability reservoirs and restricts the flow of CO2 due to high amount of remaining brine 

within the pore space limiting the ability for CO2 to flow (Bennion, 2002). Consequently, the 

impact of this issue decreases as water saturation reduces. Water blockage is most common 

after using water-based fluids or muds for drilling or completion activities; there will be an 

unusual condition characterizing the invaded zone near the wellbore. This is modelled by 

separating the invaded zone from the rest of the reservoir (see Figure 21). This zone should be 

very strongly water-wet compared to the original formation wettability with a higher Swc and 

lower krg (gas/CO2 relative permeability) at Swc. Relative permeability curves used to represent 

the water blockage are shown by Figure 17a. The curve was constructed based on the flooding 

results from a core that exhibited water blockage issue as performed by Arjomand et al. 

(2020b) (as core GB.4).  Figure 17b was synthetically constructed using the empirical 

correlations (Eq. 18-19) (Benson et al., 2013) for a typical sandstone formation which has Swc 

= 0.2 (common value for Berea sandstone), exponents of 1.6 for ng and 2.7 for nw, krw’ (water 

relative permeability end-point) = 1, and krg’ (krg end-point) = 0.66 (Bennion & Bachu, 2008; 

Krause et al., 2011; Krevor et al., 2012). 

  
(a) (b) 

Figure 17. Relative permeability of a) the zone affected by water blockage (RT-1) and b) 

original condition (RT-2) 
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𝑘𝑟𝑤 = 𝑘𝑟𝑤
′ (

𝑆𝑤 − 𝑆𝑤𝑐

1 − 𝑆𝑤𝑐
)

𝑛𝑤

 (18) 

𝑘𝑟𝑔 = 𝑘𝑟𝑔
′ (

1 − 𝑆𝑤

1 − 𝑆𝑤𝑐
)

𝑛𝑔

 
(19) 

Silylation process model  

The experimentally determined impacts of sc-CO2 based silylation on the rock 

wettability (therefore relative permeability curves) was implemented to remediate water 

blockage. The type of silane used in this work has a formula of R1SiX3, where R is an un-

hydrolysable organic group and X is a hydrolysable group such as halogen, alkoxy, etc. 

(Combes et al., 1999). Experimental results obtained by Arjomand et al. (2020b) for core GB.4 

using silane reagent of (3-chloropropyl)triethoxysilane (CPTS) were integrated into this study. 

Other properties of this chemical and core sample are listed in Table 2 and 3, respectively. The 

experiment was operated at 21 MPa and 60 oC. 

 

Table 2. Basic properties of silane reagent used in the experiment performed by Arjomand et al. 

(2020a) 

Chemical formula C9H21ClO3Si  

Silane density at 25 oC 1,000 kg/m3 

Molecular weight  240.8 kg/kmol 

Boiling point  221.15 oC 

Cloud point at 60 oC 9.8 MPa 

 

Table 3. The properties of Core GB.4 used in the experiment performed by Arjomand et al. 

(2020b) 

Quartz content 63.9 wt% 

Diameter 0.038 cm 

Length 0.076 cm 

Porosity 0.191 

 

Permeability 2.02 x 10-13 m2 

 

In the simulation, CPTS is co-injected with CO2 under a miscible state at the operating 

condition. Two processes are included for silylation process, i.e., hydrolysis and condensation. 

In fact, those processes are very sensitive depending on many conditions such as pH of brine, 

presence of catalyst, chemical properties of the silane, brine salinity, silane concentration, etc. 
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(Issa & Luyt, 2019). The kinetics of this process will be complicated to model at the field-

scale of these numerical simulations. In this study, hydrolysis and condensation of CPTS were 

assumed to occur instantly once CPTS interacts with brine. This assumption was taken since 

silylation takes less than a day to complete which is very short compared to the whole 

simulation period. Considering the economic aspect, silane may not be injected continuously 

for long time. In this work, silane injection was simulated for 2 days from the beginning of 

injection to affect a wettability change in the near wellbore region most affected by water 

blockage.  

Mechanistically, water is detached from the rock surface following the condensation 

leading to a more hydrophobic surface. However, this microscale process was simplified 

considering the wellbore-drainage-scale used in this work. The release of water component 

after condensation was coupled with wettability alteration triggered by silylation. In this work, 

once the silane invades the water blockage impacted zone, the relative permeability curves 

shift toward less water-wet instantly. This process infers the reduction of connate water 

saturation due to silylation as described in Figure 18. 

 

Figure 18. Relative permeability of pre- (impacted by water blockage, RT-1) and post-treatment 

of silylation. Modified from results obtained by Arjomand et al. (2020b) 

 

3.2.3. Radial Single Well Model 

The results obtained from the experiments are scaled up to a larger radial single-well 

model. The schematic and properties of the radial model can be seen in Figure 19. The grid 

size is increased logarithmically away from the injector towards the outer radius. The vertical 

layering is composed of 10 grids with identical thickness. The injector is perforated in the first-

six grids (indicated by arrows, see Figure 20) from the formation top. The model edge was set 

to open flow to represent an infinite boundary. The top and bottom boundaries of the model 

were set closed (no-flow). A temperature and pressure of 58.9 oC and 16 MPa, respectively, 

were applied to represent a deep saline aquifer. 
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Figure 19. Schematic of radial single well model and the rock properties. Colour scale is 

referred to Fig. 20. 

 

 

Figure 20. Cross-section of radial single well model 

 

 

Figure 21. Schematic of zone affected by water blockage where silylation takes place (RT-1; blue 

coloured zone) and original characteristics (RT-2; red coloured zone) 
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In Figure 21, two rock types were assigned to represent an invaded zone (i.e., zone RT-

1 which is characterized by water blockage). This zone extends to 1.34 m measured from the 

injector as shown by Figure 9. Figure 5 shows the different characteristics of both rock types 

in terms of relative permeability. Relative permeability of treated zone by silylation is provided 

in Figure 6. If silane invades RT-2, it is assumed to have no effect on the relative permeability 

characteristics. 

Six cases including a base case were developed to elucidate the impacts of silylation on 

a reservoir impacted by water blockage/salt precipitation. Cases 1 to 3 are designed to observe 

the impacts of water blockage and salt precipitation both separately and simultaneously. Case 

4 and 5 are designed to examine the role of silylation reducing the severity of injectivity loss 

caused by these issues. A similar constraint toward injection well is used for all cases, i.e., 

constant injection rate of 193.4 tonnes/day. The simulation ends after 455 days.  The 

information summarizing the cases is shown in Table 4. 

Table 4. Details of case studies developed in this study. 

Case Water blockage Salt 

Precipitation 

Silylation 

Base case    

Case 1 √   

Case 2  √  

Case 3 √ √  

Case 4 √  √ 

Case 5 √ √ √ 

 

3.3. Results & Discussion 

3.3.1. Scaling-up Well Injectivity Issues Simulation 

The primary aim of this study is to elucidate qualitatively the efficacy of a silylation 

treatment (causing a wettability changes) to address the impacts of water blockage and salt 

precipitation on CO2 injectivity. With that in mind, for the purposes of simulation scale-up, 

some adjustment regarding the process parameters needs to be considered. The simulation 

parameters used for salt precipitation were derived from experimental results obtained at a 

lower pressure and temperature (i.e., 10 MPa and 45 oC, respectively) compared to those which 

used for radial single-well simulation (i.e., 16 MPa and 58.9 oC, respectively) here. Increasing 

the temperature improves the solubility of water in the CO2 phase leading to enhanced 

evaporation. On the other hand, the higher pressure slows the evaporation rate of water 

(Zuluaga & Monsalve, 2003). For the simulation in this study, the solubility (mole fraction) 
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of water in CO2 is assumed to be 0.007 for the selected conditions (Ji et al., 2005; Spycher & 

Pruess, 2005; Miri & Hallevang, 2016). For the purposes of this qualitative assessment, no 

other parameters were adjusted. This work is considered as the worst case of precipitated salt 

while specific experimental work can be conducted to obtain representative parameters at 

higher pressure conditions. On the other hand, the water blockage model does not employ 

process parameters that are generally sensitive to pressure and temperature. Therefore, 

parameter adjustment is not necessary for this issue in terms of simulation scale-up from core-

scale toward radial single-well.  

Analysis is conducted toward injectivity index (𝐽) (akin to permeability) of each case 

study. The injectivity index is defined as the amount of CO2 which can be injected for a unit 

of pressure drop (i.e., pinjection – paquifer, as described in Equation 20). Injectivity loss as the 

impacts in the case studies are evaluated as the relative injectivity change (RIC) as represented 

by Equation 21 (Sokama-Neuyam et al., 2017; Yusof et al., 2022). Both parameters are 

mathematically defined as: 

𝐽 =
𝑞𝑖𝑛𝑗

∆𝑝
 (20) 

𝑅𝐼𝐶 = 1 −
𝐽𝑖

𝐽𝑏𝑐
 

(21) 

where 𝑞𝑖𝑛𝑗 and ∆𝑝 are injection rate in tonnes/day and pressure drop in MPa, respectively. 

Subscripts -i and bc refer to case-i to which the results are evaluated and the base case, 

respectively. In this work, the CO2 injection rate is the same and constant for all cases. Since 

the boundary is infinite, paquifer is assumed unchanged during over the entirety of simulated 

time-period. For comparison purposes, the pressure at bottom of the well is used for these 

calculations. 

Injection pressure in the early period (i.e., initial 10 days) of case 1 is up to 0.14 MPa 

higher than that of the base case as depicted in Figure 22. This is caused by the condition in 

which CO2 remains static until gas saturation reaches 0.15 (the so-called critical gas saturation) 

as can be shown by Figure 17a. Gas mobility is also dropped due to high amount of immobile 

water around the vicinity of perforation. Limited space for gas flowing causes higher pressure 

during the injection. As shown by Figure 22, injection pressure of case 1 stays higher than that 

of base case throughout the first 10 days of the simulation. At the end of this period, a high 

amount of water is still trapped near the well bore area as shown in Figure 23a thus reducing 

CO2 mobility. 
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Figure 22. Injection pressure for base case ( ̶ ), case 1: water blockage exists (−o−), case 2: salt 

precipitation exists (−□−), and case 3: both issues exist (−Δ−) 

 

 

Figure 23. Distribution of water saturation at the end of simulation which shown in full scale 

model for a) case 1: water blockage exists and b) base case 

 

Injection pressure of case 2 is noticeably higher than that of base case after a certain 

period of injection due to the initiation of salt precipitation. This indicates that the water has 

been displaced around the perforation close to the irreducible saturation. Under this condition, 

evaporation is at its maximum rate. However, water blockage (represented by case 1) 

deteriorates the well injectivity worse than that caused by salt precipitation (represented by 

case 2) during this early injection period. Over this period, salt precipitation continues causing 

an ever-increasing damage to the well injectivity (as indicated by a pressure difference 

between case 2 and the base case). Thus, the bottom-hole pressure of case 2 is higher than that 

of case 1 after 4 days of injection (see Figure 22). 

Case 3 (which simulates the combined effects of water blockage and salt precipitation) 

yields higher injection pressure than those of base case, case 1 and case 2 at the early period 

of injection. The impacts of water blockage, which should be dominant during this period, are 

combined with the effects of evaporation which cause decreasing water saturation. The 
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injection pressure for case 3 becomes higher than those of other cases after the first day of 

injection. Since the amount of trapped brine in this case is higher than that of case 2, the 

resulting salt precipitation is also larger, resulting in a more severe impact on injectivity. 

For the base case, the injectivity index continuously increases (with the rate of increase 

tapering with time) throughout the longer 455-day simulation (see Figure 24). For this case, 

the pseudo-steady state might have not been reached within this period. This is presumably 

caused by the open system used in this simulation to represent the infinite lateral boundary. 

Similar behaviour was observed by Meng et al. (2015) who studied the effect of boundaries 

affecting pressure profile buildup and salt precipitation distribution. From their study, for the 

case of an open boundary system, the pressure buildup near the wellbore keeps decreasing 

gently (i.e., inverse relationship to injectivity index) although salt has been precipitated. This 

pattern is also observed at the infinite-acting flow regime before pseudo-steady state takes 

place. 

 

Figure 24. Injectivity index for base case ( ̶ ), case 1: water blockage exists (−o−), case 2: salt 

precipitation exists (−□−), and case 3: both issues exist (−Δ−) 

 

On the other hand, water blockage (case 1, which the simulation limits to a distance of 

less than 1.34 m from injector) deteriorates the injectivity up to 32.9% after 455 days of 

injection period, as shown by Table 5 and Figure 24. That considerable injectivity loss is 

caused by only a higher injection pressure required due to the large amount of water trapped 

near the wellbore. More severe damage is identified when salt precipitation takes place either 

in case 2 or 3 with an injectivity collapses up to 58% and 68.6% for cases 2 and 3, respectively. 

The distribution of precipitated salt for case 2 at the end of the 455-day simulation is 

shown in Figure 25a with precipitated solid extending approximately 6.1 m from the well. A 

nearly identically affected distance is observed in case 3. However, as shown in Figure 25b, 

the solid saturation in the water blockage zone of case 3 lies between 0.06-0.18 while that in 
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case 2 lies between 0.03-0.05. A sharp decrease in the solid saturation in case 3 is identified 

between the invaded and uninvaded zones (see Figure 13b); the irreducible water saturations 

are substantially different as described by kr curves in Figure 17a and 17b. This variation of 

immobile saturation provides different amounts of prospective salt which can then precipitate. 

However, the amount of solid deposited (i.e., very little) within the uninvaded zone in case 3 

seems to be similar to that in case 2. 

 

Figure 25. Distribution of solid saturation for a) Case 2: salt precipitation exists and b) Case 3: 

water blockage and salt precipitation exist, at the end of simulation 

 

 

Figure 26. Resistance factor applied on a) Case 2: salt precipitation exists and b) Case 3: water 

blockage and salt precipitation exist, at the end of simulation 
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An accumulation of salt is captured at the bottom of the perforation in both cases. 

Capillary-driven backflow of brine, which was also modelled in the simulation, supported by 

buoyant effects causes the accumulation of salt at the bottom of perforation. Due to those 

processes, brine flows downward to the injection well direction. The resistance factor for case 

2 varies from 6 to 11.5 (which means the permeability for case 2 is 8.7-16.7% of its original 

number in the base case) and indicative of the impact of solid salt precipitation on injectivity 

(see Figure 26a). The impact of salt combined with water blockage results in an increase in 

the resistance factor to between 10.7 to 50 (i.e., a permeability of 2-9.3% of the original 

permeability in the base case) (see Figure 26b). 

 

Figure 27. kr,CO2 at the end of simulation of Case 3: water blockage and salt precipitation exist 

 

As previously elaborated in Section 2, injecting CO2 may help to alleviate water 

blockage as the water component within the invaded zone is evaporated by continuous stream 

of injected CO2. At the simulation end for case 3, the CO2 relative permeability (see Figure 

27) is near unity in the invaded zone showing that the pore space has been effectively dried 

completely (i.e., CO2 flows as a single fluid within the pore space). Thus, the CO2 relative 

permeability is increased under this condition where water blockage is insignificant. However, 

evaporated water turns the brine more saline; eventually, the solution becomes saturated 

resulting in precipitate formation with further evaporation. The damage to the injectivity for 

case 3 is even worse than that caused by either case 1 or 2. From this condition, the relationship 

between water blockage and salt saturation becomes clear. Water blockage diminishes when 

evaporation takes place; however, this also induces salt precipitation. In this strongly water 

wet formation, the zone impacted by water blockage exhibits enhanced salt precipitation. 

Furthermore, intensive salt precipitation occurs in the volume near the well perforation since 
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brine remains immobile behind the front and fresh CO2 invades that zone rigorously. Below 

the well perforation, evaporation is minimal resulting in dramatically less salt precipitation in 

this zone (see Figure 25). 

3.3.2. Simulation of Cases Applying Silylation  

For this study, silylation is applied to remediate water blockage around the wellbore by 

changing the wettability characteristics. The injection pressure for case 4 (representing water 

blockage and silylation) is slightly decreased compared to case 1 (representing water blockage 

only) (see Figure 28). This may be due to some reasons. Basically, this results from the CO2 

relative permeability decreasing due to this treatment (see Figure 18). The CO2 relative 

permeability for the post-treatment state remains lower than that of pre-treatment up to the 

original irreducible brine saturation. However, the injection pressure for case 4 is lower since 

some trapped brine near the wellbore has been displaced due to the treatment. As a 

consequence, the gas saturation enlarges which, in turn, increases the end-point CO2 relative 

permeability.  The effect of the silylation treatment is more noticeable for brine mobility as 

indicated by Arjomand et al. (2020b). Similar comparisons between cases 3 and 5 can be made.  

 

Figure 28. Injection pressure for Case 1: water blockage exists (−o−), Case 3: water blockage 

and salt precipitation exist (−Δ−), Case 4: silane treats Case 1 (−●−), and Case 5: silane treats 

Case 3 (−▲−) in the early period 

 

Comparing cases 1 and 4 or cases 3 and 5, the application of alkoxysilane co-injected 

with sc-CO2 decreases the severity of injection loss as shown by Figures 28 and 29. As the 

silylation is assumed to occur instantly over the simulation timescale, a lower injection 

pressure is observed from the beginning of the simulation. On an absolute basis, this method 

counteracts the injectivity index by approximately 5-7 %. This number when silylation shifts 

the wettability represented by a decrease in irreducible water saturation from approximately 
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0.55 to 0.40 (see Figure 18). The improvement in injectivity seems unchanged beyond 90 days. 

The role is supposed to be more significant when dealing with strong water-wet and wider 

invaded zones in the targeted aquifer formation. 

 

Figure 29. Injectivity Index for Case 1: water blockage exists (−o−), Case 3: water blockage and 

salt precipitation exist (−Δ−), Case 4: silane treats Case 1 (−●−), and Case 5: silane treats Case 3 

(−▲−)   

 

During the early period (i.e., up to 10 days), comparing case 5 with case 3, a reduction 

in the injection pressure is observed (see Figure 28). Comparing cases 4 and 5, the effects of 

salt precipitation on injection pressure are not evident until after 2 days (as indicated by nearly 

coincident lines); salt precipitation then acts dominantly after that period which is indicated 

by the lines becoming separated (see red circle symbols in Figure 16 indicating turnover point). 

Comparing cases 3 and 5 (see Figure 30), after both 90 days and 455 days, the silylation 

treatment decreases the salt precipitation immediately around the wellbore leading to 

precipitation further from the wellbore. After 90 days of injection in case 3, the invaded zone 

has been dried and 6-15% of pore has been filled by precipitated salt; following silylation, salt 

precipitation decreases to 5-7.5% of pore space albeit over a larger volume (see Figures 30a 

and 30b).  Similar behaviour is observed at the simulation end (see Figures 30c and 30d). 

Comparing salt distribution in the perforation middle for cases 3 and 5 (see Figure 31), 

silylation seems to decrease the severity of salt precipitation encouraged by water blockage. 

The salt saturation of case 5 in the invaded zone (representing a distance of 1.34 m from 

injector) is reduced compared to case 3 and nearly the same as in case 2. The salt accumulated 

in case 3 is slightly elevated just before the edge of the invaded zone (i.e., a distance of 0.6-

1.22 m from the injector). This high localized precipitation is induced by early capillary 

suction which occurs at a high irreducible water saturation. Under this condition, the brine in 

uninvaded zone is still moveable. Some brine from the uninvaded zone flows back to the 

invaded zone providing more salt to be precipitated. A similar pattern is shown by case 5; 
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additionally, the brine previously trapped within invaded zone is displaced further into the 

uninvaded zone. In case 2, the salt precipitates homogenously as there is no water blockage 

(i.e., different relative permeability curves). This different capillary behaviour should be well 

noticed during the plan of full-field scale CO2 storage in a saline aquifer. 

 

Figure 30. Distribution of salt precipitation in (a) case 3: water blockage and salt precipitation 

exist, at day 90, (b) case 5: silane treats Case 3, at day 90, and (c) case 3 and (d) case 5 at the end 

of simulation 

 

 

Figure 31. Solid saturation profiles at the middle of perforation after 90 days of injection 

forecast 
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Table 5. Summary of relative injectivity change for all studied cases 

Case 
RIC 

10 days 90 days 455 days 

Case 1 13.2% 21.4% 32.9% 

Case 2 16.5% 36.1% 58.0% 

Case 3 24.0% 48.7% 68.6% 

Case 4 7.7% 15.1% 26.0% 

Case 5 19.1% 40.9% 63.1% 

 

Based on the simulation work, water blockage impact (red colour in Figure 32) 

decreases as salt forms within the pores (see top panels in Figure 32). When the maximum salt 

precipitation has been reached (blue colour), gas mobility is improved because it flows as a 

single phase. Silane co-injected with CO2 has been simulated and it decreases the severity of 

both issues as indicated by a lower impact level compared to that without silane injection (see 

top panels in Figure 33). Wettability shift induced by silylation reduces the trapped water 

within the pores to alleviate water blockage negative impact. In the meantime, lower connate 

water saturation also depreciates the amount of salt that will be precipitated.  

One thing should be noted that both case 3 and 5 are not in sequence (see Figures 32 

and 33). Silylation must be applied as early as possible to reduce the severity of salt 

precipitation. The formation of solid salts covering the pore surface may halt the silylation 

process in altering wettability. Silane may fail to access quartz which is already covered by 

salt. This happens only when the aquifer has been injected for a certain period with pure CO2. 

This phenomenon was recognized by Arjomand and his research team (Arjomand et al., 

2020b) during their experiment. Under this condition, silane treatment may be ineffective. On 

the other hand, specific experiments are required to investigate the effects of evaporation and 

silylation when they take place simultaneously. The evaporation rate of water component in 

the presence of silane in CO2 phase may not be the same as that in the pure CO2 injection. 

There could be another wettability alteration taking place and needed to be modelled due to 

salt precipitation which has been investigated as a hydrophilic micro-porous crystal (Kim et 

al., 2013; Miri et al., 2015; Miri & Hallevang, 2016). The suction of brine toward evaporation 

front under capillary force may be stronger. This phenomenon can be a future simulation work 

in a larger scale as unconsidered in this work. 
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Figure 32. Schematic of injection pressure in case of salt precipitation and water blockage 

taking place at the same system 

 

 

Figure 33. Schematic of injection pressure in case of sc-CO2 based silylation depressing negative 

impact of salt precipitation and water blockage 

 

3.4. Conclusions 

According to the simulation result, a decrease in injectivity due to salt precipitation is 

more significant than that due to water blockage. Salt precipitation decreases pore space by 

forming additional solid in it, while water blockage affects the mobility of CO2 due to 

relatively high irreducible water saturation. The negative impact of water blockage gradually 

diminishes (as the water evaporates) while salt starts growing within the pore space. With a 
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high level of trapped brine, the injectivity is deteriorated more severely (up to 68.6% of relative 

injectivity change (RIC)) when both salt precipitation and water blockage occur. Different 

capillary behaviour may induce localized precipitation considering the heterogeneity either 

caused by water blockage or naturally employed in the geological structure of a deep saline 

aquifer.  

Beside the ability of sc-CO2 based silylation in altering wettability, applying this method 

reduces the severity of salt precipitation indirectly. The alteration turns some trapped brine 

moveable and thus decreases irreducible water saturation. This phenomenon prevents large 

accumulation of salt near perforation of the injection well. In case of salt precipitation endorsed 

by water blockage, this method counteracted the injectivity around 5 to 7 % of RIC (absolute 

basis). In addition, this method is encouraged to be implemented before continuous CO2 

injection for the geological sequestration because the expected mechanism will not work when 

salt precipitation comes up covering the pore surface.  
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Chapter 4      Wettability Impact on CO2 Storage Capacity 

and Plume Migration  

This chapter has been developed for another journal publication entitled “Wettability 

Impacts on Multiphase Flow and Capillary Residual Trapping in Underground CO2 Storage: 

Review and Simulations”. Similar to Chapter 3, this chapter uses the complete manuscript 

which may include some overlaps with the information contained in previous chapters. 

4.1. Introduction 

Geological CO2 storage is one of many strategies to lower CO2 emissions and mitigate 

increasing atmospheric CO2 concentration. Without these being actively implemented, an 

increasing population and need to improve quality of life will lead to unabated emissions 

resulting in climate change which will ultimately negatively impact humanity, biodiversity 

and the environment (MacDowell et al., 2010). An approximately 1 ⁰C increase in mean earth 

temperature has occurred since the pre-industrial age (i.e., mid-1800s) up to 2021 and this is 

largely attributed to the atmospheric CO2 concentration increasing by 50% (NASA, 2023). 

Other impacts include higher sea level (caused by warmer oceans and melting ice) and more 

extreme weather events. The Paris Agreement 2015 sets a framework for limiting the global 

temperature rise below 2 ⁰C compared to pre-industrial levels. Some assessments indicate that 

underground CO2 storage alone could economically contribute to a 20 % reduction in overall 

greenhouse gas emissions (DECC, 2012). The advantages of this sequestration method include 

scalability to gigatonne storage capacities, good integration with large point-source emitters 

(i.e., fossil fuel industry and in particular the oil/gas sector), permanence (on the order of 

hundreds to thousands of years) and cost-effectiveness (depending on the circumstances) 

(Bachu, 2000; Voormeij & Simandl, 2002; Yamasaki, 2003). 

Strategies for geological CO2 storage include deep saline aquifers which have the 

potential to store up to approx. 104 gigatonnes of CO2 (Herzog & Golomb, 2004). This large 

capacity is predicated on four trapping mechanisms (i.e., structural, solubility, residual, and 

mineral trapping). However, most deep saline aquifers are associated with less developed 

infrastructure for subsurface CO2 injection (compared to storage in depleted gas reservoirs) 

which may raise the transport cost. Many studies have also revealed several challenges when 

planning CO2 injection into underground geological structures. An understanding of rock-fluid 

interaction is essential in order to evaluate CO2 trapping mechanisms and the resulting storage 

capacity. In this regard, rock wettability characteristics have a significant impact on storage 

capacity, injectivity and CO2 plume migration. 
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In this context, rock wettability is defined as the behaviour of two immiscible fluids 

(namely, CO2 and formation brine) adhering onto the rock surface due to intermolecular 

interactions. The tendency of these fluids to wet the rock surfaces is dominated by a 

combination of fluid/rock adhesive forces and fluid cohesive forces (Abidoye et al., 2015; 

Iglauer et al., 2015a). The definition is relatively simple; however, the resulting characteristics 

are very complex due to a strong dependence on rock mineral type, formation heterogeneity, 

accessible surface area, surface roughness, chemical reactivity and to some extent the 

composition (or salinity) of the original formation brine. To date, the best way to measure 

wettability is contact angle measurements formed by a denser fluid droplet which is surround 

by a lighter fluid and is placed on a solid/rock surface. A comprehensive understanding of the 

impacts of wettability is well-established for the hydrocarbon/oil industry, where the dominant 

system is oil-brine interaction with formation rock. The same approach can be used to 

understand the CO2-brine-rock system by switching from considering an oil-wet characteristic 

to a CO2-wet characteristic.  

Comprehensive multiphase flow modelling of CO2 storage in deep saline aquifers 

coupled with the corresponding geochemical reactions caused by either CO2 or CO2-brine has 

been performed by others to evaluate plume migration and storage performance based on 

reservoir and fluid properties. According to simulation results by Ennis-King & Peterson 

(2002), a low residual gas saturation in the imbibition stage leads to a high CO2 dissolution 

rate since the CO2 trapped in the residual phase is slow to dissolve. A small vertical to 

horizontal permeability ratio leads to a broadened CO2 plume propagation within the 

formation, and vice versa (Pruess et al., 2003). High horizontal permeability improves the 

lateral movement of CO2 and, in turn, increases solubility and residual trapping (Sifuentes et 

al., 2012). Based on a study by Flett et al. (2007), increasing shale content within a rock is 

correlated to a decrease in rock permeability which promotes less upward CO2 movement and 

enhanced lateral movement. Although the rate of residual trapping is diminished in formations 

with higher shale content, there is more time to reach equilibrium resulting in less mobile CO2 

accumulating under the caprock constructed of layered shales. This may be beneficial in 

reducing the reliance on higher-risk structural trapping mechanisms. Goater et al. (2013) 

compared typical results for homogeneous and heterogeneous cases in a relatively low average 

permeability model (i.e., 11 md). They concluded that localized pressure buildup due to low 

permeability regions in the heterogeneous case led to poor and uneconomical injectivity. 

However, in relatively moderate to high average permeability systems (i.e., approximately 100 

to 1000 mD), the heterogeneous case provides larger storage capacity compared to the 

homogeneous case. Layered rock characteristics due to the presence of shale (i.e., low 

permeability regions) improve the lateral movement leading to an increase in residual and 
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dissolution trapping. Aside from considering formation heterogeneity, injection strategies such 

as water alternating gas (WAG) (Juanes et al., 2006) and mixed CO2-brine injection (Qi et al., 

2009) can help to increase the portion of CO2 trapped in a residual phase. Chased water is 

expected to boost the imbibition compared to natural imbibition induced by buoyant effect; 

thus, it also increases the amount of CO2 under residual trapping. Injecting the CO2 into deeper 

interval, even at the base of a formation, is suggested to provide larger CO2-brine interactions 

which can enhance storage capacity (Kumar et al., 2005; Sifuentes et al., 2012).  

However, the influence of rock wettability on CO2 plume evolution and as a result the 

amount of trapped CO2 is less understood. A detailed sensitivity analysis was done by Al-

Khdheeawi et al., (2017a; 2017b) to evaluate the impact of varied wettability on CO2 plume 

and storage capacities. The authors examined five different wettability characteristics (i.e., 

strongly water-wet, weakly water-wet, intermediate-wet, weakly CO2-wet, and strongly CO2-

wet) by using a hypothetical model for each. Comparatively, strongly water-wet rock exhibited 

the lowest CO2 plume propagation with less mobile CO2 trapped under the caprock, the lowest 

amount of CO2 dissolution trapping, and the greatest amount of CO2 residual trapping. For 

storage integrity purposes, a strongly water-wet formation is preferable due to a greater 

reliance on residual trapping thus preventing unwanted CO2 migration beyond the targeted 

formation. However, the simple capillary residual trapping model that uses two sets of relative 

permeability (kr) representing drainage and imbibition, respectively, could lead to inaccurate 

predictions of immobile CO2 due to hysteresis effects. It is well known that this mechanism is 

strongly affected by the initial CO2 saturation immediately prior to imbibition commencing 

(Krevor et al., 2015). Land’s (1968) empirical model is widely used to correlate initial-residual 

(IR) saturations of CO2 to represent the hysteresis process and is mathematically given by, 

𝑆𝐶𝑂2𝑟 − 𝑆𝐶𝑂2𝑐 =
𝑆𝐶𝑂2𝑖 − 𝑆𝐶𝑂2𝑐

1 + 𝐶(𝑆𝐶𝑂2𝑖 − 𝑆𝐶𝑂2𝑐)
 (22) 

where 𝑆𝐶𝑂2𝑐, 𝑆𝐶𝑂2𝑖, and 𝑆𝐶𝑂2𝑟 are critical (representing the fraction not contributing to flow), 

initial (at imbibition) and residual CO2 saturation. 𝐶 is Land’s constant which characterizes 

the IR relationship after a cycle of drainage-imbibition. The constant can be calculated from a 

set of drainage-imbibition experiments using the following expression, 

𝐶 =
1

𝑆𝐶𝑂2𝑟 − 𝑆𝐶𝑂2𝑐
−

1

𝑆𝐶𝑂2𝑖 − 𝑆𝐶𝑂2𝑐
 (23) 

The typical IR relationship is shown in Figure 34 that includes several 𝐶-values for 

comparison. 
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Figure 34. Typical initial-residual (IR) saturation relationship of non-wetting phase (Snwi vs Snwr) 

plot showing different C-constants from Land’s (1968) empirical model 

 

A recent study by Zhang et al. (2023) simulated underground CO2 storage in two 

reservoirs where the only difference was the wettability condition (i.e., water-wet and CO2-

wet). The numerical model was validated in part by adopting experimental results of 

multiphase flow under different wettability characteristics (from Arjomand et al. (2020b)). In 

this experimental study, the CO2-wet characteristic was obtained by treating the core using a 

silane chemical with the intent to only modify the wettability and not affect the porosity or 

pore connectivity. Upon silane chemical treatment of sandstone samples, the measured contact 

angles at elevated pressure and temperature (i.e., 21 MPa and 333 K) increased from 14o to 

151o corresponding to a change from water-wet to CO2-wet conditions. In Zhang et al. (2023), 

the difference in the curvature of the relative permeability curves representing these two 

contrasting scenarios is significantly smaller than that used by Al-Khdheeawi et al (2017a; 

2017b). The same trend is applicable to the saturation endpoints. This insignificant change in 

relative permeability over two contrasted wettability characteristics is consistent with other 

studies such as Li et al. (2011) and Lopez et al. (2021; 2023). Zhang et al. (2023) applied a 

value of C = 1 in Land’s model for the water-wet case and assumed that capillary residual 

trapping was absent in the CO2-wet case. The latter assumption may be unrealistic in actual 

subsurface formations with complex pore geometry. Furthermore, even though simulation 

studies in Al-Khdheeawi et al. (2017b) and Zhang et al. (2023) have considered heterogeneity 

effects by using 10th SPE (Society of Petroleum Engineers) comparative solution project, the 

application of a single relative permeability curve over a wide range of rock properties seems 

may not be representative of realistic conditions. There is also a possibility of differences in 

capillary trapping behaviour (i.e., a strong IR correlation) with different hydraulic rock types.  
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With some gaps identified in previous studies, further understanding of how wettability 

impacts multiphase flow and capillary residual trapping in underground CO2 storage scenarios 

is necessitated. In this study, a critical review of wettability impacts on capillary trapping is 

provided. To further understand these phenomena, several sets of numerical simulations 

encompassing different rock wettability characteristics were conducted based on the results of 

multiphase flooding experiments corresponding to these different rock conditions. 

Experimental results obtained by Arjomand et al. (2020b) which characterized multiphase 

flow of two contrast wettability samples were used. An intermediate case was also included 

based on a similar approach from Lopez et al. (2021). Storage capacity and CO2 plume 

propagation were then evaluated at a field scale using a numerical simulation model. A 

homogeneous box model was used to address the lack of capillary trapping models for 

different wettability states at the time of this study. 

4.2. Multiphase Flow of Gas/Supercritical CO2-Brine System under Different 

Wettabilities 

 To elucidate the impact of only wettability on the multiphase flow, this variation must 

be isolated without changing other rock properties that affect fluids flow (i.e., porosity and 

permeability). This can be accomplished by using a chemical treatment to form a very thin 

layer (or even a monolayer) on the surface to alter the wettability toward less water-wet. This 

approach has application in addressing water blockage and liquid holding in gas condensate 

reservoirs while having a minimal impact on porosity/permeability (i.e., pore size and 

connectivity characteristics). These treatments generally functionalize the rock surface, mostly 

quartz, to become more hydrophobic. Several approaches include application of fluorinated 

polymeric chemicals (Tang & Firoozabadi, 2003; Fahes & Firoozabadi, 2007; Wu & 

Firoozabadi, 2010), silane-based chemicals (Arjomand et al., 2020a; 2020b), and benzoxazine 

resin precursors (Lopez et al., 2021; 2023). However, none of those studies completed a cycle 

of drainage-imbibition flooding to mimic the capillary residual trapping processes seen in a 

geological CO2 storage scheme.  

El-Maghraby & Blunt (2013) used a combined drainage-imbibition flooding experiment 

to obtain IR relationships; they also considered the effects that CO2 has on rock wettability to 

a more water-wet state due to chemical interactions with Ca2+ ions. Flooding with CO2-

saturated brine into a core sample at elevated pressure and temperature was used to represent 

actual aquifer conditions and to mitigate mineral dissolution. Supercritical CO2 (scCO2) 

flooding is then performed until irreducible water saturation (𝑆𝑤𝑖𝑟𝑟) is reached; the ScCO2 is 

water-saturated to mitigate water evaporation during this step. Saturated brine is then 

reinjected until 𝑆𝐶𝑂2𝑟 is reached. From this, an IR relationship is generated using 𝑆𝐶𝑂2𝑖 = 1 −

𝑆𝑤𝑖𝑟𝑟 and 𝑆𝐶𝑂2𝑟 in a cartesian plot with the data being fitted to Land’s model (Eq. 23) to obtain 
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a 𝐶 value. A complete schematic of this process is given in the graphical abstract of El-

Maghraby & Blunt (2013) and in Figure 7 of Krevor et al. (2015). 

Comparing the multiphase flow results from samples with differing wettability by 

Arjomand et al. (2020b), the water-wet sample (i.e., an untreated Gray Berea (GB) sandstone 

sample) gave a higher 𝑆𝑤𝑖𝑟𝑟 value of 0.615 compared to 0.455 for a nearly identical sample 

that had been silane treated to achieve a CO2-wet state. These results are expected showing 

that water wetness suppresses the effectiveness of scCO2 displacement. A similar effect is 

shown by Lopez et al. (2021) using Berea Upper Gray (BUG) sandstone and Lopez et al. 

(2023) using lower porosity-permeability Carbon Tan sandstone cores. Table 6 shows the rock 

core parameters and drainage results for both untreated and treated samples from Arjomand et 

al. (2020b) and Lopez et al. (2021). Table 7 shows the rock typing for both cores using the 

hydraulic flow unit method (Amaefule et al., 1993). In a practical sense, both cores can be 

classified into the same rock type which is supported by the 𝑆𝑤𝑖𝑟𝑟 values for both original 

cores being similar. As such, the results from both works are comparable despite different 

flooding pore pressures (21 MPa for Arjomand and 10.35 MPa for Lopez) applied in these 

studies. Several studies have validated that 𝑆𝑤𝑖𝑟𝑟 is a rock characteristic being used in rock 

typing (Xu et al., 2013) and relatively insensitive to experimental conditions (Tokunaga et al., 

2013).  

Table 6. Core samples properties being compared and endpoints of drainage coreflooding 

results 

Source Sample code 
k 

(md) 

φ 

(fraction) 

Coreflood 

Swirr Sgmax  

Arjomand et al. (2020) GB.2 - untreated 223.85 0.19 0.62 0.38 

Arjomand et al. (2020) GB.2 - treated 223.85 0.19 0.46 0.54 

Lopez et al. (2021) BUG2 - untreated 130 0.191 0.6 0.4 

Lopez et al. (2021) BUG1 - treated 121 0.182 0.56 0.44 

 

Table 7. Rock typing of original cores from compared studies by using hydraulic flow unit 

method (Amaefule et al., 1993) 

Source Sample code k (md) 
φ 

(fraction) 
RQI φz FZI HU 

Arjomand et al. 

(2020) 

GB.2 – 

untreated 

223.85 0.19 1.08 0.23 4.59 14 

Lopez et al. 

(2021) 

BUG2 – 

untreated 

130 0.191 0.82 0.24 3.47 13 

 



 60 

To compare the wettability of the treated core in Lopez et al. (2021) with that in 

Arjomand et al. (2020), the measured contact angle needs to be adjusted to accounts for 

expected changes in contact angle with variation in pressure and temperature conditions. 

Lopez et al. (2021) reported that a benzoxazine treated BUG had a contact angle of 89o at 

atmospheric condition (0.1 MPa; 298 K) while Arjomand et al. (2020) reports results at 10 

MPa and 60°C. Al-Yaseri et al. (2017) observed at 15 MPa with a hydrophobic dolomite a 

decrease in the CO2-brine advancing contact angle from 110° at 308 K to 98° at 343 K. 

Furthermore, at a constant temperature of 308 K, the contact angle increased from 92° at 0.1 

MPa to 110° at 15 MPa. Generally, on hydrophobic surfaces, they observed that the contact 

angle increases with pressure and decreases with temperature. For a CO2-brine system on a 

hydrophobic surface, Liang et al. (2017) reports at ambient temperature an increase in contact 

angle from approximately 100° at ambient pressure to 150° at 20 MPa. A significant increase 

in the contact angle occurs when the pressure traverses the CO2 vapor-liquid phase boundary 

(i.e., from a gas at ambient pressure to a liquid at approximately 7 MPa) while the contact 

angle remained comparatively constant in the CO2 liquid region (i.e., from 7 to 20 MPa). 

Others have shown on a hydrophobic surface that the scCO2-brine contact angle is less than 

that of liquid CO2-brine (Li & Fan, 2015) which corresponds to a temperature increase and 

confirms the study by Al-Yaseri et al. (2017).  Liang et al. (2017) shows that the CO2-water 

interfacial tension (IFT) slightly decreases around 17% when the temperature is increased from 

296 to 383 K; this is consistent with decrease in contact angle with increasing temperature. 

The impact of salinity on contact angle is comparatively insignificant (Chiquet et al., 2007; Li 

& Fan, 2015; Alnili et al., 2018).  

Thus, we believe that contact angle of treated BUG sample lays between 89o and 151o 

(reported contact angle of treated GB.2 in Arjomand et al. (2020)) at elevated pressure-

temperature applied in Arjomand et al. (2020), i.e., 21 MPa and 333 K. For this estimation, 

the nearest analogy is taken from study by Al Yaseri et al. (2017) as explained above. Assigned 

treated BUG sample as intermediate case, a good trend of 𝑆𝑤𝑖𝑟𝑟 over the wettability 

characteristics based on contact angle can be made (Figure 35). This relationship is used for 

numerical simulation in Chapter 4. 
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Figure 35. Irreducible water saturation (Swirr) summary for generated case study on wettability 

states 

4.3. Capillary Residual Trapping under Different Wettabilities 

CO2 can be trapped as a residual phase due to capillary pinning during injection into 

heterogeneous reservoirs and is caused by post-injection snapping-off and flow bypass 

(Gershenzon et al., 2017; Krevor et al., 2015; Hu et al., 2017). Capillary pinning is also known 

as local capillary trapping where CO2 vertical movement due to buoyancy is suppressed due 

to an overlying low porosity/permeability layer (typically a shale barrier) (Gershenzon et al., 

2017; Ren & Trevisan, 2020). This layer has a high capillary entry pressure due to the tiny 

pore sizes typical of low porosity/permeability layers. Generally, this local capillary trapping 

is like structural trapping in that there is a low permeability overlying layer (typically, shale) 

comprising the storage formation (this is illustrated in Figure 11 of Gershenzon et al. (2017)). 

Under this condition, the following expression is applied (Gershenzon et al., 2017), 

∆𝜌𝑔ℎ < 𝑝𝐶,𝑠ℎ(𝑆𝐶𝑂2,𝑠ℎ) − 𝑝𝐶,𝑠𝑠(𝑆𝐶𝑂2,𝑠𝑠) (24) 

where ∆𝜌𝑔ℎ is the buoyant force affecting vertical flow with ∆𝜌 being the density difference 

between brine and CO2, 𝑝𝐶,𝑠ℎ(𝑆𝐶𝑂2,𝑠ℎ) is the capillary pressure at the shale barrier as a 

function of CO2 saturation and 𝑝𝐶,𝑠𝑠(𝑆𝐶𝑂2,𝑠𝑠) is the capillary pressure at the aquifer zone rock 

underlying the shale barrier as a function of CO2 saturation (an illustration of this is shown in 

Figure 12 in Gershenzon et al. (2017)). Trevisan et al. (2015) the spatial distribution of CO2 

plume in the capillary barrier experimentally with the results confirming the prediction of 

residual trapping in the homogeneous model while heterogeneity results in greater trapping of 

CO2 as an immobile phase due to a wider range of capillarity behaviour. 

The snapping-off mechanism takes place when displaced brine re-imbibes the swept 

zone occupied by CO2 at the post-injection stage which restrains a certain amount of CO2 

trapped within the pores (Hunt et al., 1988; Iglauer et al., 2011; Krevor et al., 2015). The 
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capillarity of the rock dominates throughout these processes (Ali et al., 2022) and is similar to 

the drainage-imbibition processes in petroleum systems, known as hysteresis. During 

imbibition, brine fills the pores with the smallest sized pores first. Supported by gravity, the 

portion of brine in pores will increase until the brine saturation reaches a forced percolation-

like characteristic (Blunt & Scher, 1995). Until sufficient brine (i.e., wetting phase) pressure 

is reached, a certain amount of CO2 ganglia will be disconnected from the main flow resulting 

in immobile CO2. The degree of water wetness determines the rate of the filling process. As 

the water film thickness in less water wet scenarios is thinner, brine flow is slowed and may 

suppress its ability to snap-off counter-flow from the CO2 plume (Blunt, 1998; Zhao et al., 

2010). This results in more CO2 trapped behind the main plume in a water-wet scenario 

compared to a weakly water-wet scenario. This comparison has been investigated at the 

laboratory scale in several studies (Al-Menhali & Krevor, 2016; Chaudhary et al., 2013; and 

Rahman et al., 2016). With greater quantities of CO2 residually trapped in a water-wet 

scenario, the rate of plume growth decreases as water-wetness increases. This process causes 

the plume to reach the top of formation earlier in a weakly water-wet rock if there are no 

external forces interrupting.  

An IR relationship is normally used to categorize the trapping behaviour of a rock 

sample. Several correlations have been proposed such as the Land (1968) (seen in Eq. 22), 

Jerauld (1997) and Spiteri et al. (2008) models. Another approach is to correlate residual gas 

saturation with core porosity (Kralik et al., 2000; Lamy et al., 2010). However, a wide range 

of residual gas saturations have been observed from a single porosity value resulting in large 

prediction uncertainty. This can be attributed to a varied pore geometry structure and initial 

CO2 saturation (𝑆𝐶𝑂2𝑖) immediately before imbibition begins. Land’s model is commonly used 

in recent studies examining trapped CO2 saturation following a series of drainage-imbibition 

cycles. While this model accommodates changes in 𝑆𝐶𝑂2𝑖 for predicting capillary residual 

trapping efficiency, there is a lack of understanding of how rock wettability in the scCO2-brine 

system affects the 𝐶-constant in Land’s model (see Eq. 22 and 23). In an effort to understand 

the parameters that influence residual saturation, Burnside & Naylor (2014) concluded that the 

ratio of trapped CO2 to initial saturation in sandstones is inversely correlated to 𝑆𝐶𝑂2𝑖. They 

found no correlation between this ratio and the relative permeability endpoints.  The most 

recent conclusion for this phenomenon is that IR relationship is a specific characteristic for the 

targeted formation (Krevor et al., 2015).  

Considering this gap in knowledge, an effort was made to characterize the effect of rock 

wettability on the capillary residual trapping through the 𝐶-constant in Land’s model. Most of 

the work investigating the IR relationship performed the experiments using Berea sandstone. 

We found that Berea sandstone and other samples (including carbonate, Bentheimer, 
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Fontainebleau, and some actual sandstones) representing strong water wet has 𝐶-constant 

ranging from 0.7 – 2 (Bennion & Bachu, 2008; Lamy et al., 2010; Pentland et al., 2011; Shi et 

al., 2011a; Bull et al., 2011; Krevor et al., 2012; Akbarabadi & Piri, 2013; Niu et al., 2015; Al-

Menhali & Krevor, 2016; Reynolds, et al., 2018; Ni et al., 2019). According to datasets of 

Berea sandstones as reported in Krevor et al. (2015), Berea sandstones also gives 𝐶-constant 

range of 0.7 – 2. Berea sandstones is normally known as strong water wet rock in scCO2-brine 

system. We also collected some experimental results executed on actual sandstones, 

carbonates, and treated cores which were characterized as either mixed or less water wet in 

scCO2-brine system. In this characteristic, 𝐶-constant ranges from 2.8 – 4.7 (Shi et al., 2011b; 

El-Maghraby & Blunt, 2013; Al-Menhali & Krevor, 2016; Pairoys & Caubit. 2023). Figure 36 

shows the distribution of datasets collected in this study. All the data were shown in 45% 

transparent coloured shapes. Darker colour due to shapes overlapping will give an indication 

of where the data is concentrated. The references which have large dataset are simply depicted 

by irregular shape to cover all results ranges. Some references show the uncertainty in their 

results which are depicted by a rectangle shape in this work. Some others shown by dots were 

digitized from references by using WebPlotDigitizer version 4.6 (2022). Some outliers beyond 

these characteristics were also found (not shown in Figure 36) such those reported in Rahman 

et al. (2016) (water wet = 4.7; oil wet = 9.5) and Abdoulghafour et al. (2020) (water wet 

Bentheimer ranges from 1.5 – 4). 

 

Figure 36. Initial-residual (IR) saturation relationship of non-wetting phase (Snwi vs Snwr) after 

classification based on wettability states, i.e., strong water-wet (▬ and █ ) and less water-wet 

(▬ and █ ). Variable “C” refers to trapping coefficient in Land’s (1968) empirical model.  
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Investigating the wettability impact on residual trapping without changing other 

properties (e.g., permeability, porosity, pore connectivity) is preferred; application of chemical 

treatments on rock that functionalize the rock surface with a thin layer (or even just a 

monolayer) is ideal for this type of study. Al-Menhali & Krevor (2016) considered asphaltene 

precipitation resulting in mixed wet conditions on carbonate rock surface. However, with 

asphaltene precipitations, besides changes in wettability, pore geometry and connectivity can 

also be altered making the various petrophysical properties of the modified sample to differ 

from its original state (i.e., untreated). In other words, the impact of wettability alteration may 

be interrupted by the change of pore structure due to solid asphaltene. In another publication, 

Al-Menhali et al. (2016) examines this further by measuring the contact angles formed within 

the pores. In the original carbonate sample, the contact angles are in a range of 20o to 50o (with 

34o of mean average) giving 𝐶-constant of 1.7. A wider range of contact angles are formed in 

mixed wet cores, i.e., 25o to 128o (with 94o of mean average) giving 𝐶-constant of 4.1. Rahman 

et al. (2016) used silane to treat Bentheimer core to obtain less water wet condition. They 

reported 130o of contact angle formed at ambient conditions in air. The observation was made 

using an X-ray micro-computed tomograph (μCT) on a very small core (5 mm of diameter and 

10 mm of length). The 𝐶-constant obtained for water wet and less water wet (the author used 

“oil wet” term) are 4.7 and 9.5, respectively. The results are beyond our classification as shown 

in Figure 36. Surface-area-to-volume ratio can be the reason for the different results obtained 

in coreflooding using different dimensions.  

On the other hand, some other works found opposite impact of wettability on residual 

gas saturation (Fahes & Firoozabadi, 2007; Wang et al., 2016; Hu et al., 2017; Wang et al., 

2023). Less water wet was found to trap more CO2 in the residual form. The basic reasons for 

this different trend are various approaches and methods used to observe the process. Hu et al. 

(2017) utilized a uniform micromodel to track the flow path of CO2 and brine during drainage-

imbibition cycle. Brine fingers during imbibition in water wet model has a wider size 

compared to that in intermediate wet. This implies a quicker front movement in intermediate 

case leaving a large amount of CO2 trapped behind. Fahes & Firoozabadi (2007) performed a 

chemical treatment to Berea sandstone to get less water wet sample (150o of contact angle at 

ambient condition). An imbibition coreflood by brine was conducted to an air-saturated core 

for untreated and treated cores (noting that this is not a cycle of drainage-imbibition). They 

observed a consistent lower liquid saturation for the treated core at breakthrough and steady 

state flow. This incurs a larger amount of air trapped within the treated cores (less water wet). 

Wang et al. (2016) studied the capillary pressure-saturation relations using a custom-built 

porous plate. The capillary pressure curves were generated from a cycle of drainage-imbibition 

for sandstones and carbonates. A larger amount of residual scCO2 representing less water wet 
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system was observed compared to residual air representing water wet. However, whether the 

impact is caused by wettability or density contrast requires further investigation. Wang et al. 

(2023) simulated an algorithm for multiphase flow in a porous media model consisting of 

circular spots arranged on a triangular lattice. A cycle of drainage-imbibition flooding was run 

to a varied fluids-rock contact angle. Increasing contact angles from 45o to 75o, signalling a 

change from water wet to intermediate wet, gives slightly less CO2 trapped. However, the 

further increase of contact angles up to 135o shows the increasing 𝐶-constant (more trapped 

CO2). 

4.4. Numerical Simulation 

4.4.1. Aquifer Grid and Multiphase Flow Model 

Numerical simulations were performed using Computer Modelling Group (CMGTM) 

software coupled with a compositional multiphase flow module which includes a greenhouse 

gas option model, i.e., GEMTM. An aquifer was built based on a homogeneous box model from 

Nghiem et al. (2009). The geometry size of this symmetry model is 1065 m (length) x 1065 m 

(width) x 300 m (thickness) in a uniform 71 (15 m) x 71 (15 m) x 100 (3 m) grid configuration. 

Porosity and permeability were set similar to the rock samples used in Arjomand et al. (2020b), 

i.e., 0.19 of porosity and 224 mD (2.2x10-13 m2) of permeability. The vertical to horizontal 

permeability ratio was assumed 0.1. The same assumption was also used by Giorgis et al. 

(2007), Nghiem et al. (2009), Al-Khdheeawi et al. (2017a), and Zhang et al. (2023). Aquifer 

initial conditions were as follows: pressure = 21 MPa, temperature = 333 K, brine salinity = 

60,000 ppm. Large volume modifiers (104) were implemented at the outer boundaries to 

represent an infinite acting aquifer. This approach was also used in Nghiem et al. (2009). A 

3D view of the reservoir and injection well are shown in Figure 37. The well was perforated 

near the bottom of aquifer at a depth of 2276 m. CO2 was injected at constant rate constraint, 

i.e., 9000 m3/day (6143 ton/year), for 25 years. Observations were done for 80 years after 

injection was halted. Mineralization was not studied in this work as the observation period is 

relatively short. 

To improve recent field-scale simulation studies examining the impacts of wettability 

on aquifer storage capacity and CO2 plume migration, we ran a set of case studies 

incorporating the wettability characteristics into multiphase flow and capillary residual 

modelling. Two contrasting wettabilities impacting the multiphase flow of scCO2-brine were 

adopted from set of experiments conducted by Arjomand et al. (2020b). An intermediate case 

was also included as adopted from Lopez et al. (2021). The saturation endpoints characterizing 

the wettability of the model shown in Figure 35 were used. The relative permeability curves 

of drainage process were generated based on Sigmund & McCaffery (1979) model as follows, 



 66 

𝑆𝑤
∗ =

𝑆𝑤 − 𝑆𝑤𝑖𝑟𝑟

1 − 𝑆𝑤𝑖𝑟𝑟
 (25) 

𝑘𝑟𝑤 = 𝑘𝑟𝑤
′ (𝑆𝑤

∗)𝑁𝑤 + 𝐴𝑆𝑤
∗

1 + 𝐴
 (26) 

𝑘𝑟𝑔 = 𝑘𝑟𝑔
′ (1 − 𝑆𝑤

∗)𝑁𝑔 + 𝐵(1 − 𝑆𝑤
∗)

1 + 𝐵
 (27) 

 

Figure 37. Aquifer model geometry and injection well location 

 

The model properties are listed in Table 8 as reported in Arjomand et al. (2020b) and 

Lopez et al. (2021). The relative permeability model for the intermediate case was similar to 

the CO2-wet case with the  𝑘𝑟𝑔
′
 endpoint being interpolated based on 𝑆𝑤𝑖𝑟𝑟. 

Table 8. Sigmund & McCaffery’s relative permeability model for each case study 

Case Nw Ng A B krw’ krg’ Source 

Water wet  3.6 3.33 0.12 0.01 1 0.16 Arjomand et al. (2020b) 

Intermediate 4.19 3.39 0.11 0.03 1 0.17 Adjusted  

CO2 wet 4.19 3.39 0.11 0.03 1 0.19 Arjomand et al. (2020b) 

 

4.4.2. CO2 Trapping Model 

Solubility Trapping Model 

CO2 solubility in brine was modelled based on a phase equilibrium process which 

applies the equality of component fugacity in gas (superciritical phase was denoted as gas in 

this work) and aqueous phases (Nghiem et al., 2009) as follows, 
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𝑓𝐶𝑂2,𝑔 = 𝑓𝐶𝑂2,𝑎𝑞 (28) 

The gas fugacity of CO2 (𝑓𝐶𝑂2,𝑔) was calculated using Peng-Robinson equation of state (1976). 

Henry’s law was used to calculate the aqueous fugacity of CO2 (Li & Nghiem, 1986) as 

formulated by, 

𝑓𝐶𝑂2,𝑎𝑞 = 𝐻𝐶𝑂2𝑤𝐶𝑂2 (29) 

where 𝐻𝐶𝑂2 and 𝑤𝐶𝑂2 are Henry’s law constant for CO2 and CO2 mole fraction in aqueous 

phase, respectively. Henry’s constants are functions of pressure, temperature, and brine 

salinity (Nghiem et al., 2009) which can be calculated as follows: 

𝑙𝑛(𝐻𝐶𝑂2) = 𝑙𝑛(𝐻𝐶𝑂2
∗) +

1

𝑅𝑇
∫ 𝑣̅𝐶𝑂2

𝑝

𝑝∗
𝑑𝑝 (30) 

where 𝐻𝐶𝑂2 and 𝐻𝐶𝑂2
∗ are the constants at p-T and p*-T, respectively. 𝑣̅𝐶𝑂2 is a partial molar 

volume of CO2 in solution.  Pure brine density was calculated based on a correlation proposed 

by (Rowe & Chou, 1970). The density of brine saturated by CO2 is estimated based on an 

approach by Garcia (2001) which uses partial molar volume of CO2 in the mixture. Convective 

flow will take place due to a buoyant effect between a denser saturated brine and original brine. 

Residual Trapping Model 

Land’s model as expressed by Equation 21 was implemented in this numerical 

simulation. 𝑆𝐶𝑂2𝑐 is assumed 0 in this work, then residual gas saturation of each grid at turning 

point of imbibition can be formulated as, 

𝑆𝐶𝑂2𝑟
∗ =

𝑆𝐶𝑂2𝑖
∗

1 + 𝐶𝑆𝐶𝑂2𝑖
∗ (31) 

Symbol (*) denotes the varied condition of saturations at turning point of imbibition for each 

grid. A simple illustration of different residual gas saturation is shown in Figure 38 for two 

different saturations right before imbibition takes place. 
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Figure 38. Illustration of residual trapping occurring in a relative permeability vs. brine 

saturation (kr vs. Sw) curve in both drainage (⁃●⁃) and imbibition (▬) processes.  

 

Relative permeability for imbibition process was modelled based on Land’s (1968) 

derivation, i.e., 

 

𝑘𝑟𝑔
𝑖(𝑆𝐶𝑂2) = 𝑘𝑟𝑔

𝑑(𝑆𝐶𝑂2,𝑠ℎ𝑖𝑓𝑡𝑒𝑑) (32) 

𝑆𝐶𝑂2,𝑠ℎ𝑖𝑓𝑡𝑒𝑑 = 0.5 {(𝑆𝐶𝑂2 − 𝑆𝐶𝑂2𝑟
∗)

+ √(𝑆𝐶𝑂2 − 𝑆𝐶𝑂2𝑟
∗)2 +

4

𝐶
(𝑆𝐶𝑂2 − 𝑆𝐶𝑂2𝑟

∗)} 

(33) 

where 𝑘𝑟𝑔
𝑖
 and 𝑘𝑟𝑔

𝑑
 are relative permeability of CO2 under imbibition and drainage processes, 

respectively.  

We used C = 1.1 for water wet case in the simulation as majority results observed for 

Berea sandstone (Krevor et al., 2012; Akbarabadi & Piri, 2013; Niu et al., 2015). The selected 

constant also qualitatively passes through the darker zone in Figure 36 (shown in grey colour). 

Intermediate case in the simulation work used C = 4 which lays in range of mix wet zone in 

Figure 36 (shown in orange colour). The selected constant is based on actual Tako sandstone 

(Shi et al., 2011b) and treated limestone in Al-Menhali & Krevor (2016) and Al-Menhali et al. 
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(2016). For CO2 wet, we selected the maximum Land constant observed in Krevor et al. (2015) 

as the most pessimistic number for capillary residual trapping, i.e., C = 5. 

4.4.3. Simulation Results & Discussion 

The plume migration for all cases was evaluated after 10 years of injection, the end of 

injection (year 25), and 80 years of storage (Figure 39). The cross sections included in Figure 

39 show the profile of gas saturation from injector toward positive y-axis in a single x-axis 

plane. For easier comparison of CO2 plume in 10 years of injection, red arrows in vertical and 

horizontal directions were drawn on the corresponding cross sections. A wider plume 

movement in CO2 wet and intermediate case, i.e., 1-grid (equivalent to 15 m) wider than water 

wet plume, indicates more space for CO2 to displace brine as implied by the saturation 

endpoints differences (Figure 2). According to Figure 2, 𝑆𝑤𝑖𝑟𝑟 reduces as decreasing of degree 

of water wetness. CO2 occupies more space in pores as 𝑆𝑤𝑖𝑟𝑟 reduces.  Consequently, the 

vertical movement of water wet case is more advanced compared to that of other cases due to 

the limited space in pores. This causes a quicker time for the plume in water wet to reach the 

top of formation if lack of shale barrier exists. For the same reasons, the spread of plume in 

water wet is the widest but the least saturation at the end of injection compared to those of 

other cases (see Figure 39 in the middle column). Different from the results in this work, Al 

Khdheeawi et al. (2017a) shows higher CO2 vertical migration in CO2 wet case. This can be 

attributed to a significant difference in kr curvature they simulated between water wet and CO2 

wet. In this work, the same relative permeability curves used in Zhang et al. (2023) were 

applied based on experimental work by Arjomand et al. (2020b). 
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Figure 39. Plume migration for all case studies in 10 years of injection, end of injection (year 

25), and 80 years of storage. Red arrows assist the comparison of lateral and vertical plume 

movement. White arrows with dashed line indicate the furthest plume position. 

 

At the 80 years of storage (right column in Figure 39), the moveable CO2 keeps flowing 

horizontally beneath the caprock as more CO2 rises due to buoyant effect. In water wet, the 

movement seems slower as indicated by ~120 m spread from the last position at the end of 

injection. The movement in intermediate case and CO2 wet are ~270 m and ~345 m, 

respectively. The massive imbibition brine in water wet case suppresses this movement by 

snapping-off the flowing upward CO2. Qualitatively, a larger amount of CO2 trapped behind 

the plume in water wet compared to that in other cases can be seen in Figure 39 (the right-side 

column). As also expected, a larger percentage of residual trapped CO2 in water wet is obtained 

after an 80-year storage (depicted in Figure 40). Both intermediate case and CO2 wet provide 

likely length of extended moveable plume beneath the caprock. This promotes a large contact 

area for a dissolution process of CO2 into the aqueous brine. Therefore, the amount of CO2 

under solubility trapping seems similar for both cases (see Figure 40). The dissolution process 

keeps continuing at the end of simulation time. A convective flow due to a denser CO2-rich 

brine seems still at the early stage (Figure 41). Most of dissolution occurs in CO2 swept zone 
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while slower reaction proceeds in the front (indicated by gradual colours in the convective 

flow). 

 

Figure 40. CO2 storage capacities in percentage presenting each trapping mechanisms for all 

wettability case study 

 

 

Figure 41. CO2 molality in the aqueous phase after 80 years of storage. 

 

4.5. Conclusions 

Multiphase flow properties and capillary residual trapping during subsurface CO2 

storage have been investigated in the literature under different wettabilities. In more recent 

studies, it has been found that, for the case of scCO2-brine fluid system, the relative 
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permeability curves are less sensitive to wettability shift (compared to that previously 

assumed). In this study, a classification is established regarding the impact of wettability on 

residual capillary trapping. Completing the previous collection of work by Krevor et al. (2015), 

this study can classify a water wet outcrop sample (mostly from Berea and Bentheimer 

sandstones) as having Land constant falling in the range of 0.7-2. Interestingly, for some 

limestones also the constant falls in the same range. The constant for some sandstones taken 

from real reservoir cores and treated samples representing mix wet lay in a range of 2.8-4.1. 

Some outliers in collected data were also found. In the reviewed literature, some studies have 

found contradicting findings regarding the amount of CO2 residually trapped under water wet 

and CO2 wet conditions. The review has found that the lack of standardized method to 

investigate the wettability impact on multiphase flow and capillary residual trapping results in 

such a wide ranges of Land constant being reported. Some researchers have used asphaltene 

precipitation to get a mix wet sample while others functionalized the rock with a chemical to 

create a hydrophobic surface. The latter method is considered more reliable for giving a 

contrast wettability without appreciable changes in porosity, permeability, pore structure, etc. 

Subsequent to the above detailed literature review, to provide a more comprehensive 

insight into how multiphase flow and capillary residual trapping may be impacted by different 

wettabilities, a set of numerical simulations have been run in this study. A wider plume is 

obtained with decreasing the degree of water wetness. This observation is caused by lower 

irreducible water saturation which provides more space for CO2 to flow in lateral direction. 

Consequently, a more advanced vertical plume migration is seen in water wet case resulting 

in shorter time to reach the caprock. Due to less CO2 being residually trapped, both 

intermediate and CO2 wet cases result in a large volume of mobile CO2 reaching the top of the 

storage medium and spreading underneath the caprock. 
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Chapter 5      Conclusions, Recommendations, and Future 

Work 

5.1. Conclusions 

This study has evaluated the use of wettability alteration to remediate salt precipitation 

and entailing injectivity issues. It has also explored the impact of wettability on the plume 

propagation and residual trapping mechanism. A set of experimental results from published 

literatures were adopted in modelling the effect of wettability on various input data required 

for the planned numerical simulation cases. The required input data were collected during a 

comprehensive review of the relevant literature. 

The following are the major conclusions drawn from the simulation study work: 

• Simulation study of injectivity issue remediation: 

a. Kinetics approach model for water evaporation was generated based on the recent 

finding that was considered more reasonable for salt precipitation modelling. A 

validation process was conducted using coreflooding results from a published work 

showing a good agreement with the simulation results obtained in this study. 

b. According to the simulation results, with hydrophobic silylation, the combined impact 

of salt precipitation and water blockage on relative injectivity change (RIC) decrease 

on an absolute basis by up to 7% (i.e., injectivity is improved). The scCO2 based 

silylation can decrease the amount of water trapped near the wellbore and, thus, 

alleviate the amount of salt potentially being deposited.  

• Simulation study of wettability impacts on multiphase flow, residual trapping, and storage 

performance: 

a. The impact of different wettability states on multiphase flow in CO2-brine system was 

found to be insignificant as revealed by the critical review conducted in this work. 

Even though an extreme wettability contrast was evident from contact angle 

measurements reported in experimental work reviewed, the relative permeabilities 

were not impacted as significant as the hypothetical datasets used in previous 

numerical simulation studies.   

b. An attempt to classify Land trapping coefficient based on wettability states gives a 

range of 0.7-2 and 2.8-4.1 for water wet and mix wet conditions, respectively. A lack 

of standardized experimental procedures, not to mention the heterogeneities of the 
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samples used by the investigators, is believed to be responsible for the high uncertainty 

in the coefficient ranges reported for different wettability states.  

c. The simulation results obtained in this work using a homogeneous box model show a 

faster advancing of vertical plume movement in water-wet case compared to that in 

other wettability states. This is caused by the relatively higher irreducible water 

saturation in the water-wet case that leaves limited pore space for CO2 to occupy. The 

lateral extension of plume from all cases seems comparable. This could be due to a 

minor deviation in relative permeability curves across different wettability states. This 

outcome differs from those reported by prior simulation studies that use 

hypothetical/assumed datasets to characterize the multiphase flow under different 

wettability states. 

As elaborated by the outcomes of this study, wettability is impactful towards technical 

evaluation of various aspects of CO2 geo-sequestration in aquifers, i.e., injectivity, trapping 

mechanisms, and plume migration. A water-wet state near the wellbore can be problematic for 

well injectivity. The application of wettability alteration using chemical treatment (scCO2 

based silylation) may be used to alleviate the issue. However, water-wet condition for bulk of 

the aquifer formation is expected to give much CO2 trapped under residual trapping. Thus, the 

risks posed  by a large of volume of CO2 accumulating under the caprock is reduced. 

5.2. Recommendations and Future Works 

The following recommendations can be considered in any future study centered around 

the application of wettability alteration using chemical treatment:  

• ScCO2 based silylation must be applied as early as possible to reduce the severity of salt 

precipitation. The formation of solid salts covering the pore surface may halt the silylation 

process in altering wettability. Silane may fail to access quartz which is already covered 

by salt. This phenomenon was recognized by Arjomand et al. (Arjomand et al. 2020b).  

• Specific experiments are required to investigate the effects of evaporation and silylation 

when they take place simultaneously. The evaporation rate of water component in the 

presence of silane in CO2 phase may not be the same as that for the pure CO2 injection. 

The current work does not consider the existence of silane in evaporation model. 

• There could be another wettability alteration mechanism taking place due to salt 

precipitation which has been investigated by others as a hydrophilic microporous crystal 

(Kim et al., 2013; Miri et al., 2015; Miri & Hallevang, 2016). In this case, the suction of 

brine toward evaporation front under capillary force may be stronger.  
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• Further study needs to be done considering the pore geometry to complete the wettability-

based classification of the Land trapping coefficient. This could assist the modelling 

process for CO2 geo-sequestration.  

• All simulation work in this study was performed using a homogeneous box model. The 

use of a heterogeneous model is recommended for any future work.  
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